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Preface

Polymers are widely used in various industries. They can be used as a great oil recovery

(EOR) system during chemical flooding. Polymer flooding, polymer/surfactant flooding, and

polymer/surfactant/alkali flooding based on polymers are widely used worldwide and are of great

significance for improving oil recovery in old oil fields (high water cut). Although the application

of polymers is a relatively known method, the mechanisms of EOR from the perspective of

surfaces/interfaces of polymers in reservoirs still requires further research and understanding.

Therefore, this reprint focuses on the surface/interface changes and physical and chemical

reactions during the application of polymers. It reveals the mechanism of the surface and interface

during the application of polymers, provides a theoretical basis and development ideas for the design

and development of polymers, and promotes the rapid development of environmentally friendly,

high-performance, and low-cost polymer applications.

Xin Chen, Japan Trivedi, Zheyu Liu, Jianbin Liu, and Zhe Li

Guest Editors

ix





Citation: Chen, X.; Li, Y.; Sun, X.; Liu,

Z.; Liu, J.; Liu, S. Investigation of

Polymer-Assisted CO2 Flooding to

Enhance Oil Recovery in

Low-Permeability Reservoirs.

Polymers 2023, 15, 3886. https://

doi.org/10.3390/polym15193886

Academic Editor: Leonard Ionut

Atanase

Received: 7 August 2023

Revised: 9 September 2023

Accepted: 18 September 2023

Published: 26 September 2023

Copyright: © 2023 by the authors.

Licensee MDPI, Basel, Switzerland.

This article is an open access article

distributed under the terms and

conditions of the Creative Commons

Attribution (CC BY) license (https://

creativecommons.org/licenses/by/

4.0/).

polymers

Article

Investigation of Polymer-Assisted CO2 Flooding to Enhance Oil
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Abstract: CO2 flooding is a favorable technical means for the efficient development of low-permeability
reservoirs, and it can also contribute to the realization of net-zero CO2 emissions. However, due to
the unfavorable viscosity ratio and gravity overriding effect, CO2 channeling will inevitably occur,
seriously affecting its storage and displacement effects. This paper conducts a systematic study
on the application of polymer-assisted CO2 flooding in low-permeability reservoirs. Firstly, the
polymer agent suitable for low-permeability reservoirs is optimized through the viscosity-increasing,
rheological, and temperature- and salt-resistant properties of the solution. Then, the injectivity
performance, resistance-increasing ability, and profile-improving effect of the polymer solution were
evaluated through core experiments, and the optimum concentration was optimized. Finally, the
enhanced oil recovery (EOR) effects of polymer-assisted and water-assisted CO2 flooding were
compared. The results show that the temperature-resistant polymer surfactant (TRPS) has a certain
viscosity-increasing performance, good temperature resistance performance, and can react with CO2

to increase the solution viscosity significantly. Meanwhile, TRPS has good injection performance and
resistance-increasing effect. The resistance increasing factor (η and η′) of TRPS-assisted CO2 flooding
increases with increased permeability, the concentration of TRPS solution, and injection rounds.
Considering η′ and the profile improvement effect comprehensively, the application concentration of
TRPS should be 1000 mg/L. The EOR effect of TRPS-assisted CO2 flooding is 8.21% higher than that
of water-assisted CO2 flooding. The main effective period is in the first and second rounds, and the
best injection round is three. The research content of this paper can provide data support for the field
application of polymer-assisted CO2 flooding in low-permeability reservoirs.

Keywords: polymer-assisted CO2 flooding; CO2 responsive; injectivity; resistance increasing; profile
control; EOR

1. Introduction

With increased international energy consumption and oil exploration and develop-
ment intensification, low-permeability reservoirs have contributed to Chinese oil and gas
resource production. Developing low-permeability oilfields is generally dominated by
water injection, and gas flooding, especially CO2 flooding, is an efficient development
technology for low-permeability reservoirs with excellent prospects [1,2]. CO2 flooding
can play the role of high-efficiency oil displacement and geological storage simultaneously,
in line with the policy of carbon peak and carbon neutrality, and has good application
advantages. However, due to unfavorable mobility ratio and gravity overriding, CO2 will
channel in the reservoir, significantly reducing the development effect [3–5]. Therefore,
an economical and effective method for mitigating gas channeling is the key to further

Polymers 2023, 15, 3886. https://doi.org/10.3390/polym15193886 https://www.mdpi.com/journal/polymers1
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improving CO2 flooding in low-permeability reservoirs. Polymer flooding is the primary
EOR technology in China [6], and it has been successfully applied in Daqing Oilfield,
Xinjiang Oilfield, Dagang Oilfield, etc. [7,8]. Polymers can reduce the fluidity of injected
fluids, reduce the permeability of advantageous channels through adsorption and retention,
and ultimately expand the swept volume [9,10]. The resistance coefficient and residual
resistance coefficient are usually used to evaluate the injectivity performance of polymer
solutions, and having a suitable resistance coefficient and residual resistance coefficient
is the prerequisite for the successful application of polymers [11]. Indoor research results
show that polyacrylamide (HPAM) polymers can increase oil recovery by 10–12% of OOIP
after water flooding [12]. Meanwhile, the molecular modification of the polymer can
play an interface effect, stripping, dispersing, and carrying oil droplets [13]. In addition,
polymer gels [14], polymer microspheres [15–17], polymeric surfactants [18], and other
agents [19] can play a role in profile control and flooding, further improving oil recovery.
A comparison of the EOR effects of different enhanced CO2 injection methods is shown
in Appendix A Table A1. It can be found that as the system strength increases, the EOR
gradually increases. However, due to the high viscosity characteristics of polymers, it
must keep a good reservoir matching relationship while exerting the viscosity-increasing
effect [20,21], so it is usually used in medium-high permeability reservoirs.

It is of excellent research significance to explore using polymers to assist CO2 flooding
in low-permeability reservoirs to improve gas channeling and expand the swept volume.
Dann et al. [22] compared the injection performance of polymer solutions in different low-
permeability cores through core flooding experiments and pointed out that reservoir core
characteristics other than permeability can dominate polymer performance. In addition,
Ghosh et al. [23] conducted polymer injectivity experiments on two cores with a perme-
ability of 15 mD but with significant differences in pore throat distribution. The results
showed that the polymer could flow smoothly in the cores with a bimodal distribution
of pore throats. But in another core with unimodal distribution, the flow is difficult. The
above two studies show that the polymer solution has the potential to flow smoothly in
the low-permeability reservoir, but it is necessary to meet the matching of the polymer
and the reservoir. Marliere et al. [24] used cores with an effective permeability of 1–3 mD
to carry out oil displacement experiments with polymers (molecular weight of 3 million
Da and viscosity of 2 cP), which can increase oil recovery by 20% to 40% based on water
flooding. Bennetzen et al. [25] proved by experiments that partially hydrolyzed polyacry-
lamide (HPAM, with a molecular weight of 8 million Da and a concentration of less than
5000 mg/L) solution injected into a 0.3 mD carbonate reservoir core at a rate of 0.5 mL/h
will not produce core plugging. Mohammed Taha et al. [26] studied the application of low-
salinity polymer flooding in high-temperature, high-salt, and low-permeability reservoirs.
The polymers can maintain a viscosity of 2–3 cP (2500–4000 mg/L), with good injection
and enhanced oil recovery effects. Leon et al. [27] reported a successful field pilot of the
polymer in the low-permeability Palogrande-Cehu field. Considering the low permeability
of the reservoir (6–150 mD), three polymers with different molecular weights (average
concentration 1021 mg/L, viscosity 3.43 cP) were used, and the viscosity change was moni-
tored. It is estimated that EOR efficiency can reach up to 8%, and the water cut of some
wells is reduced by as much as 14%. The above studies show that the successful application
of polymers in low-permeability reservoirs requires low viscosity and low injection velocity.
For CO2 flooding in low-permeability reservoirs, a CO2 response mechanism based on the
above studies [28–30] can be used to prevent gas channeling. Inject a low-viscosity polymer
surfactant into the reservoir, which can react with CO2 to form worm-like micelles, signifi-
cantly increasing the viscosity of the system [31,32]. However, due to the high viscosity
of this type of micelles, it is mainly used for the plugging of fractures in low-permeability
reservoirs [33–35]. Through the above literature review, two problems exist in the current
research on polymer-assisted CO2 flooding in low-permeability reservoirs: (1) how to
optimize the polymer agents with reservoir adaptability; and (2) how to apply the CO2
response characteristics in low-permeability reservoirs matrix.
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Aiming at the above problems, the present paper studies a temperature-resistant CO2-
responsive polymer surfactant (TRPS) to assist CO2 flooding to improve the oil recovery
of low-permeability reservoirs. The advantages of it as an assisted agent were evaluated
by comparing its static properties, such as viscosifying properties, rheological properties,
and temperature and CO2 resistance with xanthan gum. Then, the injection performance,
resistance-increasing performance, and profile improvement effect of TRPS were evalu-
ated through core injectability experiments, and the optimal injection concentration was
determined. Finally, the enhanced oil recovery effects of water-assisted CO2 flooding and
TRPS-assisted CO2 flooding were compared. The research in this paper can provide the
experimental basis and data support for agent selection, performance evaluation, and
injection parameter optimization in the application process of polymer-assisted CO2 EOR
of low-permeability reservoirs.

2. Material and Method
2.1. Material

Polymers: The injectivity performance of polymer solution in the low-permeability
reservoirs can only be satisfied when the polymer molecular weight and solution viscos-
ity are low enough. Low-molecular-weight polymers and polymeric surfactants can be
used as two typical low-molecular and low-viscosity polymer systems. Here, xanthan
gum (molecular weight is about 5 × 106 Da) and a kind of CO2-responsive temperature-
resistant polymeric surfactant (molecular weight is about 106 Da) are selected as repre-
sentatives of two polymer systems to conduct the following research. TRPS with certain
interfacial activity and viscosity-increasing properties was obtained by grafting functional
functional groups onto the main chain of polyacrylamide. Meanwhile, it has the CO2
corresponding characteristics and can significantly increase the viscosity of the solution in
a CO2 environment.

Liquids: The inorganic salt purchased from Shanghai Aladdin Reagent Co. (Shanghai,
China) was proportionally added to the deionized water (DI water) to prepare the simulated
formation water, and the total salinity was 7000 mg/L. DI water was prepared by UPT-I-10T
Ultra-pure Water Purifier from Chengdu Youpu Super Pure Technology Co. (Chengdu,
China). The simulated oil is white oil purchased from, Shanghai Aladdin Co. (Shanghai,
China), with a viscosity of 15.5 cP at 80 °C (target reservoir temperature).

Cores: Cylindrical Berea cores with a size of 3.8 × 30 cm were used for polymer-
assisted CO2 flooding experiments, and the gas permeabilities are about 5 mD, 10 mD, and
20 mD, respectively. The effective permeability of each core was specifically tested before
each experiment.

2.2. Polymers Static Properties
2.2.1. Viscosity-Increasing Properties

The viscosity-increasing property of a polymer refers to the ability of a polymer to
dissolve in water to increase the viscosity of the aqueous phase and is the most critical
parameter for evaluating a polymer agent. Use DI water to prepare XG and TRPS mother
liquor with a concentration of 5000 mg/L, and stir for 2 h with an electronic stirrer at
400 rpm. Then, the mother liquid could be diluted using simulated formation water
to prepare the target polymer solution (100 mg/L, 300 mg/L, 500 mg/L, 700 mg/L, and
900 mg/L). The viscosities of the polymer solutions will be tested by a Brookfield viscometer
after stirring for 1 h with an electronic stirrer at 200 rpm. The shear rate of the Brookfield
viscometer is 7.4 1/s, and the test temperature is 80 ◦C.

Next, 100 mL of the XG and TRPS solutions with the target concentration were poured
into the Warring agitator, respectively, sheared at 3500 rpm for 1 min, and then we tested
the viscosity of the solution again and calculated the viscosity retention rate.

3
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2.2.2. Polymer Rheological Properties

The viscosity of polymer solution decreases with the increase in shear rate, which has
a typical shear thinning property. Evaluating the viscosity of polymers at different shear
rates is of great significance for testing their EOR efficiency. The rheological curves of XG
and TRPS solutions at concentrations of 100 mg/L, 300 mg/L, 500 mg/L, and 1000 mg/L
were tested using a Haake rheometer (HAAKE RS6000, Thermo Electron Karlsruhe GmbH,
Karlsruhe, Germany), and the shear rate was 0.1 1/s to 1000 1/s, and the test temperature
was 80 °C.

2.2.3. Polymer Reservoir Adaptability

After the polymer is injected into the reservoir, it needs to stay in the reservoir envi-
ronment for a long time, and its performance under this condition determines its effect.
The temperature resistance and CO2 resistance performance requirements of the polymer
solution are evaluated by the viscosity retention rate to meet the application conditions of
the oil reservoir. Put XG and TRPS solution with a concentration of 200 mg/L, 500 mg/L,
800 mg/L, 1000 mg/L, and 1500 mg/L in a high-temperature aging tank separately and
aged in an oven at 80 ◦C for 30 days. Samples were taken at regular intervals (2, 4, 6, 8, 10,
15, 20, and 30 d) to test the viscosities using a Brookfield viscometer. In addition, injecting
CO2 into piston containers with polymer solutions of 300 mg/L, 500 mg/L, and 800 mg/L
until the pressure reaches 10 MPa. Then, seal the piston and place it at 80 °C for ten days
for a certain period to test the viscosity of the solution.

2.3. The Flow Performance of TRPS in Low-Permeability Reservoirs
2.3.1. The Injectivity Ability of TRPS

The injectivity performance of polymer solution is mainly quantitatively evaluated
by Resistance Factor (RF) and Residual Resistance Factor (RFF). The specific experimental
procedure is as follows: (1) After the core was vacuumed for 3 h, it was saturated with
simulated water by self-priming for more than 4 h, and the porosity was calculated; (2) Ac-
cording to Figure 1a, the simulated formation water was injected with the ISCO pump at a
constant rate, and the pressure difference between the two ends of the core was recorded
as ∆P1 after the pressure became stable, and the core water permeability was calculated
using Darcy law; (3) The ISCO pump was used to inject TRPS solution at a constant rate
until the pressure is stable, and the pressure difference of the core was recorded as ∆P2;
and (4) The ISCO pump was used to inject simulated formation water at a constant rate
until the pressure was stable, and the pressure difference at both ends of the core was
recorded as ∆P3. The injection rate is 0.3 mL/min, and the TRPS solution needs to be
injected continuously for at least 2 PV. Finally, the FR = ∆P2/∆P1 and the FRR = ∆P3/∆P1
can be calculated. The specific experimental scheme is shown in Table 1.

In addition, a zeta potential analyzer (Zetasizer Nano ZS, Malvern Panalytical, malvern
city, England) was used to test the hydrodynamic size of TRPS solutions with different
concentrations, and the Poiseuille formula was used to calculate the mean pore throat size
of the cores. The injectivity performance results of TRPS can be analyzed by comparing the
above two sizes.

Table 1. The experimental scheme of TRPS injectivity properties.

Polymer Concentration,
mg/L

Gas Permeability,
mD

Water Permeability,
mD

Core Volume,
cm3

Pore Volume,
cm3

Porosity,
%

1000 5 2.99 226.7 24.32 10.73

500 10 5.36 226.7 34.28 15.12

1000 10 5.23 226.7 35.82 15.8

2000 10 5.38 226.71 33.56 14.80

1000 20 10.12 226.71 43.80 19.32
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Figure 1. The flowchart of the flow performance of the TRPS solution. (a) Single core flooding
flow chart, suitable for injectivity ability testing, resistance-increasing performance testing, and EOR
efficiency evaluation. (b) Two-core parallel core flooding flow chart, suitable for profile control
performance evaluation.

2.3.2. Resistance-Increasing Performance of TRPS-Assisted CO2 Flooding

After clarifying the injectivity performance of TRPS, it is necessary to evaluate the
resistance-increasing effect of TRPS in the presence of CO2. Evaluation is also carried out
by RF and RFF. The specific experimental procedure is the same as that in Section 2.3.1,
except that step (3) is to inject CO2 and TRPS solution into the core simultaneously using
the ISCO pump. The specific experimental scheme is shown in Table 2.

Table 2. Scheme of the evaluation of the resistance-increasing performance of TRPS.

Solution Viscosity, cP Injection CO2 Gas Permeability, mD Water Permeability, mD Porosity, %

TRPS 9.3 Yes 10 5.20 15.51

HPAM 10.1 No 10 5.36 14.98

TRPS 9.3 No 10 5.32 15.11

Meanwhile, it is necessary to evaluate the resistance-increasing performance of the
TRPS-assisted CO2 flooding process. Berea cores with a size of 3.8 cm × 20 cm and a
permeability of 5 mD, 10 mD, and 20 mD were selected to evaluate the resistance-increasing
effect of TRPS. The specific experimental process is as follows: (1) The core was vacuumed
for 3 h and then saturated with water for more than 4 h by self-priming and calculating
the porosity; (2) Connected the experiment flow chart in Figure 1a and carried out water
flooding and gas flooding at a constant rate using the ISCO pump until the pressure is
stable. Recorded the stable pressure P0 as the basic gas flooding pressure; (3) Injected TRPS
solutions with concentrations of 200 mg/L, 500 mg/L, and 1000 mg/L at a constant rate, and
recorded the stable pressure P1, respectively; (4) Carried out gas flooding again at a constant
injection rate to record the pressure P1

′ before gas channeling; and (5) Repeated Step (3)

5
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and Step (4) multiple times to obtain the pressures Pi and Pi
′. TRPS resistance increase

coefficient η(i) = Pi/P0 and resistance increase coefficient of gas flooding η′(i) = P′i/P0.

2.3.3. Profile Control Performance of TRPS

The 3.8 cm × 20 cm Berea cores with permeability of 5 mD and 20 mD were connected
in parallel to simulate reservoir heterogeneity (permeability difference ratio is 4) to carry
out the TRPS-assisted CO2 flooding experiment without oil. The specific experimental
procedure is as follows: (1) After the core is evacuated for 3 h, it is saturated with simulated
water by self-priming for more than 4 h, and the porosity is calculated; (2) The simulated
formation water was injected at a constant rate by an ISCO pump, and the pressure at both
ends of the core is recorded after the pressure is stable. The stable pressure difference is
recorded as ∆P1, and the core water permeability is calculated by Darcy law; (3) According
to Figure 1b, the experimental process was connected and simulated water and CO2 were
co-injected using the ISCO pump. Recorded the liquid production conditions and injection
pressure of the cores; (4) TRPS and CO2 were co-injected using the ISCO pump at a constant
rate until the pressure is stable; and recorded the liquid production conditions and injection
pressures of the two cores. The combined injection rate of liquid and gas is 0.6 mL/min (1:1
volume ratio), and if there is no CO2 injection, the TRPS injection rate is 0.6 mL/min. The
specific experimental scheme is shown in Table 3.

Table 3. TRPS profile control effect experimental scheme.

Solution Concentration, mg/L Injection CO2 Gas Permeability, mD Water Permeability, mD

TRPS 500 Yes 5/20 3.12/9.98

TRPS 1000 No 5/20 3.03/10.20

TRPS 1000 Yes 5/20 3.21/10.15

2.4. EOR Efficiency of TRPS-Assisted CO2 Flooding

The oil displacement experiments were carried out using Berea cores (gas permeability
is 10 mD and the water permeability is 5.19 mD). Comparing the oil recovery and pressure
change law of water-assisted CO2 flooding and TRPS-assisted CO2 flooding, the advantages
of TRPS-assisted CO2 flooding in improving oil recovery were clarified, and the best effect
period was determined. The specific experimental procedure is as follows: (1) After the core
is evacuated for 3 h, it is saturated with water by self-priming for more than 4 h, and the
porosity is calculated; (2) The simulated formation water is injected at a constant rate by an
ISCO pump, and the pressure at both ends of the core is recorded after the pressure is stable.
The pressure difference is ∆P1, and the core water permeability is calculated by Darcy law;
(3) According to the connection experiment process in Figure 1a, the ISCO pump is used to
inject crude oil into the core at a constant rate until there is no water production, and the
oil saturation is calculated; (4) Simulated formation water was injected with ISCO pump at
a constant rate until the water cut reaches 90% and then switched to CO2 flooding until gas
channeling without producing oil; (5) Injected TRPS solution (1000 mg/L) with ISCO pump
at a constant rate of 0.2 PV and then switched to CO2 flooding until no oil is made again,
this is a round of TRPS-assisted CO2 flooding process; (6) Repeated step (5) for a total of
three times, that is, three rounds of TRPS-assisted CO2 flooding are completed. During
the experiment, the fluid production and injection pressure of the core were recorded. The
injection rate of liquid and gas was 0.3 mL/min. During the experiment, a back pressure of
10 MPa was applied at the outlet end of the core by a back pressure valve.
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3. Result and Discussion
3.1. Static Performance Comparison between XG and TRPS
3.1.1. Viscosity-Increasing Performance

Figure 2 shows the relationship curves of the viscosity of XG and TRPS polymer
solutions with the change of solution concentration at 80 °C. The results show that both
polymers have certain viscosity-increasing properties in terms of demand in the field of oil
and gas field development engineering, and the viscosity-increasing effect of XG is more
significant. When the solution concentration exceeds 300 mg/L, the viscosity-increasing
effect of the XG solution is significantly improved, much higher than that of TRPS at
the same concentration. When the solution concentration was less than 1000 mg/L, the
viscosity-increasing effect of TRPS gradually increased with the increase in the solution con-
centration, and the change was stable. When the concentration is 1000 mg/L, the viscosities
of XG and TRPS solutions are 15.21 cP and 4.57 cP, respectively. Within this concentration
range, XG and TRPS have the potential of low-permeability reservoir injectability [36],
meeting the requirements of follow-up research. In addition, the viscosity of TRPS solutions
with concentrations of 700 mg/L and 1000 mg/L is similar to that of XG solutions with
concentrations of 100 mg/L and 300 mg/L, respectively. The performance of the two
solutions at the same viscosity will be compared through the above two concentrations.
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Figure 2. The viscosity-increasing ability of XG and TRPS.

Figure 3a,b show that the viscosities and retention rates of XG and TRPS solutions
increase with the increase in solution concentration. The relationship between the viscosity
retention rate and the solution concentration of XG and TRPS solutions after shearing at
3500 rpm is compared, as shown in Figure 3c. The viscosity retention rates of the two
polymer solutions after shearing are both above 80%. Whether the viscosity is the same or
the concentration is the same, the viscosity retention rate of TRPS is greater than that of
XG because the viscosity-increasing mechanism of XG and TRPS mainly includes: (1) the
polymer molecules in water are entangled to form a structure; (2) The hydrophilic groups
in the polymer chains are solvated in water, and the apparent molecular volume of the
polymer increases. XG has a more considerable molecular weight, and the larger molecular
aggregates formed are more easily damaged by shearing.
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3.1.2. Rheological Properties

Figure 4 shows the rheological curves of XG and TRPS with four concentrations.
Figure 4 shows that the rheological curves of XG and TRPS solutions are power-law
curves, showing typical shear thinning characteristics. The shear rates corresponding to the
rheological curves of XG and TRPS solutions reaching the second Newton zone are about
10 1/s and 5 1/s, respectively, and the molecular conformation transition has reached the
limit value. Because in the practice of oil field production, the shear rate of the polymer
system in the underground is about 1–10 1/s, combined with the rheological curve, it is
easier for TRPS to reach the second Newton zone in this shear rate range. The adaptability
to the reservoir shearing of TRPS is more robust. Meanwhile, comparing the rheological
curves of TRPS (1000 mg/L) and XG (300 mg/L) solutions with the same viscosity, it can
be found that the viscosity of XG solution is higher at low shear rate, and the viscosity of
the two is similar in the second Newton zone. This is mainly because the molecular weight
of XG is large, and the viscosity-increasing property of the molecular coil is stronger at a
lower shear rate, and as the shear rate increases, the difference between the two molecular
weights for the viscosity-increasing performance decreases.
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3.1.3. Temperature-Resistance and CO2-Resistance Performance

Figure 5 compares the viscosity retention curves of XG and TRPS solutions after aging
in high-temperature and CO2 environments. Figure 5a shows that high temperature has a
more significant effect on the viscosity of XG solution but has little impact on the viscosity
of TRPS. The viscosity of the XG solution decreased rapidly with the increase in aging time,
then reduced steadily after aging for ten days, and the viscosity retention rate after aging
for 30 days was less than 20%. The viscosity of the TRPS solution decreased slowly with the
increase in aging time, and the final viscosity retention rate was about 80%. This is because
high-temperature conditions will gradually untangle the initially entangled polymer coils,
and long-term aging will cause further breakage of the stretched molecular bonds, resulting
in a significant decrease in the viscosity of the solution. However, TRPS has a temperature-
resistant monomer and a short molecular coil, showing good temperature resistance.
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Figure 5b shows that the presence of CO2 significantly reduces the viscosity of the
XG solution, and the viscosity retention rate drops to about 20% after aging for ten days.
However, after aging in a CO2 environment, the viscosity retention rate of TRPS solution
increased first (up to more than 150%), then decreased slowly, and finally remained at about
120%. CO2 will increase H+ in the polymer solution and destroy the biomolecular chains in
the XG solution, thereby losing the viscosity-increasing effect [37]. The TRPS molecular
chain contains tertiary amine groups with CO2 response characteristics. The primary
tertiary amine group can undergo an acid-base neutralization reaction with dissolved CO2
in aqueous solution to form a bicarbonate structure. The tertiary amine group is protonated
to form a quaternary salt cation structure, and the molecular chain is hydrophilic enhanced.
Therefore, the presence of CO2 leads to larger TRPS molecular aggregates and an increase
in the viscosity of the system [38,39]. The specific reaction mechanism is shown in Figure 6.
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In addition, it can be seen from Figure 5 that regardless of the concentration of the
TRPS solution, the viscosity retention rate after high-temperature aging and CO2 environ-
ment aging is higher than that of XG. This also shows that under the same viscosity, the
temperature resistance and CO2 resistance of the TRPS solution are better than XG.

3.2. Injectivity of TRPS

Figure 7 shows the TRPS injection pressure curves under three concentrations and three
core permeabilities. The injection pressure increased significantly during the TRPS flooding,
and it decreased slightly and then remained stable in the subsequent water displacement
stage. It also showed a certain resistance-increasing ability under the condition of no CO2.
RF and RFF increase with the increase in TRPS concentration and the decrease in core
permeability. When the concentration of TRPS is fixed at 1000 mg/L, RF and RFF in 5 mD
core are 1.36 and 1.28, respectively, indicating good injectivity. However, the RF and RFF of
1000 mg/L TRPS solution in 20 mD cores are both less than 1.1, which means that although
its resistance-increasing effect is poor, its injectivity is good. RF and RFF of 500 mg/L,
1000 mg/L, and 1500 mg/L TRPS solutions in 10 mD cores are, respectively, distributed
between 1.08–1.27 and 1.01–1.15, indicating that the concentration of TRPS solution will
not significantly influence its injectivity. When the core permeability is greater than 5 mD,
and the TRPS solution concentration is less than 1500 mg/L, RFF is close to 1, indicating
that the TRPS solution has less adsorption and retention in the formation, less damage to
the formation, and has good injection performance.
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Figure 7. TRPS injection pressure curve. (a) The TRPS concentration is 1000 mg/L, and the core per-
meability is 5 mD, 10 mD, and 20 mD. (b) The core permeability is 10 mD, and the TRPS concentra-
tion is 500 mg/L, 1000 mg/L, and 1500 mg/L. 
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of the core, ensuring its good injectivity performance. Meanwhile, TRPS molecules can 
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Figure 7. TRPS injection pressure curve. (a) The TRPS concentration is 1000 mg/L, and the core per-
meability is 5 mD, 10 mD, and 20 mD. (b) The core permeability is 10 mD, and the TRPS concentration
is 500 mg/L, 1000 mg/L, and 1500 mg/L.

Figure 8 compares the hydrodynamic size of the TRPS solution and the mean pore
throat size of the core. It can be found that as the concentration of TRPS solution increases,
its hydrodynamic size gradually increases from 150 nm to 350 nm, and no obvious inter-
molecular association occurs. As the core permeability increases, the mean pore throat size
increases from 470 nm to 650 nm. The mean pore throat size of TRPS is smaller than that
of the core, ensuring its good injectivity performance. Meanwhile, TRPS molecules can
effectively plug pore throats through the 1/2 and 1/3 bridging theory. This can explain
why TRPS in Figure 7 can effectively increase the injection pressure while ensuring a low
resistance coefficient.
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3.3. Resistance Increasing Ablity of TRPS

Figure 9 shows the injection pressure curves of the TRPS injection, HPAM injection,
and co-injection of TRPS and CO2. The injection pressure rises rapidly after HPAM injection,
which is much higher than that of TRPS injection, showing that even if the viscosity of
the polymer solution is the same, the molecular weight of the polymer also affects its
injection performance and resistance-increasing performance. The RF of HPAM injection
is 7.67, which is not significant in value, but the injection pressure rises above 2.0 MPa,
and there will be a problem with too high injection pressure during the oilfield application.
Meanwhile, the RFF of HPAM injection is 4.45, indicating that HPAM has a large amount
of retention and adsorption in the low-permeability layer, which is not conducive to the
subsequent development of the formation. However, the RF and RFF of TRPS injected
are 1.13 and 1.09, respectively, and the resistance-increasing effect is poor. The injection
pressure during the co-injection of TRPS and CO2 increases significantly because the more
complex molecular aggregates formed after the mixing of TRPS and CO2 significantly
increase its flow resistance (Figure 6). At this time, RF and RFF rose to 2.67 and 1.23,
respectively, and the effect of increasing resistance was improved. Figure 9 shows that it is
difficult for conventional polymers (relatively high molecular) to achieve the coordination
of injectivity and resistance-increasing in low-permeability reservoirs, while the response
of TRPS and CO2 allows it to be injected into the reservoir smoothly and achieve resistance
increase inside the reservoir effect.
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Figure 9. The injection pressure curves of TRPS injection, HPAM injection, and co-injection of TRPS
and CO2.

The injection pressures of multiple rounds of TRPS-assisted CO2 flooding with three
kinds of permeability and three kinds of concentrations are collected and the resistance
increase coefficients η and η′ of each round are shown in Table 4. Table 4 shows that η
is greater than η′ in the same round because the resistance of the injected liquid must be
greater than the resistance of the injected CO2. Under the same permeability conditions,
η and η′ increased significantly after increasing the concentration of TRPS. When the
concentration is 1000 mg/L, η can reach more than three times that when the concentration
is 200 mg/L. η′ can reflect the resistance-increasing effect after the reaction of TRPS and

12



Polymers 2023, 15, 3886

CO2, so the relationship between η′ of the above rounds and the change of core permeability
is plotted into a resistance-increasing coefficient chart, as shown in Figure 10.

Table 4. η and η′ of each round of TRPS-assisted CO2 flooding.

Parameters Round 1 Round 2 Round 3 Round 4

Permeability,
mD

Concentration,
mg/L

Gas Channeling
Pressure, MPa η η′ η η′ η η′ η η′

5

200 0.25 1.96 1.36 3.08 1.72 3.92 2.12 5.60 3.16

500 0.33 2.70 1.55 6.18 2.21 / / / /

1000 0.31 6.74 6.53 11.2 10.8 16.1 15.7 22.9 22.5

10

200 0.13 2.20 1.73 3.23 2.20 4.96 2.60 9.37 4.17

500 0.15 5.00 2.60 9.53 3.47 / / / /

1000 0.14 8.43 6.93 12.4 7.86 20.0 10.0 28.0 13.2

20

200 0.07 2.57 1.86 4.43 3.14 7.43 5.43 10.4 7.14

500 0.08 7.50 4.13 14.1 5.75 / / / /

1000 0.08 8.50 5.25 18.0 7.13 29.1 14.6 42.3 17.7
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When the concentration of TRPS is lower than 1000 mg/L, the increase in core per-
meability and alternate rounds will increase η′. This is because although the increase in
permeability will reduce the injection pressure of TRPS-assisted CO2 flooding, the gas chan-
neling pressure of CO2 flooding will also decrease, eventually increasing η′. The molecular
aggregates produced by the reaction of TRPS and CO2 will be adsorbed and retained in
the core, so η′ increases with the increase in injection rounds. When the concentration of
TRPS is 1000 mg/L, the relationship curves of η′ change abnormally. This also shows once
again the matching between TRPS and the reservoir (the low-permeability reservoir will
not have unusually high pressure caused by the poor injectivity of molecular aggregates
produced after the reaction of TRPS and CO2) and the cumulative effect of multiple rounds
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of resistance-increasing performance. When the permeability is 5 mD, the molecular ag-
gregates formed by the reaction of TRPS and CO2 are poorly compatible with the core,
resulting in an abnormal increase in injection pressure and a significant increase in η′. Then,
the pore throats of the 10 mD and 20 mD cores became more prominent, and the flow
capacity increased, which relieved the contradiction between the poor matching between
TRPS and the core, and the change law of η′ was normal. In addition, the irregularity of
η′ of the TRPS solution with a concentration of 1000 mg/L increases with the increase in
injection rounds, mainly in the core with a permeability of 5 mD. This is due to the increase
in retention of TRPS in the core due to the decrease in permeability.

3.4. Profle Control Effect of TRPS

Figure 11 shows the injection pressure and fractional flow rate curves of the TRPS-
assisted CO2 flooding in a two-core parallel model. Figure 11 shows that the injection
pressure of 1000 mg/L TRPS-assisted CO2 flooding is higher than that of TRPS flooding
separately, which also leads to a more obvious reduction in the fractional flow rate of the
increased permeability layer. The injection pressure of TRPS-assisted CO2 flooding with a
concentration of 500 mg/L is lower than that of TRPS separately (1000 mg/L), showing that
TRPS needs to reach a certain concentration before fully reacting with CO2. Combined with
the resistance-increasing effect of TRPS, it can be determined that the optimal concentration
of TRPS should be 1000 mg/L for reservoirs with a permeability above 5 mD and 500 mg/L
for reservoirs below 5 mD.
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Figure 11. TRPS-assisted CO2 parallel flooding characteristic curves. (a) Injection pressure curves,
(b) fractional flow rate curve.

3.5. EOR Effects of TRPS

Figure 12 shows the produced fluids and oil recovery curves of each stage for water-
assisted CO2 flooding and TRPS-assisted CO2 flooding. CO2 can dissolve in crude oil
and cause it to expand, reducing its viscosity [40,41], and has a higher recovery rate than
air and N2. The oil recovery after CO2 flooding to gas channeling is about 46%, and
liquid-assisted CO2 flooding can effectively control the gas channeling and further improve
the oil recovery. Whether it is water or TRPS solution, the enhanced oil recovery of each
round of the liquid injection stage is higher than that of the CO2 injection stage of the
same round. TRPS-assisted CO2 flooding enhances oil recovery mainly in rounds 1 and
2, and the EOR effects are 20.71% and 10.00%, respectively. This also led to poorer EOR
effects in subsequent rounds, in which the EOR in the third round was lower than that of
water-assisted CO2 flooding. The main effect period of water-assisted CO2 flooding is in
the first three rounds, but the overall EOR effect is 8.21% lower than that of TRPS-assisted
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CO2 flooding. The ultimate recovery of TRPS-assisted CO2 flooding and water-assisted
CO2 flooding can reach 78.93% and 71.07%, respectively.
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CO2 flooding. (a) Liquid production photos, (b) EOR curves of each round.

Appendix A Table A1 compares the EOR effects of different CO2 enhancement injec-
tions. It can be found that compared with the ultrasonic physical method and another
polymer-assisted CO2 displacement, the TRPS used in this paper has a significantly better
EOR effect. In the literature review, only two scenarios obtained higher EOR than this paper
(the bolded items in Appendix A Table A1). The first scenario is for heavy oil reservoirs,
where CO2 or WAG recovery is very low due to the extremely unfavorable mobility ratio,
so the effect of polymer-assisted CO2 displacement is remarkable. The second scenario is
gel particle-assisted CO2 flooding, and the research target is parallel cores. Because the
profile improvement effect of gel particles is stronger than that of polymers, its EOR effect
in heterogeneous reservoirs is remarkable. Therefore, the TRPS-assisted CO2 flooding in
this paper has a considerable EOR effect of 32.93% compared with CO2 flooding and 8.21%
compared with water-assisted CO2 flooding.

Figure 13 is the pressure difference comparison curve of water-assisted CO2 flooding
and TRPS-assisted CO2 flooding. The increase in injection pressure during the liquid
injection is more significant than that of the gas injection, which can also explain the better
EOR effect of each round of liquid injection in Figure 12. For water-assisted CO2 flooding,
the gas-injection pressure in each round is close to the initial gas channeling pressure,
indicating that gas–water alternation can increase the flow resistance of two-phase flow to
a certain extent, but the gas channeling will quickly occur and form a dominant channel
again. However, the CO2 injection pressure of each round of TRPS-assisted CO2 flooding
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is significantly higher than that of water-assisted CO2 flooding because the molecular
aggregates produced by TRPS can effectively increase the flow resistance and adsorption
time in the channeling channel. Figure 13 shows that, whether water or TRPS solution,
the injection pressure of each round of the water injection stage and the end of the CO2
injection stage is significantly higher than that of the previous round, which has a significant
cumulative effect. The higher injection pressure is the main reason for the quicker effect of
TRPS-assisted CO2 flooding and better EOR effect. The injection pressure of liquid-assisted
CO2 flooding will continue to increase with the injection round, but the EOR will drop
significantly after the third round, so the optimal development round should be three. In
addition, the increased injection pressure difference of liquid-assisted CO2 displacement
can not only expand the swept volume [42], but also effectively promote the dissolution
of CO2 into crude oil and reduce its viscosity. The high-pressure CO2 environment will
reduce the viscosity of the TRPS solution, but the viscosity of crude oil will be reduced to a
greater extent, so TRPS-assisted CO2 flooding has good EOR potential.
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Figure 13. The injection pressure difference curves of water-assisted CO2 flooding and TRPS-assisted
CO2 flooding.

4. Conclusions

This paper investigated the improvement of CO2 channeling in low-permeability reser-
voirs by polymer solutions. Through the experimental evaluation of the static properties,
flow properties, resistance-increasing effect, and EOR effect of the polymer solution, the
polymer surfactant (TRPS) with CO2 response was selected as the assisted agent, which
has a good application effect. The specific conclusions are as follows:

(1) TRPS has a certain viscosity-increasing property, and the viscosity of the solution is
4.57 cP when the concentration is 1000 mg/L. It has good temperature resistance, and
its viscosity retention rate is above 80% after aging at 80 ◦C for 30 days. In addition,
TRPS can react with CO2 to increase the size of molecular aggregates significantly,
and the viscosity retention rate is about 120% after aging in a CO2 environment for
10 days.
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(2) The RF and RFF of the TRPS solution with a concentration of 1000 mg/L in 5 mD cores
are 1.36 and 1.28, respectively, showing good injectivity performance. Increasing the
concentration of TRPS to 1500 mg/L had little effect on its injectivity performance.

(3) The injection pressure of TRPS and CO2 co-injection is between the injection of HPAM
with the same viscosity and the injection of TRPS solution alone, which has good
flow performance and resistance-increasing effect. The η and η′ of TRPS-assisted CO2
flooding increase with increased permeability, concentration of TRPS solution, and
injection rounds. When the permeability is 5 mD, the base pressure of gas channeling
is high, which will reduce the matching system between TRPS and the reservoir, thus
affecting the change law of η′.

(4) The effect of TRPS solution on profile improvement: 1000 mg/L TPRS + CO2 >
1000 mg/L TRPS > 500 mg/L TRPS + CO2, considering the η′ and profile improvement
effect, the application concentration of TRPS should be 1000 mg/L.

(5) The EOR effect of TPRS-assisted CO2 flooding is 8.21% higher than that of water-
assisted CO2 flooding. The EOR effect of TRPS-assisted CO2 displacement is mainly
reflected in the first to second rounds, while the EOR effect of water-assisted CO2
displacement is primarily reflected in the first to third rounds. The injection pressure
of liquid-assisted CO2 flooding has a cumulative impact of multiple rounds, so the
optimal injection round is 3.
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Appendix A

Table A1. EOR comparison of CO2 flooding with different strengthening methods.

Number Literature Contents Agent Models EOR

0 This paper Polymer-assisted CO2
flooding

CO2-responsive
polymer, TRPS Cores, 5–20 mD

Based on CO2 flooding
is 32.93%;
based on

water-assisted CO2
flooding is 8.21%

1 Chaturvedi
[43]

Polymer-enhanced
carbonated water

injection
PAM Sandpack,

~780 mD
Based on water

flooding is 16.00%

2 Zhao [44] CO2 foam AOS Microfludic Based on water
flooding is 13.8–22.4%

3 Hossein [45] Ultrasound-assisted
CO2 flooding / Sandpack Based on CO2 flooding

is less than 15%
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Table A1. Cont.

Number Literature Contents Agent Models EOR

4 Li [42] Polymer-assisted CO2
flooding Polymer Simulation,

1–2000 mD

Based on water
flooding ranges from

20–30%

5 Luo [33] Polymer-assisted CO2
flooding

Thermo- and
CO2-triggered

copolymer
Core Based on water

flooding is 21–23%

6 Yang [46]
Polymer-assisted CO2
flooding in heavy oil

reservoir
Polymer Simulation,

500 mD Based on WAG is 57%

7 Gandomkar
[47]

Polymer thickening CO2
flooding

Polydimethylsiloxane
(PDMS) Core, 6–8 mD Based on CO2 flooding

is 6–15%

8 Manan [48]
Polymer/surfactant/

nano-particles assisted
CO2 flooding

AOS, NPs (TiO2, CuO,
SiO2, and Al2O3) Sandpack

Based on water
flooding is about

5.1–15.6%

9 Zaberi [49] Polymer-assisted CO2
flooding

Polyfluoroacrylate
(PFA)

Berea sandstone,
~31 mD

Based on CO2 flooding
is 16%

10 Liu [5] Microgel alternate CO2 Microgel Core, 2800 mD/
780 mD/360 mD

Based on WAG is
12.4%
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Abstract: Since reservoirs with permeability less than 10 mD are characterized by high injection
difficulty, high-pressure drop loss, and low pore throat mobilization during the water drive process,
CO2 is often used for development in actual production to reduce the injection difficulty and car-
bon emission simultaneously. However, microfractures are usually developed in low-permeability
reservoirs, which further reduces the injection difficulty of the driving medium. At the same time,
this makes the injected gas flow very fast, while the gas utilization rate is low, resulting in a low
degree of recovery. This paper conducted a series of studies on the displacement effect of CO2-soluble
foaming systems in low-permeability fractured reservoirs (the permeability of the core matrix is about
0.25 mD). For the two CO2-soluble blowing agents CG-1 and CG-2, the effects of the CO2 phase state,
water content, and oil content on static foaming performance were first investigated; then, a more
effective blowing agent was preferred for the replacement experiments according to the foaming
results; and finally, the effects of the blowing agents on sealing and improving the recovery degree of
a fully open fractured core were investigated at different injection rates and concentrations, and the
injection parameters were optimized. The results show that CG-1 still has good foaming performance
under low water volume and various oil contents and can be used in subsequent fractured core
replacement experiments. After selecting the injection rate and concentration, the blowing agent
can be used in subsequent fractured cores under injection conditions of 0.6 mL/min and 2.80%. In
injection conditions, the foaming agent can achieve an 83.7% blocking rate and improve the extraction
degree by 12.02%. The research content of this paper can provide data support for the application
effect of a CO2-soluble blowing agent in a fractured core.

Keywords: fractured core; supercritical CO2; CO2-soluble blowing agent; static foaming performance
evaluation; blocking rate; enhanced recovery; injection parameter optimization

1. Introduction

With the exploitation of conventional oil reservoirs gradually entering the bottleneck
period, many old oil fields have progressively entered the stage of high water content
and low extraction degree. Unconventional reservoirs have gradually become the focus
of petroleum exploration and development, in which the efficient exploitation of low-
permeability reservoirs with permeability less than 50 mD is the current key research
direction. In this type of reservoir, because of its small reservoir permeability, the wa-
ter injection process pressure loss is large, and an imbalance of injection and production
often occurs, so the conventional water drive development effect is poor. This type of
reservoir is usually extracted by fracturing to produce artificial fractures. Although the
existence of cracks exacerbates the flow of oil repellents, it also effectively reduces the
differential pressure of the drive, dramatically reduces the energy loss, and helps transport
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the oil repellents to the deep part of the reservoir [1]. For reservoirs with a 10–50 mD
permeability, combined with fracturing and reasonable well network deployment, con-
ventional water drive can effectively utilize the crude oil in the reservoir [2,3]. However,
for reservoirs with permeability less than 10 mD, the pore size of the core is too small.
Under the combined influence of capillary force and oil–water interfacial tension, the
water needs higher pressure to enter the interior of the pore throat, and the seepage re-
sistance is higher. However, in a fracture–pore seepage system, water flows along the
fracture surface where the seepage resistance is extremely low, and the proportion of water
that can enter the interior of the pore throat for displacement is extremely low, making
water drive utilization of fracture surface crude oil challenging. Compared with water,
supercritical CO2 has extremely low viscosity and strong diffusivity, which can diffuse
into core matrix pores and extract light components, so CO2 drive can effectively develop
such reservoirs.

For reservoirs with less fracture development, fractures can be created by fracturing.
The existence of artificial fractures dramatically improves the contact area between CO2 and
rock. This facilitates the transport of CO2 to the deeper part of the reservoir, achieving better
development results. The presence of fractures significantly increases the CO2 wave volume.
CO2 expands the pore-throat utilization interval while significantly reducing the lower
limit of pore-throat utilization. The presence of both simultaneously improves the degree
of recovery in low-permeability reservoirs [4–8]. Currently, scholars believe that CO2 in
fractures mainly diffuses in two modes of movement as follows: CO2 displaces crude oil in
fractures while moving crude oil in the matrix through the swelling and extraction of crude
oil [9]. As the permeability of the matrix increases, the diffusion phenomenon becomes
more evident. Previous experiments found that CO2 can move part of the 30–100 nm tiny
pore throats. If the proportion of <10 nm pore throats in some cores is higher, the diffusion
effect of CO2 is seriously weakened, and it is more difficult to move [10]. Although CO2 has
better dissolution and extraction properties, the fracture morphology directly determines
the CO2 wave area, which directly affects the final extraction degree of the CO2 drive. In
the actual development process, it is common to use the fracturing of the seam network
to expand the contact area between CO2 and the fracture surface [11,12]. However, the
existence of cracks will produce severe gas flushing, which will not only make the gas–
oil ratio at the extraction end unpredictable but also make the reservoir pressure drop
rapidly [13]; therefore, the gas flushing control of fractured reservoirs is also significant in
actual production.

In order to solve the problem of gas flushing, scholars first proposed the alternating
water–gas CO2 injection process. This method effectively maintains the reservoir pressure,
facilitates the diffusion of CO2 into the matrix, and has a specific effect on controlling
gas flushing in medium-high permeability reservoirs above 50 mD [14,15]. In order to
control gas flushing in fractured reservoirs more effectively, scholars have successively
developed blocking agents such as gels and microspheres [16,17]. For example, Yakai
Li et al. developed a new type of high-temperature slow-release gel, which improved
the recovery degree by 20% in a core with matrix permeability of 20 mD and fracture
opening of 150 µm [18]. Haizhuang Jiang et al. used a new type of functional polymer to
block a core with a matrix permeability of 20 mD and fracture permeability of 10,000 mD,
which improved the recovery degree by 23.63% in the late stage of the CO2 drive [19].
Chengli Zhang et al. developed a salt-resistant polymer–surfactant synergistic composite
low interfacial tension foam system, which increased the development degree by 13.17%
after blocking the low-permeability reservoir of 10 mD [20]. Weiyao Zhu et al. developed a
novel nano-microsphere system, which temporarily sealed the fractured core through the
bridge and retention of the microsphere particles [21].

Moreover, retention temporarily seals the cracks and controls the oil repellent’s whole
flow field, which regulates the gas flow in the subsequent gas drive process. With the
advancement of technology, scholars have developed new blocking agents such as CO2
corresponding gel and CO2 corrosion-resistant microsphere particles, which are more
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targeted and have achieved good effects in blocking and improving the degree of recovery
in CO2 drive experiments in fractured cores with permeability more significant than
1 mD [21,22]. For reservoirs with widely developed fractures at various scales, scholars
injected gels, polymers, microsphere particles, and other agents sequentially to achieve
the sequential blocking of fractures from large to small, and with the implementation of
alternating water and gas injection and other implementation processes, they also achieved
better blocking and improved recovery [8,23,24].

However, later studies found that in low-permeability fractured reservoirs with rock
matrix permeability less than 1 mD, the presence of water in the fracture is detrimental to the
degree of CO2 recovery, and the higher water saturation in the fracture reduces the ability
of CO2 diffusion into the matrix; therefore, water acts as an inhibitor to CO2 drive [25,26].
Xu Li et al. developed a new water-soluble thixotropic gel system, which had good stability
and good sealing performance in the matrix permeability of 0.96 mD and fracture openings
of 15 mm fractured rock cores, but the gas drive did not improve the degree of extraction
after sealing [27]. Qipeng Ma et al. measured the relative permeability curve of the
nano-microsphere system in a low-permeability homogeneous core and experimentally
found that in a core with a permeability greater than 10 mD, the dispersed system could
effectively expand the two-phase oil–water flow. However, in cores with permeability
less than 10 mD, the system reduced the water-phase permeability but did not improve
the degree of recovery [28]. Daijun Du et al. used microsphere particles to seal fractured
cores with a matrix permeability of 0.1–1 mD and a fracture permeability of 5000 mD; they
also found that microspheres had an excellent blocking performance for a fracture after
the experiments. However, the subsequent replacement was ineffective in increasing the
degree of extraction [29]. This indicates that a fractured core with matrix permeability of
less than 1 mD is not suitable for water drive development, and it is also not suitable for
use in water-mediated agents for plugging.

In order to increase the degree of matrix development while fracture sealing in extra-
low permeability fractured cores (matrix permeability less than 1 mD), some scholars have
used a direct injection of CO2 foam for the replacement. From the macroscopic point of
view, the presence of foam increases the injection pressure and promotes the diffusion
ratio of the replacement medium from the fracture matrix while making the gas flushing
rate decrease [30]; from the microscopic point of view, the injected foam forms resistance
through the Jamin effect, which allows the replacement medium to drive off the crude
oil within the pores of the fracture face [31]. In practice, factors such as the roughness of
the fracture surface, injection flow rate, agent concentration, and total injected volume
affect the sealing performance of the foam and must be evaluated comprehensively [32].
The stability of surfactant foaming alone is sometimes not very good, which reduces
the blocking performance. Methods such as mixing CO2 and N2 foaming and adding
nanoparticles to strengthen the surface properties of the foam have achieved good results
in core replacement experiments [33–36].

Although the direct injection of foam can simultaneously reduce the rate of gas
flushing and increase the degree of core recovery, the injectability of the system is relatively
poor, resulting in higher injection pressure, higher energy loss, a smaller range of foam
recovery, and other unfavorable phenomena [37]. In order to solve this problem, scholars
developed a foaming agent that can be dissolved in both water and CO2, compared with
the traditional water-soluble surfactant, gas–water amphiphilic surfactant dissolved in
CO2 and injected into the core, and the foam formed with the water inside the fracture
surface, significantly accelerating the expansion rate and area of the agent. The injection
capacity is greatly improved [38] through continuous CO2 injection in the leading edge of
the foam, which can be generated at the leading edge of the exfoliation by successive CO2
injections. Even if defoamed, foam can be generated again with water under subsequent
CO2 injections [39]. The solubility of the agent in water and CO2 is different, and high
solubility in water enhances adsorption during transport [40], so alcohols are often used as
co-solvents to improve solubility in CO2 in experiments. Alcohols significantly increase
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the interaction between CO2 and polymer molecular chains, with ethanol having the
most significant effect [41]. Indoor experiments showed that adding ethanol improved
the foaming ability and stability of the agent. This helped foam regeneration [42], but
it should be noted that the high solubility of the agent in CO2 can lead to poor foam
stability, which is not conducive to blocking and mining. The amount of ethanol needs to
be controlled [43]. Poor foam stability occurs when some blowing agents come into contact
with crude oil [44]. The actual blocking performance and enhanced extraction are controlled
by temperature, pressure, oil and water content, fracture morphology, agent concentration,
and other factors, so the agent’s effectiveness must be evaluated through actual replacement
experiments [45].

With the gradual decrease in global oil resources, extra-low permeability oil and gas
reservoirs with K < 1 mD have attracted much attention in recent years. Because of the
pore structure, oil–water interfacial tension, and other factors, such reservoirs cannot be
developed by water drive, and supercritical CO2 has become the focus of current research
because of its superior performance. To improve the wave volume of oil repellent in low-
permeability reservoirs, supercritical CO2 fracturing is currently the mainstream reservoir
modification method (hydraulic fracturing is not applicable). Therefore, controlling the gas
flow in the fracture after fracturing and improving the recovery of CO2 drive is a problem
that must be faced when developing such reservoirs.

In this paper, the foaming performance of two kinds of CO2-soluble blowing agents
in different CO2 phases, different water contents, and different oil contents is investi-
gated for an extra-low permeability reservoir with K < 1 mD. Then, a more excellent
blowing agent is screened according to the foaming situation, and a reasonable prepara-
tion method for this blowing agent is determined. Finally, the screened blowing agent is
used to conduct driving experiments in a fractured core to study the effects of different
injection speeds and injection concentrations on fractured core blocking and improving
the degree of extraction. Good results were achieved, which have good prospects for
practical application.

2. Materials and Methods
2.1. Experimental Material

Core and fracture pressing methods: Fracture morphology is one of the determining
factors for the pattern of displacement, and in actual reservoirs, fracture openings, smooth-
ness, and orientation can have a direct impact on the development effect. Since rocks with
microfractures could not be drilled out of the completed core column, this paper’s indoor
physical simulation tests used homogeneous, non-fractured, natural, low-permeability
rocks to create seams after drilling and polishing the ends. Currently, the primary method
to create fractures is by cutting the core or Brazilian splitting. Cutting the core directly
minimizes the differences among different fractures and provides excellent controllabil-
ity, but, at the same time, the surface of the fractures is exceptionally smooth, which is
not conducive to foaming the system in the core. Brazilian splitting creates fractures by
applying shear stress to the cores. Although it is difficult to ensure that the fractures
among different cores are precisely the same since the cores come from the same stone,
the rhythms and the degree of cementation are incredibly close to each other, the similar-
ity in the fractures pressed out is exceptionally high, and the rough and uneven surface
of the fractures is more conducive to foaming the agent in the formation, which is also
in line with the situation in actual reservoirs. Therefore, Brazilian splitting was used to
create fractures.

Fracture morphology: Since a full open fracture is best controlled during fracture
with minimal variation among cores, all cores were pressed out of a full open fracture for
experimentation in the later evaluation process (as shown in Figure 1).

Foaming agent, gas, experimental water, and experimental oil: Because of the low
permeability of the matrix of the target core in this paper, which is about 0.25 mD, based
on the results of previous studies, this type of core is not suitable for water injection
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development, and, likewise, it is not suitable for injecting water-soluble agents. Therefore,
two high-temperature-resistant, high-salt CO2-soluble foaming agents were selected for
this study, and the foaming method in the core was adopted for sealing. The gas was
high-pressure CO2 with a purity of 99.9%, which was injected into the core after mixing
the blowing agent and pressurizing to the specified pressure. In order to simulate the
real stratigraphic situation and examine the actual blocking performance of the agent, the
experiment was carried out using mineralized water with mineralization of 9800 mL/L
for saturated cores; the specific formulations are shown in Table 1 below. The experiment
was conducted with simulated oil, and the viscosity was 2.135 mPa·s under 25 ◦C/0.1 MPa.
(The experiment was conducted for a low-permeability fractured reservoir in the Bohai
Sea, with a matrix permeability of 0.1–0.5 mD and NaHCO3-type formation water, which
needs to be developed twice after experiencing the pre-supercritical CO2 drive. This
resulted in a decline in reservoir temperature and pressure, severe gas flushing, and a low
extraction level).
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Figure 1. A Brazilian split and a fully open fracture core.

Table 1. Ionic species and concentration of experimental water.

Ionic Species K+ & Na+ Mg2+ Ca2+ Cl− SO42− HCO3− CO32−

Ionic concentration
mg/L 2704.30 11.87 68.49 880.50 20.45 4690.94 68.49

Total mineralization 8912.08 mg/L

The inorganic salts and white oil were purchased from Shanghai Aladdin Reagent Co.
(Shanghai, China). All equipment from Yongruida Technology Co. (Beijing, China). All
CO2 comes from Shunxing Co. (Beijing, China).

2.2. Experimental Methods
2.2.1. Evaluation Methods and Test Programs for the Foaming Capacity of Blowing Agents

Experimental program: The foaming performance with liquid CO2 and supercritical
CO2 was first investigated for the two blowing agents. The liquid CO2 foaming temperature
and pressure were 22 ◦C and 10 MPa; the supercritical CO2 foaming temperature and
pressure were 70 ◦C and 20 MPa, and the water content was 10% in all cases (the volume of
the foaming instrument was 250 mL, and the water volume was 25 mL). The concentration
of the agent was 1.6% (CO2 and water were solvents in the system, the volume of solvent
was 250 mL, the foaming agent was 4 mL, and the concentration was 1.6%). The water
content in the supercritical CO2 foaming system was subsequently varied, with the blowing
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agent content remaining constant at 1.6%, and the foaming performance was investigated
for water contents of 5%, 10%, and 20% (12.5, 25, and 50 mL of water, respectively). Finally,
water–oil ratios of 100:3, 100:10, and 100:20 were set at 10% water content to investigate the
effect of oil content on the foaming performance of the supercritical CO2 foaming system
and to conduct foaming agent screening.

A visual high-temperature and high-pressure foaming apparatus was used to evaluate
the foaming performance of the agents. The experimental steps and experimental flowchart
are shown in Figure 2 and described as follows:

1. First, the solution was configured in the foaming apparatus according to the concen-
tration of the agent, water content, and oil content required by the experiment. Then,
the foaming apparatus was closed and sealed, followed by vacuuming for 15 min (to
avoid the loss of the foaming agent and oil, the solution was prepared directly inside
the instrumentation; to avoid the influence of air, the equipment was evacuated prior
to CO2 injection);

2. Since the gas pressure will rise sharply during the heating process, to ensure the
experiment’s safety, do not increase the pressure before the end of the heating. If
the pressure is not reached at the end of the heating process, the pressure should be
increased slowly and not too quickly.

3. After the temperature and pressure in the equipment were stabilized, the stirring
switch was turned on. After the foaming was stabilized, the foaming performance
was examined according to the foaming height and half-life of the agent, and the
agent screening was completed.
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Figure 2. Flowchart of static evaluation experiment of foaming agent.

2.2.2. Methods and Experimental Protocols for CO2 + Blowing Agent Exfoliation of
Fractured Cores

Experimental protocol: Prior to the sealing experiments, pure CO2 replacement exper-
iments (as a control test) were first carried out on fractured cores at different injection flow
rates (injection rates of 0.1, 0.2, 0.4, 0.6, and 0.8 mL/min), followed by CO2 + foaming agent
replacement experiments. In order to investigate the sealing of the fractured core by the
blowing agent after CO2 replacement and the ability to increase the degree of extraction,
the experiment was divided into three segment plugs with CO2-CO2 + blowing agent-CO2
injection, where CO2 was mixed with the blowing agent through a stirring piston. For the
core with one fully open fracture, firstly, the driving effect of the blowing agent at different
injection rates was investigated for the preferred injection rate (injection concentration of
1.11%, injection rate of 0.1, 0.2, 0.4, 0.6, and 0.8 mL/min). The sealing of the fractured
core and the enhanced recovery characteristics of the different concentrations of agents
were then examined at preferred injection rates (blowing agent concentrations of 0.56%,
1.11%, 1.67%, 2.28%, and 2.80%, respectively). The experimental temperature was 70 ◦C,
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controlled by a thermostat; the experimental minimum pressure was 20 MPa, controlled
by a pressure-return valve; and the experimental core was 3.8 cm in diameter and 8 cm
in length.

The foaming agent configuration method and experimental steps are shown in
Figure 3a, and the foam formation schematic is shown in Figure 3b. The steps are de-
scribed as follows:

1. The core was polished to the specified size, dried, and weighed, and then vacuumed
and saturated with water. Because of the low permeability of the core, the vacuuming
time needed to be more than 8 h, and the saturated formation water time needed to be
more than 6 h. After the saturated water, the core was weighed, and the pore volume
was calculated;

2. Because of the large cross-sectional area of the core and low permeability, saturated
oil was injected with 20 MPa constant pressure, and after about 24 h, the saturated oil
was finished. At this time, the oil saturation degree of the core was about 50% (it was
difficult to saturate low permeability cores with oil, and the saturation was only 55%
after 72 h of saturation);

3. The core is removed and immediately fractured at the end of saturated oil. A reason-
able fracturing method is developed based on the fracture morphology, and the core
is loaded into the gripper immediately after fracturing in preparation for deplacement
(the fracturing process takes about 120 s, which is extremely short, and the pore sizes
are small, the volatilisation of fluids in the core is very small, and the loss of oil and
water during the fracturing process is negligible);

4. After loading the core, the inlet and outlet of the gripper were closed, and 2 MPa
perimeter pressure was applied, followed by heating. To ensure that the core reached
the experimental temperature, it was heated for more than 4 h. To avoid the volatiliza-
tion of oil and water from the side of the core during the heating period, it was
necessary to add a perimeter pressure so that the sleeve stuck close to the surface
of the core. At the same time, the outlet and the inlet of the gripper were closed
to prevent the oil and water vapours that evaporated from the core’s end face from
escaping out of the gripper;

5. After heating, a hand pump was used to pressurize the pressure return valve to
20 MPa. The gas was then pressurized using a booster pump, and when the gas in
the piston was 20 MPa, the pressurization was complete. Inside the thermostat, the
gas was injected into the core through a metal coil of about 6 m in length. As the
gas flowed through the high-temperature coil, it was sufficient to reach the specified
temperature and complete the phase transition;

6. After opening the inlet end of the gripper, the gas flow reached the core outlet
immediately through the fracture, and the pressures at both ends were balanced
after about 90 s. Subsequently, the injection flow rate was set, and the outlet end of
the gripper was opened in preparation for the replacement (during the replacement
process, the oil and gas production at any time during the stage time and the pressure
data were recorded);

7. The injection was stopped after injecting about 1–4 PV. At this time, the pure CO2
replacement experiment was finished; the thermostat was closed, and the pres-
sure was removed. To switch to the CO2 + blowing agent, we closed the grip-
per inlet and outlet after stopping the injection and recorded the pressure inside
the core;

8. Current CO2-soluble agents use water as an intermediate medium, and CO2 can
scramble the blowing agent out of the water during constant stirring. The stirred
piston was therefore fitted with a propeller on one side and configured by pouring the
aqueous solution directly into the piston, evacuating the air inside the piston using a
vacuum pump (15 min), followed by injection and pressurization with CO2;
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9. After pressurizing to the specified pressure, the piston position was adjusted so
that the propeller was in direct contact with the aqueous solution. The propeller
was then opened and stirred for 20 min and left to stand for 20 min after the end
of stirring. Subsequently, the core entrance and exit were opened, the flow rate
was set after the pressure and gas flow rate stabilized, the CO2 + blowing agent
drive was started, and the experimental data were recorded. At this time, the pis-
ton pressure was slightly higher than the internal pressure of the core, and there
was a small pressure disturbance after opening the outlet, which stabilized after
about 30 s.

10. Step (9) was repeated after the end of the CO2 + blowing agent replacement. After
stabilization, the subsequent pure CO2 replacement was turned on, and experimental
data such as differential pressure, oil production, etc., were recorded. The experiment
was completed after a certain amount of replacement.
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Figure 3. Flowchart of CO2 + blowing agent drive experiments on fractured cores (a) and schematic
diagram of foam formation (b).

3. Results and Discussion
3.1. Evaluation of the Foaming Capacity of CO2-Blowing Agents

Using the foaming equipment, two CO2-soluble blowing agents, CG-1 and CG-2, were
selected to conduct experiments to evaluate the foaming ability under different CO2 phases
and different water and oil contents.

In the process of stirring the aqueous solution with CO2, it does not foam immediately.
In the case of the CG-1 foaming process with liquid CO2, for example, as shown in Figure 4,
at the beginning of the mixing process, foam of a large size is formed, visible to the naked
eye, and spreads throughout the entire viewport during the mixing process. The foam in
the middle of stirring gradually sinks to the bottom of the instrument; the upper foam is
large and the lower foam is small. In late stirring, all the foam sinks to the bottom of the
container, forming a stable, fine foam, and only a tiny amount of foam exists hanging on
the viewport. When the foaming was over, the stirrer was closed, and the foaming height
was measured. After defoaming, the half-life was measured (the stirring process of the
two blowing agents was about 90–120 s).
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Figure 4. CG-1 and liquid CO2 foaming process.

3.1.1. Comparison of Foaming Ability of Agents in Different Phases

Liquid CO2 (22 ◦C/10 MPa): Figure 5, shows CG-1 in 10% water at a concentration of
1.6% and a foaming height of 1 cm. The foam volume is small but has excellent stability
with a half-life of 450 min. For CG-2 in 10% water, a concentration of 1.6% is required to
form a stable foam with a half-life of up to 1200 min, but the bubble height is still low at
2.7 cm.
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Figure 5. Results of CG-1 and CG-2 foaming with liquid CO2. (a) Photos of CG-1 at the end of
foaming; (b) Photographs taken when CG-1 has reached its half-life; (c) Photos of CG-2 at the end of
foaming; (d) Photographs of CG-2 when it has reached its half-life.

Supercritical CO2 (70 ◦C, 20 MPa): Figure 6 shows CG-1 at 10% water and a concentra-
tion of 1.6% with a foaming height of 4.5 cm and a half-life of 100 min. CG-2 is shown at
10% water and a concentration of 1.6% with a foaming height of 5.3 cm and a half-life of
15 min.
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Figure 6. Results of CG-1 and CG-2 foaming with supercritical CO2. (a) Photos of CG-1 at the end of
foaming; (b) Photographs taken when CG-1 has reached its half-life; (c) Photos of CG-2 at the end of
foaming; (d) Photographs of CG-2 when it has reached its half-life.

Under the condition of low water quantity, both agents formed stable foam with liquid
CO2 and supercritical CO2, but the foam state varied greatly. The phenomenon of lower
foaming height and a longer half-life is commonly observed in liquid CO2, and in super-
critical CO2, the foaming height is higher, but the half-life is significantly shorter. Because
of the higher density of liquid CO2, the phenomenon of molecular thermal movement
is weaker, and the volume of foam formed with water is significantly smaller, which is
more stable under the maintenance of high pressure. Supercritical CO2 is less dense. The
phenomenon of molecular thermal movement is weaker, which leads to a higher foaming
height, and at the same time, because of the presence of high temperature, the stability of
the foam is significantly weakened and the half-life decreases dramatically. Through the
experiments, it was found that the foaming effect of CG-1 with supercritical CO2 was better,
and the foaming effect of CG-2 with liquid CO2 was better.

According to the experimental results, the foaming volume of the blowing agent and
liquid CO2 is low. Therefore, after mixing thoroughly by stirring, the foam occupies only
a tiny part of the volume in the piston. The upper part of the foam is a mixture of CO2
and the blowing agent, and the foam will not be injected into the rock center during the
replacement, which ensures a pure gas injection environment (as shown in Figure 7).
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3.1.2. Comparison of the Foaming Capacity of the Blowing Agent and Supercritical CO2 at
Different Water Contents

Since supercritical CO2 was used to foam with water in the replacement experiments,
focusing on the foaming performance of the agent with supercritical CO2 was necessary.
The temperature and pressure of foaming remained unchanged at 70 ◦C and 20 MPa, and
the concentration was 1.6%. Based on 10% water content (25 mL), two test points of 5%
(12.5 mL) and 20% (50 mL) were added to examine the foaming performance of each agent.

Table 2 presents the foaming data of agents and supercritical CO2 under different
water content conditions. It can be seen that the rise in water content plays a prominent
role in promoting the foaming effect. Under the condition of 5% water content, the foaming
height and half-life of CG-1 were shortened (0.4 cm/50 min), and CG-2 could not even
foam. At 20% water content, the foaming height and half-life of CG-1 were 5.5 cm and
250 min, respectively, with a half-life 1.5 times that of 10% water, and the foaming height
and half-life of CG-2 were 4.6 cm and 70 min, respectively, with a half-life 4.67 times that of
10% water. As shown in the foaming data, CG-1 also had a specific foaming ability in the
case of low water content, and the scope of application was more comprehensive; CG-2
only had a better foaming effect in high water content conditions.

Table 2. Foaming effect of pharmaceuticals with supercritical CO2 under different water content
conditions.

Sample Number CO2 Phase 5% Water Content 10% Water Content 20% Water Content

CG-1 Supercritical 0.4 cm/50 min 4.5 cm/100 min 5.5 cm/250 min
CG-2 Supercritical Non-foamable 3.7 cm/15 min 4.6 cm/70 min

3.1.3. Comparison of the Foaming Capacity of the Blowing Agent and Supercritical CO2 at
Different Water Contents

Oil and water coexist in the rock pore throat, so the foaming effect of the agent in
the case of oil content must be examined. Water–oil ratios of 100:3 (0.75 mL), 100:10
(2.5 mL), and 100:20 (5 mL) were set to investigate the effect of oil content on the foaming
performance of the supercritical CO2 foaming system. The temperature and pressure were
also 70 ◦C and 20 MPa, the concentration was 1.6%, and the water content was 10% (25 mL)
unchanged. In order to measure the effect of oil content on foaming performance more
accurately, the “foam factor” was introduced as a non-factorized quantity, where the higher
the foam factor, the better the foaming performance (foam factor = 0.75 × foaming height
× half-life).

As shown in Table 3, with the increase in oil content, the foam factor showed a
tendency to increase and then decrease. In the case of low oil content, the oil on the two
foaming agents showed a prominent promotion of foaming. The foaming effect of CG-2
was pronounced after adding oil, where the foam factor became 6–10 times the case of no
oil, and the foaming performance increased significantly. The foam factor of CG-1 after
refueling became 0.75–2.15 times the original, and there was a phenomenon of weakening
the foaming effect at high oil content. The table shows that although the effect of oil on
CG-1 is relatively tiny, overall, the foaming effect of CG-1 after refueling is still better than
that of CG-2.

Table 3. Foaming effect of pharmaceuticals with supercritical CO2 under different oil content conditions.

Sample
Number 100:0 100:3 100:10 100:20

CG-1 4.5 cm/100 min
337.5

4.5 cm/120 min
405

4.8 cm/200 min
720

4.5 cm/75 min
253.125

CG-2 3.7 cm/15 min
41.625

4 cm/90 min
270

4.3 cm/140 min
451.5

4.6 cm/100 min
345

31



Polymers 2024, 16, 2191

3.1.4. Foaming Agent Screening

According to the results of the above studies, it can be found that the foaming effect
of CG-2 with liquid CO2 is better than that of CG-1, but the foaming effect of CG-1 with
supercritical CO2 is better than that of CG-2. CG-1 can be foamed under low water content
conditions, and its foaming effect is better than that of CG-2 in various water content
conditions. Although the promotion effect of oil on the foaming performance of CG-2 is
better than that of CG-1, the oil content of CG-1 is better than that of CG-2. Although the
promotion effect of oil on the foaming performance of CG-2 is better than that of CG-1, the
foaming effect of CG-1 in oil content is better than that of CG-2 on the whole. Based on
the above experimental results, it is assumed that CG-1 has a better foaming effect with
supercritical CO2 and performs better under low water conditions. At the same time, CG-1
still maintains an excellent foaming effect under oil-containing conditions. Therefore, CG-1
was selected to investigate the effect of the use of the agent in fractured rock cores.

3.2. Effectiveness of CO2-Soluble Blowing Agent in Fractured Rock Cores

Because of the low permeability of the core matrix (about 0.25 mD), it is not possible to
use water drive development. Therefore, the CO2-soluble foaming agent was dissolved in
CO2 and injected into the core, which foamed with the oil and water on the fracture surface
to form foam and then sealed the core, thus increasing the recovery. Cores with one fully
open fracture were used for this study.

3.2.1. Influence of the Injection Rate on the Repellent Characteristics of a Fully Open
Fracture Core (Blank Controlled Experiment)

The gas flow rate graphs of the core with one fully open fracture at different injection
rates are shown in Figure 8. With the increase in the injection flow rate from 0.05 to
0.8 mL/min, the gas production rate in the late stage of replacement gradually increased
from 421.36 to 1326.86 mL/(MPa·min).
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The effect of different injection flow rates on the degree of replacement from a fully
open fracture core is shown in Figure 9. The figure shows that as the injection flow rate
rises, the replacement degree shows a tendency to first increase and then decrease. In the
replacement process of a fractured core, oil is first transported from the matrix into the
fracture and subsequently carried out of the core by the CO2 + blowing agent. Too low
a flow rate results in a low amount of CO2 being injected, while at the same time, the
differential pressure is low (as shown in Figure 10, the higher the flow rate, the higher
the differential pressure). The amount of diffusion into the fracture will be even lower,
preventing the effective movement of crude oil from the matrix. However, if the flow rate
is too high, although the differential pressure rises, in that case, the flow rate of the gas
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is too fast, which is also unfavorable to the diffusion of CO2 into the matrix, leading to a
decrease in the degree of recovery.
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3.2.2. Effect of Injection Velocity on Displacement Characteristics of the Foaming Agent

Figure 11 shows the stage gas production rates at different injection rates for CO2
replacement of a core with one fully open fracture with both CG-1 concentrations of
1.11%. The graphs show the gas production rates when the injection rate increases from
0.1 mL/min to 0.8 mL/min. For the pure CO2 drive stage, the injection rate was 0.4 mL/min
in all cases, and the stage gas production rate range was roughly 850–1200 mL/(MPa-min)
because of the difference in fracture morphology. The gas production rate was suppressed
immediately after injection of the blowing agent (including the experimental group of
0.4–0.8 mL/min), showing a gradual decrease in the gas production rate, which quickly
returned to the previous state after reinjection of CO2.
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Since the gas production rate is affected by both the injection rate of the system and
the agent, the injection rate of the CO2 + foaming agent is not the same as that of pure
CO2. Therefore, the resistance factor was used to examine the blocking performance of
the agent by calculating the ratio of the injection pressure difference at the late stage of
the replacement at the same injection rate (the pressure was unstable in the early stage
of the replacement, and it took time for the foam to form). The resistance factor for foam
formation at each injection rate is shown in Table 4.

Table 4. Resistance factor for blowing agent formation at each injection rate.

injection rate mL/min 0.1 0.2 0.4 0.6 0.8

resistance factor 1.17 1.73 2.20 2.95 1.80

Table 4 and Figure 11b show that the resistance factor increases and then decreases
as the injection rate increases. The resistance factor was higher at 0.4 and 0.6 mL/min
measuring 2.20 and 2.95, respectively. In the static foaming evaluation, foaming was
carried out by stirring, which stopped after the foaming was completed. However, in the
replacement process, without any stirring device, it can only rely on the flow of gas to
provide power, in turn forming foam on the fracture surface, which is both the foam’s
storage space and the gas’s main flow channel. Therefore, the increased gas flow both
promotes foam formation and leads to foam destruction, so a decreasing drag factor at a
high flow rate occurs.

3.2.3. Influence of the Injection Concentration on the Effect of Expulsion

According to the results in Table 4, the injection flow rates of the agents, 0.4 mL/min
and 0.6 mL/min, were preferably selected. The blowing agent concentrations were set to
0.56%, 1.11%, 1.67%, 2.28%, and 2.80% to investigate the influence of the blowing agent
concentration on the effect of the replacement (0.4 mL/min in all cases of pure CO2 drive).
Figure 12 shows a comparison of the stage gas production rate, resistance factor, and sealing
rate at different injection concentrations when the agent injection rate is 0.4 mL/min (at
this time, the injection rate of the CO2 + blowing agent is the same as that of the pure
CO2 replacement, and the existence of the blocking rate is meaningful). It was found
that at an injection rate of 0.4 mL/min, CG-1 had a superior sealing performance at all
concentrations, and the sealing performance gradually increased with the increase in
injection concentration. At the injection concentration of 2.8%, the resistance factor in the
late replacement stage was 6.1, the blocking rate was 80.72%, and the stage gas production
rate was 274 mL/(MPa·min).
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Figure 13 shows a comparison of the stage gas production rate, resistance factor, and
sealing rate at different injection concentrations at the agent injection rate of 0.6 mL/min.
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At an injection concentration of 2.8%, the resistance factor in the late replacement stage was
6.3, the sealing rate was 83.775%, and the stage gas production rate was 200 mL/(MPa-min).
After increasing the injection rate from 0.4 mL/min to 0.6 mL/min, there was an increase in
the sealing performance at all concentrations, and in terms of the sealing rate, the increase
in the sealing effect by increasing the injection rate was not pronounced. However, from the
early injection stage of the system, the onset time of the agent was shortened, the sealing
was more rapid, the rate of gas production in the stage decreased more rapidly, and the
fluctuation in the resistance factor was significantly weakened. It can be considered that
the foam is more stable at 0.6 mL/min.
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A comparison of CG-1 sealing rate at different injection rates and concentrations is
shown in Figure 14a. At a CG-1 concentration of 0.56%, the injection flow rate of 0.4 mL/min
has a better sealing effect; when the CG-1 concentration is more significant than 1.11%, it has
a better sealing effect at an injection flow rate of 0.6 mL/min. Through static experiments,
it was found that when the concentration is low, the foaming volume and stability are
reduced. The injection rate is high, which promotes foaming, but it currently has a stronger
destructive ability, leading to a decrease in the sealing rate, so it is suitable to use a
low injection flow rate. The foam is stable at high concentrations and can resist higher
injection flow rates, while a high flow rate promotes system foaming and strengthens the
sealing performance.
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A comparison of the degree of enhanced recovery of CG-1 at different injection rates
and concentrations is shown in Figure 14b. Although a fully fractured core is relatively
controllable during the fracturing process, ensuring complete consistency between cores is
challenging, and the degree of recovery varies significantly among different cores. There-
fore, the sealing performance was evaluated using the recovery enhancement after the
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agent was injected into the core. The enhancement of recovery of CG-1 was 1–3% when the
concentration was less than 1.67%, but the enhancement of recovery was 6–12.5% when
the concentration ranged from 1.67% to 2.80%, which had a significant effect. The sealing
performance of CG-1 at a high injection concentration and a high flow rate was excellent,
with a sealing rate above 80%, which significantly increased the proportion of CO2 diffusion
into the matrix and, therefore, improved the degree of recovery significantly. In the case
of high flow rate injection, the amount of CO2 injected into the core for the same length
of time was significantly higher, increasing the injection differential pressure and, at the
same time, increasing the proportion of CO2 diffusing into the core matrix. This led to
a significant increase in the degree of increased recovery at the higher flow rate for two
injection flow rates that are close to each other in terms of sealing rate.

4. Conclusions

This paper focuses on the foaming performance of CO2-soluble blowing agents under
different conditions and their effectiveness in sealing the fractured core and enhancing
recovery. Based on a comparison of the foaming effect of foaming agents in different phases,
water contents, and oil contents, CG-1 is preferred for evaluating the replacement effect,
which has a good use effect. The specific conclusions are as follows:

1. Through static experimental evaluation, it is found that CG-1 can produce stable foam
under low water content and various oil content conditions. The foaming conditions
are more relaxed, with a broader range of use, which is suitable for use in reservoirs
with variable conditions and can be applied to the subsequent evaluation of the
replacement experiments.

2. Because of the low foaming height of both blowing agents with liquid CO2, a large
amount of CO2 and blowing agent mixture exists in the upper part of the space, which
ensures that there is no participation of any foam or water in the injection process and
provides a method for the configuration and injection of the agent.

3. In the dynamic replacement experiment, if the injection rate is too low, the foaming
agent cannot form stable foam with the water and oil on the fracture surface. However,
if the injection rate is too high, the airflow will simultaneously destroy the foam that
has already been formed, so that the sealing rate will be reduced, which is unfavorable
to development. At 0.6 mL/min and 2.80% injection, the sealing rate can reach 83.7%,
and the improvement in the extraction degree is 12.02%, which has a good use effect.
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Abstract: The Bohai oilfield is characterized by severe heterogeneity and high average
permeability, leading to a low water flooding recovery efficiency. Polymer flooding only
works for a certain heterogeneous reservoir. Therefore, supplementary technologies for fur-
ther enlarging the swept volume are still necessary. Based on the concept of discontinuous
chemical flooding with multi slugs, three chemical systems, which were polymer gel (PG),
hydrophobically associating polymer (polymer A), and conventional polymer (polymer
B), were selected as the profile control and displacing agents. The optimization design
of the discontinuous chemical flooding was investigated by core flooding experiments
and displacement equilibrium degree calculation. The gel, polymer A, and polymer B
were classified into three levels based on their profile control performance. The degree
of displacement equilibrium was defined by considering the sweep conditions and oil
displacement efficiency of each layer. The effectiveness of displacement equilibrium degree
was validated through a three-core parallel displacement experiment. Additionally, the
parallel core displacement experiment optimized the slug size, combination method, and
shift timing of chemicals. Finally, a five-core parallel displacement experiment verified
the enhanced oil recovery (EOR) performance of discontinuous chemical flooding. The
results show that the displacement equilibrium curve exhibited a stepwise change. The
efficiency of discontinuous chemical flooding became more significant with the number
of layers increasing and heterogeneity intensifying. Under the combination of permeabil-
ity of 5000/2000/500 mD, the optimal chemical dosage for the chemical discontinuous
flooding was a 0.7 pore volume (PV). The optimal combination pattern was the alternation
injection in the form of “medium-strong-weak-strong-weak”, achieving a displacement
equilibrium degree of 82.3%. The optimal shift timing of chemicals occurred at a water
cut of 70%, yielding a displacement equilibrium degree of 87.7%. The five-core parallel
displacement experiment demonstrated that discontinuous chemical flooding could get a
higher incremental oil recovery of 24.5% compared to continuous chemical flooding, which
presented a significantly enhanced oil recovery potential.

Keywords: strong heterogeneity; discontinuous chemical flooding; polymer slug combination;
displacement equilibrium
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1. Introduction
Polymers are widely applied in various fields such as construction, healthcare, and

energy [1–3]. One of their most extensive applications is in enhancing oil recovery through
chemical flooding processes [4]. Currently, polymers in common use are classified into
two types: synthetic polymers and biopolymers [3–5]. Synthetic polymers are artificially
synthesized by the polymerization of acrylamide monomers and are often modified based
on the requirement of the reservoir [6,7]. Hydrolyzed polyacrylamide (HPAM) is the most
common and widely used synthetic polymer both at the field and experimental level due
to its cost-effective nature [6,8]. Most synthetic polymers are PAM derivatives [4]. Polymer
flooding can significantly increase crude oil recovery factors and is widely used among
existing chemical flooding techniques, with broad application prospects [9,10]. The mech-
anisms for enhancing recovery primarily involve increasing the viscosity of the aqueous
phase and reducing the aqueous phase permeability, thereby improving the oil–water mo-
bility ratio, enhancing the vertical water absorption profile and increasing the areal sweep
efficiency [8–10]. Additionally, at the microscopic scale, due to the polymer’s (i) pulling
effect, (ii) stripping effect, (iii) oil thread phenomenon, and (iv) shear thickening effect,
polymers can mobilize residual oil trapped by capillary forces and rock structures, thus
improving microscopic oil displacement efficiency [9–11]. As a mature chemical flooding
technology for enhanced oil recovery, polymer flooding is widely applied in onshore oil-
fields such as Daqing, Dagang, Yumen, and Shengli, and has achieved remarkable results
in improving oil recovery factors [8,9,12].

Offshore oilfields typically comprise loose sandstone with high permeability, strong
reservoir heterogeneity, and high oil viscosity. The large well spacing, multilayer commin-
gled development, and strong injection and production will result in the severe channeling
of injected fluids, ultimately leading to a low water flooding efficiency. There are still a lot
of residual oil remains after water flooding in the reservoirs [13–15]. Polymer flooding can
further expand the sweep volume based on water flooding, and is currently an effective
technique for enhancing oil recovery (EOR) in offshore oilfields. However, the late stage
of polymer flooding is inevitably accompanied by profile reversal, reducing the reservoir
control capacity and leaving approximately 50% of the more dispersed oil in the forma-
tion [7,16,17]. Numerous laboratory and field tests have shown that polymer flooding can
only increase oil recovery by about 10–12% over water flooding [18–21]. Furthermore, in
the high-water-cut stage of offshore oilfields, reservoir heterogeneity is further exacerbated,
and the profile control ability of polymers is limited. In the presence of dominant flow
channels and large pores, the polymer cannot prevent channeling. Therefore, supplemen-
tary technologies are needed to address the limitations of polymer flooding in expanding
the swept volume in offshore oilfields [22–24].

Foam flooding, gel particle flooding, and multiphase thermal fluid flooding can effec-
tively alleviate fluid channeling and further enhance oil recovery in offshore oilfields [25–28].
However, these methods are more complex than polymer flooding. Based on the con-
cepts of multi-slug injection of polymers [29] and stepwise injection [30], Zhang et al.
proposed the theory and model of discontinuous chemical flooding for high-water-cut
offshore oilfields [31,32]. This technology designs different concentrations and molecu-
lar weights of polymers, hydrophobically associating polymers, gel particles, and gels
as slug combinations according to reservoir conditions, effectively controlling injection
pressure and significantly increasing the swept volume while plugging channeling paths.
The technology has achieved good field application results, but it is still in the laboratory
research stage. Two main issues need further clarification: (1) how to evaluate the effect of
discontinuous chemical flooding. Displacement equilibrium is commonly used to evaluate
the development degree of heterogeneous reservoirs [20,31,32], but current indicators are
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difficult to monitor and obtain during laboratory and field applications, requiring a more
straightforward and accurate method to evaluate the development effect of discontinu-
ous chemical flooding. (2) Optimization design of slug combinations for discontinuous
chemical flooding. The total injection volume of the polymer solution, the injection volume
of each agent, the combination method, and the conversion timing all play a key role in
the effect of discontinuous chemical flooding and require further laboratory research to
provide a basis for field parameter optimization.

The evaluation method and parameter optimization design of discontinuous chemical
flooding were systematically researched. First, the equilibrium displacement degree was
defined based on the number of layers in heterogeneous reservoirs and the oil recovery
factor in individual layers. To verify its feasibility and sensitivity, discontinuous flooding
and single polymer flooding scenarios were designed. Using a large flat-panel model, the
optimal slug size for discontinuous chemical flooding was determined. Three different
intensities of profile control systems were selected, and a three-core parallel displacement
experiment was conducted to optimize the combination method and injection timing of the
agents. Subsequently, a five-cores parallel displacement experiment was used to verify the
beneficial effects of discontinuous chemical flooding. The established evaluation method
for discontinuous chemical flooding, applicable to typical offshore oilfields, effectively
solve the problem of further enhancing oil recovery in the mid/late stages of polymer
flooding in high-water-cut offshore oilfields.

2. Experimental Equipment and Process
2.1. Experimental Materials

The polymer displacement agents included gel, polymer A, and polymer B. The
relative molecular masses of polymers A and B were 3 × 107 and 1 × 107, respectively,
and both are odorless, white, solid powders. The gel was formulated from polymer B and
crosslinking agents in a specific ratio, and its molecular structure is illustrated in Figure 1.
The experimental cores included a square gel-encapsulated core, 4.5 cm × 4.5 cm × 30 cm,
with gas permeability values of 500 mD, 2000 mD, 5000 mD, 7500 mD, and 10,000 mD (the
last two permeabilities were used in a five-core parallel displacement experiment). Porosity
was approximately 30% and oil saturation was around 65%. A flat gel-encapsulated core,
60 cm × 60 cm × 5 cm, with gas permeability values of 500 mD, 2000 mD, and 5000 mD
was also used.

The oil used in the experiment was a simulated oil composed of field crude oil blended
with aviation kerosene, with a viscosity of 45 mPa·s at 60 ◦C. The water used was simulated
formation water with a salinity of 7153.35 mg/L, and the detailed ion composition is shown
in Table 1.

Table 1. Formation water ion composition.

Ion Na+ K+ Mg2+ Ca2+ Cl− SO4
2− Total

Concentration mg/L 2422.13 40.29 69.94 191.71 3971.52 17.67

7153.35Ion HCO3
− CO3

2− I− Br− B−

Concentration mg/L 392.57 47.52 0.36 4.47 3.39

41



Polymers 2025, 17, 244
Polymers 2025, 17, x FOR PEER REVIEW4 of 21 
 

 

 

Figure 1. Molecular structure. 

The oil used in the experiment was a simulated oil composed of field crude oil 
blended with aviation kerosene, with a viscosity of 45 mPa·s at 60 °C. The water used was 
simulated formation water with a salinity of 7153.35 mg/L, and the detailed ion 
composition is shown in Table 1. 

Table 1. Formation water ion composition. 

Ion Na+ K+ Mg2+ Ca2+ Cl− SO42− Total 
Concentration mg/L 2422.13 40.29 69.94 191.71 3971.52 17.67 

7153.35 Ion HCO3− CO32− I− Br− B−  
Concentration mg/L 392.57 47.52 0.36 4.47 3.39  

2.2. Experimental Equipment 

Polymer agent performance evaluation: a MARS III high-temperature and high-
pressure rheometer (temperature range 10–300 °C) (HAAKE Company, Vreden, 
Germany), a TC-150SD viscometer (Brookfield Company, Mumbai, Maharashtra), an 
electric stirrer (Waring Company, Vicksburg, MI, USA). 

Core oil displacement experiment: the polymer displacement system consisted of an 
injection system, a core model, a liquid measurement system, a pressure control system, 
and a data acquisition system. Major equipment included an ISCO constant speed pump 
(ISCO Company, Louisville, KY, USA), a thermostatic chamber (up to 100 °C) (Hai�an 
Petroleum Research Instrument Company, Haian, China), pressure sensors and a data 
acquisition box (Hai�an Petroleum Research Instrument Company).2.3. Experimental 
Methods 

2.3.1. Rheological Test 

The rheological properties of the gel were tested using the HAAKE MARS III high-
temperature and high-pressure rheometer. A prepared 12 mL sample was placed into a 
clean cylinder for stress and frequency scanning to obtain viscoelastic parameters. 

2.3.2. Viscosity Test 

Figure 1. Molecular structure.

2.2. Experimental Equipment

Polymer agent performance evaluation: a MARS III high-temperature and high-
pressure rheometer (temperature range 10–300 ◦C) (HAAKE Company, Vreden, Germany),
a TC-150SD viscometer (Brookfield Company, Mumbai, Maharashtra), an electric stirrer
(Waring Company, Vicksburg, MI, USA).

Core oil displacement experiment: the polymer displacement system consisted of an
injection system, a core model, a liquid measurement system, a pressure control system,
and a data acquisition system. Major equipment included an ISCO constant speed pump
(ISCO Company, Louisville, KY, USA), a thermostatic chamber (up to 100 ◦C) (Hai’an
Petroleum Research Instrument Company, Haian, China), pressure sensors and a data
acquisition box (Hai’an Petroleum Research Instrument Company).

2.3. Experimental Methods
2.3.1. Rheological Test

The rheological properties of the gel were tested using the HAAKE MARS III high-
temperature and high-pressure rheometer. A prepared 12 mL sample was placed into a
clean cylinder for stress and frequency scanning to obtain viscoelastic parameters.

2.3.2. Viscosity Test

The viscosity of the polymer displacement agents at 60 ◦C was measured using a
TC-150SD Brookfield viscometer. For the gel agents, rotor No. 3 was used (test range
0–20,000 mPa·s) and, for polymer A and polymer B systems, rotor No. 1 was used (test
range 0–200 mPa·s). Gel solutions were prepared by mixing the polymer and crosslinking
agents, and the resultant mix was then aged at 60 ◦C for 72 h. The viscosity of the system
was tested every 6 h to obtain a viscosity curve as a function of aging time. A 12 mL
sample was placed in the clean, dry cylinder, and the rotor speed was set to 6 r/min. After
stabilization, viscosity data were recorded.
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2.3.3. Gel Strength Evaluation and Formula Optimization

First, the visual code method (Table 2) was used to select polymer concentrations that
resulted in a gel strength between C and D and a suitable gelation time. Then, the optimal
polymer-to-crosslinker ratio was determined using rheological parameters and viscosity
variation methods [33].

Table 2. The gel strength code criteria [33].

Intensity Code Gel Name Corresponding Strength Description

A Non-probabilistic gels The system is no different from the polymer and is completely unbonded

B High mobility gel The viscosity of the system gradually increases and exceeds that of
the polymer

C Liquidity gel Most of the gel can flow to the other end of the bottle

D Medium flow gel When flipping the glass bottle (<15% of the gel), the polymer cannot flow
to the other end and often exists in the tongue type

E Almost no flow of the gel A small amount of the gel can flow slowly to the other end, and most of
it is not liquid

F High-shaped and immobile gel The gel does not flow to the bottle mouth when turning around the
glass bottle

G Medium-shaped immobile gel When flipped, it can only flow to the middle of the glass bottle
H Slightly deformed immobile gel Upon flipping, only the gel surface is deformed
I Rigid gel Upon flipping, the gel surface does not deform

J Jolling gel When shaking the glass bottle, you can feel the mechanical vibration like
a sound fork

2.3.4. Definition of Displacement Equilibrium

The dynamic control degree of polymer flooding refers to the percentage of the pore
volume in the oil layer that the polymer solution can affect under effective flow conditions,
relative to the total pore volume of the oil layer. It reflects the extent of the reservoir sweep,
which is related to reservoir pressure and dynamic resistance. The dynamic control degree
of polymer flooding E is defined as:

E =

m
∑

i=1
aibiV(P)i

n
∑

j=1
Vi

× 100% (1)

V(P) = ∑
[
∑
(
Sji(P)·Hji(P)·ϕ

)]

j = 1, i = 1
(2)

where V is the pore volume of the oil layer that can be swept by the polymer solution and it
is related to the effective driving pressure of the polymer. The terms ai and bi are dynamic
control coefficients, related to dynamic resistance during polymer flooding. Sji represents
the sweep area of the polymer flood network for the i-th well group in the j-th oil layer, Vi

is the total pore volume, Hji is the connection thickness of the injection–production well
group that the polymer molecules can reach, and φ is the porosity.

Increasing the dynamic control degree of the polymer reservoir can achieve a more
uniform sweep. However, since the parameters of the control degree are difficult to
determine directly, a simplified parameter based on experiments is needed to represent
the sweep balance, known as the displacement equilibrium. The function of displacement
equilibrium is to describe the sweep effect of the displacement system. Theoretically, the
greater the sweep efficiency, the larger the sweep range and recovery factor. Displacement
equilibrium λ is defined as:

λ = ξ × θ =
n
m
× ηave

ηmax
× 100% (3)
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where λ is the displacement equilibrium (as a percentage), ξ is the control coefficient,
representing the ratio of the number of mobilized sub-layers n to the total number of sub-
layers m, and θ is the homogeneity coefficient of mobilization, representing the ratio of the
comprehensive recovery degree of each layer to the highest recovery degree of the layers.

2.3.5. Optimization Design of Discontinuous Chemical Flooding

Based on the characteristics of the reservoir’s physical properties and thickness, ar-
tificial sandstone cores were designed according to the principle of similar permeability
and thickness ratio, and displacement experiments were conducted. The experimental
procedure was as follows:

1. Apply a vacuum of −0.1 MPa using a vacuum pump for 2 h.
2. Saturate the core with simulated water through self-absorption for 4 h, obtaining the

pore volume VP.
3. Perform oil displacement with water using an ISCO pump at a speed of 0.5 mL/min.

Once oil appears at the outlet, increase the flow rates to 1 mL/min and 2 mL/min in
sequence. The total injected oil volume is twice the pore volume, and the initial oil
saturation Soi is calculated.

4. Age the core for 3 days.
5. Connect the devices, fill the piston container with water and the polymer agent system,

purge air from the pipelines and valves, and perform a pressure leak test at 2 MPa.
6. Then, proceed with the displacement experiment according to the experimental plan.

Conduct water flooding. Upon reaching the predetermined water cut level, inject a slug
of the designed chemical agent. Finally, conduct the subsequent water flooding until
the composite water cut reaches 98%, at which point the experiment is terminated.

7. The process is conducted at the experimental temperature, monitoring pressure, and
liquid production during displacement.

8. Data processing: calculate parameters such as fractional flow, oil recovery factor, and
the equilibrium displacement degree using the following formulas.
Fractional flow:

fw = Qi/∑n
1 Qi × 100% (4)

Oil recovery factor:
R = ∑n

1 Voi/
(
Vp × Soi

)
× 100% (5)

Equilibrium displacement degree was calculated using Equation (3), where Qi repre-
sents the instantaneous liquid production of each layer, mL; i denotes the ith layer;
and n is the total number of layers; Voi is the cumulative oil production of each layer,
mL; Vp is the pore volume, mL; and Soi is the oil saturation, %.

(1) Validation of Sweep Efficiency
The sweep efficiency is defined in Section 2.3.4. Here, two sets of three-tube parallel

core displacement experiments are designed. The displacement flow chart are shown in
Figure 2. By comparing the recovery factors and sweep efficiency indicators in two-stage
discontinuous chemical flooding and single polymer slug flooding, the feasibility of the
sweep efficiency definition and its sensitivity to the experimental scheme were determined.
The specific experimental plan is shown in Table 3.
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Table 3. Experimental scheme for the verification of displacement equilibrium degree.

No. Core Permeability/mD Transfer Timing Experimental Scheme Experimental Procedure

1 500/2000/5000 80% The 0.7 PV polymer Water flooding to a comprehensive water cut of
80%; polymer flooding of 0.7 PV after a water

comprehensive water cut of 98%2 500/2000/5000 80% 0.3 PV gel + 0.4 PV
polymer

(2) Design of Slug Size
The total size of the discontinuous chemical flooding slug was optimized using a

three-plate parallel model. Electrodes and pressure points were arranged in the model.
The physical model and displacement flow chart are shown in Figure 3. By injecting a
large slug of the polymer system, the residual oil distribution characteristics were clarified
using saturation electrodes, optimizing the best slug size. The specific experimental plan is
shown in Table 4.
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Table 4. Experimental scheme of polymer slug size.

No. Core Permeability/mD Slug Size/PV Experimental Scheme Transfer Timing

1 500/2000/5000 1 Water flooding + 1 PV polymer + back water Water cut of 80%

(3) Optimization of Combination Methods.
Based on the optimized conformance control system intensity, three discontinuous

displacement combination methods were designed, including three-stage combinations,
namely 1© 0.2 PV gel + 0.2 PV polymer A + 0.3 PV polymer (strong–medium–weak),
2© 0.3 PV polymer + 0.2 PV polymer A + 0.3 PV gel (weak–medium–strong), and 3© 0.2 PV

polymer A + 0.2 PV gel + 0.3 PV polymer (medium–strong–weak), and a four-stage combi-
nation, namely 4© 0.2 PV polymer A + 0.1 PV gel + 0.15 PV polymer + 0.1 PV gel + 0.15 PV
polymer (medium–strong–weak–strong–weak). These methods were evaluated through
three-tube parallel displacement experiments (Figure 2) combined with sweep efficiency
indicators, and the optimal system combination method was selected. The specific experi-
mental plan is shown in Table 5.

Table 5. Optimization design of oil displacement system combination methods.

No. Core
Permeability/mD Slug Size Combination Mode Experimental Scheme Transfer Timing

1 500/2000/5000 0.7 Strong–medium–
weak

0.2 PV gel + 0.2 PV polymer A
+ 0.3 PV polymer + post-water Water cut of 80%

2 500/2000/5000 0.7 Weak–medium–
strong

0.3 PV polymer + 0.2 PV polymer A
+ 0.3 PV gel + post-water Water cut of 80%

3 500/2000/5000 0.7 Medium–strong–weak 0.2 PV polymer A + 0.2 PV gel
+ 0.3 PV polymer + post-water Water cut of 80%

4 500/2000/5000 0.7 Medium–strong–
weak–strong–weak

0.2 PV polymer A + 0.1 PV gel
+ 0.15 PV polymer + 0.1 PV gel
+ 0.15 PV polymer + post-water

Water cut of 80%

(4) Optimization of the Best Conversion Timing
Based on the optimal system combination method, the conversion timing of each

discontinuous chemical flooding system was studied. Similarly, using the three-tube
parallel displacement experiment (Figure 2) combined with sweep efficiency indicators,
the effect of improving reservoir heterogeneity at four different conversion timings was
evaluated, determining the best combination method. The specific experimental plan is
shown in Table 6.

Table 6. Optimization design of the shift timing for oil displacement experiments.

No. Core Permeability/mD Slug Size Experimental Scheme Transfer Timing

1 500/2000/5000 0.7 0.2 PV polymer A + 0.1 PV gel + 0.15 PV
polymer + 0.1 PV gel + 0.15 PV polymer

+ back water
(Medium–strong–weak–strong–weak)

Water cut of 0%
2 500/2000/5000 0.7 Water cut of 30%
3 500/2000/5000 0.7 Water cut of 70%
4 500/2000/5000 0.7 Water cut of 80%

2.3.6. Verification of the Effectiveness of Discontinuous Chemical Flooding

To verify the beneficial effects of the discontinuous chemical flooding method op-
timized in Section 2.3.5, a five-tube parallel displacement experiment was conducted,
comparing the discontinuous chemical flooding with continuous polymer flooding. The
experimental steps followed those described in Section 2.3.5, and the experimental plan is
outlined in Table 7.
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Table 7. Five-core parallel displacement experiment schemes.

No. Core Permeability/mD Experimental Scheme Experimental Procedure

1 500/2000/5000/7500/10,000 0.2 PV polymer A + 0.1 PV gel + 0.15 PV polymer
+ 0.1 PV gel + 0.15 PV polymer + post-water

Water flooding to a comprehensive
water cut of 80%; polymer flooding

post water to a total water cut of 100%2 500/2000/5000/7500/10,000 The 0.7 PV polymer

3. Results and Discussion
3.1. Performance Evaluation of the Oil Displacement Systems
3.1.1. Optimization of Gel System Formulation

The formulation design for gel application mainly included the design of polymer
concentration and polymer-to-crosslinker ratio. Gel solutions were prepared using polymer
concentrations of 1000, 1200, 1400, 1600, and 1750 mg/L, with a polymer-to-crosslinker
ratio of 2:1. These solutions were then aged at 60 ◦C for a specified duration. The initial
gelation time was defined as the intersection of the rapidly rising viscosity trend line with
the x-axis. The stable gelation time was defined as the intersection of the trend line, where
viscosity tended to stabilize with the rapidly rising trend line.

The results reveal that the solution with a concentration of 1750 mg/L underwent
discoloration to yellow over time and exhibited a high gel strength. The results show that
no good gel formation occurred at concentrations below 1600 mg/L, while, at 1750 mg/L,
the gel strength was high, making it suitable for underground crosslinking to block high-
permeability layers. Therefore, the optimal polymer concentration for the gel was between
1600–1750 mg/L.

A polymer with a concentration of 1600 mg/L was mixed with crosslinking agents at
mass ratios of 4:1, 2:1, 1:1, 1:2, and 1:4 to obtain gel solutions. The viscosity curves were
tested at 60 ◦C, and the experimental results are shown in Figure 4.
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Figure 4. Viscosity curves of different polymer-to-crosslinker ratio systems.

Figure 4 shows that the ratio of polymer to crosslinking agent significantly affected
gel formation. A decreased polymer-to-crosslinker ratio, indicating an increased amount
of crosslinking agent, enhanced the collision probability between the polymer and the
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crosslinking agent, leading to a reduced gelation time. Additionally, the quantity of
gel formed increased, causing gel properties to progressively dominate the system and
highlighting the difference in viscosity before and after gelation. Conversely, a high
polymer-to-crosslinker ratio signifies a lesser amount of crosslinking agent, insufficient
for complete crosslinking of the polymers in solution. This leads to partial crosslinking
and the formation of a relatively small amount of gel. Consequently, the system primarily
exhibited polymeric properties, resulting in a lower viscosity and an extended crosslinking
time. Hence, the viscosity change in the system before and after gelation was insignificant.
A polymer-to-crosslinker ratio of 1:1 or 1:2 yielded a suitable gelation time and gel strength,
making this range the preferred one. Gel formation commenced after 12 h of aging, with
a gelation rate of approximately 300 mPa·s/h, and the final gel strength could reach
10,000 mPa·s.

The viscoelasticity of the gel with a concentration of 1600 mg/L and a polymer-to-
crosslinker ratio of 1:2 was tested, and the experimental results are shown in Figure 5. The
results indicate that, after gel formation, across various vibration frequencies, the elastic
modulus (G′) consistently exceeded the viscous modulus (G′′), indicating a predominantly
elastic system. Specifically, it was found that the elastic modulus G′ was less than 1 Pa.
According to industry standards, this gel was classified as a weak gel.
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Figure 5. Relationship between viscoelastic moduli and vibration frequency of the gel under the
optimal formula.

3.1.2. Graded Evaluation of the Performance of Oil Displacement Systems

The viscosity of polymer A and polymer B solutions at different concentrations was
measured to determine their thickening properties, as shown in Table 8. The results indicate
that the viscosity of the gel, as well as that of the polymer A and polymer B solutions,
exhibited a stepwise variation. The viscosity of the gel was much higher than that of the
polymer solutions, while the thickening ability of polymer A was stronger than that of
regular polymers. As a result, the plugging strength of the three systems was classified into
strong, medium, and weak levels.

Table 8. Viscosity range of polymer agents.

No. Polymer Agents Main Control Parameters Scope Intensity

1 Gel Dynamic viscosity >2000 Strong

2 Polymer A Dynamic viscosity 200–350 cP Medium

3 Polymer B Dynamic viscosity 30–50 cP Weak
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3.2. Feasibility Verification of Displacement Equilibrium Evaluation Index

Figure 6 shows the displacement equilibrium curves for two-stage discontinuous
displacement and continuous displacement. The overall curves exhibit a stepwise change:
initially, only the high-permeability layers were activated, resulting in a control coefficient
of 1/3, which caused the first point to be significantly lower. As displacement progressed,
the medium- and low-permeability layers were subsequently activated, with a control
coefficient of 1, leading to a jump in the second point. Observing Figure 6, the equilibrium
displacement degree did not show a significant increase in the water flooding scheme,
yielding the smallest final equilibrium displacement degree and, consequently, the smallest
corresponding recovery degree. In contrast, in the polymer flooding scheme, the equi-
librium displacement degree exhibited an increase at an injection volume of 0.4 PV. The
increase was because the chemical flooding started to take effect. During the DCF pro-
cess, the equilibrium displacement degree showed two distinct steps at injection volumes
of 0.5 PV and 1.1 PV. The injection of the second slug in DCF resulted in the reuse of
the reservoir.
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Figure 6. Comparison of discontinuous displacement and continuous flooding using displacement
equilibrium degree.

Table 9 presents key parameters from the three displacement experiments, reveal-
ing that discontinuous displacement can increase recovery by more than 8% compared
to continuous polymer flooding, demonstrating significant enhancement effects. When
comparing the final recovery and displacement equilibrium among the three experiments,
it becomes evident that the recovery factor showed a more noticeable numerical differ-
ence than the displacement equilibrium, making it easier to compare the pros and cons of
different schemes.

Table 9. Comparison of displacement equilibrium degree and oil recovery.

Combined Recovery at a
Water Cut of 80%, %

Ultimate Recovery,
%

Final Displacement
Equilibrium, %

Water drive 22.24 39.17 58.49
DCF 23.18 58.21 69.46

Polymer flooding 23.59 46.74 63.23

However, the displacement equilibrium index defined showed the activation of each
layer through stepwise changes. As the number of small layers increased and the reservoir
heterogeneity worsened, this advantage became more pronounced, making it suitable for

49



Polymers 2025, 17, 244

the combined development of multilayer thick oil reservoirs offshore. Although the recov-
ery factor showed more significant differences, Table 8 also shows that the displacement
equilibrium still had noticeable differences, though less obvious than the recovery factor,
and it can still be used to compare different schemes. Therefore, the displacement equilib-
rium parameter proposed can be used for the subsequent optimization of discontinuous
chemical flooding schemes.

3.3. Combination System Slug Size Design

Figure 7 shows the oil saturation field maps at different injection pore volumes during
the oil displacement experiment, as described in Table 4. At 0.2 PV, the oil saturation
at the outlet end of the high-permeability layer was higher compared to that at 0.1 PV.
In the medium-permeability layer at 0.2 PV, the oil saturation in the main streamline
exhibited a trend of increasing, slightly decreasing, and then increasing again. This trend
was attributed to the accumulation of crude oil during the chemical flooding process and
its gradual displacement. After 0.4 PV, dominant channels gradually formed in the high-
permeability layer. Consequently, the average residual oil saturation in the high, medium,
and low-permeability layers at 0.6 PV showed minimal variation compared to that at 0.8 PV,
with a variation of less than 5‰. This was due to the significant development potential
and high displacement efficiency observed in the early stages of polymer solution injection.
However, with continued injection, the advantage of high-permeability channels became
more pronounced, greatly reducing the potential sweep volume. Therefore, there was little
difference in the remaining oil saturation field after 0.6 PV.
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Considering that the discontinuous chemical flooding extended the effective dis-
placement period, a slug size of 0.7 PV was chosen as the optimal injection volume for
subsequent investigations. This selection maximizes the recovery improvement while
mitigating resource waste.
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3.4. Optimization of the Combination Method for the Profile Control System

Figure 8 shows the displacement equilibrium degree curves under four different
discontinuous chemical flooding combination methods. During the water flooding phase,
the displacement equilibrium degree remained stable at around 50%. After the injection
of the polymer solution, the displacement equilibrium degree rapidly increased and then
stabilized again. Notably, each transition to a new polymer slug resulted in a discernible
elevation in the displacement equilibrium degree.
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Figure 8. Displacement equilibrium degree curves for different discontinuous combination methods.

For reservoirs with identical physical properties, they tended to have similar wa-
terflooding development stages, including the affected formations and recovery degrees.
Therefore, the displacement equilibrium degree during the waterflooding phase tended to
be consistent among these reservoirs.

However, different chemical systems exhibited varying injectability in different forma-
tions, resulting in differential impacts on those formations when injected. Consequently,
the displacement equilibrium degree exhibited varying trends.

For the strong–medium–weak combination, as the slug intensity decreased, the in-
crease in the displacement equilibrium degree gradually weakened, due to the high-
saturation oil wall formed by the strong slug during the initial stages of chemical flooding
which hindered subsequent medium and weak slugs to re-coalesce the oil wall. Addition-
ally, as production progressed, the remaining oil saturation gradually decreased, further
complicating coalescence.

The displacement equilibrium degree for the medium–weak–strong combination
exhibited two distinct steps. Initially, the chemical flooding coalesced the residual oil left
by waterflooding, but, due to the weaker intensity of the chemical system, the growth rate
was slower than that of the strong–medium–weak combination. Subsequently, the injection
of the strong slug further enhanced the swept volume and coalesced the remaining oil.
As production continued and the slug intensity decreased, the displacement equilibrium
degree gradually stabilized.

Similarly, the weak–medium–strong combination also showed two distinct steps in
the displacement equilibrium degree. Due to the different timing of slug injection, the
results and growth rates of the displacement equilibrium degree differed from those of the
medium–weak–strong combination.

Observing the medium–strong–weak–strong–weak combination, the displacement
equilibrium degree exhibited three distinct steps. This characteristic was due to the sec-
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ondary plugging of the high-permeability layer with a strong slug prior to breakthrough
which facilitated the further development of the medium- and low-permeability layers,
further increasing the displacement equilibrium degree.

By comparing the results of Figures 6 and 8, the final displacement equilibrium
degrees followed this order: five-stage > three-stage > two-stage discontinuous chemical
flooding. Thus, the “medium-strong-weak-strong-weak” combination achieved the highest
displacement equilibrium degree, indicating better displacement performance. The primary
reason was that the five-stage displacement method advanced over the three-stage method
by using smaller slug sizes of gel to effectively block high-permeability layers. This was
subsequently followed by the utilization of polymer systems to efficiently displace oil from
medium- and low-permeability layers. This approach avoids the problems of high pressure,
low-permeability layer contamination, and long-term polymer channeling that could occur
with large gel slugs.

The “strong-medium-weak” method resulted in the lowest displacement equilibrium
degree, mainly because the gel’s blocking strength was too high, and injecting gel too early
would hinder the full utilization of the remaining oil in the high-permeability layers.

The “medium-strong-weak-strong-weak” combination leveraged polymer A to fully
displace high-permeability layers before using the gel to block them, allowing for the
effective utilization of medium- and low-permeability layers. The alternation between
strong and weak displacement helps avoid abnormal pressure increases caused by large
gel slugs. Therefore, the optimal discontinuous chemical flooding combination was the
“medium-strong-weak-strong-weak” configuration.

3.5. Optimization of the Best Switching Timing for the Profile Control System Combination

Figure 9 displays the displacement equilibrium degree curves under five distinct
switching timings. The primary distinction among the various design schemes lied in the
timing of chemical injection which resulted in varying residual oil saturation levels after
waterflooding. However, the chemical systems and slug sizes remained consistent, leading
to similar shapes in the displacement equilibrium degree curves. However, the rates of
increase in the displacement equilibrium degree varied among different injection timings,
due to the different distributions and saturation states of residual oil under different
injection timings which affected the interaction and coalescence between the chemical
agents and the crude oil. It can be observed that the highest displacement equilibrium
degree, and, thus, the best displacement performance, occurred when the switching timing
was at a 70% water cut. Conversely, the lowest displacement equilibrium degree, and the
worst oil recovery factor, was observed when the switching occurred at a 0% water cut.

Switching to polymer flooding too early means that the full potential of water flooding
is not exploited, resulting in a high oil saturation in the reservoir. This causes a rapid
increase in injection pressure. Once channeling occurs in the high-permeability layers,
mobilizing medium- and low-permeability layers becomes even more challenging. Addi-
tionally, switching too early significantly increases production costs. Conversely, switching
too late results in a low oil saturation in the reservoir, with residual oil forming as oil films
in small pores, making it difficult for the injected polymer solution to displace the oil.

Therefore, switching the polymer flooding system too early or too late is not beneficial
for improving oil recovery. The optimal switching timing for discontinuous polymer
flooding should be when the water cut is between 70% and 90%.
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Figure 9. Displacement equilibrium degree curves at different injection times.

3.6. EOR Effect of Discontinuous Chemical Flooding

Figure 10 compares the recovery factor of various layers in the five-tube parallel flood-
ing experiments, utilizing discontinuous chemical flooding (DCF) and continuous chemical
flooding (CF). The DCF achieved a final oil recovery factor of 51.47%, representing an in-
crease of 24.55% compared to CF. This enhancement was primarily attributed to improved
mobilization in the medium- and low-permeability layers. CF primarily mobilized high
and secondary high-permeability layers, whereas DCF not only enhanced the recovery in
high-permeability layers, but also significantly improved the mobilization in medium- and
low-permeability layers. Notably, in DCF, the recovery factor of the medium-permeability
layer was lower than that of the second-lowest permeability layer, due to gel contami-
nation. This indicates that stronger gel plugging should only be applied after sufficient
mobilization of the medium-permeability layers to prevent channeling.
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Figure 10. Comparison of recovery factors for different layers between DCF and CF in the five-core
parallel flooding experiment.

Analyzing the above in conjunction with Figure 11, during the DCF process, the
primary production phase for the sub-high permeability layer occurred during the initial
slug injection. However, this initial strong slug effectively sealed off the sub-high perme-
ability layer, resulting in suboptimal subsequent production. Conversely, the injection of
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two strong slugs blocked higher permeability layers, providing the sub-low permeability
layer with two production opportunities. Consequently, the oil recovery of both layers
is comparable.
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Figure 11 compares the flow rate allocation between DCF and CF for each layer in the
five-tube parallel flooding experiment. During the initial injection of polymer A, the flow
rate in the high-permeability layer decreased to around 50%, enhancing mobilization in
the medium- and low-permeability layers. However, continuing injection of a single slug
system could revert the profile, with the high-permeability layer’s flow rate significantly
increasing again. After the first gel slug injection in DCF, the flow rate in the medium-
permeability layer improved significantly, but it subsequently fell below that of the second-
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lowest permeability layer. This observation supports the hypothesis of gel contamination
in the medium-permeability layer. DCF effectively optimized the flow rate curves at each
stage. Although no oil was ultimately recovered from any layer, the high-permeability
layer’s flow rate remained below 80%, demonstrating its sustained effectiveness. The
improvement of the injection and production profile in heterogeneous reservoirs is the key
reason for the enhanced oil recovery achieved by DCF.

Upon injection of the chemical system in CF, the flow rate of the high-permeability
layer decreased to approximately 50%. However, this effect was not sustained for a long
period. The flow rate of the high-permeability layer significantly increased again at 0.4 PV,
while the flow rates of the other layers remained below 15%. Based on this analysis, it is
concluded that, in strongly heterogeneous multilayer reservoirs, the effectiveness of CF in
improving the water injection profile is limited.

Figure 12 presents a comparison of the displacement equilibrium degree for DCF and
CF. The stair step pattern in the displacement equilibrium was more pronounced in the
five-tube parallel flooding experiment. These curves distinctly showcase the activation of
each layer. Initially, both DCF and CF exhibited similar displacement equilibrium degrees.
However, during the continuous injection of polymer A, CF’s equilibrium degree increased
slowly, whereas DCF’s equilibrium degree improved significantly. The observed decline
in DCF’s displacement equilibrium stemmed from the widening gap between the overall
recovery factor and the maximum recovery factor which is linked to the rapid mobilization
of the high-permeability layer. The displacement equilibrium degree was influenced by
two factors: the number of mobilized layers and the variations in mobilization among these
layers. Throughout the CF process, the displacement equilibrium was clearly delineated
into five stages, aligning with the data presented in Figure 11. These stages represent
the sequential utilization of the five reservoir layers, leading to a gradual increase in
the displacement equilibrium. As the displacement process progressed, the equilibrium
exhibited a gradual increase before leveling off. This was mainly due to the oil recovery of
the high-permeability layer, namely the maximum oil recovery, reaching over 50%, thereby
constraining a further increase. Simultaneously, the growth rate of the comprehensive oil
recovery also gradually decreased. These two factors interact, collectively shaping the final
contour of the displacement equilibrium curve.
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Figure 12. Comparison of displacement equilibrium degree between DCF and CF in five-core parallel
flooding experiments.

Ideally, all layers in DCF are mobilized (with the control coefficient of 1) and exhibit
uniform recovery factors (with the homogeneity coefficient of 1), achieving a maximum
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equilibrium degree of 100%. Figure 12 affirms that displacement equilibrium serves as a
valuable tool for assessing the efficacy of various displacement schemes and underscores
the notable advantages of DCF.

4. Conclusions
The profile control and flooding performance of the gel, polymer A, and polymer B

are evaluated based on parameters like viscosity and viscoelasticity, categorizing them
into strong, medium, and weak grades. This study emphasizes the evaluation criteria
for discontinuous chemical flooding (DCF) and the optimization of injection parameters
through laboratory experiments. A displacement equilibrium degree is defined, considering
the number and mobilization efficiency of mobilized layers. The slug size, combination
strategy, and shift timing of DCF are optimized using the parallel core flooding experiments.
The benefits of DCF in oil displacement are validated through five-core parallel flooding
experiments. The specific conclusions are as follows:

1. The gel formula is optimized with a polymer concentration of 1600 mg/L and a
polymer-to-gel ratio of 1:2. The gel exhibits strong viscoelasticity, with its elastic modulus
significantly exceeding its viscous modulus. With a viscosity of 10,000 mPa·s, the gel is
classified as weak. The profile control and flooding intensities of the three systems are rated
as follows: gel—strong, polymer A—medium, and polymer B polymer—weak.

2. The displacement equilibrium degree reflects the mobilization efficiency and timing
of each layer during DCF. The displacement equilibrium degree curve presents a stepwise
pattern. The efficiency of DCF becomes more significant with the number of thin layers
increasing and heterogeneity intensifying. This metric is highly sensitive to different
flooding strategies, effectively highlighting differences among each displacement scheme.

3. Under the combination of a permeability of 5000/2000/500 mD, the optimal dosage
for chemical discontinuous flooding is 0.7 PV. The optimal combination pattern is the
injection in the sequence of “medium-strong-weak-strong-weak”. This pattern can achieve
a displacement equilibrium degree of 82.3%. The optimal shift timing of polymers injection
occurs at a water cut of 70%, yielding a displacement equilibrium degree of 87.7%.

4. In comparison to CF, DCF demonstrates a higher incremental oil recovery of 24.5%
in the five-core parallel displacement experiment. DCF effectively blocks dominant flow
channels and controls injection pressure, with its advantages being more significant in
heterogeneous reservoirs.
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Abstract: Polymer flooding is an effective development technology to enhance oil recovery, and it
has been widely used all over the world. However, after long-term polymer flooding, a large number
of oilfields have experienced a sharp decline in reservoir development efficiency. High water cut
wells, serious dispersion of residual oil distribution and complex reservoir conditions all bring great
challenges to enhance oil recovery. In this study, the method of enhancing oil recovery after polymer
flooding was studied by taking the S Oilfield as an example. A surfactant–polymer system suitable
for high-permeability heterogeneous oilfields was developed, comprising biogenic surfactants and
polymers. Microscopic displacement experiments were conducted using cast thin sections from
the S Oilfield, and nuclear magnetic resonance was employed for core displacement experiments.
Numerical simulation experiments were also conducted on the S Oilfield. The results show that the
enhanced oil recovery mechanism of the surfactant–polymer system is to adjust the flow direction,
expand the swept volume, emulsify crude oil and reduce interfacial tension. Surfactant–polymer
flooding proves to be effective in improving recovery efficiency, significantly reducing the time
of flooding and further enhancing the strong swept area. The nuclear magnetic resonance results
indicate a high amplitude of passive utilization of residual oil during the surfactant–polymer flooding
stage, highlighting the enormous potential for an increased recovery ratio. Surfactant–polymer
flooding emerges as a more suitable technique to enhance oil recovery in the post polymer-flooding
stage in high-permeability heterogeneous oilfields.

Keywords: heavy oil reservoir; offshore; polymer flooding; surfactant–polymer flooding; enhanced
oil recovery

1. Introduction

In recent years, with the declining discovery of new petroleum reserves, enhancing oil
recovery (EOR) technologies have become pivotal for meeting future energy demands [1].
Well-known chemical EOR techniques include polymer flooding, surfactant flooding, and
alkaline flooding [2,3]. Among these, polymer flooding has been employed in the petroleum
industry for over 40 years [4], demonstrating the potential to increase the recovery efficiency
of geological reserves by 5–30% [5]. China, being the largest petroleum producer in chemical
EOR projects, primarily relies on polymer flooding [6,7]. The first and second largest
oilfields implementing polymer flooding in China are Daqing Oilfield and Shengli Oilfield.
The oil production of these two oilfields mainly depends on polymer flooding [8–11].
Moreover, there is a growing emphasis on polymer flooding in heavy oil reservoirs and
offshore oilfields.

While polymer flooding has been industrialized worldwide, its potential to enhance
oil recovery in practical field applications is considerably limited [12]. The mechanism
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of polymer flooding involves increasing the viscosity of the displacing fluid, reducing
the flowability contrast between the displacing fluid and crude oil, thereby mitigating
the fingering effect [13]. The flowability of the displacing phase equals or is lower than
that of the oil phase [14,15]. During the process of polymer flooding displacing crude oil,
interactions such as electrostatic and London dispersion forces occur between polymer
molecules and the rock surface [16]. Under conditions of high reservoir salinity and
elevated formation temperatures, polymer viscosity loss occurs. These factors result in the
final viscosity of the injected agent in the reservoir being lower than the targeted viscosity,
thereby diminishing the effectiveness and efficiency of polymer flooding [17]. Due to the
severe heterogeneity of the reservoir, immature well patterns, and high temperatures with
elevated salinity, approximately half of the petroleum reserves remain in the reservoir
after polymer flooding [18]. The current challenges with polymer flooding include limited
improvement in sweep efficiency and low oil displacement efficiency [19]. Enhancing
the sweep efficiency coefficient (also known as consistency control) is a prerequisite for
increasing oil recovery after polymer flooding [20]. The continuous expansion of polymer
injection in oilfields, along with the gradual increase in polymer solution concentration,
has led to issues such as excessive injection pressure and injection difficulties in injection
wells [21].

After polymer flooding refers to the late stage of polymer flooding with a high water
cut, and Residual polymer makes it difficult to effectively displace crude oil during this
stage. In order to enhance oil recovery in reservoirs after polymer flooding, a series of
new technologies are put forward to improve oil recovery, such as profile control, water
plugging, surfactant–polymer flooding (SP flooding), ternary compound flooding (ASP
flooding) and foam composite flooding. A large number of studies have shown that
profile control can effectively adjust the water absorption profile, and water plugging
can effectively block the high-permeability layer, thus expanding the swept volume and
improving the displacement effect. SP flooding, ASP flooding and foam composite flooding
have different advantages and can improve the swept efficiency [22]. The investigated
literature has studied the exploitation technology and difficulties of offshore oilfields.
Shuang Liang, in order to improve the development effect of offshore oil fields at the
high water cutting stage, studied the technology of nitrogen foam flooding and polymer
microsphere flooding [23]. Lizhen Ge clarified the mechanism of weak gel flooding and
remaining oil distribution in the LD Oilfield [24]. There are relatively few studies on the
application of SP flooding technology in offshore oilfields. In order to study EOR methods
after polymer flooding in offshore oilfields and explore new technologies to enhance oil
recovery, the S Oilfield was taken as an example to carry out corresponding theoretical and
experimental research in this paper.

The S Oilfield is situated offshore of the Bohai Bay Liaohe Basin, characterized by a
cover-type semi-horst structure developed on the pre-Tertiary limestone basement, trending
in a north-east direction with a simple structural configuration [25]. The sedimentary type
is front-edge deposition of a river delta, predominantly featuring subaqueous distributary
channels and estuarine dam sand bodies. The S Oilfield belongs to heavy oil reservoirs
with significant differences in underground crude oil properties. The reservoir temperature
of the S Oilfield is 65 ◦C, the reservoir pressure is 13.5 MPa, and the viscosity of crude oil
is 24~452 mPa · s. The water content of the S Oilfield is 69.2%, and the recovery degree is
26.8%. Currently, the oilfield is in the late stage of polymer injection, characterized by a
high water cut, and the remaining oil is primarily located in areas where polymer flooding
has not penetrated or has low sweep efficiency, such as near faults [26]. The distribution of
remaining oil is more scattered and complex, posing significant challenges to recovering
these reserves in polymer-flooded blocks.

The S Oilfield faces several difficulties: Firstly, due to the complex offshore reservoir
conditions with multiple vertical control layers in a single well, and limitations imposed
by offshore platforms, implementing measures such as layer adjustments and well pattern
improvements to address the oil–water issue is challenging. Secondly, the offshore platform
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lacks freshwater resources required for polymer injection, relying instead on formation
water and seawater with elevated salinity. Thirdly, the S Oilfield has large well spacing,
severe reservoir heterogeneity, and the polymer tends to channel into high-permeability
layers, complicating the recovery of remaining oil in wells [23,24,27]. If a standalone poly-
mer flooding method continues to be employed, it will adversely impact the development
effectiveness of polymer flooding [28].

Currently, the enhanced oil recovery (EOR) technology after polymer flooding in
offshore oilfields requires the integration of adjustment, plugging, and displacement tech-
niques to expand the sweep volume, thereby enhancing the oil displacement efficiency. ASP
compound flooding encounters challenges such as alkali scaling and corrosion [29]. Due
to environmental and platform constraints in offshore oilfields, the difficulty in handling
produced fluids is greater than in onshore fields. Therefore, under current technological
conditions, ASP compound flooding is not suitable for use in offshore oilfields [30]. Due
to limited space on offshore platforms, it is preferable to use the equipment and injection
processes already employed in polymer flooding after polymer flooding. Considering the
onsite conditions and production circumstances in offshore oilfields, the S Oilfield recom-
mends the use of an SP system combining polymers and surfactants for EOR after polymer
flooding. The surfactant–polymer system used in this study is composed of a biological
surfactant and hydrophobically associated polymer. This kind of surfactant–polymer sys-
tem, with a low concentration of surfactants and good ability to reduce interfacial tension,
can be effectively applied to high-permeability heavy oil reservoirs in the Bohai Sea.

2. Methods and Materials
2.1. Surfactant–Polymer System

In the surfactant–polymer system, the surfactant system primarily comprises lipopep-
tide biosurfactants as the main agent, with sodium petroleum sulfonate as an auxiliary
agent for compounding. In the biosurfactant system, the ratio of lipopeptide to the aux-
iliary agent is 1:1, with a total mass concentration of 0.34%. The polymer selected is a
hydrophobically associated polymer. The polymer concentration is set at 3000 mg/L. Oper-
ating at 60 ◦C with an underground viscosity of 50 cP, the interfacial tension between the
surfactant–polymer system and S crude oil can reach 1.1 × 10−3 mN/m.

The biosurfactant used is Surfactin, produced by Maclean, with a purity of 99%. It
has a molecular weight of 1036.34, a boiling point of 1268.3 ± 65.0 ◦C and a density of
1.037 ± 0.06 g/cm3. It is derived from sodium subtilis lipopeptide. The sodium petroleum
sulfonate is also produced by Maclean, with a purity of 50%. The hydrophobically as-
sociated polymer is AP-P4. AP-P4 has good viscosity enhancement, shear resistance,
temperature resistance up to 70 ◦C, salt resistance up to 10,000 mg/L, calcium and magne-
sium ion resistance up to 500 mg/L and good mobility control. The formation water has
a mineralization level of 8000 mg/L, with calcium and magnesium ion concentrations of
240 mg/L.

The configuration method for the surfactant–polymer system is as follows:

(1) Weigh 500 mL of formation water and set the stirrer to a speed of 300 rpm for stirring.
Weigh 6000 mg of the hydrophobically associated polymer and slowly add it to
deionized water to avoid the occurrence of fisheye phenomena due to rapid addition.
If fisheye occurs, reconfigure. After the polymer is dissolved, reduce the stirring speed
to 80 to avoid damaging the polymer chain structure due to excessive speed.

(2) Weigh 500 mL of formation water, and set the stirrer to a speed of 180 rpm for stirring.
Weigh 0.34 g of the main agent and 0.64 g of the auxiliary agent, add them separately
to the formation water, and stir. After uniform stirring, add the biosurfactant system
to the stirred polymer. Stir at low speed until the biosurfactant system and polymer
are completely dissolved. The surfactant–polymer system configuration is complete.
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2.2. Design and Fabrication of Micro-Physical Model

(1) Similarity Criteria

Optimizing the design of indoor experimental conditions through similarity criteria
aims to make the flow patterns in the model similar to the actual reservoir flow patterns.
The primary similarity indicator is chosen to be motion similarity, matching the similarity
of reservoir conditions with those of the S Oilfield. The specific results are shown in
Table S1. The formula is as follows:

Re =
ρVL

µ

where
ρ is the fluid density, measured in kg/m3; V is the fluid velocity, measured in m/s; L is

the characteristic length, measured in meters; and µ is the fluid viscosity, measured in Pa·s.

(2) Model Design

The design and fabrication of the model involve using the actual core structure from
the S Oilfield to closely simulate the geometric structure of the core. Initially, the real core is
sliced, and these core slices are used to create cast thin sections. The actual structure of the
cast thin sections is then outlined to represent the particle structure, and this is transformed
into a CAD model design. Based on the model design, an accurate chemical etching method
is employed on glass to create the core’s pore structure, and the model is subsequently
sealed. The resulting micro-scale visualization model is proportionally scaled to match the
actual core dimensions, as depicted in Figure 1.
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(3) Experimental Instruments and Procedures

The instruments used for microscopic displacement experiments include a dual-
cylinder pump, intermediate container, six-way valve, pressure gauge, microscopic model
holder, microscopic model imaging system, and connecting pipelines, as shown in Figure 2.
The working pressure of the air pump ranges from 0 to 20 MPa, with a working flow rate of
0 to 15 mL/min. The volume of the intermediate container is 50 mL, with a working pres-
sure of 0 to 40 MPa. The working pressure of the microscopic model holder is 0 to 5 MPa, as
shown in Figure 3. The microscopic model imaging system comprises a microscope (Leica
DM450, Leica Biosystems, Shanghai, China) and a computer. The dimethyldichlorosilane
used in the experiment is produced by Aladdin, with a purity greater than 98.5%. The
crude oil used is S crude oil, with an underground oil viscosity ranging from 24 to 452 cP; a
viscosity of 86.5 cP is selected. The surface oil density is 0.971 t/m3.

The experimental condition of microscopic model displacement is temperature
60 ◦C and pressure 15 Mpa, which is consistent with the actual reservoir temperature
and pressure. Furthermore, the pore shape of the microscopic model is consistent with that
of the actual core, which means the experimental results are similar to those of the actual
reservoir.

The experimental steps are as follows:
1© Age the model using dimethyldichlorosilane, allowing it to stand for 12 h to change

the wettability of the model surface to oil wet.
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2© Utilize a saturated model with the S Oilfield crude oil and let it stand for 24 h.
3© Use formation water from the S Oilfield to inject water into the model until the

produced fluid’s water cut reaches 98%. Record the experimental process.
4© Inject polymer into the model at a rate of 0.05 mL/min until the produced fluid’s

water cut reaches 70%. Record the experimental process.
5© Inject the SP system into the model at a rate of 0.05 mL/min until the produced

fluid’s water cut reaches 98%. Record the experimental process.
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2.3. Core Flooding Experiment

The experimental equipment used for core flooding is the Newmaze Analysis High-
Temperature High-Pressure Displacement Nuclear Magnetic Resonance Testing System
(MesoMR-HTHP, Suzhou Newmag Analytical Instrument Corporation, Suzhou, China).
This system includes online nuclear magnetic resonance instruments, nuclear magnetic res-
onance analysis devices, a high-temperature high-pressure core holder, a high-temperature
high-pressure displacement device, and connecting pipelines, as shown in Figure S1 of
the Supplementary Materials. The pressure range of the high-temperature high-pressure
core holder is 0 to 20 MPa, and the temperature range is 0 to 80 ◦C. The high-temperature
high-pressure displacement device is of the MR-HTHP type, with a pressure range of 0
to 20 MPa and a temperature range of 0 to 80 ◦C. The formation water used in the experi-
ment is simulated formation water containing Mn2+, prepared from manganese chloride
and deionized water. The T2 signals were converted into oil saturation in pores through
mathematical processing, as shown in Figure S2 of the Supplementary Materials.

The core oil displacement experiment steps are as follows:
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(1) Begin by washing the core and measuring its length, diameter, permeability, and
weight. Subsequently, evacuate the core, saturate it with simulated formation water,
and scan the nuclear magnetic resonance T2 spectrum upon completion.

(2) Employ simulated formation water containing Mn2+ for constant-rate displacement
of the core, thoroughly replacing the simulated formation water to eliminate water
signals within the core.

(3) Utilize crude oil at a constant rate of 0.5 mL/min for core displacement, continuing un-
til the outlet of the core reaches 100% oil saturation. Establish the initial oil saturation
and measure the nuclear magnetic resonance T2 spectrum after oil saturation.

(4) Employ simulated formation water at a constant flow rate of 0.5 mL/min for water
flooding, continuing until the outlet water cut reaches 70%. Monitor nuclear mag-
netic resonance signals in real-time during the experiment and record liquid and oil
production at different time intervals.

(5) Conduct polymer flooding at a constant rate of 0.3 mL/min. Halt polymer injection
when 0.4 pore volumes (PVs) have been injected, followed by continuous water
flooding at 0.3 mL/min until the outlet water cut reaches 98%. Pause simulated
formation water injection, continuously monitor nuclear magnetic resonance signals,
and record liquid and oil production at different time intervals.

(6) Employ an SP system for constant-rate displacement at 0.3 mL/min. Halt the injection
when 0.3 PV of the SP system has been introduced, followed by continuous water
flooding at 0.3 mL/min until the outlet water cut reaches 98%. Continuously monitor
nuclear magnetic resonance signals during the experiment and record liquid and oil
production at different time intervals.

3. Results and Discussion
3.1. Mechanism of Enhanced oil Recovery by Surfactant–Polymer Flooding
3.1.1. Improve Displacement Efficiency

Surface tension experiments were carried out by varying the mass fractions of surfac-
tants in contact with S crude oil, and the experimental results are presented in Figure 4.
It is evident from the graph that the interfacial tension was significantly reduced by the
surfactant solution, reaching values below 10−3 mN/m. Specifically, within the range of
0.30 wt% to 0.36 wt% of surfactant mass fraction, the interfacial tension varied between
0.25 and 0.8 × 10−3 mN/m.
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In the SP system, a robust emulsification effect on crude oil is demonstrated by surfactants.
Surfactant molecules can form large-sized micelles, partially encapsulating the crude oil in the
aqueous solution of surfactants, leading to the creation of oil-in-water emulsions, as illustrated
in Figure 5a. Emulsions are less prone to adsorption in the pores, thereby improving the flowa-
bility of crude oil in the pores, reducing residual oil, and enhancing oil recovery. The mass
fractions of surfactant solutions achieving ultra-low interfacial tension were 0.30 wt%, 0.32 wt%,
0.34 wt%, and 0.36 wt%. The emulsion droplet size distribution and average size were measured.
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As the concentration of surfactant increased, the average droplet sizes were 712.4 ± 200 nm,
1562.0 ± 200 nm, 955.4 ± 100 nm, and 1222.1 ± 100 nm, respectively.
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The position and width of the peak in the emulsion droplet size distribution curve
indicate the emulsification efficiency. A peak closer to the larger size and a wider width
correspond to poorer emulsification, whereas a smaller droplet size and a narrower distri-
bution indicate higher emulsion stability. From the peak widths of different surfactants,
it can be observed that the emulsion formed with 0.34 wt% surfactant had the narrowest
peak, indicating a higher level of droplet size uniformity. The emulsions formed with
0.32 wt% and 0.36 wt% surfactant follow, while the emulsion with 0.30 wt% surfactant
exhibits lower droplet size uniformity, as shown in Figure 5b.

3.1.2. Extend the Swept Volume

The micro-scale displacement experiments in the S model revealed that water flooding
was significantly influenced by the viscosity contrast between oil and water. Upon entering
the channels, water induced severe fingering effects, resulting in poor displacement effi-
ciency for the oil on both sides. Water flooding created high-permeability flow channels,
and subsequent water injection progressed along these high-permeability channels. This
led to a substantial amount of remaining oil in the unreached areas, as depicted in Figure 6a.
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Following the subsequent injection of polymers, the viscosity in the polymer allows
for the control of the flow velocity in high-permeability zones, effectively managing the
mobility and expanding the sweep volume. However, even after polymer flooding, signifi-
cant residual oil remained in both the swept and unswept regions, with the distribution of
residual oil in the swept region being more complex than after water flooding. Subsequent
water flooding post polymer flooding encountered difficulties in displacing the remaining
oil in the swept region, as illustrated in Figure 6b.

The SP system served to increase the viscosity of the aqueous phase, reducing its
mobility and effectively improving the oil–water mobility ratio, thereby mitigating lateral
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fingering phenomena. Residual oil that could not be displaced during the polymer flooding
stage experienced an increase in frictional forces with the SP system due to the reduced
mobility ratio. The distribution of residual oil post SP flooding as the SP system began to
flow is depicted in Figure 7. There existed mutual adsorption between the SP system and
the pore walls, leading to significant frictional forces during displacement. This reduction
in the flow velocity of the SP system in the pores diminished the velocity difference between
high-permeability and low-permeability channels. The injection of the SP system adjusted
the water imbibition profile, expanding the sweep volume and passively mobilizing the
residual oil on both sides of the model, as illustrated in Figure 6c.
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The micro-scale displacement experiments in the S model revealed that, on the one
hand, the polymer in the SP system effectively reduced the oil–water mobility ratio, thereby
expanding the sweep volume coefficient. On the other hand, the surfactant in the SP
system lowered the interfacial tension between oil and water, emulsifying the crude oil and
consequently enhancing the overall oil recovery.

3.2. Potential to Improve Oil Displacement Efficiency

After conducting ultimate water flooding experiments using three viscosity grades of
crude oil, namely 45.7 cP, 86.5 cP, and 291.1 cP, the total injected volume for ultimate water
flooding of the three viscosity grades of crude oil was around 230 pore volumes (PVs). The
ultimate water flooding efficiencies for the three viscosity grades were 75.23%, 73.22%,
and 69.87%, with effective enhancements of 25.23%, 28.99%, and 33.67%, respectively, as
illustrated in Figure 8.
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Selecting crude oil with a viscosity of 86.5 cP, ultimate polymer flooding and ultimate
SP flooding experiments were conducted. In the case of the S Oilfield, the ultimate polymer
flooding increased the recovery rate from 73.22% to 85.24%, showcasing a substantial
potential for improved oil recovery. The total injected volume for ultimate polymer flooding
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was reduced from 230 PV in ultimate water flooding to 45 PV, marking a reduction of
185 PV and a reduction rate of 80.43%. For ultimate SP flooding, the total injected volume
decreased from 230 PV to 3 PV, indicating a reduction of 227 PV and a reduction rate
of 98.7%. The ultimate SP flooding achieved the maximum oil recovery efficiency more
rapidly compared to polymer flooding.

Comparing the results of ultimate flooding experiments in the S Oilfield, it is evident
that during the high water cut period in water flooding, both polymer and SP flooding can
effectively enhance oil recovery. The EOR measure begins to be implemented at about 80%
of water content. Polymer flooding reaches the displacement limit at 0.88 PV and 13.1 PV.
SP flooding starts at 1.08 PV and reaches the displacement limit at 12.7 PV. The difference
in ultimate oil recovery efficiency between polymer flooding and SP flooding is negligible.
However, SP flooding significantly reduces the total injected PV from 45 PV to 3 PV, as
depicted in Figure 9.
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Figure 9. Comparison of displacement experiments (3000 mD).

After polymer flooding in the S Oilfield, the potential for improvement in ultimate oil
recovery efficiency ranges from 10% to 14%. Measures such as SP flooding can effectively
enhance the ultimate oil recovery efficiency, reducing the total injected PV required to
approach the ultimate efficiency. This can significantly lower the time and cost associated
with oil recovery.

3.3. Potential to Expand Swept Volume

Using numerical simulation methods and focusing on the Bohai S Oilfield, this study
delved into the development potential of the oilfield, with a particular emphasis on key
indicators such as target recovery rate and maximum sweep coefficient. Detailed data on
the geology, reservoir properties, reservoir characteristics, and development methods of
the S Oilfield were utilized for a comprehensive analysis. The parameters in Table 1 were
designed to establish a high-permeability, heterogeneous conceptual model of the S Oilfield.
The purpose of this model was to gain profound insights into the development prospects
of the S Oilfield. Through predictions of key indicators like target recovery rate and sweep
coefficient, it aimed to provide theoretical support for the oilfield’s development.

67



Polymers 2024, 16, 2004

Table 1. Conceptual Model Parameters for the S Oilfield.

Parameter Taking Values Parameter Taking Values

Grid step(m)
500 (direction I);
250 (direction J);
48 (direction K)

Oil saturation 0.65

Number of grids 91 × 50 × 6 Oil viscosity (mPa·s) 86.5
Porosity (%) 32 Stratum water viscosity (mPa·s) 0.5

Permeability variation coefficient 0.35 Polymer injection amount (PV) 0.4
Average permeability(mD) 3419.67 SP injection amount (PV) 0.3

The foundational geological parameters are as follows: a five-spot pattern well ar-
rangement, with well spacing of 175 m × 150 m and reservoir thickness of 48 m, vertically
divided into three distinct permeability layers (from top to bottom, each with a thickness
of 8 m and permeabilities of 4813 mD, 2987 mD, and 2459 mD, respectively). The model
volume is set at 600 × 104 m3.

Applying polymer flooding followed by SP flooding to the conceptual model of the
S Oilfield under a five-spot pattern well arrangement allows for the determination of the
target recovery rate and maximum sweep coefficient (as shown in Figure 10). The injection
rate is set at the actual field well group daily injection rate of 6340 m3. Utilizing data
provided by the S Oilfield, a standard relative permeability curve is obtained (as shown in
Figure 11). Reservoir engineering methods are then employed to calculate the maximum
sweep coefficient and target recovery rate. This comprehensive assessment aims to evaluate
the development potential of the S Oilfield.
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(1) Evaluation of Ultimate Oil Recovery Efficiency Potential
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Assuming a 100-year production period, an initial water flooding simulation was con-
ducted. When the water cut reached 70%, a polymer with a concentration of
0.3 mg/L was injected at 0.4 PV. After the polymer injection, a second water flooding
was initiated. When the water cut reached 98% in the second water flooding, an SP system
with a concentration of 0.34 mg/L was injected at 0.3 PV. Subsequently, three consecutive
water flooding cycles were simulated, as illustrated in Figure 12.
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The graph indicates that at the end of the first water flooding, the water cut was 70%,
and the recovery rate was 11.34%. During the first water flooding, the pressure initially
increased rapidly to 48.04 MPa, and as crude oil was gradually produced, the pressure
rapidly decreased. When the cumulative injection volume reached 0.096 PV (end of the first
water flooding), the pressure finally decreased to 27.49 MPa. The pressure decrease suggests
that after a period of water flooding, the reservoir has formed high-permeability channels
and water injection tends to flow through these high-permeability layers, influencing the
crude oil in the high-permeability layers.

When the water cut reaches 70%, polymer injection is initiated. After polymer injection,
a rapid pressure increase to 66.23 MPa is observed, maintaining a brief stability, while the
water cut increases to 83.83%. This phenomenon is attributed to the significant viscosity of
the polymer, leading to retention in the high-permeability layer due to chemical adsorption
upon entering the porous reservoir. This retention increases flow resistance, resulting in
a rapid increase in injection pressure. As a large amount of water is introduced into the
reservoir through the first water flooding, the water cut does not immediately decrease
after polymer injection. In reality, the water cut only decreases rapidly when the polymer
passes through the advantageous channels formed by the sealed water flooding. It is
noteworthy that at a cumulative injection volume of 0.157 PV, the pressure begins to
slowly decrease, followed by a rapid decrease. Simultaneously, the recovery rate rapidly
increases, and the water cut decreases rapidly to 60.14%. This indicates that the polymer
has successfully temporarily plugged the major channels in the high-permeability layer
(4813 mD), redirecting subsequent fluids to other layers, thus expanding the sweep and
enhancing oil recovery, leading to a rapid increase in recovery rate. When the cumulative
injection volume reaches 0.28 PV, the water cut begins to increase rapidly, and the increase
in recovery rate slows down. At a cumulative injection volume of 0.494 PV (end of polymer
injection), the water cut increases to 92.62%, the recovery rate increases to 32.71%, and the
pressure decreases to 45.32 MPa. In the second water flooding stage, the rate of pressure
reduction, as well as the rates of increase in water cut and recovery rate, slows down.
Ultimately, at the end of the second water flooding, the cumulative injection volume
reaches 1.39 PV, the pressure is 40.64 MPa, the water cut is 98.01%, and the recovery rate
is 37.74%.
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When the water cut reaches 98%, an SP system is injected at 0.3 PV, and it is observed
that the pressure rapidly rises to 49.3 MPa, followed by a sharp decline. Simultaneously,
there is a rapid decrease in water cut and a rapid increase in recovery rate. After the
completion of the SP flooding, three consecutive water flooding cycles are conducted, and
it is found that the recovery rate continues to increase rapidly, indicating the successful
entry of polymer-carrying surfactant into more pore volumes (see Figure 12). This allows
the washing effect of the surfactant to be effectively utilized, generating a synergistic effect.
In this process, the main mechanisms include the temporary plugging effect of the polymer
in the SP system and the alteration of rock wettability by the surfactant. By changing
the wettability of the rock surface from oil wet to water wet, the third water flooding can
still ensure a rapid increase in recovery rate. It is noteworthy that when the cumulative
injection volume reaches 2.23 PV, the rate of increase in recovery rate begins to slow down,
and the water cut gradually rises. When the water cut reaches 98% again, the recovery
rate is 62.87%. Furthermore, during the third water flooding, the surfactant’s ability to
alter rock wettability remains effective, achieving continuous displacement of various oil
layers and increasing crude oil production with a relatively long effective period. When
the cumulative injection volume reaches 119.5 PV, the final recovery rate can reach 79.59%.

Through comparison, it is observed that at the extreme water cut of 98%, the recovery
rate of polymer flooding followed by subsequent water flooding increases by 26.4%, while
the recovery rate of SP system flooding followed by subsequent water flooding increases
by 25.13%. Although the degrees of recovery rate improvement are similar between the
two methods, the latter has a lower injection pressure, faster effectiveness, less injection
volume, and shorter exploitation period, making it cost effective for field applications.

(2) Maximum Swept Efficiency

Based on the observations from Figure 13, after polymer flooding and six months
of subsequent water flooding, there is still a significant amount of remaining oil in the
swept area, indicated by the red and light-yellow regions. Calculations using reservoir
engineering methods show a moderate sweep efficiency of 61.04% and a strong sweep effi-
ciency of 37.11%. This indicates that after polymer flooding, the reservoir is still primarily
characterized by moderate sweep efficiency.
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Figure 13. The change in sweep range after 6 months of follow-up of water flooding after polymer
flooding (a) and 6 months of follow-up of water flooding after SP flooding (b).

In contrast, after the injection of the SP system and six months of three consecutive
water flooding cycles, it is evident that the injection of the SP system has further enhanced
its effectiveness in recovering remaining oil. The calculations reveal a moderate sweep
efficiency of 34.66% and a strong sweep efficiency of 65.34% for the SP system. Compared to
polymer flooding, the injection of the SP system has increased the strong sweep efficiency
of the reservoir by 28.23%. This injection significantly expands the extent of reservoir
sweeping, slightly reduces the dead oil zone areas on both sides, and greatly reduces the oil
saturation. In summary, this indicates that the reservoir in the S Oilfield has the potential for
long-term development, and the adoption of appropriate enhanced oil recovery techniques
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is likely to effectively promote the efficient development and utilization of the S Oilfield
after polymer flooding.

The swept area under water flooding up to the extreme water cut is primarily char-
acterized by moderate sweep efficiency (constituting 50% to 90%). Polymer flooding up
to the limit helps increase the extent of sweeping, with some of the moderate swept areas
transforming into strong swept areas (constituting 15% to 30%). The application of the SP
system further enhances the strong swept regions.

3.4. Potential to Enhanced Oil Recovery

During online nuclear magnetic resonance (NMR) core flooding experiments for oil
displacement, a significant reduction in the signal amplitude of the T2 spectrum was
observed as the water displacement pore volume (PV) increased, as shown in Figure 14a.
Passive utilization was predominantly observed throughout the water flooding phase, with
higher amplitudes. Notably, the medium and large pores exhibited the highest degrees of
mobilization, accounting for 47.66% and 50.11%, respectively, as depicted in Figure 15a.
Conversely, mobilization in small pores was relatively limited. In the water flooding stage,
the medium and small pores contributed the most to oil displacement, with respective
contribution rates of 59.30% and 20.78%. The contribution rate of large pores was 18.34%,
while that of micro-pores was comparatively lower, resulting in a stage recovery rate of
43.25%, as illustrated in Figure 16. The distribution of remaining oil after water flooding
was highest in the medium pores at 53.81%, followed by small pores at 23.40%. Large
pores contained a smaller portion of saturated oil at 15.83%, and micro-pores exhibited
the least saturation at 6.97%, as shown in Figure 17a. Following the conclusion of water
flooding, the remaining oil was predominantly distributed in the medium and small pores,
with medium pores being the primary reservoir, followed by small pores. Utilization in
micro-pores remained relatively low, and the proportion of remaining oil was relatively
unchanged, as indicated in Figure 14b.
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Figure 14. T2 spectra for each stage (a) and oil content distribution in different pores at different
stages (b).

Polymers 2024, 16, x FOR PEER REVIEW 14 of 17 
 

 

medium pores had the highest proportion at 28.17%, followed by small pores at 14.41%. 
Large pores exhibited a comparatively lower proportion of remaining oil at 7.89%, and 
micro-pores had the least remaining oil at only 6.28%, as depicted in Figure 17b. Following 
the conclusion of polymer flooding, the remaining oil was predominantly distributed in 
medium and small pores, with a certain degree of mobilization observed in micro-pores 
and a decline in remaining oil in large pores, as indicated in Figure 14b. 

With an increase in SP flooding pore volume (PV), there was a significant reduction 
in the signal amplitude of the T2 spectrum, as depicted in Figure 14a. Throughout the SP 
flooding phase, there was an overall higher passive utilization amplitude, with the highest 
degree of mobilization observed in micro-pores and small pores at 20.33% and 15.74%, 
respectively, as shown in Figure 15c. In the SP flooding stage, the contribution rates of 
micro-pores and small pores showed a noticeable increase, reaching 10.20% and 26.54%, 
respectively, resulting in a stage recovery rate of 17.39% and an overall recovery rate of 
86.45%, as illustrated in Figure 16. The distribution of remaining oil after SP flooding in-
dicated that medium pores had the highest proportion at 15.83%, followed by small pores 
at 7.92%. Large pores exhibited a comparatively lower proportion of remaining oil at 
6.17%, and micro-pores had the least remaining oil at only 3.09%, as shown in Figure 17c. 
Following the conclusion of SP flooding, the remaining oil was predominantly distributed 
in medium pores with a relatively high proportion at 8.91%, while the proportions of re-
maining oil in small and micro-pores decreased, as indicated in Figure 14b. 

  
Figure 14. T2 spectra for each stage (a) and oil content distribution in different pores at different 
stages (b). 

   
Figure 15. Distribution of oil content and effective use of pore development in water flooding stage 
(a), polymer flooding stage (b) and SP flooding stage (c). 

(a)

Figure 15. Distribution of oil content and effective use of pore development in water flooding stage
(a), polymer flooding stage (b) and SP flooding stage (c).
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With an increase in polymer flooding pore volume (PV), there was a significant reduc-
tion in the signal amplitude of the T2 spectrum, as illustrated in Figure 14a. Throughout the
polymer flooding phase, there was an overall higher passive utilization amplitude, with
the highest degree of mobilization observed in micro-pores at 34.03%. The mobilization
levels in other pore types were approximately around 25%, as depicted in Figure 15b.
In the polymer flooding stage, the most substantial oil displacement occurred in small
and medium pores, contributing rates of 25.15% and 47.81%, respectively. In comparison
to water flooding, the utilization in micro-pores showed an increased contribution rate,
resulting in a stage recovery rate of 25.81% and an overall recovery rate of 69.06%, as shown
in Figure 16. The distribution of remaining oil after polymer flooding revealed that medium
pores had the highest proportion at 28.17%, followed by small pores at 14.41%. Large pores
exhibited a comparatively lower proportion of remaining oil at 7.89%, and micro-pores had
the least remaining oil at only 6.28%, as depicted in Figure 17b. Following the conclusion
of polymer flooding, the remaining oil was predominantly distributed in medium and
small pores, with a certain degree of mobilization observed in micro-pores and a decline in
remaining oil in large pores, as indicated in Figure 14b.

With an increase in SP flooding pore volume (PV), there was a significant reduction
in the signal amplitude of the T2 spectrum, as depicted in Figure 14a. Throughout the SP
flooding phase, there was an overall higher passive utilization amplitude, with the highest
degree of mobilization observed in micro-pores and small pores at 20.33% and 15.74%,
respectively, as shown in Figure 15c. In the SP flooding stage, the contribution rates of
micro-pores and small pores showed a noticeable increase, reaching 10.20% and 26.54%,
respectively, resulting in a stage recovery rate of 17.39% and an overall recovery rate of
86.45%, as illustrated in Figure 16. The distribution of remaining oil after SP flooding
indicated that medium pores had the highest proportion at 15.83%, followed by small
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pores at 7.92%. Large pores exhibited a comparatively lower proportion of remaining oil at
6.17%, and micro-pores had the least remaining oil at only 3.09%, as shown in Figure 17c.
Following the conclusion of SP flooding, the remaining oil was predominantly distributed
in medium pores with a relatively high proportion at 8.91%, while the proportions of
remaining oil in small and micro-pores decreased, as indicated in Figure 14b.

4. Conclusions

Through the aforementioned experiments in high-permeability heterogeneous offshore
oilfields, it was observed that, compared to polymer flooding, surfactant–polymer flooding
not only expanded the swept volume but also enhanced oil recovery on the basis of polymer
flooding. This is specifically manifested in the following aspects:

1. Microscopic displacement experiments revealed that, in the surfactant–polymer sys-
tem, polymers effectively reduced the oil–water mobility ratio and increased the
volumetric sweep efficiency coefficient, and concurrently, surfactants in the surfactant–
polymer system reduced the interfacial tension of oil and water, emulsifying crude oil,
thereby enhancing crude oil recovery.

2. Following polymer flooding, the potential for incremental oil recovery efficiency
ranged from 10% to 14%. SP flooding effectively increases the incremental oil recovery
efficiency, reduces the total injected PV required to approach the incremental efficiency,
and significantly lowers the cost of oil recovery time.

3. Driving to the ultimate limit in polymer flooding contributes to an increase in the
extent of sweep, with a portion of the medium sweep region transforming into a
strong sweep region (constituting 15% to 30%). SP flooding can further elevate the
extent of the strong sweep region.

4. In situ nuclear magnetic resonance core flooding experiments verified the tremendous
potential of SP flooding in enhancing oil recovery. Taking the S Oilfield as an example,
SP flooding can increase recovery by 13.83% on the basis of polymer flooding.
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Abstract: Surface modification using hydrophilic polymer coatings is a sustainable approach for
preventing membrane clogging due to foulant adhesion to water treatment membranes and reducing
membrane-replacement frequency. Typically, both molecular descriptors and time-domain nuclear
magnetic resonance (TD-NMR) data, which reveal physicochemical properties and polymer-chain
dynamics, respectively, are required to predict the properties and understand the mechanisms of
hydrophilic polymer coatings. However, studies on the selection of essential components from high-
dimensional data and their application to the prediction of surface properties are scarce. Therefore,
we developed a method for selecting features from combined high-dimensional molecular descriptors
and TD-NMR data. The molecular descriptors of the monomers present in polyethylene tereph-
thalate films were calculated using RDKit, an open-source chemoinformatics toolkit, and TD-NMR
spectroscopy was performed over a wide time range using five-pulse sequences to investigate the
mobility of the polymer chains. The model that analyzed the data using the random forest algorithm,
after reducing the features using gradient boosting machine-based recursive feature elimination,
achieved the highest prediction accuracy. The proposed method enables the extraction of important
elements from both descriptors of surface properties and can contribute to the development of
new sustainable materials and material-specific informatics methodologies encompassing multiple
information modalities.

Keywords: hydrophilic coating materials; time-domain nuclear magnetic resonance; contact angle;
chemoinformatics descriptors; machine learning

1. Introduction

The bioeconomy [1] and circular economy [2] are the keys to realizing a sustainable
society. With the shift in focus toward the management of the life cycle of plastics [3],
understanding the interfaces of materials has become crucial. For example, understanding
the mechanisms underlying biological and chemical reactions, including microorganism
reactions that degrade polyethylene, polystyrene, and polypropylene [4,5], enzyme reac-
tions that degrade polyethylene terephthalate (PET) [6], and marine biofouling, which
occurs at the interfaces of materials, is crucial [7]. Therefore, methods based on wettability,
which indicates the hydrophilicity and hydrophobicity of a material, antifoulant release,
self-renewability, temperature and pH changes, and biomimetics have been developed [8].
Biocompatible 2-methacryloyloxyethyl phosphorylcholine, developed by introducing phos-
phatidycholine, which is a component present in biological membranes [9] has a hydration
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layer formed on the polymer imparts strong antifouling properties [10]. A hydration layer,
namely an intermediate water layer, formed on poly(2-methoxyethyl acrylate) (PMEA)
plays a critical role in preventing fouling [11,12]. Thus, polymer hydrophilicity as well as
hydrophobic coatings play crucial roles in controlling fouling. Superhydrophobic polymers
exhibit antifouling properties owing to their low surface free energies [13]. In addition,
elastomers based on silicone or polydimethylsiloxane are used to prevent fouling. However,
the adhesion between the coating material and substrates is weak, and thus, various studies
have been conducted to improve the adhesion using nanofiller mixtures [14].

The functionality of polymers are influenced by their microscopic molecular structures
as well as their intricate molecular dynamics, including the behavior of polymer chains
and their entanglement. Hence, comprehending and managing molecular dynamics is
pivotal for effectively understanding and harnessing polymer properties [15]. The surface
properties of materials, such as rigidity, affect their hydrophilicity [16]. Nuclear magnetic
resonance (NMR) is a powerful tool for analyzing molecular dynamics, and the corre-
sponding signals can be measured over a wide range of timescales, from picoseconds to
milliseconds (ms) [17]. Thus, NMR spectroscopy can be employed to study the relation-
ships between the functions and physical properties of materials and their structures [18].
Proton and carbon-13 nuclear magnetic resonance (1H NMR and 13C NMR) spectroscopies
are frequently used in polymer development [18,19], and time-domain NMR (TD-NMR), a
highly promising analytical tool, is extensively utilized to explore the impact of internal and
external factors on the structure and properties of various materials, including polymers,
fresh foods, processed food products, and agricultural items [20].

Because NMR spectroscopy generates a large amount of high-dimensional data per-
taining to molecular dynamics, various measurement informatics technologies have been
simultaneously developed to streamline the associated measurement process [21]. To op-
timize machine learning (ML) performance, the extraction of optimal features from raw
data is crucial. Moreover, high-dimensional datasets often lead to overfitting issues [22]. To
address these challenges, approaches involving dimensionality reduction and/or feature
selection are employed. Methods such as principal component analysis [23], multidimen-
sional scaling [24], and linear discriminant analysis [25] are used for reducing feature space
dimensions owing to their high efficacy in identifying highly relevant descriptors, which
are commonly referred to as key features and are particularly beneficial for ML applica-
tions [26]. Additionally, non-negative matrix factorization (NMF), partial least squares [27],
and semi-supervised NMF have been used as dimension reduction methods [28], in which
genetic algorithms [29,30] are utilized to meaningfully reduce the relaxation component
to 10% [31]. Recursive feature elimination (RFE), a type of feature selection, is applied to
perform quality control of polylactic acid processing [32] and antibacterial peptide develop-
ment [33]. Recently, a new RFE approach that evaluates the “feature (variable) importance”
based on support vector machine (SVM), random forest (RF), and gradient boosting ma-
chine (GBM) models as well as selects and eliminates the least important features has been
proposed [34].

As mentioned before, analyzing microscopic molecular structures is also necessary for
assessing the surface properties of materials. For instance, in an antifouling membrane [8],
after the initial formation of conditioning films, microorganism adhesion occurs [35]. The
antifouling ability of PMEA originates from the interactions between the constituent car-
boxy and methoxy groups with water molecules [36]. Hence, controlling the intermolecular
interactions is crucial. Materials informatics (MI) involves the analysis of microscopic surfi-
cial molecular structures using informatics technology. To date, various MI models based
on molecular descriptors have been developed using open-source tools, such as RDKit,
which is widely utilized in chemoinformatics. These models aid in devising synthesis
strategies for molecules, including inorganic nickel (II) salts, organic photosensitizers [37],
and amphiphilic copolymers [38]. Although MI research is primarily focused on extracting
essential physicochemical components, progress in integrating these findings with molecu-
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lar dynamics has been limited. Specifically, studies on the application of diverse types of
RFE algorithms to NMR transition curves are scarce.

In the present study, we constructed an ML model that incorporates both molecular
and dynamics descriptors to predict the hydrophilicity of hydrophilic polymer coating
materials. The conceptual framework of the study is illustrated in Figure 1. We conducted
RF classification using a combination of RDKit descriptors, five distinct pulse sequences
from TD-NMR spectroscopy, and different ultraviolet (UV) wavelengths applied during the
manufacturing of the coating material. This study was focused on enhancing interpretability
through the application of RFE as a feature selection method.

Figure 1. Conceptual framework of the study, illustrating the pivotal role of molecular descriptors
and molecular dynamics in hydrophilicity development. The study encompassed calculations and
measurements of these elements. The dataset, comprising RDKit, TD-NMR, contact angle data, and
manufacturing process details, underwent feature selection via RFE. Preprocessed data were then
utilized by RF classifier to identify crucial factors for building predictive models of hydrophilicity
and investigating the underlying principles governing this trait.

2. Materials and Methods
2.1. Sample Preparation
2.1.1. Materials

N,N′-{[(2-acrylamide-2-[(3-acrylamidopropoxy) methyl] propane-1,3-diyl) bis (oxy)]
bis(propane-1,3-diyl)}diacrylamide (FOM-3006), N,N′,N′′-triacryloydiethylenetriamine
(FOM-3007), N,N′-diacryloyl-4,7,10-trioxa-1,13-tridecanediamine (FOM-3008), N,N′,N′′,N′′′-
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tetraacryloyltriethylenetetramine (FOM-3009), and [3-(Methacryloylamino)propyl]dimethyl
(3-sulfobutyl)ammonium hydroxide inner salt (FOM-3010), N-tert-butylacrylamide (NTBA)
were used as hydrophilic monomers (Figure S1). 2-Hydroxy-4′-(2-hydroxyethoxy)-2-
methylpropiophenone (Irgacure 2959) was used as the photoinitiator. Methanol was used
as the solvent to dissolve the monomers. FOM-3006, FOM-3007, FOM-3008, FOM-3009,
FOM-3010, and methanol were obtained from Fujifilm Wako Pure Chemical Corporation
(Osaka, Japan). NTBA and Irgacure 2959 were purchased from Tokyo Chemical Industry
Co., Ltd. (Tokyo, Japan) and Sigma-Aldrich (Tokyo, Japan), respectively.

2.1.2. Surface Coating

Surface coatings were prepared by copolymerizing two types of hydrophilic monomers
on PET sheets, which were adopted owing to the strong affinity of PET with hydrophilic
polymers as well as a high recycling rate (approximately 85% in Japan) of PET [39]; owing
to its high recycling rate, PET is one of the most sustainable plastics.

Two monomers were randomly selected and dissolved in methanol, which contained
the photoinitiators listed in Table S1. Approximately 200 µL of each mixture was coated
onto a PET sheet, with dimensions of approximately 3.5 cm × 3.5 cm (Cosmoshine A4360,
TOYOBO, Osaka, Japan), using a micropipette. The mixing ratio of each monomer is listed
in Table S1. The coated sheets were dried at 50 ◦C for 10 min using a constant temperature
thermostatic dryer natural oven (NDO-420, TOKYO RIKAKIKAI CO., LTD., Tokyo, Japan).
Subsequently, the sheets were exposed to UV light, with a wavelength of either 254 nm or
365 nm, inside a box using a handy UV light (SLUV-4, AS ONE CORPORATION, Osaka,
Japan) for curing.

2.2. TD-NMR Measurements

TD-NMR measurements were conducted at 298 K using the Minispec mq20 NMR
spectrometer (Bruker, Billerica, MA, USA) to assess the dynamics of the polymer chains
within the hydrophilic coating. This equipment is equipped with Carr-Purcell Meiboom-
Gill (CPMG) [28], double quantum (DQ) filter [40], magic sandwich echo (MSE) [40], solid
echo (SE) [41], and magic and polarization echo (MAPE) [40]. The PET sheets were cut into
square shapes measuring approximately 1 mm × 10 mm and placed in measurement tubes
without any solvent. T2 relaxation curves were obtained using five pulse sequences, viz,
CPMG, DQ, MSE, SE, and MAPE. Because CPMG was a pulse sequence that could measure
long relaxation times in the order of ms, information on rapid molecular mobility was
obtained. SE could measure short relaxation times in the order of µs and was thus used to
measure high-order structures, such as crystalline and amorphous structures. However, the
application of SE was limited by its associated dead time. Thus, MSE, DQ, and MAPE pulse
sequences, which could overcome this dead time issue, were employed. MSE consisted of
DQ and MAPE, and DQ could measure extremely short relaxation times, whereas MAPE
could measure relaxation times longer than those measured by DQ. The relaxation curves
exhibited distinct time regions for the slow and fast mobile components of the polymers.
Specifically, the MAPE, DQ, MSE, and SE sequences depicted the slow mobile components,
while CPMG captured the fast mobile components in ms. MSE represented both slow and
relatively fast mobile components. Furthermore, the DQ and SE sequences detected the
slow mobile components with short relaxation times.

2.3. Contact Angle Measurement

Contact angle measurements were conducted using a contact angle meter (DMs-401,
Kyowa Interface Science Co., Ltd., Saitama, Japan). A 2 µL droplet of clean water was
dispensed using a microsyringe, and its side image was captured using the accompanying
digital camera. From the obtained image, the contact angle was automatically calculated
using the θ/2 method. The contact angle of each specimen was measured thrice, and their
average value was adopted as the final measured contact angle. Based on the measured
contact angles, the films were divided into two groups: films with contact angles less than
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25◦, 30◦, 35◦, or 40◦ were categorized as 0, while those with contact angles exceeding 25◦,
30◦, 35◦, or 40◦ were classified as 1. Such a classification was performed to avoid large
differences in the amount of data after classification.

2.4. Generation of Molecular Descriptors

Molecular descriptors of the monomers were generated using a simplified molecular
input line entry system [42], which transformed chemical structures into text representa-
tions, and RDKit (version 2023.3.2) (Table S2). The descriptors of all the monomers were
selected (Table S3). The molecular descriptors of the copolymers were calculated based
on the mixing ratio of the monomers and photoinitiators. Additionally, the number of
chemical bonds, including double bonds (C–C, C=C, C–N, C–O), in each monomer was
utilized as a descriptor. Furthermore, the bond distances between the vinyl groups were
manually calculated based on individual bond numbers and bond lengths (C–C: 1.54 Å,
C=C: 1.34 Å, C–N: 1.43 Å, and C–O: 1.43 Å).

2.5. Data Analysis

The data were processed using Python (version 3.10.12), scikit-learn library (version
1.2.2), LightGBM (version 1.2.2), and XGBoost (version 2.02). Autoscaling (standardization)
was conducted for both the molecular descriptors and TD-NMR relaxation curves. Because
the mobile molecules were assumed to be contributors to hydrophilicity, TD-NMR and
data from five pulse sequences were employed in the analysis. Feature selection was
executed using GBM-RFE, RF-RFE, SVM-RFE, and XGM-RFE. To ensure that the number
of features remains less than the number of samples (=57), the number of features after
reduction was set to 30. The features obtained via RFE were employed as explanatory
variables, while the binary classification values of the contact angle were employed as
target variables. RF classifiers were used to construct classification models. The data were
split into training and test datasets using the holdout method. Hyperparameters were
determined using cross-validation methods by applying GridSearchCV to the training data.
Prediction accuracies were assessed based on the parameters: accuracy, precision, recall,
and F1-score. The flow of data analysis is depicted in Figure S2, and the hyperparameter
RF is shown in Table S4.

3. Results
3.1. Surface Coating

Surface coatings were applied by the photoinitiated copolymerization of acrylamide
monomers on PET films. Both ionic (FOM-3010)) and nonionic (NBTA) monomers were
utilized to alter the surface properties. Cross-linkers with varying numbers of vinyl groups
were employed to stabilize the coating and regulate film dynamics. Upon exposure to UV
light, the initially flowable liquid transformed into a cured solid with high viscosity. As
a result, polyacrylamide was coated onto the PET films through the copolymerization of
the monomers.

3.2. TD-NMR

Changes in chain dynamics due to surface modifications were assessed through
TD-NMR measurements. Figure S3 displays the TD-NMR relaxation curves, which are
correlated with the surface modification conditions, acquired for various pulse sequences.
Noticeable distinctions in the relaxation curves were evident for CPMG, MSE, and SE se-
quences. Specifically, the CPMG and MAPE [40] appeared suitable for mobile components,
suggesting their effectiveness in detecting components characterized by long relaxation
times on the surface.

The impact of the presence or absence of cross-linkers on the relaxation curves was
confirmed, as depicted in Figure 2. The evaluation of samples coated with NTBA using the
CPMG sequence revealed a gradual attenuation in the intensity of T2 relaxation. Conversely,
the relaxation curve obtained using the MSE sequences exhibited a low intensity with min-
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imal changes. However, for samples with cross-linkers, the CPMG relaxation curves
exhibited minimal alterations, with sharper relaxations observed in the MSE sequences.
These trends were accentuated with an increase in the number of vinyl groups. Polyacry-
lamide prepared with NTBA featuring a single vinyl group exhibited linear polymer chains,
while FOM-3006, FOM-3007, FOM-3008, and FOM-3009, which possess multiple vinyl
groups, displayed cross-linked or networked structures with reduced mobility. Thus, these
findings underscore a disparity in the TD-NMR relaxation curves, stemming from the chain
mobilities of polyacrylamide on the surface.

Figure 2. T2 relaxation curves of each single-monomer polymer. (a) CPMG, (b) DQ, (c) MSE, and
(d) SE. The blue, orange, gray, yellow, and light and dark green lines represent FOM-3006, FOM-3007,
FOM-3008, FOM-3009, FOM-3010, and NTBA, respectively.

3.3. Contact Angle

The properties of the modified surfaces were evaluated through contact angle mea-
surements. Figure 3 illustrates a histogram of the contact angles of the sample films. The
contact angles of the modified surfaces exhibited a broad range of values, spanning from
5◦ to 80◦. To determine the standard for binary classification, data analysis was performed
according to the approach indicated in Section 2.5, and the best results were obtained at
40◦. Therefore, 40◦ was set as the criteria for binary classification. The performance data
for angles of 25◦, 30◦, and 35◦ are shown in Figure S4.
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3.4. RFE

Feature selection was performed using the importance-based RFE method, and the
importance was evaluated using the GBM, RF, SVM, and XGB classifiers. When a classifier
model is trained on a training dataset, feature weights that reflect the importance of each
feature are obtained. After all the features were ranked according to their weights, the
feature with the lowest weight value was removed. The classifier is then retrained with the
remaining features until there are no more features to learn. Finally, the model-based RFE
method can obtain important features and show good performance [20]. The classification
models were constructed by RF classifiers using the selected feature values above. As a
result of feature reduction using GBM-RFE, RF-RFE, SVM-RFE, and XGB-RFE, the values
of accuracy, precision, recall, and F-score for all models were higher than those obtained
without RFE. The GBM-RFE showed the highest accuracy and F-score, the GBM-RFE and
XGB-RFE had the highest precision, and the RF-RFE had the highest recall. From the
results of the receiver operating characteristic curve and the area under the curve (AUC),
GBM-RFE had the highest AUC value (Figure 4).
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The important factors extracted differed for each model (Figure 5). As a feature of
RDKit, fr_unbrch_alkane was the top selected feature in all RFE models. For the TD-NMR
sequence, several time points of the CPMG, double quantum (DQ) filter, MSE, MAPE, and
SE sequences were selected, but most of them were after the intermediate region where the
slope of the transition curve becomes gentle (Figure 6). The important factors extracted
differed for each model (Figures 5 and 6).

Figure 5. Important features of each RF classification model. Feature selections were performed by
(a) GBM-RFE, (b) RF-RFE, (c) SVM-RFE, and (d) XGB-RFE.
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4. Discussion

Among the four RFE methods, GBM-RFE exhibited the best feature-selection per-
formance. For LightGBM, following the decision tree analysis, gradient boosting was
employed to enhance the accuracy. This boosting technique improves the predictive per-
formance by learning from errors between predicted and actual values; it particularly
focuses on data that could not be initially accurately predicted, and this method of growing
according to the leaves of a decision tree is called leaf-wise [43].

Although XGB is based on gradient boosting, a difference with the branches of the
decision tree, called level-wise, exists for each layer [43]. SVM-RFE, a wrapper method [44],
was employed for feature selection in this study using a linear form [45]. However, the
linear approach might not have effectively classified the current dataset, which comprised
RDKit and five pulse sequence data with diverse characteristics. RF, a bagging method
based on decision trees [46], demonstrated the second-best performance among the mod-
els. Its strength lies in amalgamating multiple decision trees into an ensemble, which
potentially contributes to its effective analysis ability. Although both GBM and XGB are
gradient boosting methods, their inherent approaches are different. GBM utilizes the
leaf-wise method, focusing on improving accuracy while learning the errors for each leaf.
Interestingly, GBM-RFE proved suitable for our dataset with its varying characteristics.
Notably, the selection and importance of the features were dependent on the RFE methods
employed in the analysis. This dependency underscores the significance of the chosen
methodology in determining feature relevance and importance.

TD-NMR measurements offer a wide dynamic range, spanning from sub-microseconds
(µs) to seconds, allowing for the extraction of various types of information across different
time scales [46]. Mobility within meso-regions, like domain fluctuations, was observed in
the µs range [40,47,48], while fluctuations in chain ends or the mobility of unfrozen and
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bound water were detected at the ms level [31]. The CPMG pulse sequence enables the
measurement of long T2 relaxation times, allowing the analysis of the long components
(liquid-like) of polymers [28,49–51]. DQ, MSE, and SE have short T2 relaxation times and
are thus suitable for analysis of the rigid components (solid-like) of polymers [52–54]. The
data after the middle region of each transitional curve includes data related to highly motile
components. The monomers used in this study contained acrylamide groups, and the
monomer FOM-03010 features a betaine structure, which is a zwitterionic group. The C=O
and N=H of the acrylamide group [55] (betaine structures [56]) interact with the water
surrounding the polymer, forming a hydration layer that inhibits foulant adhesion. In our
case, multiple pulse sequences of CPMG, DQ, MSE, and SE were used to detect data from
relaxation curves; in addition, various motilities might be involved in the measured contact
angle and hydration properties.

Among the several molecular descriptors of physicochemical features, fr_unbrch_alkane
(number of unbranched alkanes of at least four members, excluding halogenated alka-
nes) [57], which represented the proportion of unbranched alkanes, was selected in most
of the RFE methods. The presence of branched alkanes in molecular structures is crucial
for predicting crystallization owing to their disruptive effect on molecular packing, which
destabilizes the liquid crystal phase [58]. This characteristic suggests that hydrophilic
monomers may form structures conducive to expressing hydrophilicity by orderly bonding
among themselves. Furthermore, molecular fluctuations occur more easily in a linear
structure than in a branched structure. Based on the TD-NMR data, intermediate or late
relaxation time and high molecular mobility were selected as important factors in the
region; thus, we can infer that this molecular mobility (molecular fluctuation) is involved
in the expression of hydrophilicity.

As discussed earlier, our current methodology offers the unique advantage of si-
multaneously providing the essential components from both molecular descriptors and
TD-NMR T2 relaxation curves. These components respectively represent physicochemical
and dynamic properties. While understanding both properties is crucial for designing
superior surface modifications, the challenge lies in the human capacity to manage a vast
array of molecular descriptors and numerous NMR curves obtained through various pulse
sequences. An additional noteworthy aspect is our utilization of diverse types of RFE
methods. The importance attributed to ML algorithms varies, and relying on a single set
of criteria can lead to misunderstandings due to factors like noise or pseudo-correlation.
Therefore, our approach is particularly well-suited for a comprehensive and multifaceted
examination of material data. In recent years, simple and inexpensive methods using smart-
phones and ML have been developed to measure contact angles [59,60]. Until recently,
expensive contact angle meters were extensively used. However, these new ML-based
methods enable the evaluation of the process of creating hydrophilic/hydrophobic polymer
coating materials and aid in efficiently managing their manufacturing process. Therefore,
incorporating the proposed ML-based method into future studies will be useful.

5. Conclusions

In our study, we showcased feature-selection techniques for molecular descriptors
assessed via RDKit and relaxation curves obtained from TD-NMR, employing RFE for
surface modifications. Our surface modifications involved copolymerizing various com-
binations of acrylamide monomers on PET films. To evaluate polymer chain dynamics
across a broad time range, we utilized TD-NMR measurements with multiple pulse se-
quences, standardizing the data obtained from these five sequences. Applying GBM-RFE,
RF-RFE, SCM-RFE, and XGB-RFE treatments to these descriptors significantly improved
the predictability of the RF classifications. Moreover, our findings highlighted the crucial
roles played by both the physicochemical properties and dynamics of polymer chains in
determining the surface properties. The RFE method not only enhanced the predictability
but also allowed us to extract critical factors or time regions from both physicochemical and
TD-NMR data. This deeper insight into underlying mechanisms underscores the versatility
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of these approaches, extending their applicability beyond surface modification to other
materials requiring comprehensive multi-modal information.

Supplementary Materials: The following supporting information can be downloaded at: https://
www.mdpi.com/article/10.3390/polym16060824/s1; Figure S1: chemical structure of monomers;
Figure S2: The flow of data analysis of this study; Figure S3: Autoscaling of each T2 relaxation curve;
Figure S4: Performance of each criterion for binary classification; Table S1: list of samples; Table S2:
list of the molecular descriptors; Table S3: list of the RDKit descriptors of each monomer; Table S4:
the parameter of each random forest classifier model.
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Abstract: The advanced Gas Insulated Switchgear/Gas Insulated Lines (GIS/GIL) transmission
equipment serves as an essential physical infrastructure for establishing a new energy power system.
An analysis spanning nearly a decade on faults arising from extra/ultra-high voltage discharges
reveals that over 60% of such faults are attributed to the discharge of metal particles and dust. While
existing technical means, such as ultra-high frequency and ultrasonic sensing, exhibit effectiveness in
online monitoring of particles larger than sub-millimeter dimensions, the inherent randomness and
elusive nature of micron-nano dust pose challenges for effective characterization through current
technology. This elusive micron-nano dust, likely concealed as a latent threat, necessitates special
attention due to its potential as a “safety killer”. To address the challenges associated with detecting
micron-nano dust and comprehending its intricate mechanisms, this paper introduces a micron-
nano dust adsorption experimental platform tailored for observation and practical application in
GIS/GIL operations. The findings highlight that micron-nano dust’s adsorption state in the electric
field predominantly involves agglomerative adsorption along the insulator surface and diffusive
adsorption along the direction of the ground electrode. The pivotal factors influencing dust movement
include the micron-nano dust’s initial position, mass, material composition, and applied voltage.
Further elucidation emphasizes the potential of micron-nano dust as a concealed safety hazard. The
study reveals specific physical phenomena during the adsorption process. Agglomerative adsorption
results in micron-nano dust speckles forming on the epoxy resin insulator’s surface. With increasing
voltage, these speckles undergo an “explosion”, forming an annular dust halo with deepening
contours. This phenomenon, distinct from the initial adsorption, is considered a contributing factor
to flashovers along the insulator’s surface. The physical mechanism behind flashovers triggered
by micron-nano dust is uncovered, highlighting the formation of a localized short circuit area and
intense electric field distortion constituted by dust speckles. These findings establish a theoretical
foundation and technical support for enhancing the safe operational performance of AC and DC
transmission pipelines’ insulation.

Keywords: epoxy resin insulator; micron-nano dust; GIS/GIL; adsorption behavior; surface flashover

1. Introduction

The establishment of a new power system integrating multimodal energy sources is an
important technical way to realize carbon emission targets, while advanced transmission
and transformation equipment is an indispensable physical support for the construction of
a new power system. Gas Insulated Switchgear/Gas Insulated Lines (GIS/GIL) are playing
crucial roles as the “network joints” and “security guards” of energy transmission [1,2].
GIS/GIL, widely utilized in ultra/high voltage power grids, boasts unique advantages
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such as minimal transmission loss, substantial capacity, high operational reliability, and
integrated transmission of renewable energy sources [3–5]. Despite these merits, insulation
failure remains the primary cause of GIS/GIL operational issues, with internal metal
particle discharge emerging as a key safety concern.

Metal particles are easily moved to the vicinity of the insulators inside the GIS/GIL
equipment due to the electric field, making the electric field distortion near the fragile
insulator triple junction more serious. Because epoxy resin has good heat resistance and
electrical insulation, internally, GIS/GIL mainly use insulators cast from epoxy resin com-
posite materials. Under the electric field, the epoxy resin surface provides an attachment
environment for metal particles or micro-nano dust, and the metal contaminants adhering
to the epoxy resin surface, or doing the firefly motion near the epoxy resin surface, greatly
increase the probability of electrical insulation failure.

For discharge faults triggered by large metal particles (above the submillimeter level),
existing UHF and ultrasonic sensing technologies offer acceptable/better online monitoring
and early warning capabilities. However, a significant number of unexplained insulation
discharge faults persist at engineering sites. Even with current UHF and ultrasonic sensing
technologies, better online monitoring and early warning for discharge faults caused by
large-size metal particles (sub-millimeter level or larger) are achievable [6–8], yet numerous
unexplained insulation discharge faults still occur in engineering settings. Through compre-
hensive analysis, micron-nano dust emerges as a likely “safety killer” with characteristics
of high randomness, insidiousness, and inevitability. The smaller size of micron-nano
dust, coupled with its strong physical and chemical activity, pronounced randomness in
movement, and clustering effects, facilitates its migration near insulators induced by charge
dynamics transfer, electromagnetic radiation, acousto-optic radiation, and distinctive statis-
tical characteristics of larger particles [9–11]. Unfortunately, existing UHF and ultrasonic
sensing technologies prove ineffective in detecting the dispersed motion and discharge
signals of nano dust, further hindering the characterization of its electrodynamic properties.

Ruixue Liang [12] investigated the adsorption behavior of micron-sized metal dust,
identifying three modes of motion near the insulator: accumulation, diffusion, and others.
Notably, the experiment took place in ambient air with PTFE insulator material. While
some disparity exists with real-world engineering conditions, Liang’s work lays a foun-
dational understanding for studying micron-scale dust movement characteristics. Jingrui
Wang [13] explored the distribution characteristics of metal dust adsorption near insulators
with varying inclination angles, revealing that higher angles correlate with reduced dust
accumulation. However, limitations arose from simultaneously measuring dust adsorption
and flashover breakdown voltage, introducing substantial error, and lowering experimental
reliability. In another study, Zhang Lian-gen [14] delved into partial discharge induced by
millimeter-level metal foreign matter on insulator surfaces, describing the persistent erosion
caused by dense micro-discharge patterns under constant voltage. Yet, the adsorption
and discharge mechanisms of micrometer-level metal foreign matter were left unexplored.
Xu Yuan [15] summarized the motion characteristics of different quantities of 100-micron
metal particles on GIS insulator surfaces, qualitatively analyzing correlations with partial
discharge characteristics but without establishing direct links.

Considering the studies, while it is recognized that fine metal dust in GIS/GIL readily
adsorbs onto insulator surfaces, the kinetic behavior and adsorption mechanism remain
unclear. Building on existing research on the motion behavior and discharge characteristics
of millimeter-sized metal particles, this paper establishes a metal powder adsorption
experimental platform suitable for GIS/GIL observation and operation. The focus is on the
impact of aberrant electric fields and microscopic force fields on metal dust kinetic behavior
patterns. The investigation aims to develop a multi-physical force analysis model for metal
dust, unraveling the adsorption mechanism near GIS/GIL basin insulators. This research
provides a fundamental basis for dust protection and insulation design.
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2. Experimental Platform and Parameter Setting

To elucidate the adsorption dynamics of micronized dust along the gas-solid interface
of insulators in GIS/GIL, we devised a schematic diagram depicting the coaxial cylindrical
electrode experimental platform, as illustrated in Figure 1. The experimental setup com-
prises three main components: the experimental chamber housing the coaxial cylindrical
model, the DC power source, and the data processing unit. The actual DC power supply
and experimental chamber configuration are detailed in Figure 2.
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Figure 2. True type power supply and experimental chamber.

The coaxial cylindrical model, depicted in Figure 3, is a scaled representation com-
prising a high-voltage electrode and a ground electrode. The high-voltage electrode is
an aluminum cylinder measuring 40 mm in diameter and 260 mm in length, while the
ground electrode is a cylindrical aluminum shell with an inner diameter of 120 mm, an
outer diameter of 140 mm, and a length of 260 mm. Both electrodes are supported by
a transparent acrylic plate, ensuring their center axes coincide. The coaxial cylindrical
electrode platform employs a scaled basin insulator featuring an inner diameter of 40 mm,
an outer diameter of 120 mm, a thickness of 40 mm, and an inclination angle of 45 degrees.
The chemical composition of the scaled basin insulator used in the experiment includes
epoxy resin, alumina, and a curing agent. Bisphenol A diglycidyl ether (DGEBA) was used
as the epoxy monomer, and methyl tetrahydrophthalic anhydride (MTHPA) was used as
the curing agent. The mass ratio between the components was epoxy resin 80:alumina
100:curing agent 330. The curing condition was as follows: cure at 100 ◦C for 4 h, then
increase the temperature, and then continue to cure at 150 ◦C for 10 h. Alumina is the
main material to improve the performance of epoxy resin because of its high mechanical
strength and strong chemical stability. Adding alumina can effectively improve the im-
pact strength, bending strength, thermal conductivity, and glass transition temperature of
epoxy insulating materials, and to a certain extent, increase the resistivity and improve
the flashover resistance. Moreover, the alumina material could resist the corrosion of
sulfur hexafluoride decomposition gas. Figure 4 provides three perspectives of the coaxial
cylindrical scaled model.
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Figure 4. Three views of a coaxial cylindrical electrode.

The high-voltage electrode connects to the DC power supply via a high-voltage wire
within the experimental chamber, while the ground electrode links to the ground wire,
establishing a comprehensive electrical circuit. Throughout the experiment, the coaxial
cylindrical electrode is positioned within a square closed experimental chamber, featuring
a transparent observation window on one side. A supplementary light source enhances the
overall chamber illumination, and a high-definition camera, positioned on the opposing
side, records the dust adsorption process.

To validate the equivalence of the electric field in the semi-enclosed coaxial cylindrical
experimental platform and the fully enclosed coaxial cylindrical real platform of GIS/GIL,
finite element simulation is employed. Simulation models for semi-enclosed and fully
enclosed coaxial columns are developed, with the electric field distribution at the gas-solid
interface obtained under a 25 kV voltage in an SF6 gas environment. Given the placement of
dust at the bottom of the insulator’s convex side during the experiment, the dust adsorption
area aligns roughly within 45 degrees of the gas-solid interface corresponding to the ground
electrode. The simulation results in Figure 5 indicate that the maximum field strength in
Figure 5a is 3.74 kV/mm, and in Figure 5b it is 3.12 kV/mm, with the size of the field
distribution being essentially identical. The maximum field strength near the surface of the
epoxy resin in a 126 kV true GIS/GIL is around 3.5 kV/mm. This confirms that the coaxial
cylindrical electrodes employed in the experiment are equivalent to the SF6 gas simulation
platform, affirming the effectiveness and validity of the experimental setup.
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The experimental setup positioned the dust, as depicted in Figure 6, on top of the
convex insulator’s ground electrode. Figure 6 is the vertical view in Figure 4. The blue
dotted line represents the top view profile of the insulator, and the red dotted line represents
the top view profile of the high-voltage electrode. The placement was segmented into a nine-
grid configuration, with combinations in positions 1–3 and 7–9 representing the furthest
distances among the three combinations. Before initiating the experiment, aluminum
powder underwent more than 24 h of drying in an oven to ensure complete dryness,
mitigating the potential impact of moisture on experimental outcomes. To minimize the
influence of prior experiments on subsequent iterations, a thorough wipe-down of the
high-voltage electrode, ground electrode, insulator surface, and internal cavity with ethanol
preceded each new round of experiments. This step aimed to eliminate surface charge
effects, with experiments commencing after the ethanol had evaporated. Precise control
was maintained using a high-precision balance (with an error not exceeding 0.1%) to
measure the required dust quantity. The experiments were conducted at a temperature
of 25 ◦C, within a 0.1 MPa SF6 environment, with a boosting speed of 2 kV/s. Each set
of experiments underwent five repetitions to calculate an average value, thus reducing
uncertainties arising from accidental phenomena in the experimental results.
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The typical forces of micron-nano dust are shown in Table 1, including gravity G,
buoyancy Fb, electrical force FE, coulomb force Fq, van der Waals force between two
contiguous dusts FvdW, van der Waals force between two untouched dusts F, van der Waals
force between dust and surface FRumpf, and adhesive force Fadhe.
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Table 1. Typical forces of dust.

Typical Force Formula Typical Force Formula

Gravity G = 4
3 πa3ρdustg

Van der Waals force

FvdW = 3
2 πwa

Buoyancy Fb = 4
3 πa3ρgasg F = 2πwa

3

[
1
4

(
h
z0

)−8
−

(
h
z0

)−2
]

Electric force FE = qE = q Udc

r ln R2
R1

FRumpf =
A
6

[
r0a

z2
0(a+r0)

+ a
(z0+r0)

2

]

Coulomb force Fq = 1
4πε0

q1q2

(2a+h)2 Adhesive force Fadhe = w π
180 aarccos(1 − 4

3πa3ρAlgktension)

3. Kinetic Behavior of Micron-Nano Dust Adsorption
3.1. General Adsorption Behavior of Micron-Nano Dust

A uniform deposition of 20 mg of 50 nm aluminum dust occurs on the ground elec-
trode, aligned parallel to the high-voltage conductor at position 258. A negative polarity DC
voltage is applied, following the procedures outlined in the initial section, to observe the
real-time adsorption movement behavior of micron-nano dust along the insulator surface
as voltage increases. The position of the insulator housing the dust is captured in Figure 7.
Notably, the 50 nm aluminum dust appears silver-black due to optical dispersion effects.
Experimental findings indicate that micron-nano dust gradually begins to lift from −10 kV.
In contrast to larger particles, the lifting of micron-nano dust is a continuous process,
with not all particles lifting simultaneously. Therefore, this paper focuses on recording
the starting lifting voltage of micron-nano dust. As the voltage increases progressively,
the movement of micron-nano dust in the electric field primarily manifests in two forms:
agglomerative adsorption along the insulator interface and diffusive adsorption along the
direction of the ground electrode, as depicted in Figure 8.
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3. Kinetic Behavior of Micron-Nano Dust Adsorption 
3.1. General Adsorption Behavior of Micron-Nano Dust 

A uniform deposition of 20 mg of 50 nm aluminum dust occurs on the ground elec-
trode, aligned parallel to the high-voltage conductor at position 258. A negative polarity 
DC voltage is applied, following the procedures outlined in the initial section, to observe 
the real-time adsorption movement behavior of micron-nano dust along the insulator sur-
face as voltage increases. The position of the insulator housing the dust is captured in 
Figure 7. Notably, the 50 nm aluminum dust appears silver-black due to optical dispersion 
effects. Experimental findings indicate that micron-nano dust gradually begins to lift from 
−10 kV. In contrast to larger particles, the lifting of micron-nano dust is a continuous pro-
cess, with not all particles lifting simultaneously. Therefore, this paper focuses on record-
ing the starting lifting voltage of micron-nano dust. As the voltage increases progressively, 
the movement of micron-nano dust in the electric field primarily manifests in two forms: 
agglomerative adsorption along the insulator interface and diffusive adsorption along the 
direction of the ground electrode, as depicted in Figure 8. 

 
Figure 7. Adsorption behavior of micron-nano aluminum dust parallel to a high-voltage conductor 
(position 258). 

  
Figure 8. Agglomerative adsorption along the insulator surface, diffusive adsorption in the direction 
of the ground electrode. 

Figure 7. Adsorption behavior of micron-nano aluminum dust parallel to a high-voltage conductor
(position 258).
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Figure 8. Agglomerative adsorption along the insulator surface, diffusive adsorption in the direction
of the ground electrode.

Upon reaching voltages beyond −10 kV, micron-nano dust undergoes elevation and
migrates towards the insulator surface. With a continuous increase in voltage, the ad-
sorption quantity of micron-nano dust progressively rises, leading to darker and more
substantial agglomerations of micron-nano dust. At −40 kV, agglomerated micron-nano
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dust forms distinctive patches and lumps on the convex insulator surface, herein referred
to as micron-nano dust speckles. These speckles exhibit stable adhesion to the insulator
surface, with the adsorption state and quantity remaining relatively constant if the volt-
age increase is halted. However, if voltage escalation persists, existing micron-nano dust
speckles at the gas-solid interface emerge as pivotal factors inducing subsequent flashovers
along the surface of the epoxy resin insulator.

Regarding the diffusion and adsorption behavior of micron-nano dust along the
direction of the ground electrode, when the voltage surpasses −15 kV, both the diffusion
and adsorption area of micron-nano dust expand, accompanied by an increase in diffusion
and adsorption quantity. A penetrating dust band forms perpendicular to the direction
of the high-voltage conductor on the ground electrode’s surface. The color of this dust
band intensifies with the gradual voltage increase, resembling a “tree-like” structure in
a top-view perspective. It is noteworthy that, considering solely the movement of dust
adsorption, after the formation of micron-nano dust patches and the completion of diffusive
adsorption on the ground electrode, a surplus of the initial 20 mg of micron-nano dust
persists. Subsequent experiments during this period do not observe the phenomenon of
complete adsorption of the initial dust. This remaining pile of micron-nano dust provides
ample metal reactants for subsequent discharge chemical reactions triggered by flashovers
along the surface.

3.2. Key Factors Affecting the Behavior of Micron-Nano Dust Motions

Experiments involving the adsorption of 20 mg of 50 nm aluminum dust reveal a direct
correlation between the initial state of the dust and its subsequent adsorption behavior
along the epoxy resin insulator. This paper systematically identifies and summarizes four
key factors influencing the adsorption behavior of micron-nano dust: the initial position of
the dust, its initial mass, the type of electric current (AC/DC), and the material composition
of the dust.

3.2.1. Adsorption Behavior of Micronized Dust at Different Initial Positions

In the experiment depicted in Figure 7, micron-nano dust is arranged parallel to the
high-voltage conductor. At position 258, the micron-nano dust is positioned directly below
the high-voltage conductor. Using this position as a reference point, adsorption experiments
are conducted with 20 mg of 50 nm aluminum dust along the surface of the epoxy resin
insulator. The dust is arranged at position 147, parallel to the high-voltage conductor
and below the side, at position 456, perpendicular to the direction of the high-voltage
conductor, at position 159, across the arrangement area, and at the dual initial position
147/369, parallel to the high-voltage conductor. The dynamic aspects of the adsorption
behavior are illustrated in Figure 9.

The complete adsorption processes of micron-nano dust at the initial positions of
147, 456, 159, and 147/369 closely mirror that of the dust at position 258, as depicted in
Figure 9. The 50 nm aluminum dust gradually lifts from −12 kV, −10 kV, −15 kV, and
−10 kV, adhering radially upward along the coaxial cylindrical electrodes, exhibiting an
upward-rightward slanting adsorption state from the main view. As the voltage pro-
gressively increases, the quantity of inclined agglomerated micron-nano dust adsorption
rises, accompanied by a deepening color. By the time the voltage reaches −40 kV, −42 kV,
−42 kV, and −44 kV, stable tilted micron-nano dust speckles form on the surface of the
epoxy insulator. Concerning the diffuse adsorption behavior on the ground electrode, the
overall development process mirrors that of the dust at position 258. Taking the experi-
ment based on position 147 as an example, when the voltage surpasses −18 kV, the dust
simultaneously disperses along the ground electrode, away from the insulator’s direc-
tion and in the direction of the vertical high-voltage conductor. Since the initial position
is on the left side of the ground electrode, the resulting diffusion traces exhibit distinct
left-deep-right-shallow characteristics.
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Figure 9. Micron-nano dust adsorption behaviors under different initial circumstances.

Analysis reveals that the adsorption behaviors of the two types of micron-nano dust,
agglomerated and diffused along the ground electrode arranged parallel to the high-voltage
conductor (positions 258 and 147), are similar. The deviation in the corresponding voltage
values of the dynamic process is relatively small. This proximity arises from the modest
difference in the required climb height for the lifting of 50 nm aluminum dust at the two ini-
tial positions, thus leading to closely aligned voltage values essential for the formation of
analogous adsorption characteristics. In contrast to the initial two sets of experiments, the
length of the transverse micron-nano dust patches along the radial direction of the insulator
is notably shorter. This variation presents the possibility of subsequently impeding the
development of flashovers along the insulator surface. Although the deviation in voltage
values corresponding to the dynamic adsorption process is minimal, it is closely aligned
with that of the formation of dust patches on parallel high-voltage conductors. Due to the
extensive distribution of micron-nano dust arranged according to an initial position on the
surface of the ground electrode (position 159), the time and voltage required from the start
of lifting to the stable micron-nano dust patch formation are higher, by 25%, than that of
the equivalent mass of dust starting at position 258.

Figure 9 also illustrates the adsorption process of micron-nano dust at dual initial
positions, specifically chosen parallel to the high-voltage conductor at positions 147 and
369. It is noteworthy that the total mass of the two piles of micron-nano dust remains at
20 mg. In comparison with the single micron-nano dust speckle formed by agglomerative
adsorption at position 147, the double micron-nano dust speckle formed is noticeably
lighter in color and smaller in adsorption area.
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While the process of dust speckle formation for different initial positions of micron-nano
dust exhibited minimal differences, there was a significant variation in the final morphology
of the formed micron-nano dust speckle, as well as the time and voltage required. Therefore,
the initial position of micron-nano dust emerges as a crucial factor influencing the morphology
of micron-nano dust speckles formed through agglomerative adsorption.

3.2.2. Adsorption Behavior of Micron-Nano Dust with Different Initial Masses

From the above analysis of the double micron-nano dust speckles shown in Figure 9,
it is evident that the double micron-nano dust speckle is notably lighter in color and
has a smaller adsorption area compared to the single micron-nano dust speckle formed
by agglomerative adsorption at location 147. This difference arises because the double
initial dust pile is smaller in mass than the single pile, and the total amount utilized for
agglomerative adsorption is less than that of the single dust pile.

Figure 10 illustrates the adsorption process of 40 mg of 50 nm micron-nano aluminum
dust with the initial position located in the direction of the parallel high-voltage conductor
(position 258). The dust gradually lifts from −10 kV, and the agglomerative adsorption
process does not significantly differ from the dynamic adsorption process shown in Figure 7.
The dust speckle is also formed at −40 kV, but the surface area of the micron-nano dust
speckle formed by the 40 mg dust is larger, and the color is darker. Regarding the diffusive
adsorption behavior of micron-nano dust along the direction of the ground electrode, the
higher the mass, the larger the diffusive adsorption area. Due to the limited size of the
ground electrode used in the experiments, most of the dust diffused to the area outside the
ground electrode.
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Figure 10. Adsorption behavior of 40 mg of micronized dust at position 258.

Simultaneously, experiments conducted with varying initial masses at the same posi-
tion reveal a more pronounced agglomerative adsorption phenomenon with an increase
in the initial mass. For micron-nano dust positioned at location 258, when its initial mass
is 40 mg or greater, the insulator surface experiences an intense along-face flashover phe-
nomenon shortly after the formation of a micron-nano dust speckle, as depicted in Figure 11.
Considering that the micron-nano dust speckle induces a flashover breakdown voltage of
−40 kV along the surface, equivalent to the air breakdown voltage of the test system, it can
be postulated that micron-nano dust with an initial mass greater than or equal to 40 mg,
situated in position 258, will lead to a 0.1 MPa SF6 failure.
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Figure 11. Micron-nano dust speckle induced a flashover along the surface when the initial dust
mass was greater than or equal to 40 mg.

Based on the experimental phenomena and analysis, it is apparent that the dynamic
process of dust patch formation remains fundamentally consistent across different initial
masses of micron-nano dust. However, there is a substantial disparity in the final formation
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of micron-nano dust patches in terms of surface area, and when the mass surpasses a critical
threshold, these dust patches significantly diminish the insulation margin of the gas-solid
interface, directly leading to flashovers along the surface. Consequently, the initial mass
emerges as a crucial factor influencing the behavior of micron-nano dust movement.

3.2.3. Adsorption Behavior of Micronized Dust When Externally Applied Voltage Is AC

Figure 12 illustrates the adsorption process of a 20 mg, 50 nm micron-nano aluminum
speckle under externally applied AC voltage, with the initial position situated in the
direction of the parallel high-voltage conductor (position 258). The micron-nano dust
initiates at a voltage of 10 kV, and the corresponding voltage for the formation of the
micron-nano dust speckle is 42 kV. It is noteworthy that the stability of the micron-nano
dust speckle formed under AC voltage is inferior to that under DC voltage. Concurrently,
the diffusion and adsorption behavior of the ground electrode differs significantly. High-
definition camera observations reveal that the micron-nano dust generates an “air wave” on
the surface of the ground electrode, oscillating back and forth with the alternating electric
field in the direction of the parallel high-voltage conductor.
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3.2.4. Adsorption Behavior of Micron-Nano Dust from Different Materials

The adsorption experiments involved the placement of 100 mg of 50 nm copper dust at
position 258 in the direction of the parallel high-voltage conductor, as depicted in Figure 13.
The behavior of the 50 nm copper dust is observed as it gradually lifts from −14 kV and
adsorbs radially upward along the coaxial cylindrical electrode. With the incremental
increase in voltage, there is a gradual augmentation in the amount of tilted, agglomerated
micron-nano dust adsorption, accompanied by a deepening color. By the time the voltage
reaches 40 kV, stable, tilted micron-nano dust spots manifest on the surface of the epoxy
insulator. Regarding the diffuse adsorption behavior on the ground electrode, the overall
developmental process mirrors that of the dust at position 258. Once the voltage surpasses
−10 kV, the dust spreads concurrently along the ground electrode, extending away from
the insulator and perpendicular to the high-voltage conductor. This results in a ground
electrode diffusion trace that is notably deeper than the trace formed by the aluminum dust.
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In summary, as the voltage steadily rises, the adsorption state of micron-nano dust in
the electric field primarily involves agglomerative adsorption along the insulator surface
and diffusive adsorption along the direction of the ground electrode. The pivotal factors
influencing the motion behavior encompass the initial position of the micron-nano dust, its
mass, material composition, and the externally applied voltage.
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4. Dynamic Processes Prior to Flashover along the Surface Induced by Attached
Micron-Nano Dusts

To investigate the physical mechanism of micron-nano dust-induced flashover along
the gas-solid interface of epoxy resin insulators, we extended our observations from the
micron-nano dust adsorption behavior experiments mentioned above. We systematically
increased the voltage to examine the flashover induced by the micron-nano dust speckle
formed along the surface.

4.1. Special Physical Phenomena Prior to Flashover along the Surface

As depicted in Figure 7, during the adsorption experiment with 20 mg of 50 nm
aluminum dust starting at position 258, stable micron-nano dust speckles formed on the
epoxy insulator’s surface when the voltage reached −40 kV. As we further increased the
voltage, a unique physical phenomenon, distinct from the initial lift adsorption, emerged,
as illustrated in Figure 14.
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Continuing voltage augmentation revealed that the phenomenon of agglomerative
adsorption of micron-nano dust became less prominent, and the micron-nano dust speckle
remained stably adsorbed on the insulator surface. At −52 kV, an intriguing event occurred:
the micron-nano dust speckle abruptly “exploded”, creating a ring-shaped micron-nano
dust halo above the speckle. This ring-shaped halo, similar to the dust speckle, would
stably adhere to the epoxy resin insulator’s surface if the voltage was not increased further.
Notably, the “explosion” of the dust speckle to form the dust halo was a brief event,
occurring immediately after reaching −52 kV and concluding rapidly. This “explosion”
lacked components of a redox reaction, in a chemical sense, but represented a physical
phenomenon of rapid expansion. Concurrently, the ground electrode diffusion adsorption
phenomenon intensified, enlarging the diffusion area, and deepening in color.

Following the formation of the ring-shaped micron-nano dust halo, further voltage
escalation resulted in a notable instantaneous adsorption of the residual micron-nano dust
on the ground electrode. Most of these particles adhered near the recently formed ring-
shaped micron-nano dust halo, leading to a significant deepening of the halo, as evident in
Figure 14. Simultaneously, rapid diffusion occurred among the micron-nano dust on the
ground electrode.

4.1.1. Formation and Contour Deepening of Micron-Nano Dust Halos at Different
Initial Positions

Illustrated in Figure 9, the adsorption experiments involving 20 mg of 50 nm aluminum
dust at the initial positions 147, 456, 159, and 147/369 exhibit the formation of a stable
micron-nano dust speckle on the epoxy insulator surface when the voltage reaches −40 kV,
−42 kV, −42 kV, and −44 kV. Upon further voltage increase to −60 kV, −52 kV, −60 kV, and
−60 kV, the micron-nano dust speckle undergoes an “explosion”, resulting in the creation
of a ring-shaped micron-nano dust halo diagonally above the dust speckle. At −66 kV,
−64 kV, −66 kV, and −70 kV, a noticeable one-time instantaneous adsorption occurs among
the residual micron-nano dust on the ground electrode. The majority of these particles
adhere to the vicinity of the recently formed annular micron-nano dust halo, significantly
deepening it, as depicted in Figure 15.
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Figure 15. Special physical phenomena of dust speckles under different circumstances.

Despite variations in the morphology of the micron-nano dust speckles formed at
distinct initial positions, the experimental phenomena involving the explosion formation
of annular dust halos and the deepening of dust halo contours are consistently observed
under DC voltage as the voltage increases.

4.1.2. Formation and Contour Deepening of Micron-Nano Copper Dust Halos

As depicted in Figure 16, in the adsorption experiment conducted with copper dust
starting at position 258, when the voltage reaches −40 kV, a micron-nano copper dust
speckle forms on the surface of the epoxy resin insulator. Upon further voltage increase to
−60 kV, the micron-nano dust speckle undergoes an “explosion”, resulting in the formation
of dust halos on both sides of the speckle. Although not forming a closed circle, the dust
halo exhibits an arc distribution, contributing to the creation of a ring-shaped micron-nano
dust halo. At −72 kV, the contour of the dust halo deepens, as depicted in Figure 16.
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4.1.3. Special Physical Phenomena Prior to Flashover along the Surface under AC Voltage

As illustrated in Figure 15, during the adsorption experiment involving 20 mg of
50 nm aluminum dust at the initial position 258 under externally applied AC voltage, upon
reaching −42 kV, an unstable dust speckle agglomerates on the surface of the epoxy resin
insulator. Subsequently, at 52 kV, the micron-nano dust speckle undergoes an “explosion”,
resulting in the formation of a larger surface area of micron-nano dust band, as shown in
Figure 17. In contrast to DC voltage, AC voltage does not lead to the formation of a dust
halo during the dust speckle explosion; instead, it directly completes an instantaneous
adsorption, forming a larger area of agglomeration in the band dust speckle.
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Figure 17. 20 mg, 50 nm aluminum dust band at position 258 under AC voltage.

In summary, when different materials of micron-nano dust are subjected to the same
applied voltage, the experimental phenomenon of dust speckle explosion leading to the
formation of a ring-shaped dust halo, followed by the deepening of the dust halo contour,
varies. Copper dust and aluminum dust form similar dust speckles, but the shape of the
dust halo resulting from the dust speckle “explosion” exhibits different morphologies,
including arcs and rings. Nevertheless, it is undeniable that, as the voltage applied to the
micron-nano dust speckle continues to rise, it gives rise to special physical phenomena
distinct from the initial adsorption, thus creating necessary conditions for induced flashover
along the surface.

4.2. Dominant Factors Contributing to the Occurrence of Dust Spot Explosions

In the pressurization process, the presence of stable charge micron-nano dust speckles
on the surface of the epoxy resin insulator induces severe distortions in the gas-solid
interface electric field. Dust particles experience intense electric field distortions within
the gap of the dust speckle, leading to SF6 gas partial discharge. As a consequence, dust
adheres to the insulator surface, causing an increase in internal temperature and promoting
the agglomeration of dust particles within the speckle. This agglomeration results in
a considerable amount of energy, causing excessive stress inside the dust speckle. The
heightened stress leads to the outward splashing of dust particles, presenting a macroscopic
“explosion phenomenon”.

Simultaneously, micron-nano dust particles initially positioned on the ground elec-
trode acquire the same charge induced by the high-voltage conductor. With the rising
voltage, these similarly charged micron-nano dust particles lift to the insulator surface,
forming micron-nano dust speckles. As the voltage continues to increase, Coulomb re-
pulsion among the like-charged micron-nano dust particles within the speckle gradually
intensifies. The lifting of dust and subsequent collisions disturb the equilibrium of the dust
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speckle, causing a small number of dust particles to bounce outward. This process is also
characterized by a macroscopic “explosion phenomenon”.

5. Physical Mechanism of Interfacial Adsorption of Micron-Nano Dust-Induced
Flashover along the Epoxy Resin Surface

As depicted in Figure 15, the contour of the micron-nano dust halo experiences a
pronounced deepening at −60 kV. With the ongoing increase in voltage, at −64 kV, the
agglomerated micron-nano dust adhered to the surface of the epoxy resin insulator induces
surface flashover. This flashover is characterized by the violent ablation of the epoxy resin
surface. Furthermore, the current flowing along the surface during the flashover initiates a
direct and intense reaction between the residual metal dust on the ground electrode and
SF6, as illustrated in Figure 18.
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5.1. Interfacial Adsorption of Micron-Nano Dust-Induced Flashover along the Surface

Despite differences in micron-nano dust speckle formation, the emergence of ring-
shaped dust halo explosions, and the deepening of the dust halo contour, the flashover
development consistently follows a path through the micron-nano dust speckle. The
flashover current traverses the dust halo and dust speckle, sufficiently reacting at the epoxy
resin surface to ultimately ignite residual dust on the ground electrode. In Figure 19, voltage
values for each characteristic stage of micron-nano dust adsorption along the insulator
surface leading to surface flashover are presented under diverse initial conditions.
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Upon analysis of Table 1, it becomes evident that the requisite condition for micron-
nano dust to induce surface flashover under DC voltage is the formation of a micron-nano
dust speckle and the subsequent “explosion” of the dust speckle. Unlike large-sized
particles, DC voltage is more likely to cause insulation failure due to its unidirectional force,
whereas the opposite holds true for micron-nano dust. Micron-nano dust poses a greater
hazard under AC voltages, exhibiting significantly lower breakdown voltages than in DC
environments under identical conditions.

Under DC voltage, the flashover voltage along the surface is greatly influenced by
the initial position, initial mass, and dust material, with micron-nano dust reducing the
breakdown voltage of the test system by up to 71%.
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5.2. Mechanism of Action for Inducing Flashovers along the Surface

Micron-nano dust exhibits pronounced conductivity, and the agglomeration adsorp-
tion forming micron-nano dust speckles on the surface of epoxy resin insulators establishes
a localized short-circuit region. This short-circuit region reduces the insulation distance
between the high-voltage conductor and the grounding shell, making flashover more likely
as the length of the dust speckle along the insulator bus direction increases, elongating the
“short-circuit region” between the high and low voltage electrodes.

Microscopic analysis reveals that agglomeration adsorption along the epoxy resin
surface of micron-nano dust spots leads to varying forms of existence and arrangements,
causing different degrees of distortion in the surrounding electric field. In the discharge
process, aluminum and copper micron-nano dust primarily exist in clusters, resulting in
the most significant electric field distortion at the center sphere, reaching up to 4.5 times the
original field strength. However, dust generated in the GIS/GIL cavity typically assumes
irregular geometries due to mechanical wear, with dust having multiple spikes, leading to
more severe local electric field distortion.

This distorted electric field exacerbates charge accumulation on the epoxy resin sur-
face, further intensifying the surrounding electric field distortion. When the electric field
distortion surpasses the local breakdown field strength of the gas between two particles,
local discharge occurs, evolving into a flashover phenomenon along the epoxy resin surface.

On a more microscopic level, considering energy band structure and charge dissipation,
external excitation and electric field distortion lead to the release of electrons from the
valence band to the conduction band. Under the applied field strength, these liberated
electrons initiate a flow of injection, generating new electrons through impacts on the
surface. Metals, lacking a band gap, require less energy for electron jumps, making flash
channel formation more likely. Due to external excitation reasons such as electric field
distortion, thermal vibration occurs in the original thermal equilibrium state of the material,
leading some electrons to break away from the conduction band of the metal dust. In the
external field, the initial electrons hit resin surface, generating new electrons, and moving
back and forth. The recombination forms a streamer, resulting in failure of the insulation
between electrodes.

6. Conclusions

In this study, we constructed an experimental platform tailored for observing the
adsorption-flashover of micron-nano dust, operational within GIS/GIL conditions. By
doing so, we captured the motion behavior and adsorption process of micron-nano dust
near epoxy resin insulators, shedding light on the unique physical phenomena during the
adsorption process. The following conclusions were drawn:

(1) The adsorption states of micron-nano dust in the electric field encompass agglomera-
tive adsorption along the insulator surface and diffusive adsorption along the ground
electrode’s direction. Key factors influencing motion behavior include the initial
position of micron-nano dust, its mass, material, and the externally applied voltage.

(2) Agglomerated adsorption of micron-nano dust leads to the formation of dust speckles
on the epoxy resin insulator’s surface, playing a crucial role in inducing subsequent
surface flashovers. As voltage increases, these dust spots undergo an “explosion”,
generating an annular dust halo and other unique physical phenomena distinct from
lifting adsorption. These phenomena are considered necessary conditions for inducing
surface flashovers.

(3) Agglomeration adsorption of micron-nano dust speckles on the epoxy resin insulator’s
surface creates a localized short-circuit region, reducing insulation distance between
the high-voltage conductor and the grounding shell. This, combined with the drastic
distortion of the gas-solid interface electric field induced by micron-nano dust speckles,
intensifies local discharge between dust particles, making surface flashovers more
likely. The presence of micron-nano dust resulted in a significant 71% reduction in the
breakdown voltage of the test system.
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Abstract: Clean fracturing fluid has the characteristics of being environmentally friendly and causing
little damage to reservoirs. Meanwhile, its backflow gel-breaking fluids (GBFs) can be reutilized
as an oil displacement agent. This paper systematically evaluates the feasibility and EOR mech-
anism of a GBF based on a polymer surfactant as an oil displacement system for reutilization. A
rotating interfacial tensiometer and contact angle measuring instrument were used to evaluate the
performance of reducing the oil–water interfacial tension (IFT) and to change the rock wettability,
respectively. Additionally, a homogeneous apparatus was used to prepare emulsions to evaluate
GBF’s emulsifying properties. Finally, core flooding experiments were used to evaluate the EOR
effect of GBFs, and the influence rules and main controlling effects of various properties on the
EOR were clarified. As the concentration of GBFs increases, the IFT first decreases to the lowest of
0.37 mN/m at 0.20 wt% and then increases and the contact angle of the rock wall decreases from
129◦ and stabilizes at 42◦. Meanwhile, the emulsion droplet size gradually decreases and stabilizes
with increases in GBF concentration, and the smallest particle size occurs when the concentration is
0.12–0.15 wt%. The limited adsorption area of the oil–water interface and the long molecular chain are
the main reasons that limit the continued IFT reduction and emulsion stability. The oil displacement
experiment shows that the concentration of GBF solution to obtain the best EOR effect is 0.15 wt%. At
this concentration, the IFT reduction and the emulsification performance are not optimal. This shows
that the IFT reduction performance, reservoir wettability change performance, and emulsification
performance jointly determine the EOR effect of GBFs. In contrast, the emulsifying performance of
GBFs is the main controlling factor for the EOR. Finally, the optimal application concentration of
GBFs is 0.15–0.20 wt%, and the optimal injection volume is 0.5 PV.

Keywords: shale oil; clean fracturing fluids; gel-breaking fluids; reutilization; emulsion; EOR

1. Introduction

As conventional oil and gas resources enter the middle and late development stages,
the development and utilization of unconventional oil and gas resources such as shale oil,
tight oil, and heavy oil have become the main topics of scientific research and engineering
construction [1–4]. The marine shale oil revolution in the United States has promoted the
rapid growth of shale oil and gas at an average annual rate of 25% in the past 10 years [5].
However, the development of continental shale oil in China has been more difficult and is
still in the development stage [6,7]. Continental shale is mainly formed in semi-deep-water
to deep-water lacustrine sedimentary environments. The distribution area of the shale
series is small, with diverse lithofacies types and poor structural environment stability [8,9].
Meanwhile, continental shale reservoirs are highly heterogeneous, with well-developed
micro- and nano-pores and low development of organic pores, which leads to a complex
distribution and small area of the “sweet areas” [10,11]. The above geological characteristics
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of continental shale oil have led to problems in shale oil development, such as the inability
to inject and produce, rapid reduction in natural production capacity, and high precision
requirements for production equipment. Hydraulic fracturing is a key production and
injection technology for efficient exploitation of shale reservoirs [12,13]. It can connect
organic pores through hydraulic fracturing fractures and use proppant to maintain the
opening of fractures, greatly improving reservoir permeability and fluid mobility [14–16].
Conventional water-based gel-fracturing fluids (slick water, etc.,) have been widely used
due to their low friction resistance and strong sand-carrying ability [17]. However, this
type of polymer-based gel fracturing fluid produces a large amount of residue, which
is an important source of pollution in oil field development as the flowback fluid is pro-
duced [18,19]. Developing a clean fracturing fluid system that is safe, environmentally
friendly, and reusable while ensuring the basic performance of the fracturing fluid is key to
promoting the efficient development of shale reservoirs.

The development and use of clean fracturing fluid originated at the end of the 20th
century [20]. It is based on surfactant polymerization to form a viscoelastic surfactant gel
as a thickened fracturing fluid system. This type of surfactant is generally a quaternary
ammonium salt fatty acid surfactant, which exists as a spherical micelle in water [21–23].
When a salt solution is added to the surfactant solution, the spherical micelles further
polymerize to form rod-shaped micelles (also called worm micelles), thereby significantly
increasing the viscosity of the solution. When the micellar solution encounters oil or gas, it
destroys the interaction between the surfactant and the salt and automatically breaks the
gel [24,25]. The viscosity of the solution is significantly reduced to facilitate the backflow
of the gel-breaking fluids. The cleaning fracturing fluid does not require the addition of
chemical agents to form and break the gel, and the residual rate of the flowback solution
is almost zero [26]. Therefore, clean fracturing fluid has the advantages of low reservoir
damage, low environmental pollution, and single composition of the flowback solution
and can be reutilized as an oil-displacement system [22]. Dantas et al. [27] conducted
stable shear and oscillatory shear experiments to evaluate the rheological properties of
anionic surfactant gel-breaking fluids. He pointed out that small changes in the surfactant
will seriously affect the polymerization effect of the micelles and reveal its microscopic
mechanisms. Legemah et al. [28] developed a new low-polymer-loaded fracturing fluid
containing a boron cross-linking agent, which can significantly improve the sand-carrying
capacity of the fracturing fluid while reducing the damage of polymer residues to reservoirs.
Chieng et al. [29] improved the traditional single-chain viscoelastic surfactant and proposed
a new type of high-temperature-resistant and shear-resistant thickening fracturing fluid.
Li et al. [30] pointed out that a large amount of active substances in clean fracturing fluid
will reduce the oil–water interfacial tension, change the wettability of the reservoir, and
weaken the capillary driving pressure. However, the experimental results found that clean
fracturing fluid has a good effect on improving oil recovery, which is attributed to the
contribution of osmotic pressure. Meanwhile, Dai et al. also pointed out that osmotic
pressure is an additional phenomenon that reduces interfacial tension and is the main
controlling factor for gel-breaking fluids to improve oil recovery through studies on the
adsorption rules of surfactants at the oil–water rock interface [31,32]. In addition, CO2-
responsive clean fracturing fluid also has good application prospects [33–35].

Additionally, a surfactant is an important chemical agent in tertiary oil recovery [36]. It
is usually used in combination with polymers and microspheres or the form of a polymeric
surfactant as an oil displacement agent [37–39]. It can improve oil recovery by reducing
the capillary number, changing reservoir wettability, emulsifying crude oil, and modifying
the reservoir profile [40–42]. The main component of gel-breaking fluids is the surfactant,
which not only plays the role of imbibition and oil recovery during the fracturing backflow
process but can also be reutilized as an oil displacement agent in the fracture and pore
throat. Wang et al. [43] considered the coupling effects of wettability changes and interfacial
tension reduction on surfactant adsorption and revealed the mechanism of wettability
changes in different surfactants in carbonate and sandstone reservoirs. The change in
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reservoir wettability caused by surfactants is considered an important EOR mechanism
when injecting liquid into low-permeability shale reservoirs [44–46]. Based on micro-
pore-scale visualization experimental research, Yekeen et al. [47] explored the synergistic
effect of nanoparticles and surfactants in reducing oil–water interfacial tension, changing
rock wettability, and stabilizing emulsion. He pointed out that nano-surfactants show
a good tendency to significantly reduce the oil–water interfacial tension and change the
rock-wetting properties [48–52].

The above-mentioned research found that surfactant-based clean fracturing fluid
systems are beneficial to replace traditional thickened gel fracturing fluids and can be
reutilized as oil displacement systems after the fracturing fluids flow back. The current
research has the following three problems: (1) the current clean fracturing fluid systems are
all based on low-molecular surfactants, and there is a lack of research on clean fracturing
fluid systems based on long-chain polymer surfactants; (2) at present, the synthesis of clean
fracturing fluids only pursues the properties of ultra-low interfacial tension and ignores
the main control effect of the emulsification performance of the gel-breaking fluid on the
EOR; (3) most research on the EOR mechanisms of gel-breaking fluids are aimed at the
imbibition process, lacking the EOR potential of reducing interfacial tension, wettability
modification, and emulsification in its reutilized process.

Therefore, based on the above problems, this paper conducts experimental research
on a clean fracturing fluid and its gel-breaking fluid based on polymer surfactants. The
interfacial tension reduction performance, wettability improvement performance, and
emulsification performance were evaluated, and the influence of concentration on the above
properties was clarified. Finally, the relationship between the EOR and corresponding
properties under different gel-breaking fluid concentrations is compared, and the EOR
mechanism and the main control role of each property in its reutilized process are explained.
Finally, the gel formation, gel breaking, and interfacial adsorption processes of cleaning
fracture fluids are illustrated through illustrations. This paper highlights that under non-
ultra-low interfacial tension, gel-breaking fluids can give full play to the main control role
of emulsification in improving oil recovery and have good potential for oil displacement
and reutilization.

2. Material and Method
2.1. Materials

Raw materials: Dichloromethane and ethanol used for core oil washing were pur-
chased from KeLong Chemical Co., Ltd. (Chengdu, China); Inorganic salts such as NaCl,
KCl, CaCl2, etc., were purchased from Aladdin Biochemical Technology Co., Ltd. (Shang-
hai, China); Ethylene glycol monobutyl ether used for preparing the breaking fluids was
purchased from Winson New Material Technology Co., Ltd. (Shanghai, China). Deion-
ized water (DI water) was prepared by our lab using one comprehensive deionized water
ultrapure water machine (WPL-EDI-DI-UP-10-UVF, Shanghai, China).

Clean fracturing fluids (CFF): CFF is mainly composed of a cationic viscoelastic
polymer surfactant (VEPS), whose main component is long-chain tertiary amine (LCTA).
By configuring aqueous solutions with LCTA and KCl at a mass ratio of 3 wt% and 4 wt%,
respectively, the clean fracturing fluid CFF with good suspension properties was obtained,
with a viscosity of approximately 120 cP at 70 ◦C.

Gel-breaking clean fracturing fluids (GBFs): For the GBFs, 1% kerosene was added to
the CFF solution, which was stirred evenly at 25 ◦C for about 90 min until the gel broke.
After the system was fully stable, we used a centrifuge to separate the kerosene to obtain
the required gel-breaking fluid. The quality of the solution remained unchanged during
the preparation process of the CFF and GBF, so the effective concentration of LCTA in the
GBF solution was 3 wt%.

Solution: The degassed and dehydrated crude oil came from the Changqing Oilfield
in China, and its viscosity and density at 70 ◦C were 1.34 cP and 0.734 g/cm3, respectively.
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The simulated formation water was prepared by sequentially adding inorganic salts to DI
water according to the formula in Table 1 (the total salinity was 37,683 mg/L).

Table 1. The composition of the simulated formation water.

Iron K+, Na+ Ca2+ Mg2+ CO32− HCO3− SO42− Cl− Total

Concentration, mg/L 12,429.68 1110.17 637.88 57.12 1252.12 342.86 21,853.51 37,683

Cores: The cores were natural cylindrical cores obtained in the laboratory from the
Changqing Oilfield (diameter was 2.5 cm, length was 5–10 cm, and permeability was within
5 mD). There was crude oil in the natural cores, which needed to be removed using ethanol
and dichloromethane (DY-4 core rapid oil washing instrument, Yangzhou, China). The
natural cores were placed in an oven to dry after oil washing for 3 days, and then the dry
weight was recorded as m1. The detailed parameters of the cores used in Section 2.2.4 are
shown in Table 2.

Table 2. Basic core parameters.

Core Pore Volume, mL Diameter, cm Length, cm Permeability,
mD Volume of Oil, mL Oil Saturation, %

C1 6.8 2.5 7.1 7.5 4.9 72.06

C2 7.1 2.5 7.2 8.3 5.2 73.24

C3 6.3 2.5 6.8 7.2 4.5 71.43

C4 6.5 2.5 6.9 7.5 4.7 72.31

C5 6.7 2.5 7.0 7.7 4.9 73.13

C6 6.7 2.5 7.1 7.8 4.7 70.15

C7 6.9 2.5 7.1 7.9 4.9 71.01

2.2. Methods
2.2.1. Evaluation of Interfacial Tension

Reducing the oil–water interfacial tension is a basic property of clean fracturing fluid,
which can increase oil recovery by imbibition of the fracturing fluid matrix, making the
crude oil easier to remove. A rotating interfacial tensiometer (Texas-500-C, 102–10−5 mN/m,
Kono, Seattle, WA, USA) was used to measure the interfacial tension between CFF solution
with different concentrations and dehydrated crude oil under 80 ◦C. To ensure the accuracy
of the experimental results, a parallel control experiment was conducted for each group of
IFT test experiments.

The specific test steps are: (1) Take the GBF solution prepared in the Materials section
and dilute it with simulated formation water to concentrations of 0.02 wt%, 0.05 wt%,
0.08 wt%, 0.12 wt%, 0.15 wt%, and 0.20 wt%, 0.25 wt%, 0.30 wt%. (2) Use a needle to take
a GBF solution and fill it into the interfacial tension meter test tube, being careful not to
retain bubbles. (3) Use another special needle to absorb the crude oil and squeeze it into the
solution in the tube. The main oil droplets (about 0.1 mL) should be of moderate size and
should not be in contact with the wall of the test tube. (4) Turn on the temperature control
system of the interfacial tension meter and wait for 2 h of constant temperature before
testing. (5) Turn on the rotating interfacial tension meter, rotate the test tube at 3000 rpm,
and use the image acquisition system to record the shape of the oil droplet in real time.
(6) When the shape of the oil droplet does not change, take a photo to record the shape of
the oil droplet and use the software analysis system to calculate the oil–water interfacial
tension. (7) Stop rotating the interfacial tension meter, take out, clean, and dry the test
tube. (8) Use GBF solutions of other concentrations and repeat steps (2) to (7) to obtain the
oil–water interfacial tension under different GBF solution concentrations.
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2.2.2. Evaluation of Wettability

The pore throats of shale reservoirs are small, and the lipophilic characteristics of
the rock surface cause an oil film to be adsorbed on the surface, which not only reduces
the oil-washing efficiency but also reduces the effective flow radius of the pore throats,
exacerbating the difficulty of oil development. When the reservoir is oil wet, the contact
angle of the solution is greater than 90◦. Here, a static-contact goniometer (DSA100, Kruss,
Hasvink, Germany) is used to test the effect of different concentrations of GBF solutions
on rock wettability. The contact angle test software is equipped with an analysis system.
Here, considering the contact angle range, the goniometric method is used to automatically
measure and calculate the contact angle.

The specific test steps are: (1) Place several natural core sample slices and crude oil in
a Petri dish at a volume ratio of 1:4 and age them for 1 day to obtain strongly lipophilic
core slices. (2) Take the GBF solution prepared in the Materials section and dilute it with
simulated formation water to concentrations ranging from 0.05 and 0.3 wt%. (3) Turn on
the contact angle tester, and use a needle to absorb the GBF solution and drop it on the
core slice (about 0.1 mL). (4) Place the core slice on the test bench, take pictures and record
the images when the droplet shape does not change, and use the processing system to
calculate the contact angle. (5) Replace the core slices and GBF solution and repeat step (3)
and step (4) to obtain the contact angles of solutions with different GBF concentrations. As
a baseline, the contact angle of DI water is 129.47◦.

2.2.3. Evaluation of Emulsion Ability

The emulsifying property of GBF is key to its role in improving oil recovery. The
evaluation of emulsifying properties usually includes emulsification strength and emulsion
stability. The emulsion strength is evaluated by the emulsion droplet size distribution curve.
The smaller the emulsion droplet size and the more uniform the distribution, the higher the
emulsification strength. The stability of the emulsion is evaluated by the change curve of
the liquid separation rate of the emulsion after standing. The faster and more complete the
delamination, the worse stability. Here, a dispersion homogenizer (FJ300-S digital, Youyi,
Shanghai, China) was used to prepare an emulsion of GBF solution and crude oil, and
the particle size distribution was observed using a stereomicroscope (XTL-7000C, Caikon,
Shanghai, China).

The specific experimental steps are: (1) Prepare 20 mL of GBF solution with a concen-
tration of 0.05 wt%, 0.08 wt%, 0.12 wt%, 0.15 wt%, and 0.20 wt%. (2) Weigh 10 mL GBF
solution and 10 mL crude oil, respectively, into a 30 mL beaker. (3) Use a homogenizer to
mix the solution at a speed of 2000 rpm for 1 min and then pour it into a 25 mL test tube.
(4) Place the test tube in an 80 ◦C incubator and record the amount of water precipitated
in the test tube at certain intervals. We defined the ratio of the volume of precipitated
water in the test tube recorded each time to the volume of added water (i.e., 10 mL) as the
liquid drainage rate. Drawing the curve of the liquid drainage rate over time can clarify
the stability of the emulsion. (5) Repeat step (3) to obtain the mixed emulsion, and draw a
sample from the middle of the solution and drop it on a glass slide to observe its particle
size using a stereomicroscope. (6) Replace the GBF solution and repeat steps (2) to (5) to
evaluate the emulsion properties of solutions with different GBF concentrations.

2.2.4. Core Displacement Experiments

The reduction in interfacial tension, change in wettability, and emulsification ability of
the GBF solution directly affect its final EOR effect. Meanwhile, the injection amount of
the GBF solution will also affect its efficiency. Here, the influence of various parameters
on the EOR effect of GBFs is evaluated through core flooding experiments. The specific
experimental plan is shown in Table 3. The EOR effect of GBF flooding is the difference
between the final oil recovery and the water flooding oil recovery. In order to ensure the
accuracy of the experimental results, a parallel control experiment was conducted for each
displacement experiment.
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Table 3. Oil displacement experimental plan.

Number Core GBF Concentration,
wt% GBF Volume, PV Injection Process Note

1 C1 0.05 0.3

Water flooding to the water
cut reaches 90%—GBF

flooding to designed volume

Compare the influence of
GBF concentration

2 C2 0.08 0.3

3 C3 0.12 0.3

4 C4 0.15 0.3

5 C5 0.20 0.3

6 C6 0.30 0.3

7 C7 0.15 1.2 Compare the influence of
GBF volume

The specific experimental steps are: (1) Put the core into the core holder and use a
vacuum pump to evacuate the core end 1 for 4 h. (2) Saturate the simulated formation
water. Connect end 2 of the core holder into a beaker containing simulated formation water
and open the valve to self-absorb saturated water for 2 h. Record the volume change in the
simulated formation water in the beaker before and after self-priming, which is the core
pore volume V1. Additionally, take out the saturated core and remove the surface water
stains to weigh the wet weight m2. Then, calculate the saturated water mass as m1-m2 and
calculate the pore volume V2 based on the simulated formation water density. Use V1 and
V2 to correct the pore volume as V = (V1 + V2)/2 and calculate the porosity. (3) Absolute
permeability test. Connect the experimental process according to Figure 1; use a constant
speed pump to inject simulated formation water at a constant rate of 0.1 mL/min, and
record the injection pressure. After recording the stable injection pressure, Darcy’s law
is used to calculate the core permeability. (4) Saturated crude oil. Use a constant speed
pump to inject crude oil at a constant rate of 0.05 mL/min until no water is produced at
the production end. Increase the injection rate to 0.2 mL/min and continue to inject 1 PV
of crude oil. Stop the injection and place it in an 80 ◦C oven for aging for 3 days. Record
the volume of produced water as the saturated oil volume and calculate the oil saturation
So. (5) Carry out the oil displacement experiment according to the plan in Table 3 and
record the injection pressure and liquid production throughout the process. Then, you
calculate water cut (percentage of produced water volume to produced liquid volume)
and oil recovery factor (percentage of produced oil volume to saturated oil volume) to
compare their changes overtime. Keep the experimental temperature kept at 80 ◦C using
one thermostat, and carry out the displacement experiments at a constant injection rate of
0.1 mL/min.

Figure 1. The flowchart of the displacement process.

110



Polymers 2024, 16, 397

3. Results and Discussion
3.1. IFT Reduction Ability of GBF

After fracturing in shale reservoirs, the clean fracturing fluid will break through
contact with crude oil and become a GBF. The GBF can fully contact the crude oil and wall
surface in the reservoir, and the decrease in IFT can lead to the decrease in the adhesion
energy, making the crude oil more easily peeled off from the rock surface. The curve of IFT
response to the GBF concentration is shown in Figure 2.

Figure 2. The steady-state IFT between crude oil and GBF with different concentration (the IFT
between crude oil and DI water is 25.42 mN/m).

The steady-state IFT between crude oil and the GBF first decreases rapidly with
the increase in GBF concentration, reaching the lowest value of 0.37 mN/m when the
concentration is 0.2 wt%. Then, as the GBF concentration continues to increase, the IFT
increases slowly. The CFF system used in this paper is a polymeric surfactant gel. The
molecular chain of this surfactant is significantly larger than that of conventional surfactants,
so its ability to reduce IFT is limited. This type of surfactant has a similar EOR mechanism
to the polymeric surfactant and can achieve a good oil-washing effect at a relatively low IFT
(the oil–water IFT test result is 34.26 mN/m). As the GBF concentration increases, there are
two main reasons for the upward trend of IFT: (1) The oil–water interface area is limited,
and continuing to increase the concentration of active agent molecules cannot increase the
effective adsorption capacity. Meanwhile, the GBF is a long-chain molecule, which will
reduce the adsorption area of active groups after adsorption at the interface. (2) GBF is a
gel-breaking solution of CFF. When the concentration of the GBF gradually increases, it is
easy to form a micelle gel again, thereby reducing the interfacial adsorption of the GBF.

In addition, it can be found that as the GBF concentration increases, the error of IFT
first gradually decreases and then increases again. This is also related to the interface
adsorption of GBF molecules. When the GBF concentration is low or high, the adsorption
number of molecules at the interface will be affected by the solution preparation process,
resulting in fluctuations in IFT test results.

3.2. Wettability Alteration Ability of GBF

The GBF solution can strip crude oil by reducing the oil–water IFT; in addition, the oil
displacement efficiency is closely related to the wettability of the rock. The oil-wet surface
causes the oil displacement efficiency to deteriorate, but the water-wet surface can increase
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the oil displacement efficiency. Therefore, the change in reservoir wettability is another
main EOR mechanism of the GBF solution. The change curve of contact angle with the GBF
solution concentration is shown in Figure 3.

Figure 3. Variation curve of contact angle of oil-wet core thin sections with GBF concentration (the
contact angle of DI water is 129.47◦).

It can be seen from Figure 3 that the wetting angle decreases sharply with the increase
in the GBF concentration within 0.1 wt% and then stays stable with the further increase in
concentration. The reason is that GBF molecules are adsorbed on the oil-wet quartz surface
through electrostatic attraction, Van Der Waals force, hydrogen bond, and hydrophobic
action. The surfactant molecule hydrophobic group assembles directly with a solid surface
and the hydrophilic group makes contact with an aqueous solution, which reduces the
interfacial energy, and adhesion tension increases, s o the contact angle steeply falls, leading
to enhanced water wettability on the surface of the quartz plate.

As the GBF concentration further increases, the adsorption capacity of the surfactant
molecules increases, and the adsorption of surfactant molecules on the surface of quartz
can cause a decrease in electronegativity. When the GBF concentration reaches a certain
value, the interfacial energy and adhesion tension basically remain the same, so the contact
angle tends to be stable at 42◦. This suggests that the GBF solution can change the quartz
surface from oil-wet to water-wet, which, combined with the reduction in oil–water IFT,
greatly improves the oil-washing efficiency of shale reservoirs.

3.3. Emulsification Property of GBF

The GBF solution strips crude oil by reducing the IFT and changing rock wettability,
which is the first step in improving oil recovery. The second step is to emulsify the stripped
crude oil into an interfacial energy minimization system in which oil and water are evenly
dispersed so that it can be easily carried and extracted in the form of emulsion droplets.

Figure 4 is the microscopic morphology of the droplet size distribution after crude
oil is emulsified with GBF solutions of different concentrations. It can be found that as
the concentration of the GBF solution increases, the emulsion droplet size first gradually
decreases and then remains stable. It can be clearly observed that the granularity of the
emulsion droplets has become weaker, which is the result of the high dispersion of the
emulsion droplets. When the GBF solution concentration is 0.2 wt%, although the particle
size of the emulsion droplets does not increase significantly, there are some large oil lumps,
which have a serious impact on its stability.
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Figure 4. The droplet size of GBF emulsion with different concentrations. (a) GBF concentration is
0.05 wt%; (b) GBF concentration is 0.08 wt%; (c) GBF concentration is 0.12 wt%; (d) GBF concentration
is 0.15 wt%; (e) GBF concentration is 0.20 wt%.

The liquid separation processes of the GBF emulsion with different concentrations are
shown in Figure 5. It can be seen that the water drainage rate of the emulsion increases with
the aging time and then stays stable. The liquid separation process of the GBF emulsion can
last for 10–15 h, which is enough to illustrate its good stability. The changing trend of the
final liquid drainage rate is that it first decreases and then increases with the increase in GBF
concentration (as shown in the cyan dotted line in Figure 5). When the GBF concentration
is 0.12 wt%, the liquid drainage rate is the lowest at 32%, and there is still a large amount
of emulsion in the upper solution. When the GBF solution concentration is 0.20 wt%, the
liquid drainage rate reaches a maximum of 85%. The change law of liquid drainage rate
with the GBF concentration is consistent with its IFT reduction rule, and their mechanism
of action is also the same. The decisive factor of the emulsion stability is the strength
of the interface membrane. When the GBF concentration is small, fewer molecules are
irregularly adsorbed on the interface and the membrane strength is weakening. So, the
emulsion system is easy to demulsify and dehydrate with poor emulsion stability. When the
GBF concentration is extremely large, the formation of micelles will damage the interface
membrane, resulting in an increase in the water drainage rate.

Figure 5. The water drainage rate of GBF change curves.
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GBF strips crude oil and emulsifies it for extraction, which increases its oil-washing
efficiency. Meanwhile, the emulsion can coalesce to form an oil band, and the oil band
continues to encounter dispersed crude oil as it moves forward. The oil band formed by
emulsified crude oil in the high permeability zone can modify the injection profile because
of the Jamin effect. Thus, the GBF solution can also expand the swept volume until the oil
band is taken out.

GBF is a potential EOR technology which has two EOR mechanisms: expanding the
swept volume and improving the oil washing efficiency. Through the evaluation of the IFT
reduction performance, wettability change performance, and emulsification performance,
it can be determined that the optimal application concentration of GBF is 0.15 wt%. Its EOR
efficiency will be evaluated in Section 3.4.

3.4. EOR Effect of GBF

Seven sets of GBF oil displacement experiments were carried out according to Table 3.
The first six experiments of fixed injection volume were 0.3 PV to evaluate the impact
of GBF concentration on the EOR effect. Meanwhile, the impact of IFT-reducing ability,
wettability-changing ability, and emulsifying ability on the EOR at the corresponding
concentration was evaluated. The seventh experiment fixed the GBF concentration at
0.15 wt% and performed a continuous GBF injection of 1.2 PV. During the period, the EOR
at different injection volumes was intercepted to evaluate the impact of the GBF injection
amount on the EOR effect.

The EOR and corresponding IFT, contact angle, and emulsion drainage stabilization
time curves under six GBF concentrations are shown in Figure 6. The error bar of the
EOR shows that the results of each experiment fluctuate within a certain range, but it
can be found that this does not affect the change rule of EOR with GBF concentration.
The main reasons for the error are the influence of experimental operations and the small
differences in core parameters. The existence of the error bars proves the reliability of the
experimental results and the objectivity of the rules. The EOR first increased significantly
with the increase in GBF concentration and then showed a downward trend. The best
EOR effect occurs when the GBF concentration is 0.15 wt%. Figure 6a shows that the
concentration of the GBF solution with the lowest IFT is 0.20 wt%, and the EOR effect
at this time begins to decrease. This is mainly because the stability of the GBF emulsion
decreased significantly at this time, as shown in Figure 6c. Figure 6b shows that within the
test concentration range, the contact angle is at a low value and tends to be stable, and its
change pattern does not directly correspond to the EOR change rule. Figure 6c shows that
the GBF concentration that obtains the best EOR is 0.15 wt%, which is inconsistent with the
concentration corresponding to the lowest IFT and the lowest liquid drainage rate. This
illustrates that the interfacial tension reduction performance and emulsification stability
jointly determine the EOR effect of the GBF. However, the EOR when the liquid drainage
rate is the lowest is closest to the optimal EOR. Overall, the increase and decrease in the
EOR curve corresponds to the decrease and increase trend of the liquid drainage rate curve,
which shows that among the three properties, the stability of the GBF emulsion is the main
decisive factor controlling its EOR effect. Therefore, pursuing only ultra-low levels of IFT is
not the correct direction for future oil displacement system construction.

The injection pressure will increase significantly after the GBF solution is injected.
Although GBF can reduce the oil–water IFT to reduce pressure and increase injection, the
emulsion formed at the same time will produce a Jamin effect at the pore throat and increase
the injection pressure. The GBF injection pressure curves and corresponding EOR effects
under different injection volumes are shown in Figure 7.
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Figure 6. EOR and corresponding interface characteristic curves of GBF solutions at different concen-
trations. (a) IFT; (b) contact angle; (c) drainage stable time.

Figure 7. The relationship between the injection of slug and the growth rate of recovery.

Figure 7 shows that the injection pressure of the GBF stabilizes when the injection
volume reaches 0.2 PV. At this time, the oil wall corresponding to the emulsion aggregation
is produced. The EOR effect is significantly improved at this stage. After that, the injection
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pressure decreases rapidly and eventually levels off. It can be found that the moment
when the EOR and the injection pressure become stable is when the injection volume is
0.5 PV, which shows that the increase in injection pressure is the main contribution to the
improvement of the EOR effect. The experimental results also illustrate once again that the
emulsifying performance of the GBF is the main controlling factor of its EOR efficiency.

Taking into account the various static properties and EOR effects of GBF, the optimal
application concentration is 0.12–0.20 wt%, and the optimal injection volume is 0.5 PV. As
an oil displacement agent for fracturing fluid reutilization, GBF is compared with a separate
oil displacement system and other gel-breaking fluid, as shown in Table 4. It can be found
that the ability of GBF to reduce interfacial tension is equivalent to that of a polymeric
surfactant, but its viscosity is much lower, so the EOR effect is poor. Additionally, although
the compound surfactant can achieve ultra-low interfacial tension and its EOR is higher
than that of GBFs, its individual application is rare and the cost increases significantly.
Although GBF does not have the advantages of ultra-low interfacial tension and high
viscosity of surfactants and a polymeric surfactant, it takes into account the advantages of
both. Compared with the EOR of about 10% of ordinary polymers, GBF has considerable
EOR capabilities when reutilized as an oil displacement agent and has obvious economic
advantages over surfactants.

Table 4. EOR comparison between GBF and other displacement agents.

Number Agent Concentration, wt% IFT,
mN/m

Volume,
PV

Recovery,
% EOR, %

0 Gel-breaking fluid 0.15 0.46 0.5 58.32 13.00

1 [30] Gel-breaking fluid 0.70 0.369 Imbibition 33.20 /

2 [31] Gel-breaking fluid 2.00 0.14 Imbibition 40.00 /

3 [39] Polymeric surfactant 1.50 ~0.90 0.8 / 17.49

4 [53] Compound surfactant / 10−2 3 / 13.65

5 [53] Compound surfactant / 10−3 3 / 16.28

6 [54] ASP (Alkali +
Surfactant + Polymer) S is 0.1–0.3 ~10−2 0.5–0.8 / 18–28

3.5. Mechanism of GBF Formed Process and EOR Effect

Gel-fracturing fluid processes such as CO2 response [55], temperature response [56],
ion response [29], etc., have the advantages of low viscosity during injection and easy gel
breakage and are the development trend of clean fracturing fluid in the future. The clean
gel fracturing fluid used in this paper is an ion-responsive polymer micelle gel. Current
research has clarified its gel formation, gel breaking, and oil-displacement mechanisms, but
there is a lack of comprehensive revelation and description of the above mechanisms. Based
on the above experimental results and previous research experience, this paper summarizes
the entire process mechanism of clean fracturing fluid, from gel formation to gel breaking
and interface action to improve oil recovery.

A schematic diagram of the gel formation process of CFF, the gel breaking process to
form GBF, and the adsorption mechanism of GBF at the interface, are shown in Figure 8.
CFF is composed of a viscoelastic surfactant. In aqueous solutions, the nonpolar groups
of these molecules tend to aggregate to avoid contact with water, eventually forming
self-assembled spherical micelles. When the concentration of water anions increases, a
large number of surfactant molecules further aggregate to form polymeric rod-like micelles,
and the mutual entanglement between micelles greatly increases the viscoelasticity of
the system. The viscoelasticity of the CFF solution is the basis for its significant sand-
carrying performance. When organic matter or other hydrophobic substances (oil or gas)
are dissolved in micelles, these rod-shaped micelles will be expanded and dispersed into
smaller spherical micelles, resulting in reduced viscosity of the system. As the gel breaking
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has no breaking agent added, it will not cause any damage to the viscoelastic surfactant
molecule and will provide a solid foundation for its further re-utilization.

Figure 8. The process of clean fracturing fluid forming gels and breaking gels and the EOR mechanism.

In the application of the GBF flooding process, the surfactant molecules move toward
and adsorb the oil–water interface and rock surface, effectively reducing the oil–water IFT
and changing the wettability of the reservoir, which is of great significance to improving oil
recovery.

4. Conclusions

This paper studies the reuse effect of gel-breaking fluids (GBFs) of a clean fracturing
fluid system (CFF) based on polymer surfactants. The interfacial tension reduction per-
formance, wettability change performance, and emulsification performance of GBFs were
evaluated, and the main control effect of each factor on the EOR was clarified by comparing
the EOR effect under various static properties, and the optimal application parameters
were formed. Finally, the gelation and gel-breaking processes of CFF and the interfacial
adsorption mechanism of the GBF solution were explained. The specific conclusions are
as follows:

(1) GBFs can reduce the oil–water IFT to 10−1 mN/m. As the concentration of GBF
increases, the oil–water IFT first decreases and then increases. The lowest IFT of
0.37 mN/m occurs when the GBF concentration is 0.20 wt%. The limited adsorption
area of the oil–water interface and the long molecular chain are the main reasons that
limit the continued IFT reduction.

(2) GBFs can effectively improve reservoir wettability. As the concentration of GBF
solution increases, the contact angle of the rock wall decreases from 129◦ and stabilizes
at 42◦. Reducing the oil–water IFT and changing the wettability of the reservoir are the
fundamental reasons why GBFs can effectively strip crude oil from shale reservoirs.

(3) GBFs have good emulsifying properties. As the concentration of GBF solution in-
creases, the emulsion droplet size gradually decreases and stabilizes, with the smallest
particle size at a concentration of 0.12–0.15 wt%. At a concentration of 0.20 wt%, a
larger area of oil block will appear, which also corresponds to a significant reduction
in emulsion stability.
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(4) The optimal application concentration of GBFs is 0.12–0.20 wt%, and the optimal
injection volume is 0.5 PV. The oil displacement experiment shows that the concentra-
tion of GBF solution to obtain the best EOR effect is 0.15 wt%. At this concentration,
the IFT reduction and the emulsification performance are not optimal. This shows
that the IFT reduction performance, reservoir wettability change performance, and
emulsification performance jointly determine the EOR effect of GBFs. In contrast, the
emulsifying performance of GBFs is the main controlling factor for the EOR.

(5) The experimental results of this paper prove that the BGF after breaking the CFF with
a polymer surfactant as the main body has good EOR potential. It can effectively
improve the oil washing efficiency and expand the swept volume at a lower dosage.
Additionally, its main mechanism of action is emulsification rather than ultra-low
interfacial tension, which also provides new thinking for the synthesis direction of
oilfield chemicals.
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Abstract: The continuous growth in global energy and chemical raw material demand has drawn
significant attention to the development of heavy oil resources. A primary challenge in heavy oil
extraction lies in reducing crude oil viscosity. Alkali–surfactant–polymer (ASP) flooding technology
has emerged as an effective method for enhancing heavy oil recovery. However, the chromatographic
separation of chemical agents presents a formidable obstacle in heavy oil extraction. To address this
challenge, we utilized a free radical polymerization method, employing acrylamide, 2-acrylamido-2-
methylpropane sulfonic acid, lauryl acrylate, and benzyl acrylate as raw materials. This approach led
to the synthesis of a multifunctional amphiphilic polymer known as PAALB, which we applied to the
extraction of heavy oil. The structure of PAALB was meticulously characterized using techniques such
as infrared spectroscopy and Nuclear Magnetic Resonance Spectroscopy. To assess the effectiveness
of PAALB in reducing heavy oil viscosity and enhancing oil recovery, we conducted a series of
tests, including contact angle measurements, interfacial tension assessments, self-emulsification
experiments, critical association concentration tests, and sand-packed tube flooding experiments. The
research findings indicate that PAALB can reduce oil–water displacement, reduce heavy oil viscosity,
and improve swept volume upon injection into the formation. A solution of 5000 mg/L PAALB
reduced the contact angle of water droplets on the core surface from 106.55◦ to 34.95◦, shifting the core
surface from oil-wet to water-wet, thereby enabling oil–water displacement. Moreover, A solution of
10,000 mg/L PAALB reduced the oil–water interfacial tension to 3.32 × 10−4 mN/m, reaching an
ultra-low interfacial tension level, thereby inducing spontaneous emulsification of heavy oil within
the formation. Under the condition of an oil–water ratio of 7:3, a solution of 10,000 mg/L PAALB
can reduce the viscosity of heavy oil from 14,315 mPa·s to 201 mPa·s via the glass bottle inversion
method, with a viscosity reduction rate of 98.60%. In sand-packed tube flooding experiments, under
the injection volume of 1.5 PV, PAALB increased the recovery rate by 25.63% compared to traditional
hydrolyzed polyacrylamide (HPAM) polymer. The insights derived from this research on amphiphilic
polymers hold significant reference value for the development and optimization of chemical flooding
strategies aimed at enhancing heavy oil recovery.

Keywords: amphiphilic polymer; hydrophobic association; self-emulsification; heavy oil viscosity
reduction; enhanced oil recovery

1. Introduction

Petroleum is a vital energy source and chemical feedstock, constituting a global reserve
of approximately 9–11 trillion barrels, with heavy oil and bitumen resources accounting
for over 70% of the total reserves. Given the escalating demand for energy and chemical
feedstocks, the development of heavy oil resources has garnered significant attention [1–3].
Heavy oil extraction is challenging due to its high viscosity and limited mobility, making
viscosity reduction within the reservoir crucial for successful heavy oil recovery [4,5].
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Chemical flooding technology has been proven to be an effective method to enhance
crude oil recovery. This approach involves the application of alkali, surfactants, polymers,
and other chemicals to reduce heavy oil viscosity, increase flooding fluid viscosity, improve
the oil–water mobility ratio and expand the sweep volume of oil displacement, ultimately
enhancing heavy oil recovery [6–10]. However, this complex system often experiences
chromatographic separation within the reservoir, hindering effective oil recovery. In recent
years, scholars have begun investigating the application of amphiphilic polymers in heavy
oil recovery. These polymers, featuring both hydrophilic and hydrophobic groups, facilitate
efficient emulsification of heavy oil, reducing the viscosity of the oil phase while increasing
that of the water phase. This, in turn, enhances the sweep efficiency of oil displacement
without suffering from chromatographic separation. Thus, amphiphilic polymers hold
substantial promise for heavy oil recovery [11–16].

Li [16] synthesized a series of water-soluble long branched-chain amphiphilic copoly-
mers, AAGASs, and applied in the enhanced oil recovery of heavy oil. Hydrophobically
associating water-soluble copolymers (AAGs) with an epoxy group were first synthe-
sized via the free-radical copolymerization of acrylamide and sodium 2-acrylamido-2-
methylpropanesulfonic acid with glycidyl methacrylate. An amino-terminated amphiphilic
copolymer (AS-N) was also prepared with acrylamide and sodium 4-styrenesulfonate via
chain transfer polymerization. AAGASs were then obtained via the chain-extending reac-
tion between the epoxy groups of the AAG and the amino group of the AS-N. The results
revealed that AAGAS exhibited unique association properties in solution, displaying excel-
lent surface and interfacial activity. Consequently, AAGAS solutions were capable of both
thickening water and transforming high-viscosity heavy oil into low-viscosity oil-in-water
emulsions. Notably, they achieved an impressive 96.8% reduction in heavy oil viscosity at
a concentration of 1000 mg/L AAGAS-3.

Qin [17] prepared a dendrimer amphiphilic polymer (A-D-HPAM) via the aqueous
solution polymerization of acrylic acid, acrylamide, 2-acrylamido-2-methylpropanesulfonic
acid, hydrophobic monomer of cetyl dimethyl allyl ammonium chloride, and skeleton
monomer. It exhibited experimentally proven superior polymer performance. Compared
to hydrolyzed polyacrylamide and hydrolyzed polyacrylamide–sodium dodecyl benzene
sulfonate solutions, A-D-PAM notably increased oil recovery by 15.1%. Chen [18] syn-
thesized the amphiphilic polymer PTVR using acrylamide, sodium p-styrenesulfonate,
lauryl methacrylate, and methyl-2-urea-4[1H]-pyrimidinone. The results highlighted the
exceptional performance of PTVR, which was attributed to the synergistic effect of these
monomers. Methyl-2-urea-4[1H]-pyrimidinone is a quadruple hydrogen bond monomer,
which effectively disrupts the hydrogen bond interactions within asphaltene or resin aggre-
gates. On the other hand, the long alkyl chain lauryl methacrylate improved the polymer’s
affinity with heavy oil, facilitating the emulsification of heavy oil.

Liu [19] synthesized an amphiphilic polymer, AD-1, via free radical polymerization
using acrylamide, acrylamide, 2-acrylamido-2-methyl-1-propane sulfonic acid, and self-
tailored monomers with long hydrophobic chains and benzene rings, and conducted an
investigation into amphiphilic polymer AD-1’s role in enhancing heavy oil recovery via
hot water flooding. The findings demonstrated that AD-1 had the capacity to form stable
aggregates and a three-dimensional network in solution, exhibiting excellent interfacial per-
formance. Even at low concentrations, AD-1 could create dynamic water-in-oil emulsions,
facilitating both emulsification and rapid demulsification. Yang [20] synthesized a betaine-
type binary amphiphilic polymer, PAMA, from acrylamide and association monomer made
in a laboratory. The study elucidated the mechanism by which varying hydrophobic
group content influenced PAMA’s performance. Experimental findings demonstrated
that higher hydrophobic group content improved PAMA’s ability to reduce surface ten-
sion and foster associations among hydrophobic groups. Increased hydrophobic group
content enhanced the polymer’s viscosity, thermal stability, viscoelastic properties, and
salt-thickening behavior.
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Tian [21] conducted a comparative analysis of amphiphilic polymers featuring mono-
branched and multi-branched hydrophobic groups. The research showed that multi-
branched amphiphilic polymers had a dual effect, increasing both the viscosity and interfa-
cial viscoelasticity of the dispersion medium, resulting in more stable emulsions. Zhu [22]
examined amphiphilic polymers with both single-tail and double-tail hydrophobic groups
to understand their impact on solution properties. The findings indicated that polymers
with double-tail hydrophobic groups exhibited a lower critical association concentration
(CAC). This led to stronger hydrophobic associations and, consequently, a higher apparent
viscosity contribution rate when polymer concentrations exceeded the CAC. Moreover, am-
phiphilic polymers with double-tail hydrophobic groups displayed improved temperature
resistance, salt resistance, and mechanical shear resistance at equivalent polymer solution
concentrations. Zhi [23] employed amphiphilic polymer as a heavy oil activator and inves-
tigated the changes in residual oil distribution following activator displacement, along with
its performance in heavy oil activation. The results demonstrated that the activator could
reduce oil–water interfacial tension, break down and disperse recombination fractions in
heavy oil, and decrease heavy oil viscosity. Post-activation, the utilization of residual oil in
medium and small pores significantly improved, particularly in residual oil with film-like
and cluster-like structures. This process slowed the decline rate of light/heavy fractions in
heavy oil. The heavy oil activator effectively enhanced the sweep volume and displace-
ment efficiency of heavy oil, thereby playing a crucial role in improving recovery rates
in heavy oil reservoirs. Ma [24] synthesized a novel low-molecular-weight amphiphilic
viscosity reducer. Employing Materials Studio 5.0 software, Ma explored the synthesis
feasibility and viscosity reduction mechanism of this heavy oil viscosity reducer through a
molecular dynamics perspective. The molecular dynamics simulations revealed that the
addition of the viscosity reducer altered the potential energy, non-potential energy, density,
and hydrogen bond distribution within the heavy oil. Specifically, the benzene ring in
butadiene benzene became embedded in the asphaltene’s interlayer structure, effectively
weakening the heavy oil’s network configuration. The results of numerous studies have
shown that amphiphilic polymers prepared by introducing hydrophobic monomers into
acrylamide-based copolymers have good effects on improving heavy oil recovery.

In this study, based on the cost-effectiveness of materials and the difficulty of synthesis,
we selected acrylamide and 2-acrylamido-2-methylpropane sulfonic acid commonly used
in oil fields as hydrophilic monomers and selected long-chain lauryl acrylate and benzyl
acrylate with benzene ring as hydrophobic monomers to prepare amphiphilic polymers
PAALB through free radical polymerization. The addition of acrylamide and 2-acrylamido-
2-methylpropanesulfonic acid effectively improved the viscosity, temperature resistance
and salt resistance of the polymer solution. The addition of monomers with long chains pro-
vided the polymers with interfacial activity. The addition of monomers containing benzene
rings facilitates the dispersion of heavy oil components in the polymer, thus enhancing
the interaction between the polymer and the heavy oil. The amphiphilic polymer has
excellent interfacial activity, emulsifying ability and viscoelasticity, which can both reduce
the viscosity of the oil phase and increase the viscosity of the aqueous phase. This enhance-
ment changes the water-oil mobility ratio, increases sweep volumes, and contributes to
the overall enhancement of heavy oil recovery. In addition, an important capability of our
synthesized amphiphilic polymers is the ability to achieve self-emulsification of heavy
oil. However, in the reports on spontaneous emulsification of crude oil, the viscosity of
most crude oil is lower than 2000 mPa·s, and the spontaneous emulsification of heavy oil
above 10,000 mPa·s is not reported [25–29]. Therefore, this amphiphilic polymer has better
applicability to the self-emulsification and viscosity reduction of high-viscosity heavy oils.

2. Materials and Methods
2.1. Materials

The reagents used include acrylamide (AM, 99% pure, CAS No. 79-06-1), 2-acrylamido-
2-methylpropansufonic acid (AMPS, purity 98%, CAS No. 15214-89-8), lauryl acrylate (LA,
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purity 90%, CAS No. 2156-97-0), benzyl acrylate (BA, purity 97%, CAS No. 2495-35-4), 2,2′-
azobis (2-methylpropionamidine) dihydrochloride (AIBA, purity 97%, CAS No. 2997-92-4),
sodium hydroxide (NaOH, purity 98%, CAS No. 1310-73-2), iron sulfate heptahydrate
(FeSO4·7H2O, purity 99%,CAS No. 7782-63-0), hydrogen peroxide (H2O2, 30% aqueous
solution, CAS No. 7722-84-1), edetate disodium (EDTA, purity 98%, CAS No. 6381-92-6),
ethanol (purity 99.7%, CAS No. 64-17-5), and sodium dodecyl sulfate (SDS, purity 98%,
CAS No. 151-21-3). These were sourced from Aladdin company (Shanghai, China).

Partially hydrolyzed polyacrylamide (HPAM) with a relative molecular weight of
1.2 × 107 and hydrolysis degree of 20% was obtained from Zhangjiakou Shengda Polymer
Co., Ltd. (Zhangjiakou, China). The heavy oil used in the experiments was sourced from
Chunfeng Oilfield, and its physical properties are presented in Table 1. The mineralization
composition of the brine water is shown in Table 2.

Table 1. Properties and composition of Chunfeng Heavy Oil.

Relative Density Viscosity (50 ◦C) Saturates Aromatics Resin Asphaltene Wax

0.983 g/cm3 14,315 mPa·s 46.17% 17.64% 10.11% 10.69% 2.62%

Table 2. Composition of Brine water (mg/L).

Na+ K+ Ca2+ Mg2+ Cl− SO42− HCO3− Total Dissolved Solids

11,500 126 6600 62 29,200 260 652 48,400

2.2. Synthesis of PAALB

The synthesis process of the PAALB polymer is illustrated in Figure 1. PAALB,
a quaternary copolymer, was synthesized through free radical copolymerization. The
process involved using AM, AMPS, LA, and BA as the raw materials. The monomers were
measured and placed in a 250 mL three-necked flask equipped with a mechanical overhead
stirrer and subjected to N2 purge gas. The molar ratio of AM:AMPS:LA:BA was 6:2:1:1.
Deionized water was added to the flask to maintain the total monomer concentration in
the solution at 30%. SDS (at 0.3% of the total monomer) was introduced to facilitate the
dissolution of the hydrophobic monomer, and the solution’s pH was adjusted to 6 using
an aqueous NaOH solution. Following a 30-min N2 purge, the solution was cooled to a
temperature within 0–10 ◦C. Subsequently, 50 mg of AIBA, along with 300 ppm of EDTA,
500 ppm of FeSO4, and 400 ppm of H2O2, was added as an initiator, and the mixture was
stirred for 30 min. This process resulted in a milky white viscous liquid. The temperature
was then increased to 60 ◦C and maintained for 4 h, yielding the final product, PAALB. The
product was washed with ethanol to remove impurities. It was subsequently dried in a
vacuum oven at 60 ◦C for 24 h to obtain a solid product, which was then ground into a
powder and stored [18]. The final polymer yield was 88.67%.
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2.3. Polymer Characterization

The polymer powder was blended with KBr and compressed into a thin film. Subse-
quently, the Fourier transform infrared spectrum (FT-IR) was obtained using the Thermo
Fischer Scientific Nicolet IS5 spectrometer (Thermo Fisher Scientific, Waltham, MA, USA).
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A polymer solution with a concentration of 20 mg/mL was prepared by dissolving the
polymer in D2O. The solution was added to the nuclear magnetic tube for scanning. The
1H nuclear magnetic resonance (NMR) spectroscopic analysis used the Bruker AVANCE III
600 NMR spectrometer (Bruker Corporation, New York, NY, USA).

C, H, O, N, and S quantities were determined using the Vario EL cube and Vario
MACRO cube elemental analyzer (Elementar Germany, Frankfurt, Germany).

Gel permeation chromatography (GPC) was performed using an Agilent 1260 Infinity
II LC liquid chromatograph equipped with an Agilent RID G1362A detector (Agilent
Technologies Inc, Santa Clara, CA, USA) on a Waters Ultrahydrogel 300 × 7.8 mm 500-250-
120A column. In this study, 0.1 mol/L NaNO3 aqueous solution was used as the mobile
phase at a flow rate of 1 mL/min. The testing temperature was 40 ◦C, and the polymer
sample concentration was 5000 mg/L.

2.4. Apparent Viscosity Measurement

The viscosity of the polymer solution to crude oil was determined using a HAAKE
MARS III rheometer (Thermo Fisher Scientific, Waltham, MA, USA). The CC24Ti tumbler
measuring system was selected for viscosity determination in a CR test mode during
viscosity tests. The sample was sheared at 7.34 s−1 for 300 s at 50 ◦C, and the measurements
were taken every 30 s. The viscosity–temperature curve was determined in a CR test mode
at a shear rate of 7.34 s−1, with recordings made from 20 to 100 ◦C at a step of 3 ◦C per 60 s
for a total test time of 1600 s.

2.5. Critical Association Concentration Measurement

This research employed pyrene as a fluorescence spectroscopy probe to investigate
the hydrophobic association behavior of amphiphilic polymers. In the experiment, a
pyrene ethanol solution of 2.5 × 10−3 mol/L was added to various polymer solution
concentrations to achieve a final pyrene concentration of 5 × 10−5 mol/L (a concentration
that had minimal impact on solution properties). The solutions were sealed, stirred, and
left for 24 h. The fluorescence spectrum of pyrene was recorded using a Hitachi F4600
fluorescence spectrophotometer (HITACHI, Tokyo, Japan), with an excitation wavelength of
335 nm and an emission spectrum recording range of 350–450 nm. The I1/I3 ratio reflected
the change in polarity within the microenvironment surrounding pyrene, enabling the
determination of hydrophobic association strength in the amphiphilic polymer solutions.

2.6. Polymer Self-Emulsification Ability Evaluation

For emulsification analysis, a 30 mL glass bottle was used, combining 4.5 mL of
5000 mg/L polymer solution and 10.5 mL of heavy oil, resulting in an oil–water ratio
of 7:3. The bottle was inverted 50 times, and the color of the solution was observed. A
uniform black solution after inversion indicated successful emulsification of heavy oil and
the polymer [25–27].

2.7. Viscosity Reduction Performance Measurement

Polymer solutions of varying concentrations were prepared using brine water. Under
conditions of 50 ◦C and a 7:3 oil–water ratio, the glass bottle was inverted 50 times, and the
viscosity of the emulsion post-inversion was measured to evaluate the polymer’s heavy
oil viscosity reduction performance. The viscosity reduction rate was calculated using the
following formula:

Φ =
µ0 − µ

µ0
× 100% (1)

where Φ is the viscosity reduction rate, µ0 is the initial viscosity of heavy oil, and µ is the
viscosity of oil–water emulsion after adding polymer.
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2.8. Emulsion Structure Testing

For the examination of the emulsion formed by heavy oil and the polymer solution
after emulsification, a small amount was drawn using a pipette and placed onto a micro-
scope slide. A cover slip was carefully placed over the droplet using tweezers. The sample
was then positioned on the stage of a Zeiss Primo Star microscope for emulsion image
observation with a magnification of 100×.

2.9. Interfacial Tension Measurement

Polymer solutions with various concentrations were prepared using brine water. The
interfacial tension (IFT) between the polymer solution and heavy oil was measured using
the SVT20N video spinning drop tensiometer. The test was conducted at a temperature of
50 ◦C and a rotation speed of 6000 r/min.

2.10. Contact Angle Measurement

Core slices with neutral wetting surfaces were soaked in a 5000 mg/L polymer solution
for 24 h. Then, the slices were dried in a hot air sterilizing drying oven at 80 ◦C. The contact
angle of water droplets on the core surface was measured using an SDC200 contact angle
meter (Ningbo Precious Instruments Technology Co., Ltd., Ningbo, China) to determine
any changes in wettability on the core surface.

2.11. Polymer Flooding Performance
2.11.1. Sand-Packed Tube Flooding Experiments

A sand-packed tube flooding device was utilized to evaluate the oil displacement
effects of HPAM and PAALB (Figure 2). The parameters of the sand-packed tube are
shown in Table 3. The sand-packed tube was filled with quartz sand, saturated with
water to measure the porosity, and injected with water to measure the permeability. After
that, the sand-packed tube was saturated with oil and allowed to age for 24 h. Water
was then injected to displace the oil until the water content exceeded 98%. Subsequently,
polymer injection was performed to displace the oil until the water content exceeded 98%.
The following step was subsequent water flooding. The experimental conditions were as
follows: temperature of 50 ◦C, HPAM concentration of 15,000 mg/L (150 mPa·s), PAALB
concentration of 10,000 mg/L (145 mPa·s), and injection speed of 0.2 mL/min.
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Table 3. Parameters of the sand-packed tube.

Polymer Length (cm) Diameter (cm) Porosity (%) Permeability (µm2) Oil Saturation (%)

HPAM 30.00 2.50 36.06 5.13 89.17

PAALB 30.00 2.50 35.71 5.07 92.28

126



Polymers 2023, 15, 4606

2.11.2. Microscopic Model Flooding Experiments

The microscopic oil displacement effects of HPAM and PAALB were evaluated using
a microscopic visualization model etched on glass (Figure 3). The experimental procedure
included injecting silicone oil and aging it for 12 h to treat the pore surface of the model
as an oil-wet surface. Subsequently, the micro model was saturated with oil and allowed
to age for 24 h. Water was then injected to displace the oil until no oil was produced at
the outlet. At this point, the polymer was injected until no oil was produced at the outlet,
allowing observation of the oil displacement by the polymer. The experimental conditions
were as follows: temperature of 50 ◦C, HPAM concentration of 15,000 mg/L (150 mPa·s),
PAALB concentration of 10,000 mg/L (145 mPa·s), and injection speed of 0.12 mL/h.
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3. Results and Discussion
3.1. Characterization of PAALB

3.1.1. FT-IR and 1H-NMR

Figure 4a shows the infrared spectra of the monomer and polymer. The spectrum
of acrylamide has distinct stretching vibrational bands of amino (–NH2) at 3170 cm−1

and 3340 cm−1. This peak slows down and shifts in the polymer spectrum, appearing at
3215 cm−1 and 3331 cm−1. The peaks at 1075 cm−1 and 1232 cm−1 in the infrared spectra of
2-acrylamido-2-methylpropansufonic acid are attributed to the symmetric and asymmetric
vibrational absorption peaks of the sulfonic acid group (–SO3

−); this absorption peak in
the polymer spectrum is displaced and appears at 1037 cm−1 and 1157 cm−1. The peaks at
2853 cm−1 and 2922 cm−1 in the spectrum of lauryl acrylate are the stretching vibrational
bands of methylene (–CH2) and methyl (–CH3) groups, and this peak can also be observed
in the polymer spectrum. The peaks at 3067 cm−1 and 3081 cm−1 in the spectrum of benzyl
acrylate are the characteristic group frequencies of the hydrocarbon bond (C–H) stretching
vibration of the benzene ring, and the peaks at 696 cm−1 and 737 cm−1 are the characteristic
absorption peaks of the monosubstituted benzene ring. In addition, the absorption peaks
of the carbonyl group (C=O) were observed at 1773 cm−1 and 1671 cm−1. Conclusively, the
polymers’ spectra contain each reacting monomer’s characteristic peaks, proving that we
successfully prepared the copolymer PAALB via monomer copolymerization [18,30,31].

To further confirm the molecular structure of PAALB, proton nuclear magnetic reso-
nance spectroscopy was conducted, as displayed in Figure 4b. The observed peaks and their
respective assignments are as follows: the peak at 1.46 ppm corresponds to the H of the
methylene (–CH2) on the long chain of lauryl acrylate. The peak at 1.49 ppm corresponds
to the H of the methyl (–CH3) on AMPS. The peak at 1.73 ppm corresponds to the H of the
secondary methyl on the polymer main chain. The peak at 2.19 ppm corresponds to the
H of the methine on the polymer main chain. The peak at 3.41 ppm corresponds to the H
of the methylene connected to S on AMPS. The peak near 5.67 ppm corresponds to the H
of the methine connected to the benzene ring on benzyl acrylate. The peak near 6.11 ppm
corresponds to the H of the amino group (–NH2) on acrylamide. The peak at 7.45 ppm
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corresponds to the H of the benzene ring on benzyl acrylate [32,33]. The results obtained
from IR and 1H-NMR confirm the successful synthesis of the intended product.
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3.1.2. Elemental Analysis

The results from the elemental analysis of the polymer are shown in Table 4. According
to theoretical calculation, when the molar ratio of AM:AMPS:LA:BA is 6:2:1:1, the mass
proportion of each element in the polymer is C (55.07%), H (7.57%), O (23.19%), N (9.02%)
and S (5.15%), respectively. Although there is some deviation between the test results of
element analysis and the theoretical calculation results, the overall results are similar, and
the deviation is very slight. The test results show that the monomer composition of the
polymer is consistent with the feed ratio.

Table 4. Elemental analysis results of the PAALB.

Element C H O N S

Theoretical content (wt %) 55.07 7.57 23.19 9.02 5.15
Measurement content (wt %) 50.77 7.41 28.54 8.35 5.02

3.1.3. Relative Molecular Mass of PAALB and Its Distribution

Table 5 shows the relative molecular mass distribution of polymer PAALB. As can
be seen from Table 5, the number average relative molecular mass (Mn) of the polymer is
307,883, the weight average relative molecular mass (Mw) is 679,306, the Z average relative
molecular mass (Mz) is 1,048,818, the Z + 1 average relative molecular mass (Mz+1) is
1,333,611, and the viscosity average relative molecular mass (Mv) is 623,887. The polymer’s
relative molecular mass polydispersity index (PDI) was 2.21, and the test results proved
the successful preparation of the polymer.

Table 5. Gel permeation chromatography results of PAALB.

Mn Mw Mz Mz+1 Mv PDI

307,883 679,306 1,048,818 1,333,611 623,887 2.21

3.2. Critical Association Concentration of Polymer

Figure 5 is a display of viscosity change and critical association concentration (CAC)
of the polymer solution in deionized and brine water. Specifically, Figure 5a,b display
the fluorescence intensity of pyrene in PAALB solutions of deionized and brine water,
respectively. The emission spectrum of pyrene, excited at 335 nm, displayed five emission
peaks at 373 nm, 379 nm, 384 nm, 390 nm, and 410 nm. The intensity ratio of the first
vibrational peak (I1) to the third vibrational peak (I3) served as an indicator of the polarity
of the surrounding environment for pyrene molecules. A smaller I1/I3 ratio suggested a
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higher degree of hydrophobic association. Thus, the I1/I3 ratio was utilized as a measure for
the degree of hydrophobic association for the amphiphilic polymers. When the I1/I3 ratio
started to decrease, it indicated the occurrence of intermolecular hydrophobic association
within the polymer, and this concentration was considered the CAC for the amphiphilic
polymer. Figure 5c shows the change in the I1/I3 ratio of the pyrene vibrational peak with
polymer solution concentration, indicating the CAC of PAALB to be 3500 mg/L in deionized
water solution and 5000 mg/L in brine water. Figure 5d exhibits the viscosity change of the
polymer in deionized water and brine water with increasing concentration. The viscosity
initially increases slowly with concentration and then rapidly rises exponentially. This
behavior is attributed to the hydrophobic association between polymer molecules, which
leads to a sudden increase in viscosity when the concentration exceeds the CAC. Based on
curve fitting and viscosity trends, the predicted CAC concentration of PAALB in distilled
water is 3400 mg/L, while in brine water, it is 4300 mg/L. These predictions closely align
with the experimental results presented in Figure 5c, validating the approximate prediction
of CAC using the viscosity increase method [34,35].
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3.3. Polymer Self-Emulsification Performance and Mechanism
3.3.1. Polymer Self-Emulsification Performance

The progression of oil–water states with increasing numbers of glass bottle inversions
can be observed in Figure 6. Initially, the polymer solution and heavy oil exhibited a clear
separation. After a single inversion, oil droplets appeared in the polymer solution layer.
The number of the droplets in the polymer layer increased as the inversions continued, and
the color of the oil–water system darkened. A uniform oil-in-water (O/W) emulsion state
was observed, where the oil phase was evenly distributed as droplets within the water
phase. The results of the glass bottle inversion experiment demonstrate the ability of the
PAALB polymer solution to emulsify heavy oil and form an O/W emulsion under weak
shear forces generated via oscillation [25,26].
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Figure 6. Oil–water state diagram after different inversion times.

3.3.2. Self-Emulsification Mechanism

The mechanisms underlying self-emulsification involve interfacial turbulence caused
by Marangoni convection, the generation of negative interfacial tension values, and the
diffusion and retention of chemical instability [36,37]. This paper considers the change in
interfacial tension (IFT) during the dynamic self-emulsification process as the key factor
influencing oil–water emulsification. Figure 7a depicts a container filled with deionized
water, where water droplets in the liquid phase and at the gas-liquid interface experience
different resultant forces. While water droplets in the liquid phase maintain force balance,
those at the interface are subjected to a resultant force that directs them inward, causing
the droplets to tend to escape the interface and enter the bulk phase. Similarly, individual
droplets extracted from the liquid phase exhibit different forces acting on the surface and
interior molecules. The resultant force on the surface molecules directs inward, maintaining
the droplet’s spherical shape. Cutting a large droplet in half yields two smaller droplets,
as the interfacial tension along the cutting line contracts the surface of the cut droplet,
sustaining its spherical shape. This natural phenomenon is the result of interfacial tensions.
Consequently, the interfacial tension at the oil–water interface promotes the contraction
of water and oil droplets. High interfacial tension increases the tendency for droplet con-
traction. Introducing surfactants reduces the oil–water interfacial tension, diminishing the
contraction tendency. As illustrated in Figure 7b, it can be noticed that as the interfacial
tension is significantly increased, the oil and water remain immiscible; thus, an enormous
amount of external energy is needed to overcome this interfacial tension for the mixing to
occur. When the interfacial tension is significantly reduced, minimal shearing or distur-
bances to the system can overcome this interfacial tension and promote oil–water mixing.
When the interfacial tension becomes negative, the force driving the contraction of the
oil–water interface transforms into a force facilitating the diffusion of the two phases, thus
their spontaneous mixing. Figure 7c depicts the process of spontaneous emulsification of
the heavy oil and polymer solution when the glass bottle is inverted. This phenomenon
occurs due to the polymer solution’s ability to reduce the interfacial tension between oil
and water [38].
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As shown in Figure 7d, oil–water interfacial tension decreases significantly with
increasing polymer solution concentration. The oil–water interfacial tension without poly-
mer addition was 11.43 mN/m. Upon reaching a PAALB concentration of 3000 mg/L,
the oil–water interfacial tension decreased to 0.61 mN/m, and at a concentration of
5000 mg/L, it reduced further to 0.07 mN/m, falling within the low interfacial tension
region. A solution concentration of 10,000 mg/L produced an oil–water interfacial tension
of 3.32 × 10−4 mN/m, signifying an ultra-low interfacial tension. The significant reduction
in interfacial tension enables oil–water self-emulsification with minimal disturbance. The
experimental results of self-emulsification confirm that achieving oil–water spontaneous
emulsification is possible by reducing interfacial tension [16,31].

3.4. Heavy Oil Viscosity Reduction Performance of Polymer

Figure 8a is a display of experimental results from oil–water emulsions’ viscosity and
viscosity reduction rate at different polymer concentrations, considering deionized and
brine water conditions. As the polymer concentration increases, the emulsion viscosity
initially decreases and then increases, while the viscosity reduction rate exhibits an inverse
trend. Notably, the viscosity reduction effect is more pronounced in brine water. Under
brine water conditions, when the polymer concentration is 1000 mg/L, the emulsion vis-
cosity is 7307 mPa·s, with a viscosity reduction rate of 48.96%. At this concentration, the
emulsification effect is limited due to the low polymer concentration. However, as the
polymer concentration rises to 3000 mg/L, the emulsion viscosity drops to 109 mPa·s, and
the viscosity reduction rate reaches 99.24%. From this observation, it can be deduced that
increasing the concentration enhances the emulsification effect and reduces the viscosity. At
a concentration of 10,000 mg/L, the emulsion viscosity rises to 201 mPa·s with a viscosity
reduction rate of 98.60%. The observed decrease and subsequent increase in emulsion
viscosity and the increase and subsequent drop in the viscosity reduction rate are attributed
to the increased viscosity of the water phase with higher polymer concentrations. The
viscosity of O/W emulsion is determined by the water phase viscosity, where higher water
phase viscosity leads to higher emulsion viscosity [39–41]. This phenomenon also explains
why the polymer exhibits better viscosity reduction performance in brine water than in
deionized water. Figure 8b displays a microscopic image of the oil–water emulsion, reveal-
ing the O/W emulsion structure formed by the polymer and heavy oil. This O/W emulsion
structure significantly reduces the oil–water system’s viscosity, effectively enhancing the
heavy oil’s fluidity.
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Figure 9a,b depict the flow state of heavy oil without the addition of polymer. These
images show that heavy oil exhibits poor fluidity. In stark contrast, Figure 9c,d show the
flow state of heavy oil forming an emulsion when the polymer is added. The emulsion
demonstrates exhibiting good fluidity. In Figure 9e, the viscosity–temperature profiles
of both heavy oil and the heavy oil–polymer emulsion exhibit a declining trend as the
temperature increases. However, an interesting observation arises with the emulsion. At
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89 ◦C, there is a significant surge in viscosity, followed by a gradual decrease. This abrupt
increase is attributed to the emulsion’s instability induced by elevated temperature, which
weakens the oil–water interfacial film. Consequently, small droplets coalesce into larger
ones, resulting in increased emulsion particle size and viscosity.
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3.5. Wettability Change

Figure 10 illustrates the change in wettability of the artificial core surface before and
after polymer treatment. Initially, the core surface exhibits a contact angle of 106.55◦,
indicating neutral wetting. However, after polymer treatment, the contact angle reduces
to 34.95◦, indicating a water-wet surface. The polymer treatment alters the wettability
by adsorbing polymer molecules onto the core surface, with hydrophobic groups facing
inward and hydrophilic groups facing outward. This transformation promotes water
spreading and wetting the rock surface, facilitating the detachment of oil droplets from the
core surface, and realizing oil–water replacement [19,42].
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treatment.

3.6. Polymer Oil Displacement Performance
3.6.1. Sand-Packed Tube Flooding Experiments

Figure 11 presents the oil displacement curve of HPAM and PAALB, comprising three
stages: water flooding, polymer flooding, and subsequent water flooding. In Figure 11a,
during the water injection stage, the pressure difference initially rises to 2429 kPa before
dropping rapidly to 220 kPa due to the formation of fluid advantage channels after water
flooding oil breakthrough. After injecting 1.0 PV of water, the water cut increased sharply
after the breakthrough, exceeding 98%, with a water flooding recovery rate of 23.22%. In
the HPAM flooding stage, the pressure difference initially rises to 781 kPa and then declines,
while the rate of water content rapidly drops to 55.78% before it gradually rises. The water
cut surpasses 98% after injecting 1.5 PV of HPAM solution, leading to a 28.85% increase in
the HPAM flooding stage recovery rate. The subsequent water flooding stage maintains a
stable pressure difference and water cut, with minimal increase in the recovery rate. Finally,
the recovery rate reaches 52.85% after injecting 3.0 PV of fluid.
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Similarly, in Figure 11b, the water injection stage displays a rise and rapid drop in
pressure difference to 2256 kPa, accompanied by a rapid increase in the water cut. After
injecting 1.0 PV of water, the rate of water cut exceeds 98%, resulting in a water flooding
recovery rate of 25.88%. During the PAALB flooding stage, the pressure difference initially
rises to 478 kPa before declining, and the water cut drastically drops to 23.33%, followed
by a gradual rise. The water cut after injection of 1.5 PV of PAALB solution was 95.44%,
which increased recovery rate by 54.48%. The water cut exceeds 98% after injecting 2.0 PV
of PAALB solution, leading to a 55.68% increase in the PAALB flooding recovery rate. The
subsequent water flooding maintains a stable pressure difference and water cut, with a
slight increase in the recovery rate. Finally, the recovery rate reaches 83.09% after injecting
3.7 PV of fluid.

3.6.2. Microscopic Model Flooding Experiments

Figure 12 illustrates the microscopic mechanism of oil displacement via HPAM and
PAALB. Figure 12a,d display photos and microscopic images of the model saturated with
heavy oil, revealing crude oil filling the model pores. Following oil displacement via
HPAM, as shown in Figure 12b,e, more residual oil remains, and fingering phenomena
occur due to the significant difference in oil–water mobility. This displacement process
represents the water phase pushing the oil phase forward. Figure 12c,f depict images
after oil displacement by PAALB, showcasing less residual oil in the model slice and a
substantial presence of fine oil droplets. This behavior suggests that PAALB disperses large
oil droplets into tiny oil droplets during the displacement process, facilitating subsequent
fluid displacement [43–45].
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3.7. Amphiphilic Polymer Flooding Mechanism

In Figure 13, the schematic diagram showcases the mechanism of oil replacement,
self-emulsification, and oil displacement by the amphiphilic polymer PAALB. Figure 13a
depicts the distribution of heavy oil on the reservoir rock surface and within the rock
pores. Figure 13b illustrates the oil replacement process during the initial stage of polymer
injection. The polymer first adsorbs onto the rock surface, alters the wettability, and
detaches oil droplets from the rock surface, dispersing the oil phase in the polymer solution.
Figure 13c illustrates the process of self-emulsification during polymer oil displacement.
Shear action during reservoir migration disturbs the heavy oil and polymer, leading to
the self-emulsification of oil and water. The polymer molecules disperse and encapsulate
large oil blocks, forming numerous tiny oil droplets and generating O/W type emulsion.
Figure 13d illustrates the state after the polymer solution interacts with heavy oil. The
polymer peels off and emulsifies the heavy oil from the rock surface, transforming it from
initial large oil droplets to tiny oil droplets. This phenomenon improves fluidity and
enhances the displacement and production of the oil phase, ultimately increasing the heavy
oil recovery.
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4. Conclusions

In summary, we synthesized an amphiphilic polymer, PAALB, through free radical
polymerization, with the aim of enhancing heavy oil recovery. This versatile polymer
offers multiple functionalities, including the reduction of heavy oil viscosity, oil–water
displacement, and polymer flooding. A solution of 5000 mg/L PAALB effectively reduces
the contact angle of water droplets on the core surface from 106.55◦ to 34.95◦. This transition
from oil-wet to water-wet conditions enables oil–water displacement. Moreover, under
a 7:3 oil–water ratio, a 10,000 mg/L PAALB solution, using the glass bottle inversion
method, decreases the viscosity of heavy oil from 14,315 mPa·s to 201 mPa·s, achieving an
impressive viscosity reduction rate of 98.60%. In sand-packed tube flooding experiments
with the same viscosity and injection volume of 1.5 PV, PAALB enhances the recovery rate
by 25.63% compared to the traditional HPAM polymer.

High interfacial tension induces the contraction of oil droplets and water droplets
at the oil–water interface, resulting in their separation. Notably, a 10,000 mg/L PAALB
solution reduces the oil–water interfacial tension to an ultra-low level of 3.32× 10−4 mN/m.
This outcome mitigates the contraction tendency of droplets at the interface, promoting
oil–water mixing and emulsification. It enables the self-emulsification of heavy oil and
the polymer solution under weak shear conditions, transforming high-viscosity heavy
oil into low-viscosity oil-in-water (O/W) emulsion, thereby improving heavy oil fluidity.
Furthermore, PAALB can increase the viscosity of the water phase through hydrophobic
association. This enhancement ultimately improves the flow ratio, sweep volume, and,
most importantly, heavy oil recovery.
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Abstract: Steam flooding is an effective development method for heavy oil reservoirs, and the steam
flooding assisted by the profile control system can plug the dominant channels and further improve
the recovery factor. High-temperature-resistant foam as a profile control system is a hot research
topic, and the key lies in the optimal design of the foam system. In this paper, lignin was modified by
sulfonation to obtain a high-temperature-resistant modified lignin named CRF; the foaming agent
CX-5 was confirmed to have good high-temperature foaming ability by reducing the surface tension;
the formula of the profile control system (A compound system of CRF and CX-5, abbreviated as PCS)
and the best application parameters were optimized by the foam resistance factor. Finally, the effect
of PCS-assisted steam flooding in enhanced oil recovery was evaluated by single sand packing tube
flooding, three parallel tube flooding, and large-scale sand packing model flooding experiments. The
results show that CX-5 has a good high-temperature foaming performance; the foam volume can
reach more than 180 mL at 300 ◦C, and the half-life is more than 300 s. The optimal PCS formulation
is 0.3 wt% CRF as an oil displacement agent + 0.5 wt% CX-5 as a foaming agent. The optimal
gas–liquid ratio range is 1:2 to 2:1, and the high pressure and permeability are more conducive to the
generation and stability of the foam. Compared with steam flooding, PCS-assisted steam flooding
can improve oil recovery by 9% and 7.9% at 200 ◦C and 270 ◦C, respectively. PCS can effectively
improve the heterogeneity of the reservoir, and increase the oil recovery of the three-parallel tube
flooding experiment by 28.7%. Finally, the displacement results of the sand-packing model with large
dimensions show that PCS can also expand the swept volume of the homogeneous model, but the
effect is 9.46% worse than that of the heterogeneous model.

Keywords: steam flooding; foam; profile control; enhance oil recovery; high temperature

1. Introduction

Oil and natural gas will still be the main energy sources in the world in the next few
decades. Developing unconventional oil and gas reservoirs will guarantee stable oil and
gas production. Heavy oil reservoirs have a very unfavorable water–oil mobility ratio, and
steam flooding is a favorable means for their efficient development [1–5]. However, with
the continuous injection of steam, channeling is intensified, influenced by factors such as
well spacing, reservoir heterogeneity, crude oil properties, gravity separation, reservoir
pressure and temperature, relative permeability, steam quality, mobility ratio, and fluid
saturation in the formation [6,7]. Control of steam channeling to expand the swept volume
is an important guarantee for the heavy oil reservoir to expand the swept volume further
and improve oil recovery.

Currently, a common method to solve the problem of gravity overload and the steam
channeling of steam flooding is profile control agent-assisted steam flooding. The profile
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control system is injected into the reservoir with steam to plug the flow channels so that the
steam injected into the reservoir will enter the unswept area [8–10]. The research proposed
by Stanford University [11] comprehensively considered various chemical additives related
to mobility control and considered applying the profile control technology in the steam
flooding process an effective method [12]. The commonly used profile control systems
include association polymer [13], microgel [14–17], water-assisted gas flooding [18,19], and
foam [20].

Foam as a profile control system [21,22] has the mechanism of reducing steam mobility,
increasing swept coefficient, and improving oil washing efficiency, which can improve
the ultimate oil recovery of the reservoir. Meanwhile, the foam will not permanently
block the oil layer because of the good selectivity of its plugging property. In the early
1970s, Needham [23] and others invented the steam foam flooding technology. Since
then, American Shell Oil Company, CLD Group Company, Stanford University Petroleum
Research Institute, and Getty Oil Company have conducted in-depth laboratory research on
steam foam flooding technology, and conducted field test research in the Midway-Sunset
and North Kern Front oilfields, and have achieved initial success [24]. The U.S. Department
of Energy signed cost-sharing research contracts with Petio-Lewis Corporation, CLD, and
SUPRI from 1979 to 1980, and entrusted Chemical Oil Recovery Company as the steam foam
flooding technology manager from the laboratory to the field [25–29]. Surfactant/foam
injected into the formation, together with steam, will preferentially enter the formation with
steam overburden and channeling and temporarily plug the channeling channels [23,30],
diverting the steam direction to expand the swept volume [31,32]. Borchard [33], Ettinger
et al. [34], and Schramm et al. [35] carried out a large number of experimental studies,
respectively, and concluded that the use of foam plugging in the steam flooding process
is effective.

Although the above laboratory studies have shown that foaming agents can be used
as plugging agents for steam flooding, the high price and poor temperature resistance of
the foaming system limit its application in the oilfields [36–39]. Therefore, the development
of a foam system with excellent foamability and high-temperature stability is the key to
the study of foam profile control technology [40]. The injection of a suitable concentration
of lignosulfonate solution into the formation can generate a gel and plug the channeling
channel. Wang et al. [41] pointed out that the glue-forming liquid prepared with lignin
extracted from paper-making waste liquid as the main material can form a good gel under
the conditions of pH > 9 and temperature of 50~150 ◦C. Therefore, this paper considers the
use of cheap modified lignin to improve the temperature resistance and the foam stability
of the composite system.

This paper conducts research on the design of high-temperature steam flooding as-
sisted by a profile control system, using modified lignin to improve the temperature
resistance and foam performance of the system. Firstly, temperature-resistant modified
lignin (CRF) from industrial wastewater was prepared via chain scission and sulfonation
reactions, and then its properties were characterized by means of infrared spectroscopy,
ultraviolet spectroscopy, and a TGA test. Meanwhile, the high-temperature foaming per-
formance, foam stability, and ability to reduce the surface tension of the solution were
evaluated for the foaming agent CX-5. Through the sand pack resistance factor experiment,
the optimal formulation of the profile control system (PCS, including CX-5) was optimized.
Finally, a single sand pack flooding efficiency experiment, a parallel flooding experiment
with three sand-packing tubes, and a large-size core flooding experiment were carried out
to clarify the EOR effect of PCS-assist steam flooding. The research contained in this paper
can provide an experimental basis and data supporting the optimization of the on-site
steam flooding profile control system and the optimal design of the injection parameters.
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2. Material and Method
2.1. Materials

Agent: Pure lignin (The molecular weight is 3.2 × 105 Da) is obtained by acid precipi-
tation and purification of low-concentration reed papermaking black liquor from Daqing
Haida Paper Co., Ltd. (Daqing, China). Brine is prepared based on the composition of
formation water in Daqing Oilfield. It contained 2359.8 ppm Na+ + K+, 4278.2 ppm HCO3

−,
1018.6 ppm Cl−, 175.2 ppm CO3

2−, 110.7 ppm SO4
2−, 35.4 ppm Ca2+ and 22.1 ppm Mg2+.

High temperature resistant foaming agent CX-5 (the molecular weight is 7.4 × 103 Da)
is an anionic sulfonate surfactant with an effective concentration of 15%, which is pro-
vided by Daqing Petroleum Refinery (Daqing, China); the composite solution prepared by
modified lignin (CRF) and CX-5 according to a certain concentration is the profile control
system (PCS). Sulfuric acid, hydrochloric acid, ethanol, NaOH, formaldehyde, nonylphenol,
sodium sulfite, hydrogen peroxide, etc., were purchased from Shanghai Aladdin Company
(Shanghai, China), and were analytically pure.

Crude oil and brine: The deionized water was prepared by the ultra-pure water
filter of Chengdu Youpu Company (Chengdu, China). According to the formation water
formula, inorganic salt was added to prepare simulated formation water, and its salinity
was 8000 mg/L. The crude oil is degassed and dehydrated crude oil from Liaohe Oilfield
(Panjin, China), with a viscosity of 63,670 cP at room temperature, and reduced to 10 cP
when heated to 200 ◦C.

Sand packing model: The model is 60 cm long, 2.5 cm in diameter, and filled with
50–220 mesh quartz sand. The permeability can be adjusted by designing the proportion of
quartz sand with different mesh numbers, and it can be controlled between 1.0 D–15 D.

Rectangular sand packing model: The model was welded with stainless steel, and
its dimensions are as follows: length × width × height = 1200 mm × 40 mm × 120 mm.
There is a heating and insulating layer outside the core model; the initial temperature of the
core can be set, and experiments can be carried out under thermal insulation conditions.
The quartz sand used has 60 mesh, 70~140 mesh, and 270 mesh. The model is divided
into the homogeneous model (place the sand packing model vertically, compact it evenly
when filling, and try to ensure that the permeability is the same everywhere); and the
heterogeneous model (place the sand packing model vertically, place a layer of the screen
in the middle of the model, and fill the two sides of the screen with quartz sand of different
meshes to form different permeability layers). After filling, the model is placed horizontally,
the upper layer has a high permeability and the lower layer has a low permeability, so as to
simulate the heterogeneity of the formation.

2.2. Lignin Modification Method

(1) Oxidative chain scission of lignin. A certain amount of lignin was dissolved in
NaOH solution with pH = 10 and then reacted with O2 and 20% H2O2 in a 0.3 L autoclave.
The reaction pressure was controlled at 0.4 Mpa, the reaction temperature was 70 ◦C, and
the reaction time was 1.5 h. After the reaction, the product was concentrated and dried for
analysis. (2) Synthesis of modified lignin surfactant (CRF). A total of 6 g of sodium sulfite
and 9 g of formaldehyde were added to the above-purified sample, and 3 g of nonylphenol
was weighed and dissolved in an organic solvent, then added to the autoclave, and then
heated to 70 ◦C. After the reaction was completed and cooled to room temperature, the
reactant was filtered and the precipitate was collected, vacuum-dried at 50 ◦C, and finally,
the modified lignin solid brown powder was obtained.

2.3. Modified Lignin Properties

The sample was pressed into a film, and its infrared spectrum (wave number
4000–450 cm−1) was measured with a Fourier transform infrared spectrometer (Spec-
trum 400, Bruker, Billerica, MA, USA, potassium bromide tablet); ethanol was used as
a solvent, and an ultraviolet-visible absorption spectrometer (UV-540, Shanghai Metash
Instruments Co, Ltd, Shanghai, China) was used to determine the UV spectrum of the

139



Polymers 2023, 15, 4524

sample (wavelength 190–380 nm); the content of carbon, hydrogen, and oxygen elements
in the lignin was analyzed with an elemental analyzer (EA-300 series, Keyence, Shanghai,
China); a thermogravimetric analyzer (TA Q50, Dupont, Wilmington, DE, USA) was used
to perform a thermogravimetric test on the CRF (6.523 mg of the sample was weighed,
with high purity N2 used as the carrier gas. The heating rate of the thermogravimeter was
15 ◦C/min, and the temperature was heated from room temperature to 700 ◦C).

2.4. Foaming Performance of the Foaming Agent
2.4.1. Determination of Foam Stability by Bubbling Method

Determination of foam stability at room temperature and pressure: Put 20.0 mL
of foaming agent solution into the container of the high-temperature and high-pressure
foaming device (300 ◦C, 50 MPa, Huabao, Yangzhou, China), and blow 140.0 mL of N2 at
a certain speed. The change in foam height reflects the dynamic balance change in foam
formation and collapse, so it is a comprehensive reflection of foam stability and foaming
ability. Measure the change in the foam volume with time after the bubbling is stopped,
draw the foam decay curve, and obtain the foam half-life t0. In the experiment, a circulating
water bath was used to control the temperature of the system.

Determination of high-temperature and high-pressure foam stability: Put 20.0 mL
of foaming agent solution into the container of the high-temperature and high-pressure
foaming device, adjust the confining pressure of the system with N2, start the incubator to
heat up to the predetermined temperature, and inject 140.0 mL at a certain speed after 1 h
of N2 at a constant-temperature (condition of temperature and pressure in the container),
measure the change in the foam volume with time after the bubbling is stopped, draw the
foam decay curve, and obtain the foam half-life t1.

2.4.2. Determination of Surface Tension of Foaming Agents

CX-5 solutions with concentrations of 0.05 wt%, 0.1 wt%, 0.3 wt%, and 0.5 wt% were
prepared, and the surface tension was measured by the hanging ring method (CSI-356,
Sincerity, Kansas, OK, USA) at 20 ◦C, and the surface tension was measured by the pendant
drop method (Q2000, Hangzhou, China) at high temperature and high pressure, at 200 ◦C
and 300 ◦C. At the same time, the air was injected into the solution to be tested through a
syringe, and the change in the surface tension value within 1000 s was recorded to obtain
the dynamic surface tension change curve of CX-5.

2.5. Resistance Factor of Profile Control System

After it is clear that the foaming agent can generate stable foam, it is necessary to eval-
uate the actual plugging ability of the foam in the core to meet the plugging ability of the
steam channeling layer. The plugging performance of the foam is usually evaluated by the
resistance factor, calculated during the core flooding experiment. The foaming agent solu-
tion and air are injected simultaneously by the ISCO pump (ISCO D, 0.00001–408 mL/min,
Teledyne ISCO, Lincoln, NE, USA), and the two are mixed at the inlet of the sand packing
pipe. The pressure difference between the inlet and outlet of the core is measured by the
pressure sensor, and the resistance factor is calculated. The specific experimental process is
as follows:

(1) Design and make sand packing models of artificial quartz sand with different
particle sizes to meet the requirements of the specific experimental plan for porosity and
permeability. (2) After the sand pack is evacuated, the simulated formation water is
saturated, and the porosity is measured. (3) Connect the experimental process according
to the experimental flow chart as shown in Figure 1, and test the leakage at a pressure of
10.0 Mpa. (4) The constant temperature is 24 h, and the core flooding experiment is ready.
(5) To determine the basic pressure difference P0, set the back pressure slightly lower than
the saturated vapor pressure at this temperature, turn on the feed water pump to inject
water, and turn on the air feed pump (set the displacement of the feed water pump and
the air feed pump according to a certain gas–liquid ratio). Then, open the bypass valve
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to allow the steam and air mixture to pass through the bypass, and then close the bypass
valve. When the pressure at the inlet of the sand packing pipe is slightly lower than the
saturated vapor pressure at the experimental temperature, open the core inlet valve, and
then open the core outlet valve to carry out the flow experiment. When the differential
pressure reaches a stable level, record the basic pressure difference at both ends of the
core model at this time. (6) To determine the working pressure difference P1, replace the
water with the displacement agent solution, and carry out the experiment according to
the same conditions and operating steps as (5). When the pressure difference across the
model reaches a steady state, record the working pressure difference across the core model.
(7) Calculate the foam resistance factor, that is, the ratio of the working pressure difference
to the base pressure difference. (8) Repeat steps (1)–(7) by changing the experimental
parameters and conditions. The specific experimental scheme is shown in Table 1.
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Table 1. Experimental scheme of foam resistance factor test.

Number
CRF

Concentration,
wt%

CX-5
Concentration,

wt%

Gas and
Liquid Ratio

Temperature,
◦C

Pressure
Difference,

MPa

Permeability,
D Group

1 0.2–0.5 0.3 1:1 270 5.3 About 1.0 4
2 0.3 0.2–0.6 1:1 270 5.3 About 1.0 5
3 0.3 0.5 0:1–2:1 270 5.3 About 1.0 5
4 0.3 0.5 1:1 120–300 5.3 About 1.0 5
5 0.3 0.5 1:1 270 5.3 and 8.0 About 1.0 2
6 0.3 0.5 1:1 270 5.3 1.0–15.0 4

2.6. Improved Oil Recovery Effect of Foam Assistant Steam Flooding
2.6.1. Single-Tube Model Experiment

Firstly, the foam-assisted steam flooding efficiency experiment was carried out using
a single sand packing model. The experimental flow chart is shown in Figure 1. The
experimental steps are as follows: Step (1)–Step (3) are the same as those in Section 2.5.
(4) Raise the incubator to the set temperature, keep at a constant temperature for 3 h,
and use 3 to 5 times the pore volume of crude oil to displace the water in the core at a
rate of 0.5 mL/min so that the oil saturation in the core meets the experimental design
requirements. (5) For the steam + PCS flooding experiments, set the incubator at 270 ◦C
for 5 h at a constant temperature, make the back pressure slightly lower than the saturated
vapor pressure at this temperature, turn on the pump and inject water (or chemicals) and air
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into the foam generator according to the designed gas–liquid ratio. Then, open the bypass
valve to let the injected mixed fluid pass through the bypass, so that the coil is completely
filled with the mixed fluid, and then close the bypass valve. When the inlet pressure
of the sand pack is slightly lower than the saturated vapor pressure at the experimental
temperature, open the inlet valve and outlet valve of the sand pack, and then start the
displacement experiment. (6) The amount of oil and water produced is calculated by solvent
extraction distillation method. A total of 4 sets of experiments were carried out: (1) steam
flooding; (2) steam + surfactant (CRF); (3) steam + CX-5 + air; (4) steam + PCS + air. During
the injection process, the total injection speed was controlled to remain unchanged at
6 mL/min. If the air was injected, the gas–liquid ratio was 1:1, and the back pressure was
4.5 MPa.

2.6.2. Three Parallel Sand Packing Model Displacement Experiment

The heterogeneity of the reservoir is simulated by the parallel sand packing tube model,
and the effect of the control and flooding system on the channeling phenomenon during
steam flooding and the effect of enhancing oil recovery are studied. The experimental steps
are the same as those in Section 2.6.1, only the single sand packing model is replaced with
a three-parallel sand packing model. The permeabilities of the three sand packing tubes
are set to 1D, 4D, and 10D, respectively, and the model permeability gradient is 10. Four
sets of experiments were also carried out: (1) steam flooding; (2) steam + surfactant (CRF);
(3) steam + CX-5 + air; (4) steam + PCS + air.

2.6.3. Large-Size Rectangular Sand Filling Mold Displacement Experiment

In order to further study the effect of the PCS in controlling steam overburden, blocking
steam channeling channels, and expanding the swept volume of steam flooding, a large-
scale sand-filled core insulating air foam steam flooding experiment was carried out. The
flow chart of the experimental device and the experimental steps are the same as those in
Section 2.6.1.

3. Result and Discussion
3.1. Modified Lignin Properties
3.1.1. FT-IR Spectrum

Figure 2 compares the infrared spectra of the lignin and modified lignin. Figure 2a has
a strong hydroxyl absorption peak at 3417 cm−1, which is formed by the normal absorption
peaks of hydroxyl at 3650 cm−1 and 3600 cm−1, which are shifted back and strengthened.
This is due to the association of the hydroxyl hydrogen bonds on acid or base groups,
indicating that lignin contains a large number of hydroxyl groups, and these hydroxyl
groups form hydrogen bonds. Peaks at 1329 cm−1, 1219 cm−1, and 1124 cm−1 were mainly
produced by syringyl. The peak at 1267 cm−1 belonged to the guaiac group in the lignin
structural unit. From the comparison of the peak intensities of the two, it is shown that the
content of the guaiac group in lignin is greater than that of the syringyl group. The peaks at
2845 cm−1 and 2938 cm−1 are due to the vibration of the methoxy groups, and the peaks at
3428 cm−1 are masked by the strong and broad absorption due to hydrogen bonding. The
other peaks are consistent with the characteristic absorption peaks of chemical functional
groups, see Table 2 for details.

Figure 2b still has a strong hydroxyl absorption peak at 3436 cm−1, indicating that
there are still many hydroxyl groups that can continue to participate in the reaction after
lignin sulfonation. The peak at 2932 cm−1 is due to the methoxy vibration, and at 1061 cm−1

is the coincident peak of the -SO3- antisymmetric and symmetric bond stretching vibration
peaks. By comparing Figure 2a,b, it can be found that a large number of hydroxyl groups in
lignin are involved in the oxidation reaction, and sulfonic acid is introduced, which proves
the successful synthesis of modified lignin CRF.
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Figure 2. Comparison of infrared spectra of lignin (a) and CRF (b). 
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Figure 2. Comparison of infrared spectra of lignin (a) and CRF (b).

Table 2. The characteristic absorption peak and assignment of infrared spectroscopy.

Wave Number, cm−1 Groups

3417/3436 Stretching vibration characteristic absorption peaks of hydroxyl O-H
2938, 2845 The characteristic absorption peak of methyl stretching vibration

1707 Characteristic absorption peaks of non-conjugated carbonyl groups
1603 Aromatic ring skeleton vibration absorption peak
1514 Aromatic ring C-H bending vibration

1400~1460 Characteristic absorption peaks of stretching vibration of C-H of methylene
1329 Vibrational absorption peaks of lilac-type benzene ring skeleton
1267 Guaiac wood ring (C-O)
1219 C-O stretching vibration of the syringyl ring
1124 Syringyl group
1061 -SO3- antisymmetric and symmetric bond stretching vibration peaks coincide
1032 Secondary alcohol or ether (C-H bending vibration)
835 Out-of-plane C-H vibrations of aromatic rings at the 2, 5, and 6 positions (guaiacol type)

3.1.2. UV Spectral Comparison

Figure 3 compares the UV spectra of lignin and modified lignin. the lignin and CRF
have absorption peaks around 212.50 nm and 202 nm, respectively, which are the absorption
bands of conjugated olefinic bonds. A broad shoulder peak appears between 250 nm and
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300 nm, indicating that there is a conjugated system in the molecule, which is the absorption
band of the aromatic rings. The weak absorption peak around 278 nm indicates that the
two have more symmetrical syringylbenzene ring structures. The UV spectrum shows that
the CRF is still dominated by the aromatic structure of lignin, but sulfonate is introduced
into the side chain through sulfonation. The benzene ring structure provides CRF with a
strong temperature resistance.
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Figure 3. Comparison of UV spectra of lignin (a) and CRF (b).

3.1.3. Elemental Analysis

From the elemental analysis in Table 3, it can be concluded that the molecular formula
of CRF can be expressed as C95H128O41S4. The high C/H atomic ratio indicates that the
lignin has a high content of benzene rings and a large proportion of oxygen, indicating that
the lignin contains more hydroxyl groups, methoxy groups, and ether bonds.

Table 3. The element analysis results of lignin.

Elements C H O S C/H

Contents, % 55.55 6.28 31.93 6.24 8.81

It can be seen from the ultraviolet spectrum, infrared spectrum, and elements analysis
that the modified lignin molecules mainly include guaiac groups and syringyl groups,
of which syringyl groups are more than lignin groups. And the sulfonic acid group was
introduced through oxidative modification, so the molecular chemical formula of CRF can
be simulated, as shown in Figure 4.
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3.1.4. Thermogravimetric Analysis

Figure 5 shows the thermogravimetric (TG) and differential thermogravimetric (DTG)
curves of CRF at a heating rate of 15 ◦C/min. The obvious mass loss of CRF at 75~160 ◦C
was caused by the desorption of free water, and the mass loss was 3.8%. The maximum
mass loss rate was 0.75%/min, and the corresponding peak temperature was 140 ◦C. The
main pyrolysis range of CRF is 235~415 ◦C, the mass loss is 58.58%, the maximum mass
loss rate is 5.5%/min, and the corresponding peak temperature is 376.3 ◦C. The final yield
of solid residue after pyrolysis was 39.8%, indicating that CRF has good temperature
resistance in this temperature range.
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Figure 5. The TG curve and DTG curve of lignin (15 ◦C/min).

3.2. Foaming Performance of CX-5

Figure 6 shows the foaming volume and half-life curves of CX-5 at the three tem-
peratures 20 ◦C, 200 ◦C, and 300 ◦C. Figure 6a shows that at 20 ◦C, the foaming volume
increases first and then tends to be stable with the increase in concentration. After the
temperature was raised to 200 and 300 ◦C, the foaming volume of CX-5 slightly decreased,
and the foaming volume with different CX-5 concentrations was similar and higher than
180 mL, showing good foaming performance. Figure 6b shows that the half-life of the foam
decreases slightly after the temperature increases from 20 ◦C to 200 ◦C, but the half-life
remains basically unchanged when the temperature continues to increase to 300 ◦C, show-
ing good temperature resistance. When the concentration of CX-5 is 0.1 wt% at the three
temperatures, the foam stability is the strongest; if the concentration of CX-5 continues
to increase, the stability of the foam becomes worse. This is mainly because, when the
concentration is higher than the critical micelle concentration, the enrichment of surfactant
molecules on the surface of the solution reduces the liquid content and the stability of the
foam. The half-life of CX-5 is more than 450 s as a whole, and it has good foam stability.
Taking into account the foaming volume and half-life of the foam, the concentration range
of CX-5 should be between 0.1 wt% and 0.3 wt%.
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3.3. Surface Tension of CX-5

The foam system has a large specific surface area. The lower the surface tension,
the more conducive to the stability of the foam, the less energy input from the outside is
required, and the more conducive to the generation of foam. Therefore, surface tension is
an important property of the foam system. Figure 7 shows the effect of temperature and
concentration factors on surface tension.
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Figure 7. The influence of temperature on the surface tension of CX-5. (a) Static surface tension,
(b) dynamic surface tension.

Figure 7a shows that when the temperature is 20 ◦C, the surface tension of the so-
lution first decreases and then tends to be stable with the increase in the concentration
of CX-5; when the temperature increases to 200 ◦C and 300 ◦C, the surface tension of
the solution continued to decrease with the increase in CX-5 concentration. At the same
concentration, the surface tension of the solution decreases gradually with the increase in
temperature. This is mainly because, as the temperature increases, the molecular thermal
motion intensifies, which reduces the surface tension. Meanwhile, because CX-5 has good
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temperature resistance, it can still effectively reduce the interfacial tension at high tempera-
tures. Figure 7b shows the change in the dynamic surface tension of the CX-5 solution. It
can be found that the surface tension decreases rapidly during 0–200 s with the injection
of gas, decreases slowly during 200–600 s, and stabilizes after 600 s. Figure 7 shows that
the CX-5 solution has good surface activity, which can rapidly reduce the surface tension
and maintain stability under high-temperature conditions, which is the basis for its good
foaming performance.

3.4. Resistance Factor of the Foam
3.4.1. Formulation Optimization of PCS

Like polymer flooding, enhanced flow resistance is the basic EOR mechanism [42].
The two main agents of the CRF solution are the oil displacement agent CRF and foaming
agent CX-5, and the recommended concentration of both is 0.2~0.5%, according to the
static performance evaluation. In order to further clarify the optimal concentration of
CRF and CX-5 in the PCS solution, resistance factor tests were carried out according to
the experimental scheme in Table 1 (#1 and #2). The resistance factors of the different
concentrations of CRF and CX-5 are shown in Figure 8.
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Figure 8. Resistance factor curves. (a) Different concentration of CRF (CX-5 is 0.3 wt%); (b) different 

concentration of CX-5 (CRF is 0.3 wt%). 

It can be seen from Figure 8a that, when the concentration of CX-5 is constant (0.3 

wt%), with the increase in CRF concentration, the resistance factor gradually increases, 

but when the concentration reaches 0.3 wt%, the increase decreases significantly. So, we 

set the concentration of CRF to 0.3 wt%. Figure 8b shows that when the CRF concentra-

tion is constant (0.3%), the resistance factor gradually increases with the increase in the 

CX-5 concentration, but, when the concentration reaches 0.5%, the increase decreases 

significantly. So, the concentration of CX-5 was set at 0.5 wt%. Finally, the formulation of 

the PCS solution for steam flooding in heavy oil reservoirs determined in this paper is 

0.3 wt% CRF + 0.5 wt% CX-5. 

3.4.2. Influence of Gas–Liquid Ratio on Resistance Factor of PCS 

Table 4 shows the calculation results of the resistance factor of the PCS solution 

when the gas–liquid ratio is 0:1, 1:2, 1:1, 3:2, and 2:1. When the gas-to-liquid ratio is too 

high or too low, it is unfavorable for the foam system to play a mobility control role in 

porous media. The gas–liquid ratio has a high resistance factor in the range of 1:2~2:1. 

Therefore, the gas–liquid ratio should be controlled as much as possible between 1:2~2:1 

in the field construction. 

Table 4. The influence of different gas–liquid ratios on the resistance coefficient. 

Gas–Liquid Ratio Permeability, D Basic Pressure, Mpa Work Pressure, MPa Resistance Factor 

0:1 1.05 0.0104 0.0718 6.9 

1:2 1.07 0.0107 0.0813 7.0 

1:1 1.07 0.0106 0.0901 8.5 

2:1 1.09 0.0112 0.0833 7.5 

3:2 1.06 0.0105 0.0704 6.7 

3.4.3. Influence of Temperature on Resistance Factor of PCS 
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Figure 8. Resistance factor curves. (a) Different concentration of CRF (CX-5 is 0.3 wt%); (b) different
concentration of CX-5 (CRF is 0.3 wt%).

It can be seen from Figure 8a that, when the concentration of CX-5 is constant (0.3 wt%),
with the increase in CRF concentration, the resistance factor gradually increases, but when
the concentration reaches 0.3 wt%, the increase decreases significantly. So, we set the con-
centration of CRF to 0.3 wt%. Figure 8b shows that when the CRF concentration is constant
(0.3%), the resistance factor gradually increases with the increase in the CX-5 concentration,
but, when the concentration reaches 0.5%, the increase decreases significantly. So, the con-
centration of CX-5 was set at 0.5 wt%. Finally, the formulation of the PCS solution for steam
flooding in heavy oil reservoirs determined in this paper is 0.3 wt% CRF + 0.5 wt% CX-5.

3.4.2. Influence of Gas–Liquid Ratio on Resistance Factor of PCS

Table 4 shows the calculation results of the resistance factor of the PCS solution when
the gas–liquid ratio is 0:1, 1:2, 1:1, 3:2, and 2:1. When the gas-to-liquid ratio is too high
or too low, it is unfavorable for the foam system to play a mobility control role in porous
media. The gas–liquid ratio has a high resistance factor in the range of 1:2~2:1. Therefore,

147



Polymers 2023, 15, 4524

the gas–liquid ratio should be controlled as much as possible between 1:2~2:1 in the
field construction.

Table 4. The influence of different gas–liquid ratios on the resistance coefficient.

Gas–Liquid Ratio Permeability, D Basic Pressure, Mpa Work Pressure, MPa Resistance Factor

0:1 1.05 0.0104 0.0718 6.9
1:2 1.07 0.0107 0.0813 7.0
1:1 1.07 0.0106 0.0901 8.5
2:1 1.09 0.0112 0.0833 7.5
3:2 1.06 0.0105 0.0704 6.7

3.4.3. Influence of Temperature on Resistance Factor of PCS

Table 5 shows the resistance factors of PCS solution under the conditions of 120 ◦C,
150 ◦C, 200 ◦C, 270 ◦C, and 300 ◦C. As the temperature increases, the resistance factor
decreases. When the temperature is 270 ◦C, the resistance factor is 8.4, and when the
experimental temperature reaches 300 ◦C, the resistance factor is 5.8. In the process of
steam injection, when the resistance factor is greater than 4, the injected flooding agent
plays the role of diverting the steam. Therefore, when the temperature exceeds 270 ◦C, the
injected PCS solution still has the effect of improving the displacement profile.

Table 5. The influence of temperature on the resistance factor.

Temperature, ◦C Permeability, D Basic Pressure, MPa Work Pressure, MPa Resistance Factor

120 1.11 0.0099 0.4990 50.4
150 1.13 0.0103 0.2029 19.7
200 1.08 0.0096 0.1123 11.7
270 1.07 0.0095 0.0796 8.4
300 1.09 0.0097 0.0563 5.8

3.4.4. Influence of Pressure on Resistance Factor of PCS

In order to evaluate the effect of pressure on the foam plugging ability, foam plugging
experiments were carried out under the back pressure of 5.3 MPa and 8 MPa, respectively.
The calculation results of the resistance factor are shown in Table 6. The increase in pressure
can increase the stability of the foam, and, correspondingly, increase the plugging ability
of the foam. As the pressure increases, the diameter of the foam becomes smaller, which
is beneficial to the stability of the foam. After the pressure was increased from 5.3 MPa to
8 MPa, the resistance factor increased from 8.4 to 10.5.

Table 6. The influence of return pressure on the resistance factor.

Back Pressure, MPa Permeability, D Basic Pressure, Mpa Work Pressure, MPa Resistance Factor

5.3 1.07 0.0095 0.0796 8.4
8 1.09 0.0103 0.1079 10.5

3.4.5. Influence of Permeability on Resistance Factor of PCS

The sand packs with the permeability of 1D, 4D, 10D, and 15D were used to evaluate
the foam resistance factor, and the experimental results are shown in Table 7. The results
show that with the increase in permeability, the resistance factor increases correspondingly,
which shows that the foaming ability of air foam in the high-permeability region with large
pores is higher than that in the low-permeability region with small pores. This is one of
the important bases for using air foam to plug a high-permeability layer and improve the
sweep coefficient.
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Table 7. The influence of permeability on the resistance factor.

Permeability, D Basic Pressure, Mpa Work Pressure, MPa Resistance Factor

1.07 0.0105 0.0796 8.4
4.38 0.0082 0.0812 9.9
9.80 0.0063 0.0706 11.2
15.2 0.0042 0.0487 11.6

3.5. Enhance Oil Recovery Effect of PCS Assistant Steam Flooding
3.5.1. Single Sand Pack Flooding Experiments

Figures 9 and 10 are the oil displacement characteristic curves of the four displacement
modes at 200 ◦C and 270 ◦C, respectively. The steam flooding efficiency can be increased
from 78% to 81.2% after the temperature is increased from 200 ◦C to 270 ◦C. Under the
two temperature conditions, both CRF-assisted steam flooding and CX-5-assisted steam
flooding can improve the oil displacement efficiency on the basis of steam flooding. Com-
pared with thermal steam flooding, the oil displacement efficiency is increased by 3.5%,
1.7%, and 7.9%, respectively at 270 ◦C. When used alone, the oil displacement efficiency
improvement of CRF is higher than that of CX-5. The combined use of the two can further
improve the recovery factor by more than 6%, and the effect of PCS is good.
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149



Polymers 2023, 15, 4524

When the PCS solution is added to the hot water zone and the steam zone for dis-
placement, the oil saturation in the sand pack gradually decreases as the displacement
progresses, and the foam gradually plays a plugging role. From the pressure difference
curve, it can be seen that the pressure difference between the two ends of the sand pack
gradually increases in the middle and late stages of displacement (Figures 9b and 10b),
which is equivalent to a decrease in the steam mobility by up to eight times.

3.5.2. Three Parallel Sand Packs Flooding Experiments

Figure 11 is the characteristic curve of the three parallel flooding experiments. During
steam flooding, due to the serious formation heterogeneity, the sweep efficiency of the
lower part of the oil layer is poor. When the flooding experiment is completed (the water
cut of the produced liquid is 98%), the remaining oil saturation in the three sand packs of
the low-, medium-, and high-permeability layers are 48.8%, 24.9%, and 12.0%, respectively,
and the total oil recovery is 54.5%. The CRF assistant steam flooding has a certain profile
control ability, and the swept condition of the low-permeability layer is improved. The
residual oil saturation decreased by 10.7%. The oil saturation of the medium-permeability
layer has little change, and the oil recovery is also improved compared with steam flooding,
which is increased by 7.9%. Although the effect of steam flooding with CX-5 is significantly
better than that of steam flooding with CRF, the residual oil in the low-permeability zone is
still as high as 22.7% at the end of the test. The ultimate recovery factor is further increased
by 12%. Finally, the sweeping condition of steam flooding with PCS has been greatly
improved. It not only improves the displacement effect of the low-permeability layer by
52.3% but also improves the displacement effect of the medium- and high-permeability
layers, and the total oil recovery is 28.7% higher than that of steam flooding.
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Figure 11. The curve of oil displacement efficiency and amount of injection PV in three tubes
displacement experiments.

The differential pressure curves of steam flooding with and without PCS are shown in
Figure 12. Consistent with the experimental results of the single tube flooding experiments,
the injection–production pressure difference increases significantly after the injection of
PCS, which has a strong effect on the expansion of the swept volume of the heterogeneous
oil reservoir.
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3.5.3. Large-Size Rectangular Sand Filling Model Flooding Experiments

During the experiment, steam flooding was carried out first. When the water cut of the
produced fluid reached 98%, a 0.5 PV PCS solution was injected, and then continued steam
flooding. When the water cut reached 98%, the experiment was terminated. Figure 13
shows the oil displacement efficiency curves of the homogeneous cores and heterogeneous
cores. Figure 13 shows that for a large-sized homogeneous core, when the water cut reaches
98.0%, the oil displacement efficiency of conventional steam flooding is 57.53%. And the
oil displacement efficiency is increased by 18.4% after the PCS flooding and second steam
flooding. For the large-sized heterogeneous cores, when the water cut reaches 98.0%, the oil
displacement efficiency of conventional steam flooding is 44.83%. After PCS flooding and
the second steam flooding, the oil displacement efficiency increased by 27.86%. Comparing
the results of the homogeneous and heterogeneous model flooding experiments, it can be
found that the oil displacement efficiency is significantly improved when the water cut
reaches 98.0% after steam flooding, indicating that the sweep efficiency of the homogeneous
and heterogeneous cores has been improved. But PCS has a more obvious effect on the
heterogeneous core, and its oil displacement efficiency increment is 9.46% higher than that
of the homogeneous core.
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4. Conclusions

In this paper, a high-temperature-resistant modified lignin, CRF, was developed and
compounded with a foaming agent, CX-5, as a steam flooding profile control system
(PCS). This paper systematically evaluates the foaming performance, resistance factor, and
influencing factors of CX-5 and finally evaluates the enhanced oil recovery effect of the
PCS-assisted steam flooding. The specific conclusions are as follows:

(1) CRF can be synthesized by sulfonation and the introduction of nonylphenol into
the side chain of lignin molecules after oxidative chain scission. The FT-IR, UV-
visible, and elemental analysis showed that CRF was successfully synthesized. CRF
contains mostly syringyl groups, followed by guaiac groups, explaining its good
temperature resistance. Low molecular weight, homogenization, and high activity are
the directions for the development of lignin modification.

(2) CX-5 is a commercially modified anionic surfactant with a significantly increased
molecular weight, giving it high-temperature resistance and interface activity. Its
optimal concentration range is 0.3 wt%~0.5 wt%, the foaming volume currently is
greater than 180 mL, and the foam half-life is greater than 400 s.

(3) The optimal formulation of PCS was determined by the resistance factors: 0.3 wt%
CRF as an oil displacement agent + 0.5 wt% CX-5 as a foaming agent. The gas–liquid
ratio is 1:2 to 2:1, and the formula system can withstand temperatures above 270 ◦C.

(4) The extent of reducing the residual oil saturation by PCS decreases with the increase
in temperature. When the temperature is 200 ◦C, the oil displacement efficiencies of
steam flooding with CRF, CX-5, and PCS are 5%, 2.1%, and 9% higher than that of
steam flooding, respectively; and at 270 ◦C, the oil displacement efficiencies are 3.5%,
1.7%, and 7.9% higher than that of steam flooding, respectively. PCS can increase
the injection–production pressure difference to more than eight times that of steam
flooding, which can effectively expand the swept volume of steam.

(5) The three parallel tubes flooding experiment shows that the total oil recovery of PCS-
assisted steam flooding increased by 28.7% based on steam flooding reaching 83.2%.
PCS-assisted steam flooding can effectively improve the sweep efficiency of heteroge-
neous cores, which is the basic mechanism of EOR, resulting in a more than 9.46% EOR
than the homogeneous cores. Our next research target is to release the microscopic
pore throat flow rules and EOR mechanism of PCS-assisted steam flooding.
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Abstract: To address the issue of pipeline blockage caused by the formation of waxy deposits inside
pipelines, hindering the flow of petroleum in the Shengli oilfield, eight new-style polyacrylic
acid pour point depressants (PPD) for Shengli crude oil were prepared by maleic anhydride and
ene monomers with different polar and aromatic pendant chains. The synthesized Pour Point
Depressants were characterized by Fourier transform infrared spectroscopy (FTIR), nuclear mag-
netic resonance (NMR), gel permeation chromatography (GPC), and polarizing optical microscopy
(POM). The results were promising and demonstrated that any type of pour point depressant
exhibited excellent performance on high-pour-point crude oil. The reduction in pour-point after
additive addition was largely dependent on the polymer structure. Notably, polymers containing
long alkyl side chains and aromatic units displayed the most impressive performance, capable of
depressing the pour point by 12 ◦C.

Keywords: crude oil; pour point depressant; maleic anhydride; ene monomers; pour point
depressant mechanism

1. Introduction

The Shengli oilfield is located in the northeast region of China, which is a typical cold
climate zone with the lowest temperature dropping to −10 ◦C, and the average winter
temperature ranging between 2 and −3 ◦C [1–3]. Particularly during winter, the extremely
low temperatures facilitate the crystallization of wax present in crude oil, leading to the
formation of waxy substances that precipitate within the pipeline system and consequently
elevate the viscosity of the crude oil [4–7]. According to surveys [8,9], the wax content
in Shengli crude oil is relatively high, generally around 10%, and in some areas, it can
even reach more than 25%. This makes it extremely difficult to transport crude oil at low
temperatures. China is one of the world’s largest oil-consuming countries [10], and so, it is
urgent to solve the problem of low-temperature transportation of crude oil.

The pour point is the temperature at which crude oil becomes viscous and no longer
flows under certain conditions [11]. Above the pour point, crude oil can still flow, while
below the pour point, crude oil becomes viscous and difficult to flow [12]. In a low-
temperature environment, the pour point of crude oil increases, causing it to solidify and
crystallize, making it difficult to flow [13]. Therefore, the pour point is an important
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indicator of crude oil that needs to be tested and controlled to address the challenges
associated with the low-temperature transportation of crude oil [14].

The fundamental way to solve this problem is to add pour point depressants to reduce
the pour point of crude oil [15–18]. Crude oil pour point depressants are usually high
molecular weight polymers containing a large number of polar functional groups such
as hydroxyl and carboxyl groups [19,20]. By means of van der Waals forces, particularly
hydrophobic interactions, the polymer interacts with the hydrocarbons in crude oil, form-
ing distinct associations, in which the hydrophilic moieties are oriented on the outside,
preventing the agglutination and subsequent precipitation of the waxy molecules [21,22].
There are three mature viewpoints on the principle of crude oil pour point depressants:
crystal nucleation theory, adsorption theory, and eutectic theory [23–26]. These theories
effectively explain the role of crude oil pour point depressants in improving the flowability
of crude oil, laying a foundation for the subsequent preparation and development of pour
point depressants [27–29].

Recently, researchers have been gradually exploring the connection between the
structure and mechanism of pour point depressants, leading to the development of a wider
range of pour point depressants [30–32]. These include (poly)methacrylate-based pour
point depressants with improved shear resistance and a variety of maleic anhydride-based
pour point depressants with diverse functionalities. Wu et al. synthesized four PPDs with
maleic anhydride and its derivatives of different polar and aromatic pendant chains, which
are binary copolymers [33]. Fang et al. prepared the ternary copolymers by mixing the
aminated copolymer and the composite commercial ethylene-vinyl acetate copolymers
(EVA) [34]. Based on previous work, we synthesized eight new-style pour point depressants
by polymerizing maleic anhydride and various ene monomers, including acrylic acid and
acrylic ester. We tested the effectiveness of these pour point depressants using Shengli crude
oil with a pour point of 32 ◦C and the results demonstrated that any type of pour point
depressant exhibited excellent performance on high-pour-point crude oil. Additionally,
we explored the mechanism of action of the PPDs and discussed the impact of different
functional groups and concentrations on their performance.

2. Materials and Methods
2.1. Materials

Acrylic acid, methyl acrylate, propyl acrylate, 2-butene-1-methyl acrylate, maleic
anhydride, methyl methacrylate, vinyl acetate, octadecyl acrylate, nonadecyl acrylate,
benzyl alcohol, anhydrous ethanol, benzyl alcohol, diethyl maleate, dibenzyl maleate,
sulfuric acid, N,N-dimethylformamide (DMF), benzoyl peroxide (BPO), and petroleum
ether were purchased from Shanghai in China. These are analytical reagents and were used
as received without further purification.

Shengli (SL) waxy crude oil was selected to evaluate the efficiency of polymeric
additives [35]. The physicochemical characteristics of SL crude oil are listed in Table 1.

Table 1. Physical characteristics of shengli crude oil.

Properties Shengli Crude Oil

Density at 20 ◦C (g/cm3) 0.85
Pour point (◦C) 32

Wax content (wt%) 21.23
Resin content (wt%) 2.17

Asphaltene content (wt%) 0.89
IBP (◦C) 60.5

2.2. Preparation of the Eight Pour Point Depressant (PPD)

Maleic anhydride can easily copolymerize with alkene monomers and react with alkyl
alcohols and amines, making it possible to prepare pour point depressants by copolymeriz-
ing maleic anhydride with different monomers. We polymerized maleic anhydride with

156



Polymers 2023, 15, 3898

different ene monomers such as acrylic acid and acrylic ester, and added various polar
and aromatic units into the polymer backbone to prepare eight copolymers with good
performance (Figure 1).

Polymers 2023, 15, x FOR PEER REVIEW 3 of 12 
 

 

2.2. Preparation of the Eight Pour Point Depressant (PPD) 
Maleic anhydride can easily copolymerize with alkene monomers and react with al-

kyl alcohols and amines, making it possible to prepare pour point depressants by copoly-
merizing maleic anhydride with different monomers. We polymerized maleic anhydride 
with different ene monomers such as acrylic acid and acrylic ester, and added various 
polar and aromatic units into the polymer backbone to prepare eight copolymers with 
good performance (Figure 1). 

 
Figure 1. Chemical structures of the prepared pour-point depressants: PPD-1, PPD-2, PPD-3, PPD-
4, PPD-5, PPD-6, PPD-7, and PPD-8. 

2.2.1. Preparation of PPD-1 
The acrylic acid and propyl acrylate (1:1, molar ratio, Table 2) were dissolved in 500 

mL of solvent DMF. A mixture of 0.8 g of initiator BPO and 20 mL of petroleum ether was 
prepared and slowly added to the reaction vessel using a dropping funnel. The reaction 
was carried out under constant temperature at 80 °C for 2 h. After the polymerization 
reaction was complete, impurities were removed using a rotary evaporator, and the prod-
uct PPD-1 was obtained after cooling to room temperature. 
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2.2.1. Preparation of PPD-1

The acrylic acid and propyl acrylate (1:1, molar ratio, Table 2) were dissolved in 500 mL
of solvent DMF. A mixture of 0.8 g of initiator BPO and 20 mL of petroleum ether was
prepared and slowly added to the reaction vessel using a dropping funnel. The reaction
was carried out under constant temperature at 80 ◦C for 2 h. After the polymerization
reaction was complete, impurities were removed using a rotary evaporator, and the product
PPD-1 was obtained after cooling to room temperature.

2.2.2. Preparation of PPD-2

The acrylic acid, the propyl acrylate, and the maleic anhydride (3:3:1, molar ratio,
Table 2) were added to a three-neck flask. Solvent DMF was then poured into the flask.
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During the reaction, a mixture of petroleum ether and initiator BPO was added dropwise
using a dropping funnel (the amount of initiator BPO was 0.1% of the total monomer mass).
The reaction was maintained at a constant temperature of 80 ◦C for 2 h, and the product
was obtained by rotary evaporation.

Table 2. The selections of monomers.

Monomer A Monomer B Monomer C Products

Acrylic acid Propyl acrylate None PPD-1
Acrylic acid Propyl acrylate Maleic anhydride PPD-2

Methyl methacrylate Propyl acrylate Maleic anhydride PPD-3
Acrylic acid Octadecyl acrylate Maleic anhydride PPD-4

Methyl acrylate Nonadecyl acrylate Maleic anhydride PPD-5
Methyl methacrylate Propyl acrylate Diethyl succinate PPD-6
Methyl methacrylate Propyl acrylate Dibenzyl maleate PPD-7

Methyl acrylate Nonadecyl acrylate EsterDibenzyl PPD-8

2.2.3. Preparation of PPD-3, PPD-4, PPD-5

The synthetic methods of PPD-3, PPD-4, and PPD-5 are similar to the preparation
method of PPD-2.

2.2.4. Preparation of PPD-6

Diethyl succinate was prepared by directly reacting 1 mol of maleic anhydride with
2 mol of anhydrous ethanol in the presence of sulfuric acid (1%) as a catalyst heating at
75 ◦C. After the reaction was complete, the catalyst and unreacted materials were removed
by washing with distilled water, and the pure ester was obtained. The methyl methacrylate,
the propyl acrylate, and the pure ester prepared (3:3:1, molar ratio, Table 2) were added
to a three-neck flask. Solvent DMF was then poured into the flask. During the reaction,
a mixture of petroleum ether and initiator BPO was added dropwise using a dropping
funnel (the amount of initiator BPO was 0.1% of the total monomer mass). The reaction
was maintained at a constant temperature of 80 ◦C for 2 h, and the product was obtained
by rotary evaporation.

2.2.5. Preparation of PPD-7

Dibenzyl maleate was prepared by directly reacting 1 mol of maleic anhydride with
2 mol of benzyl alcohol in the presence of sulfuric acid (1%) as a catalyst heating at 75 ◦C.
After the reaction was complete, the catalyst and unreacted materials were removed by
washing with distilled water, and the pure ester was obtained. The remaining steps were
similar to the preparation method of PPD-6.

2.2.6. Preparation of PPD-8

Based on the synthesis of the binary copolymerized pour point depressant PPD-1,
ternary copolymerized pour point depressants were obtained by inserting a third monomer,
which improved the structure of PPD and had better performance. Compared with PPD-1,
the structure of PPD-2 inserted maleic anhydride monomer; meanwhile, PPD-3 can be
obtained by adding a methyl group in the structure of acrylic acid monomer. A higher
pour point depression effect of the polymeric improver (PPD-4, PPD-5) can be obtained
by exerting a long alkyl side chain on acrylic ester monomer. PPD-6 can be produced by
ring-opening maleic anhydride. Aromatic rings were incorporated into ring-opening maleic
anhydride groups to attain PPD-7. Both insert aromatic side chains in maleic anhydride
structure and add pendant chains on acrylate monomer can fabricate PPD-8.

Generally speaking, both the copolymers prepared by us and Wu et al. [21] possessed
long-chain alkyl and maleic anhydride structures. In comparison to the pour point de-
pressants obtained by Wu et al., our PPD-1 exhibited similarities, as both were binary
copolymers. Additionally, the PPD-4 we synthesized and the POM produced by Wu et al.
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shared the monomeric structure of octadecyl acrylate and maleic anhydride. The pres-
ence of ring-opening maleic anhydride groups with aromatic rings and long alkyl side
chains was observed in our PPD-8 and the POMB obtained by Wu et al. However, the
difference lies in the fact that, apart from PPD-1, the copolymers we synthesized were
ternary copolymers. We employed various ene-monomers co-polymerized with maleic
anhydride, facilitating a more effective action of the pour point depressant. This was best
illustrated by the outstanding performance of PPD-8 in reducing the pour point by 12 ◦C at
a concentration of 100 ppm.

2.3. Characterization of the Products

Gel permeation chromatography (GPC) (Waters Model 1515) was used to estimate
the weight-average molecular weight (Mw) of the produced PPD. Tetrahydrofuran (THF)
was used as the mobile phase at a flow rate of 1 mL/min and a temperature of 30 ◦C.
Polystyrene was used as the standard. The Fourier transform infrared spectrometry (FT-IR)
analyses were measured on a Nicolet 5700 spectrophotometer (Nicolet, Thermo Fisher,
Waltham, MA, USA) in the range 400–4000 cm−1. 1H NMR and 13C NMR spectra were
recorded on a 400 MHz (Bruker, Germany) instrument, and CDCl3 (7.26 ppm for 1H NMR,
77.16 ppm for 13C NMR) was used as a reference (Supplementary Materials).

2.4. The Selection of Pour Point Depressants

Firstly, 400 mL of oil sample was taken in a conical flask and placed in a water bath at
60 ◦C to completely melt it, stirring evenly. Secondly, four dry and clean test tubes were
taken and 10 g of crude oil was added to each tube. Three of the tubes added 0.01 g of
pour point depressant as the experimental group (concentration of 100 ppm), while the
remaining tube served as the control group without the PPD. They were stirred evenly
and placed in a water bath at 60 ◦C for 2 h to allow the PPD to fully take effect. Lastly,
according to the national standard GB/T3535-83 [36], the pour point test was performed
on the oil samples using a KDND-801 pour point tester, the data were recorded, and the
average decrease in pour point among the three test tubes was calculated as the final result.
This experiment was conducted in parallel for eight sets of PPD products, identifying the
PPD product with the most effective performance.

2.5. Test Concentration of Pour Point Depressants

To determine the optimal concentration of the selected PPD, the experimental proce-
dure was as follows: Firstly, 100 mL of oil sample was added to a conical flask and placed
in a water bath at 60 ◦C for complete melting, and it was stirred thoroughly. Then, six dry
and clean test tubes were taken, and 10 g of crude oil was added to each tube. Five of the
tubes were individually added with PPD at concentrations of 50 ppm, 100 ppm, 200 ppm,
300 ppm, and 500 ppm, respectively. The remaining tube served as a blank control without
the addition of any PPD. After thorough stirring, the test tubes were placed in a water bath
at 60 ◦C for 2 h to allow the PPD to fully take effect. Lastly, the pour point of the oil samples
was tested using a KDND-801 pour point tester, and the data were recorded to determine
the best concentration of the selected pour point depressant.

2.6. Microscopy Studies

Polarizing optical microscopy (POM) was used to examine the wax crystal structure
of crude oil before and after the addition of the PPD at standard temperature, and images
were captured using a computer.

3. Results and Discussion
3.1. Polymer Characterization
3.1.1. GPC of PPD

The average molecular weight (Mw) of the eight pour point depressants prepared
was determined and the yields of these polymers are shown in Table 2. According to
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expert research, the molecular weight of the PPD should be within a certain range, typically
between 4000 and 100,000 [30]. When the molecular weight of the PPD was below 2000,
there was generally no significant effect on decreasing the pour point. Conversely, when the
molecular weight exceeded 500,000, the effect was also poor for the performance activity
mechanism. From Table 3, it can be observed that the average molecular weights of the PPD
were all within the range of 34,958–42,339, which falls within the effective range of perfect
performance. Within this range, the molecular weight was moderate, providing sufficient
coverage and adhesion to effectively inhibit wax crystal growth and crystallization.

Table 3. Molecular weights and yields of pour point depressants.

Additive Mw (g/mol) Yield (%)

PPD-1 34,958 90
PPD-2 38,458 88
PPD-3 41,520 89
PPD-4 41,330 91
PPD-5 42,339 87
PPD-6 39,415 81
PPD-7 38,965 82
PPD-8 40,134 85

3.1.2. IR Spectroscopy Analysis of PPD

The chemical structure of the pour point depressants was determined by FT-IR
spectroscopy. The FT-IR spectrum of PPD-8 is shown in Figure 2. The O-H absorption
peak can be seen in 3440 cm−1. The absorption peak of aromatic ring C=C was 1600 cm−1.
The carbonyl stretch vibration peak can be seen in 1730 cm−1. The characteristic C-H of
aromatic ring absorption peak at 699 cm−1. It was confirmed that the acrylic ester and
maleic anhydride had copolymerized and proved that we chose the right selected method
to copolymerized. Additionally, the results obtained from other Fourier Transform
Infrared Spectroscopy (FT-IR) analyses also demonstrated the successful execution of
the synthesis process.
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3.1.3. Nuclear Magnetic Resonance Spectroscopy of PPD

In order to further confirm the structure of the pour point depressants, we also obtained
nuclear magnetic resonance (NMR) spectra, including 1H NMR and 13C NMR.

1H NMR and 13C NMR Analysis:
PPD-1, pale yellow oil; 1H NMR: δ 3.9 (m, 1H), δ 2.2 (m, 1H), δ 1.6 (m, 2H), δ 1.2 (m,

27H), δ 0.8 (m, 2H); 13C NMR: δ 32.0, 29.8, 29.7, 29.4, 25.9, 22.7, 14.2.
PPD-2, pale yellow oil; 1H NMR: δ 7.4 (m, 1H), δ 7.1 (m, 1H), δ 6.4 (m, 3H), δ 6.3 (m,

2H), δ 3.3 (m, 2H), δ 3.1 (m, 5H), δ 2.9 (m, 6H), δ 2.8 (m, 2H), δ 2.1 (m, 6H), δ 1.6 (m, 2H), δ
1.3 (m, 35H), δ 0.9 (m, 3H,); 13C NMR: δ 168.1, 166.0, 165.5, 136.3, 134.7, 131.3, 32.0, 29.8,
29.7, 29.4, 25.9, 22.7, 14.2.

PPD-3, pale yellow oil; 1H NMR: δ 6.8 (m, 1H), δ 6.7 (m, 1H), δ 6.3 (m, 5H), δ 3.5 (m,
1H), δ 3.3 (m, 3H), δ 3.0 (m, 3H), δ 2.8 (m, 2H), δ 2.1 (m, 1H), δ 1.6 (m, 4H), δ 1.3 (m, 83H),
δ 0.8 (m, 9H); 13C NMR: δ 168.5, 166.0, 165.3, 136.6, 134.8, 131.0, 40.7, 37.9, 31.9, 29.7, 29.7,
29.6, 19.5, 29.4, 29.2, 28.8, 28.5, 26.8, 22.7, 14.1.

PPD-4, pale yellow oil; 1H NMR: δ 6.5 (m, 2H), δ 6.3 (m, 3H), δ 6.2 (m, 3H), δ 3.4 (m,
6H), δ 3.0 (m, 1H), δ 2.2 (m, 1H), δ 1.6 (m, 6H), δ 1.3 (m, 132H), δ 0.8 (m, 12H); 13C NMR: δ
136.9, 130.6, 40.7, 31.9, 29.7, 29.5, 29.4, 29.1, 28.8, 26.8, 22.7, 14.1.

PPD-5, yellow oil; 1H NMR: δ 6.9 (m, 5H), δ 6.7 (m, 1H), δ 6.4 (m, 4H), δ 6.3 (m, 12H),
δ 3.5 (m, 1H), δ 3.4 (m, 12H), δ 3.0 (m, 7H), δ 2.8 (m, 2H), δ 2.1 (m, 4H), δ 1.6 (m, 14H), δ
1.3 (m, 229H), δ 0.9 (m, 20H); 13C NMR: δ 168.1, 166.0, 165.4, 136.5, 134.6, 134.0, 131.2, 40.7,
31.9, 29.7, 29.7, 29.6, 29.6, 29.5, 29.4, 29.2, 28.8, 26.8, 22.7, 14.1.

PPD-6, yellow oil; 1H NMR: δ 7.8 (m, 3H), δ 7.4 (m, 3H), δ 7.2 (m, 1H), δ 7.0 (m, 3H), δ
4.0 (m, 1H), δ 2.6(m, 1H),δ 2.4 (m, 2H), δ 2.2 (m, 9H), δ 1.6 (m, 1H), δ 1.3 (m, 16H), δ 0.9 (m,
2H); 13C NMR: δ 166.4, 137.8, 135.4, 133.5, 130.5, 130.0, 128.2, 127.9, 127.7, 127.6, 127.2, 126.9,
126.6, 126.1, 125.9, 125.7, 125.0, 124.1, 64.8, 32.0, 29.9, 29.8, 29.6, 29.5, 29.3, 28.7, 26.0, 22.8,
21.4, 19.4, 14.2.

PPD-7, yellow oil; 1H NMR: δ 8.0 (m, 7H), δ 7.8 (m, 26H), δ 7.5 (m, 29H), δ 7.3 (m,
24H), δ 7.0 (m, 8H), δ 6.4 (m, 7H), δ 6.1 (m, 1H), δ 5.8 (m, 1H), δ 4.1 (m, 5H), δ 3.9 (m, 15H),
δ 2.8 (m, 6H), δ 2.7(m, 16H), δ 2.5 (m, 38H), δ 2.2 (m, 44H), δ 2.0 (m, 4H), δ 1.8 (m, 4H), δ 1.6
(m, 35H), δ 1.3 (m, 305H), δ 0.8 (m, 29H); 13C NMR: δ 130.5, 128.6, 128.1, 127.9, 127.7, 127.6,
127.2, 126.8, 126.5, 125.8, 125.7, 125.5, 124.9, 64.7, 31.9, 29.8, 29.7, 29.6, 29.5, 29.4, 29.3, 28.6,
25.9, 22.7, 21.7, 19.4, 14.2.

PPD-8, yellow oil; 1H NMR: δ 8.0 (m, 15H), δ 8.0 (m, 15H), δ 7.8 (m, 27H), δ 7.7 (m,
54H), δ 7.3 (m, 155H), δ 6.9 (m, 42H), δ 6.4 (m, 9H), δ 6.1 (m, 9H), δ 5.8 (m, 9H), δ 4.1 (m,
22H), δ 4.0 (m, 41H), δ 2.8 (m, 10H), δ 2.6 (m, 65H), δ 2.4 (m, 103H), δ 2.2 (m, 148H), δ 1.6
(m, 102H), δ 1.2 (m, 1062H), δ 0.9 (m, 109H); 13C NMR: δ 130.5, 128.9, 128.6, 128.5, 128.1,
128.9, 127.9, 127.7, 127.6, 127.2, 126.8, 126.5, 126.4, 125.8, 125.7, 125.5, 124.9, 124.1, 64.8, 32.0,
29.8, 29.7, 29.6, 29.5, 29.4, 29.4, 29.3, 28.6, 25.9, 22.7, 21.7, 20.6, 19.4, 14.2.

3.2. PPD Performance Evaluation
3.2.1. Effect of PPD Addition on Pour Point of Crude Oil

During the experiment, we investigated the effects of different types and concentra-
tions of pour point depressants on the flowability of waxy crude oil. We placed the oil
sample under 60 ◦C for 3 h and then allowed it to cool down steadily. We measured the
effects of the eight pour point depressants on the pour point of waxy crude oil before and
after addition at a concentration of 100 ppm. The results are shown in Table 4, indicating
that PPD-8 had the best pour point depressant effect. Next, we measured the changes in
the pour point of waxy crude oil with the addition of PPD-8 at concentrations of 50 ppm,
100 ppm, 200 ppm, 300 ppm, and 500 ppm, and the results are shown in Figure 3. It
can be seen from the table that the best pour point depressant effect was achieved at a
concentration of 200 ppm.
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Table 4. Effect of pour point depressants at a concentration of 100 ppm on Shengli crude oil (PP = 32 ◦C).

Additive Pour Point with
PPD/◦C

Pour-Point
Depression/◦C

PPD-1 26 6
PPD-2 28 4
PPD-3 27 5
PPD-4 25 7
PPD-5 24 8
PPD-6 26 6
PPD-7 23 9
PPD-8 20 12
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Figure 3. Pour points of shengli crude oil treated with PPD-8.

It can be distinctly observed that the pour point with pour point depressant was
extremely lower than the pour point without additive PPD from Table 4, indicating that
any type of pour point depressant displayed a great function on the high-pour-point crude
oil. Compared with PPD-1~PPD-3, the polymer (PPD-4 and PPD-5) containing longer
alkyl side chains can enhance the pour point ability by 7 ◦C and 8 ◦C, demonstrating that
alkyl side chains can provide more approving adsorption sites for wax crystals. It has been
shown that both PPD-7 and PPD-8 including aromatic units showed excellent performance
in reducing the pour point by 9 ◦C and 12 ◦C. This can be best illustrated by the benzene
ring can raise the solubility of the PPD and enhance the interactions between the PPD and
paraffin in crude oil. It is not difficult to draw the conclusion that the selected PPD-8 at the
concentration of 100 ppm possessed the most optimum property among the eight types of
pour point depressant.

In Figure 3, it can be seen that the pour point depressant effect was poor when the
concentration of the additive was low. When the concentration was increased to 200 ppm,
the pour point depressant effect was better and the reduction in pour point reached 14 ◦C.
If the concentration was further increased, the effect of the pour point depressant will not
change much, which is not economically feasible and will increase the cost. Therefore, the
optimal concentration for PPD-8 was 200 ppm.

Based on the above results, it can be concluded that the pour point depressant (PPD)
should have appropriate alkyl chains that are hydrophobic and interact with the waxy
microcrystals. The hydrophilic groups were exposed on the outer surface of the polymeric
chain and acted as repellents for other waxy microcrystals, thereby inhibiting coalescence
and the subsequent formation of larger waxy particles that could deposit. The long alkyl
chain of the PPD played an important role in its interaction with wax crystals, as it can act
as the nucleation center for wax precipitation and increase the number of small wax crystals
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in the crude oil, thereby preventing the formation of large network structures. Additionally,
the long alkyl chain can also form eutectic with wax, altering the crystal orientation and
inhibiting further wax crystal growth. Polypropylene acid ester with a long alkyl chain
belongs to a comb-shaped polymer and possesses excellent shear resistance. The elongated
aliphatic chains continuously extend around the resin and asphaltene, lowering the polarity
of the surrounding environment and acting as a shield, thus preventing the aggregation
and accumulation of resin and asphaltene fragments, resulting in a reduction in crude oil
viscosity. In addition to the long alkyl chain structure, the polar functional groups in the
PPD also have a significant impact on its efficiency. After the PPD is adsorbed onto the
wax crystals, its polar functional groups can repel other wax crystals, preventing them
from aggregating into larger clusters, thereby improving the dispersion of wax crystals and
enhancing the flowability of crude oil. The polar functional groups in maleic anhydride
and acrylic acid esters can effectively interact with the natural components of pour point
depression of resin and asphaltene in crude oil. The PPD enters the resin and asphaltene
fragments through intermolecular forces, resulting in stronger hydrogen bonding. In
the meanwhile, the oxygen-containing polar functional groups also improve the PPD’s
resistance to repeated heating and shear stress. Moreover, the benzene ring of chains can
interact with asphaltenes through a π–π stacking attractive force. The combined action of
the alkane carbon chain, polar functional groups, and benzene ring prevent the mutual
binding of wax crystals, thus reducing the pour point, viscosity, and yield stress of the crude
oil. Therefore, the low-temperature flowability of the crude oil is significantly improved.

3.2.2. Wax Crystal Pattern of Crude Oil after Adding PPD-8

Figure 4 shows the polarized microscopy images of the crude oil without pour point
depressant and with 200 ppm of pour point depressant at 20 ◦C. From the figure, it can be
seen that the wax crystal size in the crude oil without pour point depressant was small,
the wax crystals were relatively loose, and they were distributed more evenly in the oil
phase. After adding PPD-8 pour point depressant, the size of the wax crystal particles in
the crude oil became larger, with agglomeration forming large spherical crystal aggregates.
The addition of pour point depressant changed the crystallization mode of wax in the crude
oil, decreased the amount of wrapped liquid oil, weakened the flocculation ability of wax
crystal aggregates, reduced the strength of the spatial grid structure, and increased the
flowability of crude oil.
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3.3. Analysis of the PPD Mechanism

The long carbon chain structure in PPD easily formed eutectic with wax crystals in
crude oil. The polar groups in acrylate compounds enhanced the intermolecular repulsion
among the wax crystals, while the introduction of benzene rings increased the solubility of
wax crystals, preventing them from agglomerating into wax deposits and enhancing the
anti-deposition capability. The addition of PPD changed the crystallization pattern of the
crude oil, causing the wax crystals to tend to aggregate into clusters, lowering the surface
energy and reducing the spatial structural strength. This improvement at a macroscopic
level manifested as an enhancement in the low-temperature flowability of the crude oil.

4. Conclusions

This study demonstrated that modified maleic anhydride co-polymers can be available
pour point depressants for waxy crude oil. In this study, eight different types of pour
point depressants were synthesized by copolymerizing maleic anhydride with different
monomers and characterized using techniques such as FT-IR and NMR. The results showed
that the addition of pour point depressants successfully reduced the pour point of the waxy
crude oil, with an optimal concentration of 200 ppm for some of the tested compounds. The
addition of pour point depressants changed the crystallization mode of wax in the crude
oil, resulting in larger and more densely packed wax crystal aggregates, which improved
the flowability of the crude oil. The study also found that the performance of the pour
point depressants can be optimized by changing the hydrophobic parts and hydrophilic
part of the polymer structure. Therefore, modified maleic anhydride co-polymers have the
potential to be used as effective pour point depressants for waxy crude oil.
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