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Global climate change is a crucial issue confronting the international community. The
greenhouse effect caused by CO2 emissions is widely recognized as one of the key factors
impacting climate change [1–4]. Reducing CO2 emissions and fully utilizing CO2 are
important ways to protect the environment and achieve resource development. Carbon
dioxide capture, utilization, and storage technology (CCUS) is an emerging technology with
the potential to result in large-scale CO2 reduction; therefore, it has received widespread
attention both domestically and internationally in the past decade. For example, the United
States Department of Energy released the Carbon Dioxide Capture and Storage (CCS)
Technology Research and Development Demonstration Roadmap in 2010, which laid out a
development path for CCS and focused on efficient and economical solutions to quickly
realize commercial applications. CCS technology needs to overcome various challenges
at the economic, social, and technological levels, including the effective monitoring and
verifying of CO2 storage processes and the viability of the permanent underground storage
of CO2. The development of the Canadian CCS Technology Development Roadmap
(CCSTRM) underwent four stages: situation analysis, confirmation of technology paths
and R&D strategies, confirmation of priority directions for R&D and demonstration, and
final writing. Japan’s CCS research is basically synchronized with European and North
American countries. In Japan, CCS technology was implemented in 2020, and encompasses
various applications such as enhancing oil recovery using CO2, sealing CO2 up to saltwater
layers, injecting CO2 into depleted natural gas fields and coal seams, and developing CO2
transportation technology. The goal in China is to achieve peak CO2 emissions by 2030 and
carbon neutrality by 2060 through stronger policies and measures. This further emphasizes
the concept of “turning waste into wealth”, and emphasizes opportunities to improve
the recovery rates of oil, natural gas, coalbed methane, and water using carbon dioxide
(CO2-EOR, CO2-EGR, CO2-ECBM, and CO2-EWR, respectively) [5].

Natural gas resources in unconventional sedimentary reservoirs, such as shale and
coal seams rich in kerogen, are abundant and environmentally friendly, making them one of
the most important energy resources available [6–11]. CO2-enhanced shale gas production
and underground storage integration technology are important ways to apply CCUS.
Because of its characteristics of energy conservation, emission reduction, and efficient
exploitation of shale gas, CCUS is emerging as an important future means for efficient
shale gas exploitation and development [3,12,13]. At the same time, the stability of shale
reservoirs is also a focus of research, directly determining the safety and efficiency of mining.
The failure criterion that fully considers shale anisotropy and hydration is an important
factor in evaluating the stability of shale formations [14]. The continuous exploitation and
use of shallow shale gas is causing shale gas exploration and development to gradually
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move to deeper locations. These deeper environments have complex and changeable
geological conditions, high temperatures, high ground stress, fluid seepage pressure, and
other complex conditions [15–21]. This makes innovations in applying CCUS technology
during deep shale gas exploitation urgent. CCUS application in deep shale gas exploitation
is now an important research direction.

Scholars have studied shale pore structure, shale gas recovery, shale reservoir stabil-
ity, and shale gas movement and transmission in the application of CCUS in shale gas
exploitation. For example, Wang et al. [22] analyzed the displacement mechanism of CH4
in nanoporous shale, its positive and negative effects on solid storage and organic mat-
ter extraction, the migration and expansion processes of elements, and the macro- and
micro-control mechanisms for improving reservoir permeability. Feng et al. [23,24] stud-
ied the fracture trajectory of shale in the Longmaxi Formation after failure, and explored
the mechanical properties of the shale under supercritical CO2 adsorption conditions.
Asif et al. [25] measured the isotherms of two gases (CH4 and CO2) at pressures up to
8.4 MPa, and constructed an isotherm of CO2 to estimate the enhanced recovery rate of
coalbed methane. Kong et al. [26] studied auxiliary additives to improve shale oil and
gas production. Chen et al. [27] studied the creep characteristics of shale, considering the
influence of bedding direction and water content.

The application of CCUS in shale gas production and storage involves many aspects,
including in-depth research on its mechanisms and key technologies. This includes the
competitive adsorption mechanism of CO2/CH4 in shale, SC-CO2 displacement and the
displacement of shale gas, the SC-CO2 storage mechanism, SC-CO2 jet technology, SC-CO2
fracturing technology, the CO2 displacement of shale gas, and SC-CO2 storage technology.
These issues need to be analyzed and solved from the perspectives of technology, security,
investment, environment, and ecology. Therefore, we have organized this Special Issue of
Energy, titled “Application and Optimization of CCUS Technology in Shale Gas Production
and Storage”. This Special Issue welcomes contributions of all achievements regarding
CCUS technology related to shale gas, including all outlines from laboratory experiments,
numerical simulations, engineering evaluations, and economic judgement.
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Abstract: Shale gas is considered a crucial global energy source. Hydraulic fracturing with multiple
fractures in horizontal wells has been a crucial method for stimulating shale gas. During multi-stage
fracturing, the fracture propagation is non-uniform, and fractures cannot be induced in some clusters
due to the influence of stress shadow. To improve the multi-fracture propagation performance,
technologies such as limited-entry fracturing are employed. However, perforation erosion limits
the effect of the application of these technologies. In this paper, a two-dimensional numerical
model that considers perforation erosion is established based on the finite element method. Then,
the multi-fracture propagation, taking into account the impact of perforation erosion, is studied
under different parameters. The results suggest that perforation erosion leads to a reduction in the
perforation friction and exacerbates the uneven propagation of the fractures. The effects of erosion
on multi-fracture propagation are heightened with a small perforation diameter and perforation
number. However, reducing the perforation number and perforation diameter remains an effective
method for promoting uniform fracture propagation. As the cluster spacing is increased, the effects of
erosion on multi-fracture propagation are aggravated because of the weakened stress shadow effect.
Furthermore, for a given volume of fracturing fluid, although a higher injection rate is associated
with a shorter injection time, the effects of erosion on the multi-fracture propagation are more severe
at a high injection rate.

Keywords: perforation erosion; shale gas; multi-fracture propagation; finite element method

1. Introduction

As conventional oil and gas production declines and energy demand increases, shale
gas is regarded as an essential global energy source [1]. According to the evaluation
results of the Energy Information Administration (EIA), the worldwide recoverable shale
gas resources constitute approximately 206.68 × 1012 m3, which have great potential for
exploitation [2]. And as a low-carbon energy and clean source, increasing the use of shale
gas contributes to reducing greenhouse gas emissions and air pollution [3,4]. However,
due to the low permeability and porosity of shale reservoirs, the recovery of shale gas
remains challenging [5,6]. Recently, multi-stage fracturing in horizontal wells has emerged
as the most effective method for stimulating shale reservoirs [7–9]. During multi-stage
fracturing, multiple fractures are created simultaneously to increase the volume stimulated
in the reservoir [10–12]. Nevertheless, Miller et al. [13] analyzed the production logging
data on a good deal of shale horizontal wells and concluded that approximately 33%
of the perforation clusters were the main source of production in certain basins, while
nearly another 33% of the perforation clusters produced nothing. According to optical
fiber diagnosis, Ugueto C. et al. [14] found that the efficiency of perforation clusters was
only 50~70%. The studies mentioned above suggest that fractures are not propagated
uniformly in multi-stage fracturing, which is not conducive to reservoir stimulation [15,16].

Energies 2024, 17, 828. https://doi.org/10.3390/en17040828 https://www.mdpi.com/journal/energies4
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Therefore, deeply comprehending the multi-fracture propagation mechanism is important
for enhancing the recovery of shale gas.

During multi-stage fracturing, the morphology of the fractures is dominated by the
stress shadow effect and the flow distribution between fractures. The flow distribution
between fractures is determined by the resistance to fracture propagation, the perforation
friction, and the pressure loss in the wellbore [17]. Nevertheless, the stress shadow between
fractures leads to an increase in the propagation resistance of the interior fractures [18].
As fluid invariably flows through the path of least resistance, more fluid is distributed to
the exterior fractures. Therefore, the effect of stress shadow should be weakened, or the
increased resistance caused by stress shadow should be balanced, to promote a uniform
flow distribution between fractures. Quite a few technologies have been proposed to pro-
mote uniform fracture propagation, such as limited-entry fracturing, temporary plugging
fracturing, and fracture optimization [19–21]. Wu et al. [22] investigated multi-fracture
propagation and found that reducing the perforation number and adjusting non-uniform
cluster spacing could effectively improve the unevenness of the fracture propagation using
the displacement discontinuity method (DDM). Peirce and Bunger [23] proposed a parallel
planar 3D model and demonstrated that the stress shadow between fractures could result
in uneven fracture propagation. Chen et al. [24] analyzed the flow distribution between
fractures and performed sensitivity analysis using a semi-analytical model. Zhang et al. [25]
studied extreme limited-entry fracturing (XLE) and optimized the controlling parameters
influencing the cluster effectiveness. Li et al. [26] considered the impact of the perforation
friction by establishing a fluid pipe element and analyzed the three-dimensional multi-
fracture propagation. Their research noted that the number of fractures has a significant
effect on multi-fracture propagation.

As stated above, reasonable optimization of the perforation parameters can effectively
unify the fracture propagation. However, even when limited-entry fracturing has been
applied in practical applications, the fractures can only temporarily maintain uniform frac-
ture propagation, and severe non-uniform fracture propagation ultimately occurs [27,28].
Perforation erosion is one of the significant factors leading to this phenomenon [29,30].
Roberts et al. [31] used downhole photographic equipment to observe and record the size
and shape of perforations after perforation erosion and found that the erosion of some
perforations occurred faster than that of others. Cramer et al. [32] found that the perforation
erosion in fractures in the heel of the wells was more severe compared with the fractures in
the toe of the wells based on video imaging. The studies above suggest that perforation
erosion is common during the process of hydraulic fracturing. Crump and Conway [30]
proposed that abrasive damage to perforations consists of two mechanisms based on their
experiments: one is an increase in the perforation diameter and another is the smoothing
of the perforations. The smoothing of the perforations and an increase in the perforation
diameter results in a reduction in the perforation friction, which results in a redistribution
of fluid between the fractures and exerts a significant impact on the fracture propagation.
Hence, understanding multi-fracture propagation under the effect of perforation erosion is
of great importance to the effective design of multi-stage fracturing. However, perforation
erosion is seldom considered in studies on multi-fracture propagation, yet perforation
friction is generally considered a constant.

In this study, a numerical model considering perforation erosion is established. Multi-
fracture propagation, taking into account the effect of perforation erosion under different
conditions, is discussed in detail, including the perforation diameter, perforation num-
ber, cluster spacing, and injection rate. The key factors influencing the performance of
multi-fracture propagation are summarized. This study can help us to understand the
mechanisms of perforation erosion affecting multi-fracture propagation and provide rec-
ommendations for multi-stage fracturing design.
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2. Numerical Model

In this section, a smeared crack model based on the finite element method (FEM)
is developed. Currently, the numerical methods for simulating hydraulic fracturing can
be divided into continuum approaches and discontinuum approaches. The cohesive
zone model (CZM) is an intuitive discontinuum method, which simulates the failure and
damage of material by specifying the traction–separation law [33]. However, the paths of
the HFs and NFs must be defined in advance. The discrete element method (DEM) can
directly simulate the interaction between fractures, but this method cannot be applied at the
engineering scale due to its high computational cost. In addition to discontinuum methods,
continuum approaches are another way to simulate hydraulic fracturing [34]. To solve the
problem of the remeshing, the extended finite element method (XFEM) simulates fracture
propagation by introducing an appropriate enrichment function [35]. Nevertheless, it is
difficult to solve the multi-fracture problem, and the calculation efficiency is not high [36].
The smeared crack model based on the FEM is easy to use for simulating multi-fracture
propagation, and the fractures are simplified as damage elements [37]. The method has an
adequate efficiency in simulating the multi-fracture propagation in reservoirs. The model
is described as follows:

2.1. Rock Deformation and Fluid Flow

The rock deformation equation can be expressed as [38]:

∇σ + γbgv − ρ
d2u
dt2 = f (1)

where gv is the gravity vector; ∇ is the matrix differentiation operator; γb is the bulk weight;
σ is the total Cauchy stress; f is the force; ρ is the density; and u is the displacement.

The fluid inside the fractures satisfies the mass conservation law [38]:

∇Tq +
1

Q∗
dpw

dt
+ α

dεv

dt
= s (2)

where pw is the pore pressure; ∇ is the gradient operator; Q∗ is the compressibility param-
eter; q is the flow flux vector; s is the flow source; and εv is the rock volumetric strain.

Darcy’s law is applied to describe the relationship between the flow flux and pore
pressure [39]:

q =
K
γ f

(
−∇p + γ f gv

)
(3)

where γ f is the bulk weight and K is the second-order permeability tensor.

2.2. Fracture Propagation

There are two propagation modes during the process of fracture propagation: one
is toughness-dominated, in which rock fracture is the primary mechanism of energy
dissipation, and another is viscosity-dominated, in which fluid viscosity dissipation is the
primary mechanism of energy dissipation [39,40]. In large-scale hydraulic fracturing, the
fracture propagation is considered to be viscosity-dominated. In this paper, since we are
focusing on large-scale fracture propagation, the propagation of the fractures is determined
by the maximum tensile stress criterion. Fractures are generated when the minimum
effective principal stress equals the tensile strength:

σn = T (4)

where T is the tensile strength and σn is the effective normal stress.
In this model, the fracture is represented by damage zones with enhanced permeability.

The strain of a damaged element is composed of intact rock strain and fracture strain based
on the continuum equivalent method. And the fracture strain and intact rock strain are
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approximated as the plastic strain and elastic strain of the elements, respectively, as shown
in Figure 1. Hence, the plastic strain of the elements is used to calculate the equivalent
fracture width:

w f = Le·εp
(
δij − ninj

)
(5)

where εp is the plastic strain tensor and Le is the element size.

Figure 1. Schematic illustration of deformation of a rock element.

The permeability of a damaged element is composed of matrix permeability and
fracture permeability. In general, the deformation of intact rock has less effect on the
matrix permeability [41]. Hence, the permeability of the matrix is considered to be constant,
and the increase in the damaged element’s permeability is completely due to the fracture
propagation. The fracture permeability can be calculated according to the cubic law:

k f =
ρg
Le

w3
f

12u
(6)

where u is the fluid viscosity and ρ is the fluid density.
The permeability of a damaged element can be written as:

k = km + k f (7)

where km is the matrix permeability.

2.3. Fluid Flow within the Wellbore

During multi-stage fracturing, stress shadow can result in differences in the injection
rates between fractures. Hence, the dynamic flow distribution between the fractures should
be considered. Because the horizontal wellbores and perforations are not smooth, frictional
resistance is generated as fluid flows through the horizontal wellbores and perforations.
Generally, the friction resistance generated by the wellbores is small and can be ignored [42].
According to the pressure balance conditions, the relationship between the pressure at
the horizontal well heel, the pressure at the fracture entrance, and the perforation friction
pressure drop can be expressed as:

pb,1 = · · · = pb,i = · · · = pb,m

⎧⎪⎪⎪⎪⎪⎪⎨
⎪⎪⎪⎪⎪⎪⎩

pb,1 = pp,1 + p f ,1
...

pb,i = pp,i + p f ,i
...

pb,m = pp,m + p f ,m

(8)

where pb,i, p f ,i, and pp,i are the pressure at the horizontal well heel, the pressure at the
entrance of the ith fracture, and the perforation friction pressure drop, respectively.
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The perforation friction pressure drop can be expressed as [43]:

pp = α f q2
p (9)

α f =
8ρ

π2C2
dn2

pd4
p

(10)

where α f is the perforation friction coefficient; np is the perforation number; ρ is the slurry
density; dp is the perforation diameter; qp is the flow rate; and Cd is the discharge coefficient.

Based on volume conservation, the total injection rate equals the injection rate of
each fracture:

Q =
m

∑
i=1

qi (11)

2.4. Perforation Erosion

Abrasive damage to the perforations occurs when the proppant is pumped at a high
injection rate. Crump and Conway [30] found that perforation erosion is mainly caused by
two mechanisms: one is the rounding and smoothing of perforations, and another is an
increase in the perforation diameter, as shown in Figure 2. Based on the experimental data,
Long et al. [44] established a semi-empirical perforation erosion model:

δdp

δt
= αCev2 (12)

δCd
δt

= βCev2
(

1 − Cd
Cmax

d

)
(13)

where dp is the perforation diameter; v is the mean velocity at the perforations; Ce is the
proppant concentration; Cmax

d is the maximum discharge coefficient (the range of Cd is
0.6–0.9); and α and β are empirical coefficients based on laboratory experiments.

Figure 2. Schematic of perforation abrasion.

The mean velocity at the perforation can be expressed as:

v =
4qp

npπdp
(14)

3. Model Verification and Model Establishment

3.1. Comparison with the Classical KGD Model

In this section, the classical KGD model is applied to verify the fracture propagation
in the numerical model. The fracture width and length in the KGD model can be expressed
as [45]:

L = 0.539
(

Q3E
4(1 − v2)μH3

) 1
6

t
2
3 (15)
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w = 2.36

(
4
(
1 − v2)μQ3

EH3

) 1
6

t
1
3 (16)

where Q is the injection rate; v is Poisson’s ratio; E is Young’s modulus; t is the injection time;
H is the fracture height; and μ is the fluid viscosity. Table 1 shows the parameters utilized
in the validation. And Figure 3 illustrates a comparison between the KGD model and the
numerical model. The numerical results and the theoretical results were in great agreement.

Table 1. Basic parameters for the model validation.

Parameter Value

Young’s modulus 20 GPa
Poisson’s ratio 0.2
Tensile strength 6 MPa
Injection rate 0.001 m3/s
Viscosity 70 cP
Pay thickness 1 m
Minimum horizontal stress 7 MPa

(a) (b)

Figure 3. Comparison of numerical results and KGD model: (a) comparison of fracture width;
(b) comparison of fracture length.

3.2. Comparison with a Lab-Scale Experiment

In this section, the numerical model is verified by comparing it with the experimental
results of Xing et al. [46]. Their experiment monitored the propagation of a hydraulic frac-
ture, as shown in Figure 4a. The size of the specimen was 152.4 mm × 152.4 mm × 114.3 mm,
and the specimen consisted of six transparent polyurethane blocks, with three layers in-
cluded. The specimen was loaded under true tri-axial conditions, and a higher stress
was applied to the barrier layers to restrict the propagation of the fracture in the height
direction. The fluid was injected at a constant injection rate throughout the experiment,
and the propagation of fractures was monitored using a video camera. The photometric
method was used to obtain the fracture aperture, and thus the fracture opening along the
fracture length was obtained. Table 2 lists the parameters used in the experiment. Figure 4b
shows a comparison of the numerical model and the experimental results. The numerical
model is in great agreement with the experimental results.

9
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(a) (b)

Figure 4. (a) Sketch of experiments; (b) comparison between numerical results and experimental results.

Table 2. Basic parameters for the model validation.

Parameter Value

Young’s modulus 0.1 GPa
Poisson’s ratio 0.48
Injection rate 8 mL/min
Viscosity 300 cP
Minimum horizontal stress 0.31 MPa

3.3. Model Establishment

To investigate multi-fracture propagation, a 120 × 90 m two-dimensional model for
multi-fracture propagation is established. Three clusters are considered in the model,
and the horizontal wellbore is oriented in the direction of the minimum horizontal prin-
cipal stress. The model contains a total of 10,800 elements. The displacement boundary
conditions in the model are illustrated in Figure 5. The constraints for displacement in the x-
direction are applied to the left and right boundaries, while the constraints for displacement
in the y-direction are applied to the upper and lower boundaries.

Figure 5. Schematic of simulation model.

10
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4. Results and Discussion

In this section, multi-fracture propagation considering the perforation erosion is
compared with that without considering the perforation erosion to illustrate the impact of
perforation erosion with respect to competitive multi-fracture propagation under different
parameters, including injection rate, perforation number, perforation diameter, and cluster
spacing. Table 3 presents the basic parameters in the model.

Table 3. Basic parameters for the simulation.

Parameter Value

Young’s modulus 15 GPa
Poisson’s ratio 0.2
Density 2400 kg/m3

Tensile strength 6 MPa
Biot coefficient 0.7
Injection rate 0.1 m3/s
Viscosity 1 cP
Maximum horizontal stress 71 MPa
Minimum horizontal stress 63 MPa
Perforation diameter 10 mm
Perforation number 12
Cluster spacing 25 m
Initial discharge coefficient 0.6
Maximum discharge coefficient 0.9
Sand concentration 720 kg/m3

4.1. The Impact of Perforation Erosion on Multi-Fracture Propagation

In this section, the effect of perforation erosion in relation to competitive multi-fracture
propagation is studied. The cluster spacing is set at 35 m, and the perforation diameter is
set at 8 mm; the additional parameters are detailed in Table 2.

A comparison of the fracture propagation morphology between the cases with consid-
eration of the perforation erosion and the cases without consideration of the perforation
erosion is shown in Figure 6. The unevenness of the fracture propagation is intensified
when considering perforation erosion. This is because perforation erosion gives rise to
an increase in the perforation diameter (D) and discharge coefficient (Cd), as shown in
Figure 7. According to Equation (10), the increase in the discharge coefficient and perfo-
ration diameter can lead to a reduction in the perforation friction, which aggravates an
uneven flow distribution between fractures and uneven fracture propagation.

(a) (b)

Figure 6. Fracture propagation under the two cases: (a) erosion; (b) no erosion.
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(a) (b)

Figure 7. The change in the perforation diameter and discharge coefficient: (a) perforation diameter;
(b) discharge coefficient.

The variation in the perforation friction coefficient in the process of perforation erosion
is depicted in Figure 8. The perforation friction coefficient decreases rapidly at first and
then decreases slowly. This is because the discharge coefficient increases rapidly from the
initial value of 0.6 to 0.9 during the initial stage of perforation erosion, which causes the
perforation friction coefficient to decrease rapidly in a short time. And then the discharge
coefficient tends to remain stable, while the perforation diameter increases at a slow rate,
which results in a slow decline in the perforation friction coefficient during the later stage.
Hence, the rapid increase in the discharge coefficient is the main factor that aggravates non-
uniform fracture propagation during the initial stage, while the increase in the perforation
diameter becomes the main factor that aggravates non-uniform fracture propagation during
the later stage.

Figure 8. The change in perforation friction coefficient.

In summary, perforation erosion increases the perforation diameter and discharge
coefficient, which reduces the frictional resistance generated by perforation and aggravates
uneven fracture propagation. And the increases in the perforation diameter and discharge
coefficient are the primary factors aggravating uneven fracture propagation during the
initial and later stage, respectively.
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4.2. The Effects of the Injection Rate

The injection rate is one of the crucial operation parameters that influences fracture
propagation. When the proppant is pumped at a high speed, the effect of perforation
erosion is unneglectable [47]. To study multi-fracture propagation under different injection
rates, four cases are included (0.08 m3/s, 0.1 m3/s, 0.12 m3/s, and 0.14 m3/s). The injection
volume remains consistent in all cases.

Figure 9 illustrates the fracture morphology at four different injection rates. As the
injection rate increases, the uneven fracture propagation is improved. However, the length
of the central fracture continues to increase, while the length of the side fractures changes
slightly as the injection rate increases, as shown in Figure 10. This is because the fracturing
fluid volume injected into the fractures remains constant, but the injection time is shorter at
a higher injection rate. Figure 11 illustrates that the total injection volume distributed to
the fractures on both sides decreases at an increasing injection rate, which tends to cause
a reduction in the length of the side fractures. Nevertheless, a decrease in the injection
time causes the injection rate into the fractures on both sides to increase. A higher injection
rate contributes to an increase in the fracture length [48,49]. Hence, the length of the side
fractures changed slightly.

Figure 9. Fracture propagation under different injection rates (left: erosion; right: no erosion).
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Figure 10. The length of each fracture under different injection rates.

(a) (b)

Figure 11. The flow distribution between fractures under different injection rates: (a) erosion;
(b) no erosion.

Figure 12 shows the variation in the perforation diameter and discharge coefficient
under different injection rates. The variation in the diameter and discharge coefficient of
the perforations is greater as the injection rate increases within the same time. According to
Equation (14), the mean velocity at the perforation increases as the injection rate increases,
which results in a greater variation in the diameter and discharge coefficient of the per-
forations. Consequently, the perforation erosion is heightened at an increasing injection
rate. Furthermore, the volume of fracturing fluid remains constant, although the injection
time is longer at a lower injection rate, the perforation erosion becomes more severe at a
higher injection rate, as illustrated in Figure 12. And due to this, Figure 10 shows that the
difference in the central fracture length between the cases considering perforation erosion
and the cases without considering perforation erosion is greater when the injection rate
increases, which suggests that the effects of erosion on multi-fracture propagation are more
severe at a higher injection rate.
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(a) (b)

Figure 12. The change in perforation diameter and discharge coefficient under different injection
rates: (a) perforation diameter; (b) discharge coefficient.

In addition, the variation in the discharge coefficient and perforation diameter in the
fractures on both sides is larger than that in the central fracture; the perforation erosion in
the side fractures is thus more severe, as shown in Figure 12. This is because the amount
of fluid distributed to each fracture is different. The injection rate into the fractures on
both sides is larger and the injection rate into the central fracture is smaller because of the
influence of stress shadow, as shown in Figure 11. A higher injection rate results in more
significant perforation erosion in the side fractures. And the difference in the perforation
erosion between the side fractures and the central fracture decreases as the injection rate
increases. Figure 11 illustrates that the difference in the injection rate between the side
fractures and the central fracture decreases as the total injection rate increases, which
minimizes the difference in the perforation erosion between the side fractures and the
central fracture.

Generally, for a given volume of fracturing fluid, the effects of erosion on multi-
fracture propagation are more severe at a higher injection rate. And a decrease in the
injection rate can mitigate the perforation erosion. However, increasing the injection rate
can still contribute to uniform fracture propagation even though the effects of erosion on
multi-fracture propagation are aggravated at an increasing injection rate. Therefore, a
higher injection rate is recommended to promote uniform fracture propagation.

4.3. The Effects of the Perforation Diameter

The perforation diameter is a key factor influencing multi-fracture propagation. To
investigate multi-fracture propagation under different perforation diameters, four cases
are set in the model (8 mm, 9 mm, 10 mm, and 11 mm).

Figure 13 shows the fracture propagation at different perforation diameters. As the
perforation diameter decreases, the length of the fractures on both sides continues to
decrease, while the central fracture length continues to increase. And Figure 14 shows that
the uneven flow distribution between the fractures is improved as the perforation diameter
decreases. A reduction in the perforation diameter contributes to improving non-uniform
fracture propagation. Nevertheless, as the perforation diameter decreases, Figure 15 shows
that the difference in the fracture propagation between the cases considering perforation
erosion and the cases without regard to perforation erosion increases. The difference in
the central fracture length is 11 m between the two cases when the perforation diameter is
8 mm, while the difference decreases to 1 m when the perforation diameter is 11 mm, which
indicates that perforation erosion has a more pronounced impact when the perforation
diameter is small. This is because the mean velocity at the perforation increases when
the perforation diameter decreases, which results in greater variation in the diameter and
discharge coefficient of the perforations. Figure 16 illustrates that the discharge coefficient
of the perforations changes the most when their diameter is 8 mm. Therefore, the effects of
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erosion on multi-fracture propagation are enhanced as the perforation diameter decreases
because the perforation erosion is more severe when the perforation diameter is small.

Figure 13. Fracture propagation under different perforation diameters (left: erosion; right: no erosion).

(a) (b)

Figure 14. The flow distribution between fractures under different perforation diameters: (a) erosion;
(b) no erosion.
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Figure 15. The length of each fracture under different perforation diameters.

(a) (b)

Figure 16. The change in perforation diameter and discharge coefficient under different perforation
diameters: (a) perforation diameter; (b) discharge coefficient.

As discussed above, the effects of erosion on multi-fracture propagation are enhanced
as the perforation diameter decreases. Although the effects of erosion on multi-fracture
propagation can be mitigated by increasing the perforation diameter, the increase in the
perforation diameter decreases the perforation friction and aggravates uneven fracture
propagation. Thus, to overcome the effect of the perforation erosion, a smaller perforation
diameter is recommended to ensure the initial perforation friction is much higher than the
perforation friction after perforation erosion.

4.4. The Effects of the Perforation Number

The perforation number is one of the crucial parameters in the optimization of multi-
cluster fracturing design. Limited-entry fracturing is achieved by adjusting the perforation
number and perforation diameter. In this section, four cases are set to investigate the
multi-fracture propagation under different perforation numbers (8, 10, 12, and 14).

Figure 17 illustrates the morphology of the fractures under different perforation
numbers. It can be found that reducing the perforation number is beneficial for promoting
uniform fracture propagation. And Figure 18 shows the flow distribution between the
fractures becomes uniform as the perforation number decreases, which is beneficial for

17



Energies 2024, 17, 828

promoting uniform fracture propagation. Nevertheless, perforation erosion diminishes the
capacity of the perforation number to facilitate uniform propagation of the fractures. When
taking into account perforation erosion, it is observed that the length of the side fracture is
longer and the length of central fracture is shorter, which increases the non-uniformity of the
fracture propagation, and the erosion effects become more pronounced as the perforation
number decreases. Figure 19 illustrates a 3 m disparity in the central fracture length between
the cases accounting for perforation erosion and those disregarding it with a perforation
number of 14, and the difference increases to 10 m when the perforation number is 8. This
is because the perforation erosion is more severe with a smaller perforation number, which
aggravates uneven propagation of the fractures. Figure 20 illustrates the variation in the
diameter and discharge coefficient of the perforations under different perforation numbers.
When the perforation number is 14, the variation in the diameter and discharge coefficient
of the perforations is small. And when the perforation number is 8, the diameter and the
discharge coefficient of the perforations change the most, which suggests that a smaller
perforation number corresponds to more severe perforation erosion.

Figure 17. Fracture propagation under different perforation numbers (left: erosion; right: no erosion).
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(a) (b)

Figure 18. The flow distribution between fractures under different perforation numbers: (a) erosion;
(b) no erosion.

Figure 19. The length of each fracture under different perforation numbers.

(a) (b)

Figure 20. The change in perforation diameter and discharge coefficient under different perforation
numbers: (a) perforation diameter; (b) discharge coefficient.

In conclusion, the effects of erosion on multi-fracture propagation are aggravated as
the perforation number decreases. And when the perforation number increases, the erosion
of the perforations is mitigated. Nevertheless, although the effects of erosion on multi-
fracture propagation are more severe when the perforation number decreases, reducing the
perforation number is still conductive to promoting uniform fracture propagation. Thus, a
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smaller perforation number can be considered to overcome the effect of perforation erosion
and ensure uniform fracture propagation.

4.5. The Effects of Cluster Spacing

The cluster spacing is closely associated with the stress interference between fractures
and has a significant influence on multi-fracture propagation. In this section, four cases are
considered to study the multi-fracture propagation under different cluster spacings (20 m,
25 m, 30 m, and 35 m).

Figure 21 shows the fracture morphology with four different cluster spacings. The
impact of stress shadow decreases as the cluster spacing increases. Hence, the uniformity
of the fracture propagation increases as the cluster spacing increases. However, an increase
in the cluster spacing enhances the impact of perforation erosion. Figure 22 shows that the
difference in the length of the central fracture between the cases considering perforation
erosion and those disregarding perforation erosion is 2 m when the cluster spacing is 20 m,
and the difference increases to 11 m when it is 35 m. This is because the stress shadow
effect is strong with a smaller cluster spacing, and a higher perforation friction is needed
to ensure uniform fracture propagation. Despite the perforation erosion resulting in a
reduction in the perforation friction, the multi-fracture propagation is less affected. As
the cluster spacing increases, the effect of stress shadow is weakened, and the decrease
in the perforation friction can significantly affect the multi-fracture propagation. Hence,
although Figure 23 shows that the difference in the perforation erosion under different
cluster spacings is small, the effect of the perforation erosion is enhanced as the cluster
spacing increases.

Figure 21. Fracture propagation with different cluster spacings (left: erosion; right: no erosion).
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Figure 22. The length of each fracture under different cluster spacings.

(a) (b)

Figure 23. The change in perforation diameter and discharge coefficient under different cluster
spacings: (a) perforation diameter; (b) discharge coefficient.

Furthermore, the increase in the cluster spacing reduces the difference in the perfo-
ration erosion between the central fractures and the side fractures, as shown in Figure 23.
The increase in the cluster spacing contributes to a more uniform flow distribution. As
depicted in Figure 24, the fluid distributed to the central fracture increases while the fluid
distributed to the side fractures decreases as the cluster spacing increases, which suggests
that the injection rate in the side fractures decreases while the injection rate in the central
fracture increases. As discussed in Section 4.2, the erosion of the perforations is more severe
at an increasing injection rate. Therefore, the erosion of the side fractures is reduced while
the erosion of the perforations in the central fracture is intensified, and the difference in the
perforation erosion between the central fractures and the side fractures is reduced as the
cluster spacing increases.

In conclusion, the cluster spacing has less influence on the perforation erosion. How-
ever, the stress shadow effect between fractures can diminish the effect of perforation
erosion. The effects of erosion on multi-fracture propagation become more pronounced
as the cluster spacing is increased. Nevertheless, increasing the cluster spacing can still
contribute to uniform fracture propagation. Thus, larger cluster spacing can be considered
to promote uniform fracture propagation.
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(a) (b)

Figure 24. The flow distribution between fractures with different cluster spacings: (a) erosion;
(b) no erosion.

5. Conclusions

In this study, a 2D hydraulic fracturing model is developed to study the multi-fracture
propagation considering perforation erosion under different parameters. The study can
provide recommendations for the optimization of multi-stage fracturing design and is
helpful for enhancing shale reservoir stimulation. The following conclusions are obtained:

1. Perforation erosion increases the discharge coefficient and perforation diameter, which re-
sults in a reduction in the perforation friction and aggravates uneven fracture propagation.

2. For a certain volume of fracturing fluid, although the injection time is longer at a lower
injection rate, the effects of erosion on multi-fracture propagation are more severe at
a high injection rate. Nevertheless, an increasing injection rate is still beneficial for
promoting uniform fracture propagation, and a higher injection rate is recommended.

3. When the perforation number and perforation diameter decrease, the erosion of the
perforations is aggravated, which leads to a sharp decrease in the perforation friction
and aggravates the effects of erosion on the multi-fracture propagation. To overcome
the effect of perforation erosion, a smaller perforation diameter and perforation
number are recommended to ensure the initial perforation friction is much higher
than the perforation friction after perforation erosion.

4. The cluster spacing has less effect on perforation erosion. And stress shadow can
diminish the effects of erosion on multi-fracture propagation, which indicates that the
effects of erosion on multi-fracture propagation are enhanced as the cluster spacing is
increased. Nevertheless, increasing the cluster spacing is still conducive to promoting
uniform fracture propagation, and larger cluster spacing can be considered to promote
uniform fracture propagation.
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Abstract: Simultaneous multiple-fracture treatments in horizontal wellbores have become an essential
technology for the economic development of shale gas reservoirs. During hydraulic fracturing,
fracture initiation and propagation always induce additional stresses on the surrounding rock. When
multiple fractures develop simultaneously, the development of some fractures is limited due to the
stress-shadow effect. An in-depth understanding of the multiple-fracture propagation mechanism
as reflected by fracture morphology and flow rate distribution can help to set reasonable operation
parameters for improving the uniformity of multiple fractures and forming a complex fracture
network according to the different in situ stress conditions in a reservoir to increase the shale gas
recovery and reduce the cost. In this study, a two-dimensional (2D) fracture propagation model was
developed based on the extended finite element method (XFEM). Then, the influences of various
factors, including geological and operational factors, on the development of multiple fractures were
studied. The results of numerical simulations showed that increasing the cluster spacing or injecting
fracturing fluid with lower viscosity can help reduce the stress-shadow effect. In the case of smaller
in situ stress differences, the deflection of the fractures was larger due to the stress-shadow effect. As
the stress difference increased, the direction of the propagation of the fracture was gradually biased
towards the direction of maximum horizontal stress. In addition, the injection rate had some effects
on the fracture morphology and flow rate distribution. However, as the injection rate increased, the
dominant fracture developed rapidly, and the fracture length significantly increased.

Keywords: XFEM; stress-shadow effect; competition propagation of fractures; in situ stress difference;
injection rate

1. Introduction

The development of gas in low-porosity/permeability reservoirs such as shale gas
reservoirs is a solution to the growing demand for energy resources [1,2]. Meanwhile,
shale gas, as a clean energy source like geothermal energy, has low-carbon and green
characteristics and has taken on an important role in global clean energy [3]. Shale gas
reservoirs have poorer physical properties and more complex in situ stress conditions
than those of conventional reservoirs, which has led to the use of a number of stimulation
techniques during shale gas development [4,5]. Over the last decades, reservoir stimulation

Energies 2024, 17, 1057. https://doi.org/10.3390/en17051057 https://www.mdpi.com/journal/energies25



Energies 2024, 17, 1057

techniques combining horizontal well technology with multi-stage hydraulic fracturing
have played an important role in shale gas development, enlarging the drainage area by
arranging multiple perforation clusters within a stage, thereby increasing recovery and
reducing operating costs. Although this technique has been applied more often in practical
engineering, the mechanism of the influences of different geological and operational pa-
rameters on the simultaneous development of multiple fractures is not completely clear,
and in-depth studies are needed [6–8].

During the fracturing process, it is desired that multiple fractures develop and propa-
gate uniformly with minimal resistance. However, the results of mine experiments and
laboratory tests have shown that even in homogeneous formations, hydraulic fractures
have characteristics such as deflection and offsets that are opposite to the two-wing and
planar characteristics [9]. The morphology of fractures is decided by various factors, such
as the injection rate and in situ stress conditions. Warpinski et al. [10] conducted mine
experiments in ash-fall tuffs with low permeability and showed that in situ stress affects
the propagation mode of hydraulic fractures. Zeng et al. [11] carried out experiments
on the development of hydraulic fractures using cement samples. When the well pipe
position was changed, the complexity of the hydraulic fracture morphology was different
due to the stress differences. Some researchers have investigated the effects of operation
factors on hydraulic fracture morphology [12,13]. The experimental results showed that
the complexity of the fractures and the probability of fracture deflection increased with the
increase in the viscosity of the injected fluid. In addition, the higher the injection rate, the
lower the complexity of the fracture and the greater the likelihood of planar fracture.

Meanwhile, when multiple fractures develop simultaneously, the induced stresses
generated between the fractures will change the in situ stress distribution, causing the
hydraulic fracture’s propagation direction to deviate from the direction of the maximum
principal stress, resulting in a complex fracture morphology. This phenomenon is known
as the stress-shadow effect, and it usually results in the suppression of the center frac-
ture, while the fractures on either side are overextended and show varying degrees of
deflection [14]. Qu et al. [15] found that when multiple fractures occur simultaneously,
the induced stresses arise at the fracture tip, and the stress field around each fracture
is different. Fractures in which stress is concentrated at the tip require more energy to
promote fracture propagation. Fallahzadeh et al. [16] set up two perforation clusters in
mortar samples. Once two fractures were initiated, they propagated in opposite directions,
and fracture tortuosity occurred in an area near the wellbore. The proportion of fluid in a
fracture after applying fracturing fluid determines the morphology and development of the
fracture. In general, fracturing fluids tend to flow into fractures with minimal resistance.
The stress-shadow effect generates compressive stress on fracture surfaces, resulting in
a different resistance to flow within each fracture. During the process of the flow rate
distribution, more fluid enters fractures with lower compressive stress [17–19]. As a result,
each fracture develops differently. Miller et al. [20] concluded from production logging
data from a large number of horizontal shale wells that most shale hydrocarbons came
from a small number of perforation clusters. Ketterij et al. [21] set up multiple clusters and
carried out hydraulic fracturing experiments. Their experiment showed that the amount
of fluid entering each fracture varied. While it has been recognized that stress-shadow
effects can directly affect the complexity of fracture networks, more work needs to be
performed to explore the specific roles of different parameters in fracture morphology and
flow rate distributions.

Due to the lack of effective diagnostic techniques for fractures, complex fracture ge-
ometries caused by the development of multiple fractures are not accurately characterized
during mine experiments [8,22]. In laboratory experiments, it is difficult to ensure that con-
ditions are completely consistent, especially with true samples, and the scale of simulations
is limited. With the improvement of various numerical methods and computer efficiency,
numerical simulation methods have gradually been applied to larger-scale fracture studies
in shale reservoirs [23–25]. In previous studies, researchers used the finite element method
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(FEM) to simulate fracture generation processes. In this method, the cohesive zone model
(CZM), which is commonly used to describe fracture initiation and propagation, obeys a
law called “traction–separation” [26–32]. Guo et al. [26] established a three-dimensional
model to study the simultaneous generation of multiple fractures in shale reservoirs with a
thick pay zone. Shin et al. [27] discussed the effects of the number of perforation clusters,
injected fluid viscosity, and elastic modulus on the development state of multiple fractures
that were initiated simultaneously. The results showed that geological and operational
factors have a significant impact on the morphology of the fractures and the distribution of
fluids in them. Recently, the extended finite element method (XFEM) has been applied in
the field of computational mechanics [33–36]. This method represents fractures or material
interfaces in a computational region by means of discontinuous form functions that are
independent of the element network. The advantage of XFEM is that there is no need to
update the finite element mesh to trace the location of a fracture. In addition, fractures can
propagate along arbitrary paths. Compared to CZM, XFEM is better suited for showing
the complexities of fracture development, such as with the deflection angle [37,38]. Cur-
rently, researchers mainly discuss the patterns of interactions between induced fractures
and pre-existing fractures through XFEM. More work needs to be performed to study the
simultaneous propagation of multiple fractures by considering more factors [39–41]. The
complexity of a fracture network depends on the morphology of each fracture. Importantly,
the stress-shadow effect plays a crucial role in the degree of uniform planar propagation of
multiple fractures. Therefore, the influences of various factors (i.e., geological and opera-
tional factors) on the stress-shadow effect should be discussed. Reduction in the negative
impact of the stress-shadow effect and the formation of a complex fracturing network are
essential for improving the efficiency of shale gas extraction.

In this study, a two-dimensional hydraulic fracture propagation model based on the
XFEM was established. Five fractures were embedded in a coupled hydro-mechanic model.
The competing propagation of fractures was simulated under different conditions. Several
factors were considered, including in situ stress differences, cluster space, fracturing fluid
viscosity, and injection rate. The effects of geological and operational factors on the fracture
network’s morphology are discussed. This study contributes to the understanding of the
mechanism of the stress-shadow effect on multiple-fracture propagation. These conclusions
help in recognizing the key factors in controlling the uniform growth of multiple fractures,
which can help to improve the uniformity of multiple fractures and form a complex fracture
network, which will be conducive to improving shale gas recovery and reducing costs.

2. Governing Equations

2.1. Model Assumptions

The hydraulic fracturing process involves the complex dynamic coupling of fluids
and solids. In order to comprehensively study the process of the simultaneous propagation
of multiple fractures with reduced computational burden, some assumptions need to be
considered [42]:

(1) The rock matrix material is considered to be homogeneous and elastic;
(2) The injected fluid is considered incompressible;
(3) The proppant transport within multiple fractures is not taken into account;
(4) The influence of the temperature field is not considered in the simulation.

2.2. The Flow Mode of the Fluid

During fracture generation, the continuous injection of a fluid triggers a fracture to
propagate. To describe this complex phenomenon, we need two sets of laws [42]:

(1) In the fluid section, we need to describe the fluid flow process and the fluid filtration
loss process within the fracture;

(2) In the soil section, we need some initiation and propagation criteria to describe the
whole process from the deformation to the destruction of rocks.
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The directions of fluid flow within a fracture include the tangential and normal
directions (Figure 1). Along the tangential direction, fluid flows into the fracture, while
along the other direction, fluid is lost by filtering from the fracture into the rock mass. The
equation of fluid flow in the tangential direction was given by Reynold [26]:

q = − w3

12μ
∇p (1)

where q represents the flow rate along with tangential direction, w represents the width of
the fracture, μ represents the viscosity of the injected fluid, and �p represents the pressure
variation inside the fracture.

Figure 1. Fluid flow in the fracture.

The equation of the fluid flow along the normal direction can be written as follows [26]:
{

qt = ct(pi − pt)
qb = cb(pi − pb)

(2)

where qt represents the flow rate at the upper fracture surface, qb represents the flow rate
at the lower fracture surface, ct represents the coefficient of filtration loss at the upper
fracture surface, cb represents the coefficient of filtration loss at the lower fracture surface,
pi represents the pressure at the mid-face, pt represents the pore pressure at the upper face,
and pb represents the pore pressure at the bottom face.

2.3. The Formula for Effective Stress

For rock with a certain porosity, the stress can be expressed as follows [26]:

σtotal = σ′ + αpwδ (3)

where σtotal represents all stress in the rock, σ′ represents the effective stress, pw represents
the pressure in the pores of the rock, α represents the coefficient proposed by Biot, and δ
represents the constant proposed by Kronecker.

2.4. XFEM Approximation

Belytschko and Black [43] introduced the XFEM to overcome the shortcomings of the
FEM when simulating the propagation of various discontinuities.

In order to characterize a fracture, it is necessary to construct discontinuous displace-
ment functions. A discontinuous displacement function consists of an asymptotic function
and a discontinuity function [28]. The displacement vector u is written as follows:

u =
N

∑
I=1

NI(x)

[
uI + H(x)aI +

4

∑
α=1

Fα(x)bα
I

]
(4)

where uI represents the continuous node displacement vector associated with the element
in the conventional finite element solution, I represents the total number of nodes within

28



Energies 2024, 17, 1057

the element, NI(x) represents the conventional node shape function, H(x) represents the
correlation function of the discontinuous jumps of the fracture propagation element, aI
represents the additional degrees of freedom of the fracture propagation element, Fα(x)
represents the additional function of the fracture tip, and bα

I represents the additional
degrees of freedom of the fracture tip element.

The values of the discontinuity jump functions are as follows [38]:

H(x)
{

1 (x − x∗) · n ≥ 0
−1 otherwise

(5)

where x represents the node under investigation, x* represents the node on the fracture
with the shortest distance from x, and n represents the unit outward normal vector at x*.

The additional function Fα(x) for the tip of the fracture (Figure 2) is given by the
following equation [38]:

Fα(x) = [
√

r sin
θ

2
,
√

r cos
θ

2
,
√

r sin θ sin
θ

2
,
√

r sin θ cos
θ

2
] (6)

where r and θ represent the values of the polar coordinates in the localized frame of the
element at the tip of the fracture.

x
x*

x

x*

Figure 2. Schematic diagrams of smooth fractures and their normal and tangential coordinates for
elements at different locations.

To accurately describe the singularity of a fracture tip through modeling, it is essential
to constantly track the location of the fracture propagation. As shown in Figure 3, the
discontinuities of the fracture elements can be characterized in terms of initial real nodes
and phantom nodes covering the initial real nodes. Both types of nodes are independent.
Therefore, when an element is penetrated by a fracture, it is divided into two parts consist-
ing of two types of nodes, while the phantom nodes are constrained by the initial real nodes
in the complete element. In order to construct a complete set of interpolations, certain
fracture elements belonging to the real domain Ω0 will be extended into the phantom
domain Ωp. Displacements of Ω0 can be interpolated through the degree of freedom of Ωp.
The jump in the displacement field is realized by integrating from the real node side to the
fracture region [28,38,40].

0

0
+

p
-

p
+

0
-

Figure 3. Schematic for introducing virtual nodes superimposed on the initial nodes to characterize
the discontinuities of fracture elements.
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2.5. The Mechanism of Fracture Failure

The mechanism of fracture failure consists of two processes: (1) the initiation of a
fracture and (2) the evolution of fracture damage.

In elastic mechanics, failure initiation is defined as a weakening of the stiffness of
a material.

During hydraulic fracturing, the maximum stress criterion is usually adopted to
determine whether the stress in the reservoir rock meets the fracture initiation conditions,
that is, i.e., the tensile strength of the rock is reached. Therefore, the initiation criterion can
be derived from the following equation [28]:

f =

{ 〈σmax〉
σ0

max

}
(7)

where f represents the ratio of the maximum stress value, σ0
max represents the allowable

maximum stress value, and <> represents Macaulay Brackets. When f reaches 1, damage
is initiated.

During the propagation of hydraulic fracturing, we use the Bengeggagh–Kenane law
(BK law) as a criterion for describing the evolution of fracture damage [26,27]. The criterion
proposed by Bengeggagh–Kenane [27,28] can be written as follows:

GequivC = GIC + (GIIC − GIC)

(
GIIC + GIIIC

GIC + GIIC + GIIIC

)
(8)

where GequivC represents the critical energy release rate of the fracture, GIC represents the
energy release rate for the tensile failure of the fracture, GIIC represents the energy release
rate for the shear failure of the fracture due to sliding, and GIIIC is the energy release rate for
the shear failure of the fracture due to tearing. The fracture propagation demand is equal to
the energy release rate of the fracture between the fracture tip node and the critical value.

3. Model Establishment and Verification

3.1. Establishment of a Multiple-Fracture Development Model and the Parameterization of
Different Cases

In order to explore the influences of geological and operational factors on fracture mor-
phology and flow rate distribution during multiple-fracture development, a 2D multiple-
fracture development model based on the XFEM was established, and five fractures were
embedded in a reservoir. Horizontal wells were oriented in the direction of the horizontal
stress with the minimum value, and five perforation clusters were oriented in the direction
of the horizontal stress with the maximum value. The model was a square with a side
length of 140 m (Figure 4). The number of grid elements in the model was 19,600. Table 1
establishes the basic properties of the reservoir. The conditions in the model with respect to
the displacement boundary are shown in Figure 4. The displacement around the boundary
was constrained to zero in the vertical direction. Incompressible fluid was injected at a
constant rate into the five perforation clusters.

Table 1. Constant parameters of the model used in the simulation.

Unit Value

Maximum horizontal stress MPa 98
Minimum horizontal stress MPa 90

Poisson’s modulus - 0.14
Pore pressure MPa 38

Young’s modulus GPa 23
Reservoir permeability mD 1.4

Reservoir porosity - 0.071
Tensile strength MPa 12
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Figure 4. Simulation model of a single horizontal well with five perforation clusters and the corre-
sponding boundary conditions.

Using the developed model, it was possible to explore the simultaneous initiation and
development of five fractures in a single stage. Different geological and operational factors
were considered in this study, and the parameter settings for different cases are shown in
Table 2.

Table 2. Design parameters for nine cases.

Case
Cluster Spacing

(m)

In Situ Stress
Difference

(MPa)

Fracture Fluid
Viscosity
(mPa·s)

Injection Rate
(m3/min)

Case 1 8 0 40 14
Case 2 8 8 40 14
Case 3 8 16 40 14
Case 4 9 8 40 14
Case 5 10 8 40 14
Case 6 8 8 1 14
Case 7 8 8 300 14
Case 8 8 8 40 12
Case 9 8 8 40 16

3.2. The Validation of Fracture Propagation

The performance of the fracture propagation model based on the XFEM was eval-
uated by using experimental results. Jiang et al. [44] conducted triaxial experiments to
investigate the effect of oriented perforation on fracture development. Hydraulic fracturing
was performed on cubic concrete samples measuring 300 mm × 300 mm × 300 mm. A
borehole was drilled in the center of each sample, with a 60◦ angle between the borehole
and the maximum horizontal principal stress. The results showed that when the direction
of perforation did not coincide with the maximum horizontal principal stress, the fracture
was deflected. To verify the validation of our model, the fracture propagation results
simulated with the experimental parameters (Table 3) were compared with the results of
the experiment (Figure 5). The results of the model consisted of the direction of fracture
propagation, the morphology, and element displacement values (U). The element displace-
ment values were able to represent the degree of fracture opening at different locations.
The results of the numerical simulation showed that in the square model with a side length
of 0.3 m, the hydraulic fracture first initiated along the 60◦ perforation azimuth with a
larger displacement vector value at the location of the initiation, and then the fracture was
deflected, was shifted to the direction of the maximum principal stress, and propagated
to the model boundary. Fractures in the vicinity of the initiation site had large displace-
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ment values that gradually decreased after the fracture had turned. The numerical results
were in general agreement with the fracture deflection and morphology observed in the
experimental results of Jiang et al. [44].

Table 3. Basic parameters used for model verification.

Unit Value

Maximum horizontal stress MPa 6
Minimum horizontal stress MPa 1

Poisson’s modulus - 0.23
Young’s modulus GPa 8.402

Reservoir permeability mD 0.1
Reservoir porosity % 1.85

Tensile strength MPa 2.59
Injection rate m3/s 2.1 × 10−9

Fracturing fluid viscosity mPa·s 73
The orientation between perforation and the maximum

horizontal principal stress
◦ 60

 

  
 

(a) (b) 

Figure 5. Comparison between the numerical model and the experimental result (unit: m). (a) the
numerical simulation result, (b) the schematic diagram of experimental results.

4. Results and Discussion

In this section, the developed model was utilized to investigate the simultaneous
initiation and development of five fractures in a single stage. When a certain amount
of injected fluid flowed into the five fractures, the amount of fluid flowing into each
fracture was redistributed and constantly changed. By comparing the morphology of
the fractures and the flow rate distribution, the influence of stress-shadow effects during
the development of multiple fractures can be discussed. Here, different geological and
operational factors are considered, as shown in Table 3.

4.1. The Effect of In Situ Stress Difference (Cases 1–3)

Differences in in situ stresses are an important factor in fracture propagation. The
direction of fracture propagation is usually the direction of the horizontal stress with
the minimum value. However, under the condition of the simultaneous development of
multiple fractures, the stress field around the fracture tip region can be disturbed due to
stress-shadow effects. Then, the fracture undergoes different degrees of deflection. In order
to explore the effects of in situ stress differences on the development of multiple fractures,
three values of stress difference were used, i.e., 0 MPa, 8 MPa, and 16 MPa.

The morphology of the five fractures after 240 s of fluid injection is shown in Figure 6.
Figure 6 shows that brighter-colored locations represent fractures with higher displacement
values. It was observed that the fractures (except for the center fracture) developed symmet-
rically and had the same morphology. Regarding the propagation process of the fractures,
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the first five fractures extended along the direction of the horizontal stress with the max-
imum value. Then, based on the stress-shadow effects, the side fracture and sub-center
fracture deviated from the center fracture. Apparently, the center fracture was compressed
by the sub-center fractures, and little deflection occurred. In addition, the deflections of the
side and sub-center fractures decreased with the increase in stress difference. In particular,
Figure 6a shows that at a stress difference of 0 MPa, all fractures except the center fracture
underwent significant deflection. For the sub-center fractures, the bottom tip was connected
to the side fracture. The presence of this phenomenon greatly reduced the effectiveness of
the side and sub-center fractures.

   
(a) (b) (c) 

Figure 6. Displacement values and fracture geometries for three different in situ stress differences
(unit: m). (a) The value of the in situ stress difference was 0 MPa; (b) the value of the in situ stress
difference was 8 MPa; (c) the value of the in situ stress difference was 16 MPa.

Figure 7 depicts the length of each fracture after 240 s of fluid injection. It can be
seen that the length of the sub-center fracture significantly increased as the in situ stress
difference increased. The length variations in the other fractures were negligible. This
was because the magnitude of deformation in the side fractures was suppressed with
higher stress differences. Also, less energy was required for fracture propagation along the
direction of the horizontal stress with the maximum value compared to that in the other
directions. The length of a reasonably oriented fracture was larger for the same fluid flow
rate. When the deflection amplitude of the side fractures decreased, the stress field around
the side fractures enhanced the effect of stress interference on the sub-center fractures
and central fracture. As a result, the length of the sub-center fracture did not significantly
increase as the deflection amplitude decreased. On the contrary, the length of the otherwise
flat center fracture decreased.

 
Figure 7. Fracture lengths for simultaneous development with three different in situ stress differences.

Figure 8 shows the amount of fluid injected into each fracture. It can be noticed that
five fractures were initiated at the beginning of the fluid injection, and the fluid flow rate
inside each fracture rapidly increased. When the fractures were in the propagation stage,
the fluid flow rate in each fracture tended to stabilize. In contrast to the side fractures, the
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development of the sub-center fractures and center fracture was limited by stress-shadow
effects and accounted for a significantly smaller proportion of the total fluid volume.

  
(a) (b) 

 

 

(c)  

Figure 8. Fluid flow rates of simultaneously propagating fractures with three different in situ stress
differences. (a) The value of the in situ stress difference was 0 MPa; (b) the value of the in situ stress
difference was 8 MPa; (c) the value of the in situ stress difference was 16 MPa.

For example, with a stress difference of 0 MPa, the proportions of fluid entering the
center fracture, the single sub-center fracture, and the single side fracture were 7.22%,
12.63%, and 33.76%, respectively, after 240 s of fluid injection (Figure 9). The side fractures
were hardly affected by stress-shadow effects and could develop well. However, the center
fracture was most affected by stress-shadow effects, and less fluid entered it.

 
Figure 9. Proportions of fluid volume entering the fractures after 240 s of fluid injection for three
different in situ stress difference conditions.

In general, as the in situ stress difference increased, the fractures deflected by the
stress-shadow effect gradually returned to the direction of the horizontal stress with the
maximum value. The propagation of the internal fractures was more strongly inhibited.
However, there was little change in the fluid within each fracture.

4.2. The Effects of Cluster Spacing (Cases 2, 4, and 5)

In actual hydraulic fracturing processes, the geological parameters are usually fixed.
It is more practical to reduce the effects of stress interferences by optimizing the operating
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parameters. Cluster spacing plays an important role in the uniform development of multi-
ple fractures. In order to discuss the specific effects of cluster spacing on the morphology
and fluid flow of each fracture, three different cluster spacings (8 m, 9 m, and 10 m) were
set up in the model.

Figure 10 shows the morphology of the five fractures after 240 s of fluid injection with
three cluster spacings. In Figure 10, brighter-colored locations represent fractures with
higher displacement values. As the spacing of the perforation clusters increased, the degree
of deflection of the side fractures increased. When the clusters were spaced 10 m apart, the
side fractures propagated in a direction almost away from the center fracture at the location
of initiation. The sub-center fracture initially propagated in the direction of the horizontal
stress with the maximum value. Then, the direction was away from the center fracture.
The center fracture propagated in a straight line along the direction of the horizontal stress
with the maximum value. The development of the center fracture significantly increased
with the increase in the cluster spacing.

   
(a) (b) (c) 

Figure 10. Displacement values and fracture geometries for three different cluster spacings (unit: m).
(a) The spacing of the perforation clusters was 8 m; (b) the spacing of the perforation clusters was
9 m; (c) the spacing of the perforation clusters was 10 m.

Figure 11 depicts the length of each fracture after 240 s of fluid injection. The length of
the side fractures increased and then decreased as the spacing of the perforation cluster
increased. The length of the sub-center fracture first increased and then remained stable.
The length of the center fracture continuously increased. It was observed that the larger
cluster spacing contributed to the uniform development of multiple fractures, which was
favorable for improving the fracturing effect.

 
Figure 11. Fracture length of simultaneously developed fractures with three different cluster spacings.

Figure 12 shows the amount of fluid injected into each fracture. The proportion of
the fluid volume in each fracture after 240 s of fluid injection is shown in Figure 13. By
comparing the change curves of the fluid flowing into each fracture, it was found that the
proportion of each type of fracture gradually stabilized after reaching the maximum value.
Combined with the fracture morphology after 240 s of fluid injection (Figure 10), it was
found that the initial propagation of the side fractures inhibited the development of the
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sub-center fractures and center fracture. However, the stress-shadow effects of the sub-
center fractures and center fracture were weakened with the increase in the cluster spacing
and side fracture deflection. The fracture development was improved to different degrees.
After 240 s of fluid injection, the proportion of fluid in the side, sub-center, and center
fracture changed from 34.16%, 12.33%, and 7.02% to 30.9%, 14.28%, and 9.64%, respectively,
with the increase in the cluster spacing. The uniformity of the flow distribution in each
fracture was significantly improved.

  
(a) (b) 

 

 

(c)  

Figure 12. Fluid flow rates of simultaneously propagating fractures with three different cluster
spacings. (a) The spacing of the perforation clusters was 8 m; (b) the spacing of the perforation
clusters was 9 m; (c) the spacing of the perforation clusters was 10 m.

 
Figure 13. Proportions of fluid volume entering the fractures after 240 s of fluid injection for three
different cluster spacings.

In conclusion, increasing the spacing of the perforation clusters attenuated stress interfer-
ences and improved the uniformity of the flow rate distribution and fracture development.

4.3. The Effects of Fracturing Fluid Viscosity (Cases 2, 6, and 7)

Fracturing fluid viscosity is an important operational parameter that has a significant
impact on the fracturing pattern. In order to discuss the various effects of the fracturing
fluid viscosity on the fracture patterns and fluid flow in each fracture, three different values
of fracturing fluid viscosity (1 mPa·s, 40 mPa·s, and 300 mPa·s) were set for discussion.
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Figure 14 shows the morphology of the five fractures after 240 s of fluid injection. In
Figure 14, brighter-colored locations represent fractures with higher displacement values.
From the fracture development morphology, it can be seen that the degree of deflection
of the side fractures increased as the viscosity changed from 1 mPa·s to 40 mPa·s. The
morphology of the sub-center fractures and the center fracture remained almost unchanged.
However, the morphology of each fracture changed significantly as the viscosity changed
from 40 mPa·s to 300 mPa·s. The side and sub-center fractures propagated almost com-
pletely in the direction of the horizontal stress with the maximum value, and the length of
the center fracture decreased significantly.

   
(a) (b) (c) 

Figure 14. Displacement values and fracture geometries for three different fracturing fluid viscosities
(unit: m). (a) The value of the fracturing fluid viscosity was 1 mPa·s; (b) the value of the fracturing
fluid viscosity was 40 mPa·s; (c) the value of the fracturing fluid viscosity was 300 mPa·s.

Figure 15 depicts the length of each fracture after 240 s of fluid injection. The length
of each fracture did not change much as the viscosity changed from 1 mPa·s to 40 mPa·s.
The deflection angle of the side cracks increased with increasing viscosity. The area of
the fracture network also increased. When the viscosity was changed from 40 mPa·s to
300 mPa·s, the length of the side fractures significantly increased from 71.5 m to 80 m. On
the contrary, the lengths of the sub-center fractures and the center fracture decreased by 5 m
and 2.5 m, respectively. The results showed that the side fractures propagated along the
direction of the horizontal stress with the maximum value when the viscosity was very high.
The propagation process was easier and required less energy. Meanwhile, the development
of the sub-center fractures and center fracture was inhibited, which was influenced by the
larger stress-shadow effect. Therefore, this propagation was not conducive to the uniform
development of multiple fractures.

Figure 15. Fracture lengths of simultaneously developed fractures with three different fracturing
fluid viscosities.

Figure 16 shows the fluid flow rate into each fracture during fluid injection. The
proportions of fluid flow into each fracture after 240 s of fluid injection are shown in
Figure 17. It can be seen that when the viscosity was 1 mPa·s, the fluid flow rate into the
sub-center fracture was significantly larger than that into the center fracture. With the
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increase in viscosity, the fluid flow into the sub-center fracture tended to be the same as
that in the center fracture. When the viscosity increased, the fluid volume proportion in the
side fracture increased from 32.35% to 39.85%, while the fluid volume proportion in the
sub-center and center fractures decreased by 5.87% and 3.26%, respectively (Figure 17).

  
(a) (b) 

 

 

(c)  

Figure 16. Fluid flow rates of simultaneously propagating fractures with three different fracturing
fluid viscosities. (a) The value of the fracturing fluid viscosity was 1 mPa·s; (b) the value of the
fracturing fluid viscosity was 40 mPa·s; (c) the value of the fracturing fluid viscosity was 300 mPa·s.

 
Figure 17. Proportions of fluid volume entering the fractures after 240 s of fluid injection for three
different fracturing fluid viscosities.

In summary, the stress-shadow effect increased with increasing viscosity. However, if
the viscosity is increased appropriately, a larger fracturing network can be formed.

4.4. The Effect of Injection Rate (Cases 2, 8, and 9)

The injection rate is another important operating parameter. In order to discuss the
various effects of the injection rate on the fracture morphology and fluid flow in each
fracture, three different injection rates (12 m3/min, 14 m3/min, and 16 m3/min) were set
for discussion.

Figure 18 shows the morphology of the five fractures after 240 s of fluid injection
at three injection rates. In Figure 18, brighter-colored locations represent fractures with
higher displacement values. When the injection rate was increased, the length of the side
fractures increased significantly, while the deflection of the side fractures did not change
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much. The length and deflection angle of the sub-center fractures and the center fracture
hardly changed. It was observed that the development of the major fractures increased
with the increase in the injection rate. On the contrary, the other fractures remained largely
unchanged. Unfortunately, the unevenness of fracture development increased.

   
(a) (b) (c) 

Figure 18. Displacement values and fracture geometries for three different injection rates (unit: m).
(a) The value of the injection rate was 12 m3/min; (b) the value of the injection rate was 14 m3/min;
(c) the value of the injection rate was 16 m3/min.

Figure 19 depicts the length of each fracture after 240 s of fluid injection. As the
injection rate increased, the length of the side fractures increased from 70 to 80 m, while the
length of the other fractures remained almost constant (Figure 19).

Figure 19. Fracture lengths of simultaneously developed fractures with three different injection rates.

Figure 20 shows the flow rate in each fracture during fluid injection. By comparing
the change curves when using different injection rates, it was found that the volume of
fluid entering each fracture tended to increase with the increase in the injection rate. The
proportion of fluid volume entering each fracture after 240 s of fluid injection is shown
in Figure 21. At different injection rates, the fluid volume proportion in each fracture
remained almost constant.

In conclusion, from the point of view of fracture morphology, the length of the side
fractures significantly increased with the increase in the injection rate. In contrast, the
change in the length of the internal fractures was negligible. Although the area of the
fracture network increased, the degree of inhomogeneous development between fractures
increased. In addition, the proportion of fluid volume in each fracture changed little when
the injection rate was increased. Therefore, the injection rate had a small effect on the
stress-shadow effect, as well as on the distribution of the flow rate between fractures.
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(a) (b) 

 

 

(c)  

Figure 20. Fluid flow rates of simultaneously propagating fractures with three different injection
rates. (a) The value of the injection rate was 12 m3/min; (b) the value of the injection rate was 14
m3/min; (c) the value of the injection rate was 16 m3/min.

Figure 21. Proportions of fluid volume entering the fractures after 240 s of fluid injection for three
different injection rates.

5. Discussion and Conclusions

In this study, a two-dimensional hydraulic fracturing propagation model was es-
tablished based on the XFEM. The effects of geological and operational factors on the
simultaneous development of multiple fractures were investigated. The study helps to
set reasonable operation parameters for improving the uniformity of multiple fractures
and forming a complex fracture network, which will be conducive to improving shale gas
recovery. The following conclusions were drawn:

• The influence of the in situ stress difference on the flow rate distribution among
multiple fractures is not obvious. However, with the increase in the in situ stress dif-
ference, side fractures with larger deflections gradually propagate along the direction
of the horizontal stress with the maximum value. In addition, the fracture length
significantly increases.

• The cluster spacing can effectively affect the stress interference between multiple
fractures. The uniformity of the fracture morphology and flow rate distribution can be
significantly improved by increasing the cluster spacing.

• As the viscosity of the fracturing fluid increases, the stress-shadow effect is further en-
hanced, and more fluid flows into the dominant fracture. When the viscosity increases
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from 1 mPa·s to 40 mPa·s, the deflection angle of the side fractures increases, as does
the fracture network area. When the viscosity reaches 300 mPa·s, the development of
internal fractures is greatly inhibited, and the side fractures are no longer deflected.

• A higher injection rate has little effect on the inflow of fluid into the internal fractures
and on their morphology. On the other hand, with the same proportion of the fluid
volume, the length of the side fractures significantly increases, favoring the formation
of a larger fracture network area.

It can be seen from the results that setting a suitable perforation cluster direction,
increasing the cluster spacing, and using a medium (e.g., 40 mPa·s) fracturing fluid viscosity
according to the in situ stress conditions can help weaken the influence of the stress-shadow
effect caused by the simultaneous development of multiple fractures and promote the
uniform development of fractures formed by multiple perforation clusters. Increasing the
injection rate and setting the appropriate fracturing fluid viscosity will help increase the
degree of development of each fracture and form a certain degree of deflection, which will
be conducive to increasing the complexity and coverage area of the fracture network.

Of course, the shortcomings of this study must be pointed out. Currently, the forma-
tion of complex fracture networks through hydraulic fracturing requires attention to the
longitudinal development of fractures. The height of multiple fractures in the 2D hydraulic
fracturing model was assumed to be the same as the height of the reservoir. In order
to know the true evolution of the height of multiple fractures, in future work, we will
develop a three-dimensional hydraulic fracture propagation model; then, the morphologies
of multiple fractures can be studied more comprehensively.
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Abstract: The objective of this study is to construct a refined microscopic transport model that eluci-
dates the transport mechanisms of gas flow within micro-nano pores and fractures. The collective
impact of various microscopic transport mechanisms was explained through the apparent perme-
ability model, specifically related to gases such as methane and carbon dioxide, within the shale
matrix. The apparent permeability models, taking into account microscopic transport mechanisms
such as slippage flow, Knudsen diffusion, transition flow, and surface diffusion, were established
individually. Subsequently, the influencing factors on apparent permeability were analyzed. The
results demonstrate that the apparent permeability of the shale reservoir matrix is significantly
influenced by pore pressure, temperature, pore size, and total organic carbon (TOC). As pressure
decreases, the apparent permeability of Knudsen diffusion and surface diffusion increases, while
the apparent permeability of slippage flow decreases. In addition, the apparent permeability of the
reservoir matrix initially decreases and then increases. With increasing temperature, the apparent
permeability of slippage flow, Knudsen diffusion, and surface diffusion all increase, as does the
apparent permeability of the reservoir matrix. As pore size increases, the apparent permeability
of surface diffusion and Knudsen diffusion decreases, while the apparent permeability of slippage
flow and the reservoir matrix increases. Furthermore, an increase in TOC leads to no change in the
apparent permeability of slippage flow and Knudsen diffusion, but an increase in the apparent perme-
ability of surface diffusion and the reservoir matrix. The model presented in this paper enhances the
multi-scale characterization of gas microflow mechanisms in shale and establishes the macroscopic
application of these micro-mechanisms. Moreover, this study provides a theoretical foundation for
the implementation of carbon capture, utilization, and storage (CCUS) in shale gas production.

Keywords: micro-nano pore; shale gas; carbon dioxide; microscopic transport mechanism;
apparent permeability

1. Introduction

The shale reservoir matrix predominantly comprises micro-nano scale pores and
fractures, wherein gas manifests unique transport mechanisms relative to those observed
in larger-scale pores and fractures. Consequently, the advancement of micro-transport
models for gases, particularly methane and carbon dioxide, assumes paramount importance
in characterizing the macroscopic influences of multiple micro-transport mechanisms.
Furthermore, this endeavor can lay a solid theoretical groundwork for the successful
integration of carbon capture, utilization, and storage techniques within the realm of shale
gas production.

At present, predecessors have considered multi-microscopic transport mechanisms,
including bulk phase gas transport (slippage effect, Knudsen diffusion, and viscous flow),
surface diffusion, real gas, adsorption layer, rarefied gas, and stress sensitivity [1–3], to

Energies 2024, 17, 1145. https://doi.org/10.3390/en17051145 https://www.mdpi.com/journal/energies44



Energies 2024, 17, 1145

establish the microscopic transport model of shale gas. Moreover, from a macroscopic
application perspective, the apparent permeability is used to characterize the microscopic
transport mechanism of gas. Thereafter, a multi-scale characterization model is estab-
lished [4,5], which realizes the unity of the micro-mechanism and macro model.

Previous literature has laid the foundation for the establishment of multi-scale charac-
terization models by clarifying the multiple micro-transport mechanisms of gas in micro-
nano pores and fractures of shale matrix. For the micro-transport mechanism of bulk gas,
Wu et al. proposed that the flow patterns in the shale matrix include continuous flow, slip-
page flow, and transitional flow [6]. Zhang pointed out that throughout the entire shale gas
production cycle, all flow patterns, such as continuous flow, slippage flow, transition flow,
and Knudsen diffusion, can occur in the nano pores of shale, and the transport mechanisms
within different pore sizes are different [2]. Among them, continuous flow can be charac-
terized by Darcy’s law, which is widely used in conventional oil and gas reservoirs. The
influence of the slippage effect can be characterized by modified permeability for slippage
flow, and the modified coefficient of permeability can be obtained by fitting experimental
data [7]. Knudsen diffusion is driven by pressure difference [8], which can be characterized
by modifying the bulk gas permeability. Moreover, the microscopic transport mechanism
of the adsorbed phase is characterized by surface diffusion [1]. The study of Sheng et al.
showed that the concentration gradient was the driving force of surface diffusion, which
can use the Langmuir equation and Fick’s law to establish a surface diffusion model [9].
Zhang et al. pointed out that adsorbed gas molecules migrated under the action of the
adsorption potential field, which can be characterized by combining the Maxwell–Stefan
method with chemical potential [2]. In addition, Yin et al. proposed that the adsorption
layer reduces the space for bulk gas transport; therefore, the influence of adsorption on gas
transport in micro-nano pores is significant [10]. Previous studies considered the influence
of adsorption layers by modifying permeability [1]. The research of Li et al. showed that
the stress sensitivity effect is the main influencing factor of matrix apparent permeability,
which controls the apparent permeability of shale matrix decrease with the increase in the
permeability stress sensitivity coefficient [11]. Wu et al. proposed that the real gas effect
has a significant impact on gas transport in shale reservoirs with high temperatures and
pressures [12]. At present, the equation of state is employed to characterize the real gas
effect in micro-transport models. The study of Wu and Chen illustrated that the real gas
effect improves the gas transport ability in shale, which impact increases with increasing
pressure, decreasing temperature, and decreasing pore size [1].

Based on the multiple microscopic transport mechanisms of gas, previous literature
has considered different effects to establish the multi-scale mathematical representation
model, which was employed to study the macro effect of multiple microscopic transport
mechanisms. Ertekin et al. proposed a method to describe dynamic slip during gas
transport by providing a slip factor related to pressure and composition, in which the
viscous flow and Fick diffusion are considered [13]. Based on this, Clarkson et al. further
employed gas desorption and established a flow model [14]. Besides, Javadpour proposed
an apparent permeability formula, which characterizes Knudsen diffusion based on the
interaction between gas molecules and their pore walls. This method improved the Darcy
formula and described gas flow in mudstone micropores, which also illustrated that
the smaller the pore size and the lower the pressure and temperature conditions, the
more significant the impact of Knudsen diffusion on gas transport [15]. Considering
slippage flow and Knudsen diffusion, Swami and Settari further established a numerical
model for adsorbed gas and dissolved gas in micro-nano pores. The results indicated
that changes in the matrix’s apparent permeability should be considered in reservoir
simulation [16]. Moreover, Sheng et al. established a transient capillary flow model by
considering the mechanisms of intrapore diffusion, surface diffusion, viscous slippage
flow, and gas desorption. Its result shows that the influence of surface diffusion increases
with the decrease in pore size [9]. Li et al. established the apparent permeability model
of gas by considering viscous flow, Knudsen diffusion, and surface diffusion. Their study
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pointed out that under the conditions of low pressure and high pressure, the influence of
various factors on the apparent permeability showed different change laws [17]. Tian et al.
considered slippage flow, bulk diffusion, and Knudsen diffusion by a weighted method,
which is employed to study the contribution rate of each micro-transport mechanism to
the total flow rate [18]. Huang et al. studied the contribution of surface diffusion, slippage
flow, Knudsen diffusion, and viscous flow to the total gas flow in nano pores of shale
by comprehensively considering the pore size and pressure, pore wall roughness, pore
mechanics reaction, adsorption-induced expansion reaction, and influence of the adsorption
layer [19]. Considering surface diffusion, effective stress, and gas adsorption, Song et al.
established a gas transport model by weighted continuous flow and Knudsen diffusion
to characterize the evolution mechanism of dynamic apparent permeability of the shale
reservoir [20].

In summary, the previously proposed multi-scale characterization model for gas micro-
transport takes into account the microscale effects and reservoir characteristics in a more
comprehensive manner. However, given the diverse array of micro-transport mechanisms
for gas, there is a need to enhance the gas transport model within the micro-nano pores of
the shale matrix by considering factors such as temperature, pore structure, and material
composition. In light of this, our study presents a novel approach that incorporates the
temperature effect and the heterogeneity of micro-nano pores in the shale matrix. By
integrating various phenomena including bulk phase gas transport (continuous flow,
slippage flow, transition flow, and Knudsen diffusion), adsorption layer effect, surface
diffusion effect, real gas effect, and stress sensitivity effect, we establish a multi-scale
characterization model for gas micro-transport mechanisms in shale matrix micro-nano
pores. This model not only serves as a theoretical foundation but also paves the way for
the practical application of gas micro-transport mechanisms on a macroscopic scale.

The main work of this study is as follows: First, clarify the multiple microscopic
transport mechanism of gas in micro-nano pores and fractures. The apparent permeability
is used to realize the multi-scale characterization of the microscopic transport mechanism.
The microscopic transport model of gas in micro-nano pores and fractures of the shale
matrix is established. Secondly, the accuracy of the model is verified by experimental
data. Finally, based on the microscopic transport model of gas proposed in this paper, the
influencing factors of the macro effect of multiple microscopic transport mechanisms of gas
are quantitatively analyzed.

2. Mechanism and Model

2.1. Transport Mechanism of Gas
2.1.1. Bulk Gas

Due to the size of micro-nano pores and fractures being small, the flow pattern of
bulk gas in it is different from the Darcy flow. In this paper, the Knudsen number is
used as the criterion for judging the flow pattern of bulk gas in the micro-nano pores and
fractures. Thereafter, the correction function corrected slippage flow is weighted with
Knudsen diffusion to establish a double slippage model, which can be used to characterize
the continuous flow, slippage flow, transition flow, and Knudsen diffusion of methane and
carbon dioxide.

Flow Pattern

The Knudsen number (Kn) is the basis for determining the flow pattern of the gas. The
Kn can be calculated by Equation (1). When Kn ≤ 0.001, the flow of gas in porous media
is continuous, which can be characterized by Darcy’s law. When 0.001 < Kn ≤ 0.1, the
slippage flow appears. Although viscous flow still dominates, the slippage effect should be
characterized by the correction of Darcy’s formula by slippage theory. When 0.1 < Kn ≤ 10,
it is the transition flow, which is when the probability of the collision between fluid–fluid
molecules is equivalent to the collision between fluid–wall molecules. At this stage, the
continuous flow assumption is not valid. When Kn > 10, since the average free path of
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molecules is larger than the pore size, the collision between fluid molecules and the wall is
dominant. Therefore, this flow stage is Knudsen diffusion.

Kn =
λ

L
(1)

where Kn is the Knudsen number, dimensionless; λ is the average free path of the molecule,
m; L is the characteristic length, which is equal to the pore diameter, m.

Considering the real gas effect, the average free path of molecules in Formula (1) can
be calculated by Formula (2) [21].

λ =
μ

P

√
πZRT

2M
(2)

where μ is the gas viscosity, Pa·s; P is the pressure, Pa; M is the relative molecular
mass, kg/mol; Z is the gas compressibility factor, dimensionless; R is the gas constant,
m3·Pa/(K·mol); and T is the temperature, K.

Continuous Flow

Continuous flow can be described by Darcy’s formula, which can be characterized as
the following:

Jcontinuous = −ρ
K
μ
∇P (3)

where Jcontinuous is the mass flux, kg/(m2·s); ρ is the gas density, kg/m3; and K is the
permeability, 1015 mD.

Slippage Flow

For the slippage flow, the assumption of the continuous medium fails and the rarefied
gas effect becomes apparent. Therefore, the fluid velocity at the boundary is no longer zero,
which results in the slippage effect, also known as the Klinkenberg effect. In this paper,
based on the Beskok–Karniadakis model, the correction function related to the Knudsen
number is employed to correct the continuous flow formula. By correcting Darcy’s formula,
the slippage flow in micropores and fractures is described. The correction equation can be
expressed by Equation (4) as the following:

Kslip = Ko f (Kn) (4)

For the circular flow section of the micropore and the rectangular flow section of the
microfracture, the f (Kn) correction functions are shown in Formulas (5) and (6), respectively.
The characteristic lengths are pore diameter and fracture width.

f (Kn) = (1 + 2αKn)
(

1 +
8Kn

1 − 2bKn

)
(5)

f (Kn) = (1 + αKn)
(

1 +
6Kn

1 − bKn

)
(6)

where α is the rarefaction coefficient, dimensionless; b is the empirical slippage coeffi-
cient; and b = −1 represents that the slippage flow is related to the flow channel and is
independent of the gas type, dimensionless.

α =
128

3π2(1 − 4b)
arctan

(
4Kn0.4

)
(7)

47



Energies 2024, 17, 1145

Darcy’s formula can be written as the following:

v = −K
μ

dP
dx

(8)

Substituting Equations (4) and (5) into Equation (8), the flow rate of slippage flow in
the micropore can be expressed as Equation (9) as the following:

vslip = −Ko

μ
(1 + 2αKn)

(
1 +

8Kn
1 − 2bKn

)
dP
dx

(9)

For the micropore,

v = −1
8

r2

μ

dP
dx

(10)

Therefore, Ko =
r2

8 , and the Equation (9) can be written as the following:

vslip = − r2

8μ
(1 + 2αKn)

(
1 +

8Kn
1 − 2bKn

)
dP
dx

(11)

Similarly, substituting Equations (4) and (6) into Equation (8), the flow rate of slippage
flow in the microfracture can be expressed as Equation (12), as the following:

vslip = −Ko

μ
(1 + αKn)

(
1 +

6Kn
1 − bKn

)
dP
dx

(12)

For the microfracture,

v = − 1
12

h2

μ

dP
dx

(13)

Therefore, Ko =
h2

12 , and the Equation (12) can be written as the following:

vslip = − h2

12μ
(1 + αKn)

(
1 +

6Kn
1 − bKn

)
dP
dx

(14)

In summary, the mass flux of micropores can be expressed by Equation (15). The mass
flux of microfractures can be expressed by Equation (16).

Jslip = −ρ Ko
μ

φ
τ (1 + 2αKn)

(
1 + 8Kn

1−2bKn

)
dP
dx

= − r2

8μ
φ
τ

PM
ZRT (1 + 2αKn)

(
1 + 8Kn

1−2bKn

)
dP
dx

(15)

Jslip = −ρ Ko
μ

φ
τ (1 + αKn)

(
1 + 6Kn

1−bKn

)
dP
dx

= − h2

12μ
φ
τ

PM
ZRT (1 + αKn)

(
1 + 6Kn

1−bKn

)
dP
dx

(16)

where Jslip is the slippage flux, kg/(m2·s); φ is porosity, dimensionless; and τ is tortuosity,
dimensionless.

Knudsen Diffusion

For Knudsen diffusion, the average free path of gas molecules is much larger than
the pore size. The collision of gas–wall molecules is dominant and the collision of gas–
gas molecules can be ignored. Therefore, Knudsen diffusion has a constant diffusion
coefficient, which can neglect viscosity effects [22]. Knudsen diffusion can be characterized
by Equation (17).

qρ

φAM
= Dk

ΔP
RTL

(17)
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where q is the flow rate, m3/s; A is the overcurrent area, m2; and Dk is the Knudsen
diffusion coefficient, m2/s.

The Knudsen diffusion coefficient can be expressed by Equation (18).

Dk =
d
3

√
8RT
πM

(18)

where d is the pore diameter, m.

Considering the average velocity of real gas molecules, u =
√

8ZRT
πM , thus, the Knudsen

diffusion coefficient can be expressed by Equation (19).

Dk =
d
3

√
8ZRT
πM

(19)

Substitute Equation (19) into Equation (17), and the mass flux of the Knudsen diffusion
can be obtained.

JKnudsen =
q
A

ρ = −MDk
RT

dP
dx

= −d
3

√
8ZM
πRT

dP
dx

= −2
3

r

√
8ZM
πRT

dP
dx

(20)

where JKnudsen is the Knudsen diffusion mass flux of the real gas, kg/(m2·s).
In the condition of the relatively rough pore wall, the Knudsen diffusion is slowed

down due to the longer time that the gas stays near the pore wall. Therefore, the influence
of pore wall roughness on Knudsen diffusion needs to be considered [19]. The geometric
shape of pores in porous media is complex, and pores are connected to each other [23–25].
Moreover, the actual path of gas transmission is longer than the direct path (tortuosity),
and the ratio of porosity and tortuosity should be used to correct the Knudsen diffusion
coefficient [26]. Therefore, the mass flux of Knudsen diffusion can be written as:

JKnudsen = −d
3

φ

τ
δDf −2

√
8ZM
πRT

dP
dx

= −2
3

r
φ

τ
δDf −2

√
8ZM
πRT

dP
dx

(21)

where δ is the ratio of molecular diameter to local pore diameter, dimensionless; and Df is
the fractal dimension of pore wall, dimensionless.

Transition Flow

Transition flow is the transition flow state between slippage flow and Knudsen diffu-
sion. This paper combined slippage flow with Knudsen diffusion by weight coefficients to
characterize the transition flow, as shown in Equation (22).

JTrans = ωKnudsen JKnudsen + ωSlip JSlip (22)

where ωKnudsen is the Knudsen diffusion weight coefficient, dimensionless; ωSlip is the
weight coefficient of slippage flow, dimensionless; and JTrans is the mass flux of the real gas
transition flow, kg/(m2·s).

Previous scholars have proposed multiple weight coefficient formulas through deriva-
tion or fitting [8,27,28]. This study uses the corrected model from Shi et al. [28] to calculate
the weight coefficients.

ωslip =
1

1 + (Kn/Kn0.5)
n−1 (23)

ωKnudsen = 1 − ωslip (24)

where Kn0.5 is a constant, taken as 1.03; and n is a constant, taken as 3.689.
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2.1.2. Adsorption Gas

The adsorbed state is one of the important occurrence states of gas in micro-nano
pores of the shale matrix. When gas is adsorbed on the pore wall, the gas molecules in the
adsorption layer migrate under the action of the adsorption potential field, which is surface
diffusion [19]. In this paper, the Maxwell–Stefan method is used to characterize surface
diffusion. This method assumes that the driving force of surface diffusion is the chemical
potential gradient, and its surface diffusion flux can be written as the following:

Jsur f ace = −LmCs∇ψ (25)

The parameters in Equation (25) can be calculated by the following equations:

Lm =
Ds

RT
(26)

ψ = ψo + RT ln(P) (27)

Cs =
4Mθ

πd3
mNA

(28)

where Jsurface is the surface diffusion mass flux, kg/(m2·s); Lm is the gas flow fluidity,
mol·s/kg; Cs is the concentration of adsorbed gas, kg/m3; ψ is chemical potential, J/mol;
Ds is the surface diffusion coefficient, m2/s; dm is the diameter of the gas molecule, m; and
NA is the Avogadro constant, mol−1.

Substitute Equations (26)–(28) into Equation (25), and the surface diffusion flux can be
obtained and expressed as Equation (29).

Jsur f ace = −DsCsc

P
dP
dx

(29)

The surface diffusion coefficient in Equation (29) can be calculated by Equation (30).
The parameters can be calculated by Equations (31)–(33), respectively.

Ds = Dso
(1 − θ) + κ

2 θ(2 − θ) + [H(1 − κ)](1 − κ) κ
2 θ2(

1 − θ + κ
2 θ

)2 (30)

Dso = 8.29 × 10−7T0.5 exp
(
−ΔH0.8

RT

)
(31)

H(1 − κ) =

{
0,
1,

κ ≥ 1
0 ≤ κ < 1

(32)

κ =
κb
κm

(33)

where H(1 − κ) is the Heaviside function, dimensionless; κ is the blocking coefficient of
gas molecules on the pore wall, dimensionless; κb is the blocking velocity coefficient of gas
molecules on the pore wall, m/s; κm is the forward velocity coefficient of gas molecules on
the pore wall, m/s; Dso is the surface diffusion coefficient with gas coverage of “0”, m2/s;
and ΔH is the isothermal adsorption heat of surface coverage rate θ = 0, J/mol.

2.2. Changing Mechanism of Reservoir

During the development of shale reservoirs, there is stress sensitivity, matrix shrinkage
effects, and adsorption layer, which make the size of matrix pores change with pressure [19].
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2.2.1. Stress Sensitive Effect

Shale reservoir has strong stress sensitivity. With the decrease in reservoir pressure, the
effective stress of the formation gradually increases. Its macro performance is the reduction
of matrix permeability and porosity. This research employed exponential formulas to
describe the stress sensitivity of permeability and porosity [29].

K = Ko exp
[
3cp(P − Po)

]
(34)

φ = φo exp
[
cp(P − Po)

]
(35)

where Ko is the initial absolute permeability, mD; Po is the initial pressure, Pa; cp is the pore
compression coefficient, Pa−1; and φo is the initial porosity, dimensionless.

The relationship between porosity, permeability, tortuosity, and pore radius is obtained
from Carman–Kozeny formula, which can be expressed as Equation (36).

r = 2
√

2τ

√
K
φ

(36)

Substitute Equations (34) and (35) into Equation (36), and Equation (37) can be cal-
culated, which is used to characterize the relationship between reservoir pressure and
pore radius.

r = ro

√
exp

[
2cp(P − Po)

]
(37)

where ro is the initial pore throat radius, m.

2.2.2. Matrix Shrinkage Effect

As the pressure of the shale reservoir decreases, the gas in the matrix pores will
undergo desorption and be released. The matrix contracts due to the pressure decrease
in the pore. Therefore, the volume of microfractures is increasing, which results in the
apparent permeability of the matrix increasing. Moreover, previous studies show that
matrix shrinkage has a significant impact on reservoir permeability [30,31]. This paper uses
the formula proposed by Wang et al. to characterize the matrix shrinkage effect [32].

ωswelling =
K
Ko

=

(
1 − 3

φo

εLPL(P − Po)

(P + PL)(Po + PL)

)3
(38)

where ωswelling is the matrix shrinkage coefficient, dimensionless; εL is Langmuir strain,
dimensionless; and PL is the Langmuir pressure, Pa.

2.2.3. Effect of Adsorption Layer

Due to the adsorption gas in the shale matrix occupying the pore space, the effective
pore size for bulk gas transport is reduced. As the pressure of shale reservoirs decreases,
gas gradually desorbs, and the effective pore size for gas transmission increases [33].
Therefore, the transport of gas in matrix pores is affected by gas adsorption and desorption.
This paper considers the thickness of one methane molecule as the maximum adsorption
layer thickness. The ratio of adsorption to maximum adsorption is set as the coverage, to
approximately calculate the pore size of shale matrix under the influence of the adsorption
layer. For micropores and microfractures, the effective pore size and fracture width are
expressed as Equation (41) and Equation (42), respectively.

θ =
N
NL

(39)

rad = dmθ (40)
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re = r − dmθ (41)

he = h − 2dmθ (42)

where θ is the coverage of adsorbed gas, dimensionless; N is the adsorption amount,
mmol/g; NL is the maximum adsorption amount, mmol/g; rad is the thickness of the
adsorption layer, m; dm is the diameter of methane molecules, m; re is the effective radius
of the pore, m; and he is the effective width of the fracture, m.

2.3. Transport Model of Gas

This article employed the apparent permeability model to characterize the mass flux
model with multiple transmission mechanisms. The relationship between permeability
and mass flux can be expressed in Equation (43).

K =
JμZRT
MP dP

dx

(43)

For slippage flow, the apparent permeability model in the micropore can be obtained
from Equations (15) and (43). The apparent permeability model in the microfracture can
be obtained from Equations (16) and (43). Therefore, the apparent permeability models of
micropore and microfracture are expressed as Equation (44) and Equation (45), respectively.

Kslip =
r2

8
φ

τ
(1 + 2αKn)

(
1 +

8Kn
1 − 2bKn

)
(44)

Kslip =
h2

12
φ

τ
(1 + αKn)

(
1 +

6Kn
1 − bKn

)
(45)

For Knudsen diffusion, the apparent permeability model obtained from
Equations (20) and (43) is expressed as follows:

KKnudsen =
d
3

φ

τ
δDf −2 μ

P

√
8ZRT
πM

(46)

For surface diffusion, according to Equations (29) and (43), the apparent permeability
model of surface diffusion is written in Equation (47) as the following:

Ksur f ace =
DsCsc

P
φ

τ

μZRT
PM

(47)

Based on the above models, apparent permeability models for micropores and mi-
crofractures in shale reservoirs are established, respectively. For organic micropores, the
transport of bulk gas and adsorption gas is considered, and apparent permeability is ex-
pressed by Equation (48). In inorganic micropores, bulk gas transport is considered only.
Thus, its apparent permeability is expressed as Equation (49).

Korganic
pore = ωslipKslip + ωKnudsenKKnudsen + Ksur f ace

= ωslip
r2

8
φ
τ (1 + 2αKn)

(
1 + 8Kn

1−2bKn

)
+

ωKnudsen
2
3 r φ

τ δDf −2 μ
P

√
8ZRT
πM + DsCsc

P
φ
τ

μ
ρg

(48)

Kinorganic
pore = ωslipKslip + ωKnudsenKKnudsen

= ωslip
r2

8
φ
τ (1 + 2αKn)

(
1 + 8Kn

1−2bKn

)
+

ωKnudsen
2
3 r φ

τ δDf −2 μ
P

√
8ZRT
πM

(49)
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For microfractures, the transport of bulk gas and adsorption gas is considered to set
up the apparent permeability model in organic microfractures. This can be taken to be
represented by Equation (50). However, in inorganic microfractures, bulk gas transport is
considered, and the apparent permeability model is expressed in Equation (51).

Korganic
f racture = ωslipKslip + ωKnudsenKKnudsen

= ωslip
h2

12
φ
τ (1 + αKn)

(
1 + 6Kn

1−bKn

)
+

ωKnudsen
2
3 h φ

τ δDf −2 μ
P

√
8ZRT
πM + DsCsc

P
φ
τ

μ
ρg

(50)

Kinorganic
f racture = ωslipKslip + ωKnudsenKKnudsen

= ωslip
h2

12
φ
τ (1 + αKn)

(
1 + 6Kn

1−bKn

)
+

ωKnudsen
2
3 h φ

τ δDf −2 μ
P

√
8ZRT
πM

(51)

This paper takes the proportion of micropores and microfractures in the organic
and inorganic matter to the total volume of pores and fractures as the weight coefficient.
Meanwhile, considering the matrix shrinkage effect, the apparent permeability model of
the shale reservoir matrix is established.

Kapp =
[
γ
(

αKorganic
pore + (1 − α)Kinorganic

pore

)
+

(1 − γ)
(

βKorganic
f racture + (1 − β)Kinorganic

f racture

)]
ωswelling

(52)

where α is the proportion of organic matter pore volume to total pore volume, dimen-
sionless; β is the proportion of organic matter fracture volume to total fracture volume,
dimensionless; and γ is the proportion of pore volume to total pore volume, dimensionless.

3. Model Validation

To verify the accuracy of the apparent permeability model of the shale matrix es-
tablished in this paper, experimental data from Shi et al. [34] were used to validate the
model. The fitting parameters used for validation are shown in Table 1, and the other basic
parameters are shown in Table 2.

Table 1. The fitting parameters of the apparent permeability model.

Fitting Parameters (Experiment 1) Values Fitting Parameters (Experiment 2) Values

Initial pressure Po (MPa) 40 Initial pressure Po (MPa) 25
Porosity φ (f) 0.015 Porosity φ (f) 0.05

Rock compressibility factor Cp

(MPa−1)
0.013

Rock compressibility factor Cp

(MPa−1)
0.012

Table 2. Calculation parameters for the bulk gas transport model.

Parameters Values Parameters Values

Temperature T (K) 300 Fluid viscosity μ (mPa·s) 0.0175
Porosity φ (f) 0.05 Molecular molar mass M (kg/mol) 0.028

Tortuosity τ (f) 4.3 The ratio of molecular diameter to
local pore diameter σ (f) 0.5

Fracture width h (nm) 50 Fractal dimension of pore wall Df (f) 2.5

As the results show in Figure 1, the variation pattern of matrix apparent permeability
with pressure described by this model is consistent with the experimental results. Therefore,
the shale matrix apparent permeability model established in this paper based on the
multiple microscopic transmission mechanisms can be used to characterize the multiple
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transmission mechanisms of shale gas. Moreover, the change rule of reservoir matrix
permeability can be studied by this model, which has practicability.

 
Figure 1. Comparison of permeability between experimental data and the model presented in
this paper.

4. Analysis and Discussion

4.1. Influence for Knudsen Number

According to the general conditions of shale gas reservoirs, the pressure and pore size
distribution ranges are 1~50 MPa and 2~1000 nm, respectively [1]. This paper calculates the
Knudsen numbers with pore sizes of 1 nm, 10 nm, 100 nm, and 1000 nm at temperatures of
333 K and 363 K, with pressures of 0.1 MPa to 80 MPa, respectively, as shown in Figure 2. It
can be seen that during the development of the shale gas reservoir, the flow pattern of shale
gas can include all the flow patterns from Knudsen diffusion to continuous flow. Moreover,
as the aperture increases, the Knudsen number decreases. As the pressure increases, the
Knudsen number decreases. As the temperature increases, the Knudsen number increases
(see Figure 2).

 

Figure 2. Relationship between Knudsen number and pressure, temperature, and pore size.

Considering the real gas effect in the micro-nano pores of the shale, the influence of
micro-nano pores on the physical properties of methane is characterized by the compress-
ibility factor in Equation (2). As shown in Figure 3, considering the compressibility factor,
the Knudsen number decreases. In small apertures, the decrease in the Knudsen number is
more pronounced.
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(a) 2 nm (b) 200 nm 

Figure 3. Distribution range of Knudsen number for different pore sizes and pressures.

4.2. Influence of Pressure

Under the same conditions, using pressure as a variable, the micro-transport mecha-
nisms and the changes in matrix apparent permeability are studied. As shown in Figure 4a,
with pressure decreasing from 50 MPa to 0 MPa, the apparent permeability of the surface
diffusion and the Knudsen diffusion increases by two and eight orders of magnitude,
respectively. However, the apparent permeability of slippage flow decreases by two or-
ders of magnitude. Thereafter, the contributions of the three transport mechanisms to the
apparent permeability of the shale matrix are analyzed (see Figure 4b). As the pressure
decreases from 50 MPa to 0 MPa, the contribution proportion of slippage flow decreases
from 1 to 0. The contribution proportion of Knudsen diffusion increases from 0 to 0.72. The
contribution proportion of surface diffusion increases first and then decreases, with the
largest contribution proportion at 3.6 MPa, 0.49. Moreover, when the pressure is low, the
changing of the contribution proportion for the three transport mechanisms to the apparent
permeability can be seen more significantly. It can be seen that pressure changes have a
significant impact on the values and contribution proportions of the apparent permeability
of the three transmission mechanisms.

  
(a) (b) 

Figure 4. The influence of various transport mechanisms on the apparent permeability of shale
matrix with changes in pressure. (a) The apparent permeability. (b) The contributions for the
apparent permeability.

As shown in Figure 5, as pressure decreases, the apparent permeability of the matrix
shows a trend of first decreasing and then increasing. Its value varies from 9.2 × 10−4 mD
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at the initial 50 MPa, reduced to 1.1 × 10−4 mD at 14.5 MPa. Then, values rise to
4.5 × 10−3 mD at 0 MPa. Based on the relationship between the transport mechanism,
the apparent permeability, and pressure, it can be concluded that as pressure decreases,
the apparent permeability of the matrix decreases, since the apparent permeability of the
slippage flow decreases. With the further decrease in pressure, the apparent permeability
of the shale matrix increases due to the increase in apparent permeability contributed by
Knudsen diffusion and surface diffusion.

 

Figure 5. The variation trend of apparent permeability of shale matrix with pressure.

4.3. Influence of Temperature

Under the same conditions, using temperature as a variable, the micro-transport
mechanisms and the changes in matrix apparent permeability are studied. As shown in
Figure 6a, with the temperature increase from 300 K to 400 K, the apparent permeability of
the slippage flow, surface diffusion, and the Knudsen diffusion increase by 2.49%, 106.92%,
and 89.78%, respectively. Thereafter, the contributions of the three transport mechanisms
to the apparent permeability of the shale matrix are analyzed (see Figure 6b). As the
temperature increases from 300 K to 400 K, the contribution proportion of slippage flow
decreases from 0.98 to 0.96. The contribution proportion of surface diffusion increases
from 0.02 to 0.04. The contribution proportion of Knudsen diffusion is small, although it
increases. It can be seen that temperature changes have a significant impact on the values
of the apparent permeability of the three transmission mechanisms. The impact on the
contribution proportions of the apparent permeability is small.

  
(a) (b) 

Figure 6. The influence of various transport mechanisms on the apparent permeability of shale
matrix with changes in temperature. (a) The apparent permeability. (b) The contributions for the
apparent permeability.
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As shown in Figure 7, as temperature increases, the apparent permeability of the
matrix increases. Its value varies from 2.075 × 10−4 mD at the initial 300 K, raised to
2.170 × 10−4 mD at 400 K. Based on the relationship between the transport mechanism, the
apparent permeability, and temperature, it can be concluded that as temperature increases,
the apparent permeability of the matrix increases. It is because the apparent permeability
of slippage flow, Knudsen diffusion, and surface diffusion all increase.

 

Figure 7. The variation trend of apparent permeability of shale matrix with temperature.

4.4. Influence of Pore Size

Under the same conditions, using pore size as a variable, the micro-transport mecha-
nisms and the changes in matrix apparent permeability are studied. As shown in Figure 8a,
with pore size increasing from 1 × 10−9 m to 1 × 10−6 m, the apparent permeability of the
surface diffusion and the Knudsen diffusion decreases by three and six orders of magni-
tude, respectively. However, the apparent permeability of slippage flow increases by six
orders of magnitude. Thereafter, the contributions of the three transport mechanisms to
the apparent permeability of the shale matrix are analyzed (see Figure 8b). As the pore
size increases from 1 × 10−9 m to 1 × 10−6 m, the contribution proportion of slippage
flow increases from 0.015 to 1. The contribution proportion of surface diffusion decreases
from 0.985 to 0. The contribution proportion of Knudsen diffusion increases first and then
decreases, although it is small. It can be seen that pore size changes have a significant
impact on the values and contribution proportions of the apparent permeability of the three
transmission mechanisms.

  
(a) (b) 

Figure 8. The influence of various transport mechanisms on the apparent permeability of shale
matrix with changes in the pore size. (a) The apparent permeability. (b) The contributions for the
apparent permeability.

57



Energies 2024, 17, 1145

As shown in Figure 9, as pore size increases, the apparent permeability of the matrix
shows a trend of first decreasing and then increasing. Its value varies from 1.66 × 10−4 mD
at the initial 1 × 10−9 m, reduced to 1.90 × 10−4 mD at 1 × 10−6 m. Based on the
relationship between the transport mechanism, the apparent permeability, and pore size, it
can be concluded that as pore size increases from 1 nm to 3 nm, the apparent permeability
of the matrix decreases, since the apparent permeability of the surface diffusion decreases.
With the further increase in pore size, the apparent permeability of the shale matrix increases
due to the increase in apparent permeability contributed by slippage flow.

 

Figure 9. The variation trend of apparent permeability of shale matrix with pore size.

4.5. Influence of Tortuosity

Under the same conditions, using tortuosity as a variable, the micro-transport mecha-
nisms and the changes in matrix apparent permeability are studied. As shown in Figure 10a,
with tortuosity increasing from one to five, the apparent permeability of the slippage flow,
surface diffusion, and Knudsen diffusion decrease by 80%, respectively. Thereafter, the
contributions of the three transport mechanisms to the apparent permeability of the shale
matrix are analyzed (see Figure 10b). As the tortuosity increases from one to five, the
contribution proportions of slippage flow, surface diffusion, and Knudsen diffusion are
maintained at 0.97, 0.03, and 0, respectively. It can be seen that tortuosity changes have
a significant impact on the values of the apparent permeability of the three transmission
mechanisms. However, the tortuosity change has no impact on the contribution proportions
of the three transmission mechanisms.

  
(a) (b) 

Figure 10. The influence of various transport mechanisms on the apparent permeability of shale
matrix with changes in the tortuosity. (a) The apparent permeability. (b) The contributions for the
apparent permeability.
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As shown in Figure 11, as tortuosity increases, the apparent permeability of the matrix
shows a trend of increasing. Its value varies from 9.06 × 10−4 mD at the initial τ = 1, reduced
to 1.81 × 10−4 mD at τ = 5. Based on the relationship between the transport mechanism,
the apparent permeability, and tortuosity, it can be concluded that as tortuosity increases,
the apparent permeability of the matrix decreases, since the apparent permeability of
the slippage flow, surface diffusion, and Knudsen diffusion all decrease. Moreover, the
contribution proportion of three micro-transport mechanisms to the apparent permeability
is invariant.

 

Figure 11. The variation trend of apparent permeability of shale matrix with the tortuosity.

4.6. Influence of Total Organic Carbon (TOC)

Under the same conditions, using TOC as a variable, the micro-transport mechanisms
and the changes in matrix apparent permeability are studied. As shown in Figure 12a, with
TOC increasing from zero to one, the apparent permeability of the slippage flow and the
Knudsen diffusion is unchanged. The apparent permeability of the surface diffusion is
increasing. Thereafter, the contributions of the three transport mechanisms to the apparent
permeability of the shale matrix are analyzed (see Figure 12b). As the TOC increases from
zero to one, the contribution proportions of slippage flow are reduced from 1 to 0.875. The
contribution proportions of surface diffusion increased from 0 to 0.125. However, as the
TOC increases, the contribution proportions of the Knudsen diffusion decrease gradually,
which are always small.

  
(a) (b) 

Figure 12. The influence of various transport mechanisms on the apparent permeability of shale
matrix with changes in the TOC. (a) The apparent permeability. (b) The contributions for the apparent
permeability.
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As shown in Figure 13, as TOC increases, the apparent permeability of the matrix
increases. Its value varies from 2.05 × 10−4 mD at the TOC = 0, raised to 2.34 × 10−4 mD
at the TOC = 1. Based on the relationship between the transport mechanism, the apparent
permeability, and TOC, it can be concluded that as TOC increases, the apparent permeability
of the matrix increases. It is because the apparent permeability of surface diffusion increases.

 
Figure 13. The variation trend of apparent permeability of shale matrix with the TOC.

4.7. Combined Influence

Considering the actual situation of the comprehensive action of multiple factors in
the development of shale gas, the microscopic transport mechanism, the variation law of
matrix apparent permeability in different pore sizes under different temperatures, and
pressure conditions are analyzed.

As Figure 14 shows, the larger the pore size, the larger the apparent permeability of
the shale matrix under the condition of constant temperature. With the decrease in pressure,
the apparent permeability of the shale matrix with different pore sizes decreases first and
then increases. With the increase in temperature, the apparent permeability of the matrix
increases, and its variation amplitude increases with the decrease in pore size and pressure
(see Figure 15).

Figure 14. The relationship of the apparent permeability of shale matrix, pore size, and pressure.
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Figure 15. The relationship of the apparent permeability of shale matrix, pore size, and pressure
under different temperature conditions.

The contribution ratio of each transport mechanism to the matrix’s apparent perme-
ability is further analyzed. Under the condition of constant temperature, the contribution
ratio of Knudsen diffusion to the matrix’s apparent permeability increased with the de-
crease in pressure. Moreover, its contribution ratio increased first and then decreased with
the increase in pore size (see Figure 16). As Figure 17 shows, the contribution proportion of
Knudsen diffusion to the apparent permeability increases with the increase in temperature,
which variation decreases with the increase in pore size and pressure.

 
Figure 16. The various relationships for the contribution proportion of the Knudsen diffusion to the
matrix apparent permeability with pore size and pressure.
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Figure 17. The various relationships for the contribution proportion of the Knudsen diffusion to the
matrix apparent permeability with pore size and pressure, under different temperature conditions.

Under the condition of constant temperature, the contribution ratio of slippage flow
to the matrix’s apparent permeability decreased with the decrease in pressure. Moreover,
its contribution ratio increased with the increase in pore size (see Figure 18). As Figure 19
shows, the contribution proportion of slippage flow to the apparent permeability decreases
with the increase in temperature, which variation decreases with the increase in pore size.

 
Figure 18. The various relationships for the contribution proportion of the slippage flow to the matrix
apparent permeability with pore size and pressure.
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Figure 19. The various relationships for the contribution proportion of the slippage flow to the matrix
apparent permeability with pore size and pressure under different temperature conditions.

Under the condition of constant temperature, the contribution ratio of surface diffusion
to the matrix’s apparent permeability increased first and then decreased with the increase
in pressure. Moreover, its contribution ratio decreased with the increase in pore size (see
Figure 20). As Figure 21 shows, the contribution proportion of surface diffusion to the
apparent permeability increases with the increase in temperature, which variation decreases
with the increase in pore size.

Figure 20. The various relationships for the contribution proportion of the surface diffusion to the
matrix apparent permeability with pore size and pressure.
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Figure 21. The various relationships for the contribution proportion of the surface diffusion to the
matrix apparent permeability with pore size and pressure, under different temperature conditions.

5. Conclusions

This paper considers the changes in reservoir properties, which established a micro-
transport mechanism and matrix apparent permeability model for gas in micro-nano pores
and fractures of the shale matrix. The macroscopic effects under the combined action of
multiple micro-transport mechanisms were studied. The conclusions are as follows:

(1) Considering the slippage flow, Knudsen diffusion, transition flow, surface diffusion,
and reservoir changing mechanism, the apparent permeability model of the shale
reservoir matrix is verified by the experimental data. This model can accurately fit
the changes in reservoir matrix permeability in the process of shale gas development.

(2) The calculation of the Knudsen number should consider the impact of changes in
reservoir and gas properties. Considering these influences, the Knudsen number
decreases. Moreover, this decrease in the Knudsen number is more obvious under the
conditions of low pressure and small pore size.

(3) The apparent permeability of the shale reservoir matrix is significantly influenced by
pressure, temperature, pore size, and TOC. As the pressure or pore size decreases, the
apparent permeability decreases first and then increases. With the increase in temper-
ature or TOC, the apparent permeability increases. With the increase in tortuosity, the
apparent permeability of the reservoir matrix decreases.

(4) The contribution proportion of the three transport mechanisms to the apparent per-
meability of the shale matrix is significantly influenced by pressure, temperature,
pore size, and TOC. With the decrease in pressure, the proportion of slippage flow
decreases, and the proportion of Knudsen diffusion increases. Moreover, the pro-
portion of surface diffusion increases first and then decreases. With the increase in
temperature, the proportion of Knudsen diffusion and surface diffusion increases,
and the proportion of slippage flow decreases. With the increase in pore size, the pro-
portion of slippage flow increases, and the proportion of surface diffusion decreases.
The proportion of Knudsen diffusion increases first and then decreases. With the
increase in TOC, the proportion of slippage flow decreases, and the proportion of
surface diffusion increases. Moreover, the proportion of Knudsen diffusion decreases.
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Abstract: Moisture significantly affects the mechanical behavior of gas shale and further determines
the hydraulic fracturing performance, as it is more attractive. Nevertheless, batch experiments have
usually involved variable methodologies regarding the preparation of moisture-contained shale
specimens in the sequence (and/or frequency) of drying and soaking treatments. Accordingly, this
work investigates how the preparation methodology influences the test results of moisture-contained
shale samples. This study compares three commonly used shale sample preparation strategies for
acquiring different moisture contents, that is, “dry-wet”, “dry-wet-dry”, and “wet-dry-wet” strategies,
followed by a Brazilian splitting test for the mechanical parameters. The results show that under
the same saturation conditions, the longer the soaking time during sample preparation, the higher
the degradation degree of shale tensile strength. Meanwhile, prolonged soaking can lead to a more
discrete distribution of strength values, and the failure mode may deviate from the Brazilian splitting
theory model. Under the combined influence of moisture content and soaking time, the tensile
strength of shale decreases approximately linearly with increasing saturation, while the degradation
degree increases nonlinearly with increasing saturation, and the degradation rate changes from slow
to fast. According to the observation of the microstructure of hydrated shale, prolonged soaking can
lead to an increase in the expansion of clay minerals in shale by hydration, resulting in looser and
more fragmented internal structure, and further degradation in shale strength. In order to weaken
the interference of hydration when studying the effect of moisture content on the tensile strength of
shale, the soaking time should be minimized as much as possible during the preparation process.

Keywords: shale mechanics; moisture saturation; tensile strength; Brazilian splitting; soaking time

1. Introduction

For a long time, coal has been the mainstay of China’s energy structure. With the
increase in energy demand, the government actively promotes the optimization and trans-
formation of the energy structure, which drives the development of unconventional geo-
logical energy suppliers, like shale gas, shale oil, and gas hydrate [1–3]. At the beginning
of the 21st century, the United States completed the shale gas revolution and realized the
strategic goal of energy independence, which led the world to thoroughly consider the
possibility of shale gas exploitation [4]. According to the assessment of the U.S. Energy
Information Administration (E.I.A.), China has abundant shale gas resources with the
technically recoverable amount of shale gas resources as high as 31.57 × 1012 m3 which
ranks first in the world [5]. Shale gas will become a new field for the development of green
energy in China due to its considerable resource potential and cleanliness advantages [6].
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It is necessary to stimulate the reservoir through hydraulic fracturing technology
to increase shale gas production because of the low porosity and permeability of shale,
and the tensile strength of shale is also an important parameter in this process [7–11].
However, substantial dispersions in the moisture content of shale reservoirs are evident
across different regions [12]. Li et al. [13] found that the moisture content can affect the
tensile strength of shale, and the water will cause strength degradation. Zheng et al. [14,15]
found that shale bedding has a significant impact on the hydraulic fracturing effect when
studying the anisotropic characteristics of shale, and provided innovative ideas for solving
the instability problem during the fracturing process by combining experimental results
with logging data. Teng et al. [16] considered the bedding properties of shale when
discussing the effect of different water contents on the tensile strength of shale, and found
that the damage of water to shale strength is mainly achieved through bedding.

The systematic study of the influence of moisture content on the tensile strength of
shale is of great significance for the hydraulic fracturing effect. However, the preparation
strategies for water-bearing rocks are diverse, there is no unified standard, and the differ-
ences in preparation strategies are mainly reflected in the order and frequency of soaking
and drying treatments. Debanjan et al. [17] dried shale and sandstone for 24 h, saturated
them with distilled water, and tested their degradation at different saturation levels via
Brazilian splitting. Debanjan et al. found that shale degraded quickly while sandstone
degraded slower until 80% saturation. Babets et al. [18] saturated samples first, then dried
them, finding that the strength of siltstones and mudstones decreased 1.5–2.5 times in a
water-saturated state compared to when air-dried. Hasbollah et al. [19] dried and partially
soaked shale and sandstone, observing that the tensile strength and anisotropy rose with
water content, and more so in shale. Lin et al. [20] obtained approximate saturation by
estimating shale porosity and pore volume, conducting adsorption tests that showed gas
adsorption capacity fell with increasing water saturation. Discrepancies in sample prepara-
tion strategies may influence the outcomes of experiments when exploring the influence of
moisture content on the mechanical properties of rocks, thereby resulting in insufficient
grounds for comparing and correlating different research findings [21].

Presently, discussions on the deterioration of shale strength due to moisture content
encounter challenges such as varying sampling positions and the absence of standardized
sample preparation strategies, and there is a lack of research on the influence of moisture
content on the strength of the same rock under different preparation strategies. Further-
more, the disparate laws and extents of shale tensile strength deterioration elucidated
by different research outcomes indicate a lack of comparative studies on different sam-
ple preparation protocols under identical geological conditions. Therefore, this paper
devises three distinct shale sample preparation protocols for Longmaxi shale, conducts
Brazilian splitting tests under different saturation conditions, compares the impacts of
sample preparation protocols on the dispersion of shale tensile strength under saturated
conditions and their failure modes, and analyzes the mechanism of this influence from
a microstructural perspective. Finally, the test results of the three sample preparation
protocols are scrutinized to offer insights for selecting sample preparation protocols for
different moisture contents.

2. Materials and Methods

2.1. Preparation Strategies of Samples with Different Saturation

We designed different sample preparation strategies based on the sequence and fre-
quency of drying/wetting treatments and named them accordingly. The specific strategies
are as follows:

For the convenience of comparing the test results of different preparation strategies,
saturation is considered a reasonable characterization parameter which is obtained by
the weighing method. According to the ISRM recommended method [22], the saturation
calculation formula is:

s =
m0 − mdry

msat − mdry
× 100% (1)
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where s is the saturation; m0 is the mass of the sample to be tested (g); mdry is the mass
of the sample when it is completely dry (g); and msat is the mass when it is completely
saturated (g).

The samples were immersed in water at room temperature until fully saturated (the
mass was recorded every two hours, and when the mass remained constant for three
consecutive measurements, it was considered saturated, a process that took approximately
24 h). This process was considered a complete “wet treatment”. Since this paper focuses
on analyzing the effects of water on sample preparation, a lower temperature was used
to dry the samples to avoid thermal damage and changes in pore distribution caused by
high temperature in the sample and then affect the mechanical properties and microstruc-
ture of rocks [23–26]. The samples were dried at 55 ◦C until completely dry (the mass
remained unchanged for three consecutive measurements after approximately 24 h of
drying), considered a complete “dry treatment”.

Based on the sequence and frequency differences between a “dry treatment” and “wet
treatment,” three sample preparation strategies were designed. The schematic diagrams of
each preparation process are shown in Figure 1.

Figure 1. Schematic diagram of the three sample preparation strategies.

In the “dry-wet-dry” preparation strategy, the samples were placed in a drying oven at
55 ◦C for 24 h to achieve complete drying, obtaining the sample mass (mdry). Subsequently,
the samples were soaked in water for 24 h to achieve complete saturation, obtaining the
sample mass (msat). Finally, the samples were subjected to further drying at 55 ◦C until the
sample mass approached the theoretical mass corresponding to target saturations of 0%,
20%, 40%, 60%, 80%, and 100% (according to Equation (1)).

In the “wet-dry-wet” preparation strategy, the samples were soaked in water for 24 h
to achieve complete saturation, obtaining the sample mass (msat). Then, the samples were
placed in a drying oven at 55 ◦C for 24 h to achieve complete drying, obtaining the sample
mass (mdry). Finally, the samples were subjected to further soaking until the sample mass
approached the theoretical mass corresponding to target saturations of 100%, 80%, 60%,
40%, 20%, and 0% (according to Equation (1)).

In the “dry-wet” preparation strategy, the samples were placed in a drying oven at
55 ◦C for 24 h to achieve complete drying, obtaining the sample mass (mdry). Then, the
samples were soaked in water for 2.5 h, 6 h, 12 h, and 24 h to obtain samples with target
saturations of 0%, 40%, 60%, 80%, and 100%, and the soaking time corresponding to the
saturation is obtained by referring to the pre-immersion test. Due to the inability to ensure
each sample reach complete saturation under this strategy, it is not possible to accurately
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obtain the corresponding mass of the sample when reaching the target saturation through
calculation like the previous two strategies. Therefore, only an approximate saturation can
be obtained by controlling the soaking time.

The number of prepared samples and completed loading tests is summarized in
Table 1. The samples fail before loading during the soaking time because of the hydration
cracks, which cause a decrease in the availability of test results for some sample groups.

Table 1. Summary of number of prepared samples.

Load Mode
Target

Saturation

Preparation Strategies

“Dry-Wet-Dry” “Wet-Dry-Wet” “Dry-Wet”

Perpendicular to
bedding

0% 3 3 5
20% 2 3 /
40% 1 4 4
60% 3 5 2
80% 3 3 3

100% 4 3 3

Parallel to
bedding

0% 2 4 6
20% 2 4 /
40% 4 6 3
60% 4 4 1
80% 3 5 3

100% 3 4 3

2.2. Test Methods

The sample material was collected from the Longmaxi Formation shale outcrop in Lu
Jiao Town, Pengshui Miao, and Tujia Autonomous County, Chongqing City. The main min-
erals are quartz, sodium feldspar, and muscovite, with relative contents of 46%, 31%, and
23%, respectively [27]. The shale collected is gray-black, with distinct bedding structures
that are easily discernible.

Irregular body outcrops were cut into rectangular prisms with bedding, and rock
cores with a diameter of 50 mm were drilled using a dry drilling strategy. The rock cores
were then cut into circular disc samples with dimensions of Φ50 mm × H25 mm, and their
surfaces were polished. The parallelism of the upper and lower surfaces of the disc samples
was controlled within 0.5 mm, and the surface roughness was controlled within 0.1 mm.

The processed samples were treated with different sample preparation strategies to
obtain different levels of saturation. Brazilian splitting tests were conducted on samples
with different saturations using a rock mechanic testing machine (maximum load 10 kN,
measuring accuracy 1 N). The test design included two loading modes: parallel bedding
and perpendicular bedding. The loading process used axial displacement as the control
index and loaded the sample at a stable rate of 0.05 mm/min until failure. The preparation
and loading of the sample are shown in Figure 2.

Figure 2. Sample processing, preparation, and loading.
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The formula for calculating the tensile strength of samples using the Brazilian splitting
test is as follows [28]:

σt =
2F
πdh

(2)

where σt is the tensile strength of the sample (MPa); F is the load when the sample is
destroyed (N); d is the diameter of the sample (mm); and h is the thickness of the sam-
ple (mm).

3. Results

3.1. Relationship between Shale Tensile Strength and Saturation

The tensile strength–saturation curves of the samples prepared using three different
strategies under parallel and perpendicular bedding loading modes are shown in Figure 3.

 
(a) (b) 

Figure 3. Tensile strength–saturation: (a) perpendicular bedding loading; (b) parallel bedding load-
ing.

From Figure 3, it can be observed that the tensile strength of shale decreases signif-
icantly with increasing saturation, showing an approximate linear change trend, which
is independent of the selection of sample preparation strategies and loading directions.
In the “dry-wet” preparation group, the tensile strength of shale is 3.81–6.84 MPa in the
completely dry state and 2.06–4.16 MPa in the completely saturated state, with strength
differences of 2.72 MPa and 1.81 MPa under perpendicular and parallel bedding load-
ing, respectively. In the “dry-wet-dry” preparation group, the tensile strength of shale is
10.71–12.40 MPa in the completely dry state and 3.61–5.95 MPa in the completely saturated
state, with strength differences of 6.69 MPa and 7.04 MPa under perpendicular and parallel
bedding loading, respectively. In the “wet-dry-wet” preparation group, the tensile strength
of shale is 3.26–8.52 MPa in the completely dry state and 1.60–3.60 MPa in the completely
saturated state, with strength differences of 4.90 MPa and 3.58 MPa under perpendicular
and parallel bedding loading, respectively.

3.2. Tensile Strength Dispersion

To analyze the influence of different sample preparation strategies on the tensile
strength dispersion of saturated shale, the formula of the coefficient of dispersion is as
follows [29]:

Vs =
σ

μ
(3)

71



Energies 2024, 17, 2327

where Vs is the coefficient of dispersion; σ is the standard deviation of shale tensile strength
(MPa); and μ is the average value of shale tensile strength (MPa).

The tensile strength dispersion of shale samples under different saturation for three
sample preparation strategies is shown in Figure 4. The coefficient of dispersion of shale
tensile strength in the “dry-wet” preparation group ranges from 0 to 0.1460, in the “dry-wet-
dry” preparation group it ranges from 0 to 0.1668, and in the “wet-dry-wet” preparation
group it ranges from 0.0784 to 0.5068, with most values exceeding 0.2. When the coefficient
of dispersion is 0, the number of samples is 1.0 and is not discussed. Under the same
saturation conditions, the coefficient of dispersion of tensile strength is relatively small
for the “dry-wet” preparation group and “dry-wet-dry” preparation group, while it is
consistently higher for the “wet-dry-wet” preparation group, indicating that the differences
in sample preparation strategies affect the tensile strength dispersion of saturated shale.

  
(a) (b) 

Figure 4. Dispersion–saturation: (a) perpendicular bedding loading; (b) parallel bedding loading.

3.3. Relationship between Tensile Strength Degradation and Saturation

In the process of studying the impact of fluids on rock strength, it is found that various
types of rocks exhibit a law of strength degradation due to their moisture content, and the
degree of degradation is quantified using the degradation degree, and the formula is the
following [15]:

DB.T.S. =

(
1 − σt0

σtdry

)
× 100% (4)

where DB.T.S. is the degree of Brazilian tensile strength degradation; σt0 is the tensile
strength of the sample at any saturation (MPa); and σtdry is the tensile strength of the
sample when completely dry (MPa).

The relationship between the degree of degradation and the saturation of shale samples
prepared using three sample preparation strategies is shown in Figure 5. With increas-
ing saturation, the degree of degradation of the sample also increases, and the degree of
the degradation–saturation curve exhibits an upward concave shape, indicating that the
strength degradation of samples becomes more severe with increasing saturation, particu-
larly at high saturation. Although changes in sample preparation strategies and loading
directions do not affect the law of degradation degree dispersion with saturation, the
choice of sample preparation strategies leads to differences in the degree of degradation of
samples under different moisture contents.

When the sample saturation is low, the degradation degrees of the samples under
the “dry-wet-dry” and “wet-dry-wet” strategies are similar, while the degradation degree
of the sample under the “dry-wet” strategy is significantly smaller, and the difference
between the strategies is more obvious with the gradual increase in saturation. During
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the test, when the saturation was 0%, the “dry-wet-dry” and “wet-dry-wet” samples had
undergone 24 h wet treatment, so the degradation degree was similar, while the “dry-wet”
samples had not been wet treated, but the degradation degree was lower than the other
two. With the increase in saturation, the contact time of samples with different strategies
with water increases.

  
(a) (b) 

Figure 5. Degradation degree–saturation: (a) perpendicular bedding loading; (b) parallel bed-
ding loading.

Comparing the degradation degree of shale samples prepared using three sample
preparation strategies at different saturations, the results are shown in Table 2. With
increasing saturation, the degradation degree of shale samples prepared using the “dry-
wet” preparation strategy ultimately increases to about 40%, while those prepared using
the “wet-dry-wet” and “dry-wet-dry” preparation strategies increase to about 60%. It is
worth noting that in the “wet-dry-wet” preparation process, the sample fails before loading
when fully saturated, indicating that the strength of the sample is still deteriorating, and
the actual degradation may be higher than the test results. Overall, the deteriorative degree
of samples prepared using the “wet-dry-wet” strategy is relatively higher among the three.
In contrast, the deteriorative degree of samples prepared using the “dry-wet” strategy is
relatively lower, and the deteriorative degree of samples prepared using the “dry-wet-dry”
strategy is between the two.

Table 2. Results of degradation degree.

Saturation
Perpendicular Bedding Loading Parallel Bedding Loading

“Dry-Wet” “Dry-Wet-Dry” “Wet-Dry-Wet” “Dry-Wet” “Dry-Wet-Dry” “Wet-Dry-Wet”

100% 40.8% 59.6% 63.6% 41.4% 57.4% 61.1%
80% 40.3% 43.6% 60.5% 39.5% 31.6% 51.2%
60% 11.5% 28.2% 39.4% 15.6% 11.1% 37.5%
40% 6.9% 15.3% 17.5% 13.6% 4.3% 20.5%
20% 4.9% 4.2% 4.9% 6.3%

3.4. Failure Mode

Yang et al. [30] categorized the Brazilian splitting failure modes of shale into crescent,
arc, and straight-line types based on the angle between the bedding and loading direc-
tion. The shale samples exhibit a straight-line failure mode when the loading direction is
perpendicular or parallel to the bedding.

The failure modes of samples prepared using the three different sample preparation
strategies in completely dry and completely saturated states are shown in Figure 6. The
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results indicate that the choice of sample preparation strategy affects the Brazilian splitting
failure mode of water-bearing shale.

  

(a) (b) 

Figure 6. Destruction mode: (a) perpendicular bedding loading; (b) parallel bedding loading.

The bedding structure of shale is symmetric about the loading direction in both parallel
and perpendicular bedding loading modes, resulting in a symmetrical stress field about
the loading surface, leading to straight-line cracks through the center of the sample during
shale failure. When the “dry-wet” and “dry-wet-dry” preparation strategies are chosen,
the main crack in the shale splits along the sample’s central axis under completely dry
and completely saturated conditions, forming relatively smooth straight lines. When the
“wet-dry-wet” preparation strategy is chosen, the shale sample still exhibits a straight-line
failure mode when completely dry. However, under completely saturated conditions, the
crack path of the sample deviates from the center position, and the crack morphology is
no longer smooth but shows multiple inflection points, presenting a non-linear failure
pattern. These results indicate that the internal structure of shale changes significantly
under this preparation condition, affecting the symmetry of the stress field distribution,
and the complex stress distribution leads to the manifestation of shear failure characteristics
in shale. The requirement for a more extended sample soaking time in the “wet-dry-wet”
preparation process to achieve complete saturation and mechanical testing is a significant
reason for the non-linear failure mode of the sample. The characteristics of the two types of
failure modes are shown in Figure 7.

Figure 7. Two characteristic failure modes.

3.5. Mechanism Analysis

Shale is primarily composed of clay minerals such as illite, montmorillonite, kaolinite,
and chlorite, as well as quartz, muscovite, pyrite, and other minerals. The hydration
expansion characteristics of clay minerals significantly impact the mechanical properties
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of shale when exposed to water [31]. The capillary effect, as a crucial prerequisite for
shale hydration, promotes water penetration into the rock’s interior and contact with
clay minerals, initiating hydration reactions during the sample soaking process [32]. Clay
mineral hydration reactions mainly involve two stages: surface hydration and osmotic
hydration. Surface hydration occurs as water molecules form several molecular layers on
the clay mineral surface through adsorption, causing mineral lattice expansion. Osmotic
hydration manifests as a concentration gradient between the high-charge cations of small
radius in the interlayer of mineral layers and the cations in the soaking water, leading to
water penetration between the layers and increasing the interlayer spacing. The changes
in lattice structure and interlayer spacing expansion result in the volumetric expansion of
clay mineral particles. Observations of hydrated shale microstructures using techniques
such as CT imaging and electron microscopy reveal that clay mineral expansion leads
to loosening of the internal structure, fragmentation, and an increase in micropores and
microcracks [23,33,34]. These changes deepen the influence of capillary forces on the
internal shale cracks and, combined with the hydration stress generated by clay mineral
expansion, contribute to crack propagation [35]. The structural changes in shale induced
by capillary forces and clay mineral hydration are irreversible and tend to become looser
and more fragmented over time due to hydration effects, ultimately leading to a further
reduction in shale strength. Hydration in shale begins during water absorption, with
noticeable hydration cracks observed within 24 h of immersion [36,37].

Moreover, the expansion degree of clay mineral hydration increases with soaking
time, indicating a significant temporal dependency in the deterioration in hydrated shale
strength [38]. However, the low-temperature drying of shale at 55 ◦C does not have a
significant impact, and it is also insufficient to completely remove the adsorbed water
and interlayer water on clay mineral particle surfaces (the temperature needs to reach
110 ◦C) [39]. Therefore, dry treatment does not affect the interaction between clay particles
and water in shale but only influences the presence of free water in shale. During the prepa-
ration of hydrated shale specimens, capillary effects and clay mineral hydration expansion
cause internal structure loosening, fracturing, crack development, and consequently, a
decrease in shale strength, with the degree of influence depending on the soaking time in
different preparation strategies.

In the “wet-dry-wet” sample preparation strategy, SEM scanning was performed
when the specimens reached complete saturation after the first and second wet treatments,
producing images as shown in Figure 8. Figure 8a shows that even when the specimen
reaches complete saturation after the first wet treatment, tiny gaps still exist between the
minerals inside the shale, and the mineral surfaces exhibit granular materials. Figure 8b
reveals that after complete drying and subsequent re-saturation during the second wet
treatment, clay minerals exhibit significant expansion. It can be seen from Figure 8c
that the minerals are exfoliated after the shale is soaked in water, and the small broken
particles are distributed on the surface of the sample. After the second wet treatment, the
number of these broken particles increases, as shown in Figure 8d. However, it can be
seen in Figure 8e that after the first wet treatment, there are a small number of tiny pores
between minerals (pyrite in the figure). After secondary immersion, these micropores
tend to increase, as shown in Figure 8f. This indicates that with increased wet treatment
time, the internal structure of shale, even under complete saturation, becomes looser and
more fragmented. Furthermore, shale hydration exhibits time-dependent characteristics,
and prolonged immersion can deepen hydration, leading to further deterioration in shale
tensile strength.
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(a) (b) 

  
(c) (d) 

  
(e) (f) 

Figure 8. SEM. images of shale during the “wet-dry-wet” sample preparation process: (a,c,e) the first
wet treatment reaches saturation; (b,d,f) the second wet treatment reaches saturation.

The differences in the three sample preparation strategies mainly stem from the num-
ber of wet treatment times and their durations. The wet treatment time required to achieve
complete saturation of the sample is approximately 24 h, while the wet treatment time for
preparing samples with different saturation ranges from 0 to 24 h. Thus, both the “dry-wet”
and “dry-wet-dry” sample preparation strategies involve one wet treatment, with wet
treatment times of 0–24 h and 24 h, respectively, while the “wet-dry-wet” strategy involves
two wet treatments with wet treatment times of 24–48 h. During sample preparation, the
wet treatment processes lead to shale hydration, and longer wet treatment times result
in increased shale hydration, leading to further deterioration in shale strength, increased
dispersion in test results, and deviation from theoretical models in sample failure modes.
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In summary, the increase in wet treatment time and frequency during sample preparation
strengthens the changes in shale internal structure induced by capillary forces and clay
mineral hydration expansion, resulting in increased degradation and dispersion in shale
tensile strength, and influencing the failure mode of the shale specimens.

4. Discussion

Since shale water absorption saturation and hydration reactions occur simultaneously
during sample preparation [35], under this experimental condition, the deterioration in
shale strength represents the combined result of wet treatment time and moisture content,
making it difficult to isolate the individual effects of saturation or moisture content on shale
tensile strength using conventional sample preparation strategies. Moreover, moisture
content alone cannot reflect the degree of hydration, and explaining the mechanism of
shale strength degradation caused by moisture content from a hydration perspective lacks
sufficient evidence. Therefore, only approximate conclusions can be drawn regarding the
effects of wet treatment time on shale strength deterioration.

Wet treatment time is a crucial factor affecting the shale hydration reaction, and
during the preparation of samples with different moisture contents, the wet treatment
time is influenced by the selection of sample preparation strategies. Even when samples
with the same saturation or moisture content are prepared using different methods, the
degree of degradation in shale strength varies. Strategies with longer wet treatment times
intensify shale hydration, which causes further deterioration in shale strength, dispersion
in the test results, and deviation from theoretical models in sample failure modes. The
problem of increased tensile strength dispersion caused by shale hydration also hampers
the determination of the relationship between tensile strength and saturation. When the
sample exhibits a non-linear failure pattern, the stress characteristics deviate from the
theoretical model of the Brazilian splitting test, making it more challenging to characterize
the actual strength of the sample using the theoretical model.

From the perspective of tensile strength dispersion, both the “dry-wet” and “dry-
wet-dry” sample preparation strategies yield results below 0.17, while the “wet-dry-wet”
strategy yields results mostly exceeding 0.2, indicating significantly greater dispersion.
Analyzing the degree of tensile strength degradation, the maximum degradation in the
“dry-wet” strategy reaches 40%. In contrast, in the “dry-wet-dry” and “wet-dry-wet”
strategies, the maximum degradation can be 60%, with the “wet-dry-wet” shale exhibiting
immediate degradation before loading, suggesting potentially more significant degradation.
Thus, the “dry-wet” sample preparation strategy effectively reduces the degradation in
sample tensile strength. Regarding failure modes, both the “dry-wet” and “dry-wet-dry”
strategies exhibit linear failure patterns during the transition from complete drying to
complete saturation, consistent with the theoretical model of Brazilian splitting. However,
after “wet-dry-wet” sample preparation, samples under complete saturation exhibit a
non-linear failure pattern, indicative of shear failure characteristics, deviating from the
theoretical model.

To better discuss the influence of moisture content on shale tensile strength and
minimize unfavorable factors in the test results’ analysis, efforts should be made to mitigate
the degradation in shale strength caused by clay mineral hydration. In selecting sample
preparation strategies, this goal can be achieved by reducing the wet treatment time as
much as possible. The “dry-wet” sample preparation strategy effectively shortens the wet
treatment time, allowing test results to reflect the impact of moisture content on shale tensile
strength with increased accuracy and facilitating a systematic summary of the results.

Additionally, other strategies can be employed to mitigate the influence of shale
hydration reactions on research results. For instance, solutions that inhibit shale hydration
can be used as soaking liquids [40]. Furthermore, wet treatment strategies and equipment
improvements can further shorten the wet treatment times [41]. However, these strategies
only reduce the impact of shale hydration and cannot eliminate it. Therefore, when
studying the effects of different moisture contents on shale tensile strength deterioration, the
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influence of shale hydration will always be present, and test results can only approximate
the relationship between moisture content and shale tensile strength.

5. Conclusions

This study investigated the influence of sample preparation strategies on the variation
in shale tensile strength with moisture content, employing three different saturation sample
preparation strategies in Brazilian splitting tests. The following conclusions were drawn:

(1) The soaking time when preparing the sample will affect the degradation effect of shale
strength, that is, the longer the soaking time is, the higher is the strength degradation
degree of the sample with the same moisture content. Therefore, in the process of
studying the effect of different moisture contents on the tensile strength of shale, the
effect of soaking time cannot be ignored.

(2) Under the joint influence of moisture content and soaking time, the tensile strength of
shale decreases approximately linearly with the increase in saturation. The degree of
deterioration increases nonlinearly with the increase in saturation, and the growth
rate increases from slow to fast.

(3) In the process of sample preparation, the increase in soaking time will lead to the
increase in dispersion of shale tensile strength, and may lead to the failure mode of
the sample deviating from the Brazilian splitting theory model.

(4) In order to reduce the strength deterioration caused by hydration when studying the
effect of moisture content on shale strength, the soaking time should be reduced as
much as possible when preparing the samples.
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Abstract: This work aims to explore the Lower Silurian shale gas and tight sandstone gas accumula-
tion conditions in the Gongtan Syncline, southeastern Sichuan Basin. The sedimentary environment,
organic geochemical characteristics, reservoir characteristics, gas content, and preservation conditions
of the reservoir were comprehensively analyzed. The results show that the Wufeng–Longmaxi For-
mation shale formed in a deep-water shelf characterized by a large thickness (50–70 m), appropriate
total organic carbon content (0.5–5.47%), high maturity (2.38%), high brittle mineral content (67.10%),
and large gas content (0.71–1.64 m3/t), and the formations show the good resource potential of the
shale gas. The Xintan Formation formed in a lower shore phase, and the tight sandstone is locally
developed with a small thickness. The Xiaoheba Formation formed in an upper-middle shore phase,
and the tight sandstone is stably distributed with large thicknesses. The porosity and permeability of
the two sets of sandstone are small and some natural fractures are developed in the sandstone, but
the fracture filling degree is higher. The results of well logging show that there are abnormally high
values of total hydrocarbon in both the Xintan Formation and Xiaoheba Formation; this indicates that
tight sandstone gas is developed in the Lower Silurian strata. A comprehensive study indicates that
the Lower Silurian of the Gongtan Syncline has the geological conditions for the formation of shale
gas and tight sandstone gas, which are the “Two gases” with good co-exploration prospects.

Keywords: Gongtan Syncline; Lower Silurian; shale gas; tight sandstone gas; gas co-exploration

1. Introduction

With the continuous growth in global energy demand and the transition toward a low-
carbon society, unconventional natural hydrocarbons have garnered increasing attention
from nations worldwide [1–5]. Shale gas and tight sandstone gas have become focal points
of research and exploration for unconventional natural gas resources in China. After years
of exploration and development, these resources have become a tangible and essential
component of China’s energy portfolio [6–8]. In recent years, the Chongqing region, as a
part of the southeastern Sichuan Basin, has emerged as a primary area for shale gas explo-
ration in China. Breakthroughs have been achieved in the Wufeng–Longmaxi Formation in
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areas such as Fuling, Yuxi, Pengshui, and Nanchuan, confirming the substantial resource
potential of this shale formation in the Chongqing region [9–12]. Meanwhile, previous
studies have also indicated that the Sichuan Basin and surrounding areas harbor abundant
tight sandstone gas resources, primarily within the Triassic (Xujiahe Formation), Jurassic,
and Ordovician (Hanjiadian Formation and Xiaoheba Formation) strata [13–15]. Further,
in the Chongqing and adjacent regions, drilling activities targeting the Ordovician Han-
jiadian Formation and Xiaoheba Formation have demonstrated active oil and gas shows,
with multiple wells achieving industrial gas flows [16,17], underscoring the promising
exploration potential for tight sandstone gas in the Ordovician strata of the Chongqing
region. However, a significant suite of tight sandstone reservoirs has been identified within
the Ordovician strata in the southeastern region of the Sichuan Basin [18,19], but there has
been limited foundational research into whether the southeastern region of the Sichuan
Basin possesses the geological conditions conducive to the development of tight sandstone
gas in the Ordovician strata.

In response to the coexistence of multiple oil and gas resources in the same region,
scholars have proposed various methods for joint exploration and development of multiple
resources [20–23]. These approaches not only help in cost-saving during exploration, but
also ensure the comprehensive utilization of resources. As of now, successful examples of
unconventional gas joint development have been seen around the world. For instance, in
Colorado’s Piceance Basin, deep coalbed methane and tight sandstone gas have been jointly
extracted in a pioneering experiment [24,25]. In Wyoming’s Wind River Basin, pressure-
parted joint production of coalbed methane and sandstone gas has yielded individual well
daily production rates of tens of thousands of cubic meters [26]. Similarly, in Canada’s
Horseshoe Canyon, coalbed methane along with the overlying and underlying sandstone
and shale have been exploited jointly, resulting in higher gas production compared to
single-layer extraction methods [27]. In China, regions with coexisting coalbed methane,
shale gas, and tight sandstone gas are abundant, and in recent years, several studies have
been conducted focusing on the characteristics of unconventional natural gas coexistence,
resource potential assessment, and exploration and development strategies. For example,
based on the research on unconventional natural gas accumulation conditions in the
Qinshui Basin coal series, Li et al. established a model for the coexistence of coalbed
methane, shale gas, and tight sandstone gas, indicating promising prospects for the joint
exploration and development of these “Three gases” in the region [28]. Cao Daiyong et al.
studied the geological conditions of unconventional natural gas accumulation in the coal
series on the western margin of the Ordos Basin and established a model for the occurrence
of coal-based unconventional natural gas [29]. Zhong Jianhua et al., based on their research
on the gas-bearing seal characteristics of the coal series on the eastern margin of the Ordos
Basin, proposed a model for the coexistence of tight sandstone gas, shale gas, and coalbed
gas [30]. Zhou Yitong et al. conducted a coal series of “Three gases” joint production
engineering practices in the Songhe Oilfield in western Guizhou, revealing promising
development prospects for the “Three gases” in that area [31]. Previous comprehensive
exploration and evaluation studies on the unconventional natural gas in China have
often focused on coal-based unconventional gas, with limited research on the coexistence
and feasibility of marine unconventional gas. However, in recent years, discoveries of
coexisting shale gas and tight sandstone gas have been made in the marine strata of
southern China [32,33], suggesting that southern marine strata also possess multiple types
of unconventional gas accumulation conditions and configuration relationships, potentially
enabling the joint exploration and exploitation of multiple gases. Nevertheless, research
evaluating the joint exploration potential of shale gas and tight sandstone gas in the marine
strata of southern China has yet to be undertaken.

In recent years, extensive exploration and evaluation of the shale gas in the Wufeng–
Longmaxi Formation has been carried out in the southeastern Sichuan Basin. In 2015,
during drilling operations at the GD 1 well located in the Gongtan Syncline, besides
encountering favorable gas shows in the target Wufeng–Longmaxi Formation layers, gas
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anomalies were also detected in the overlying Xintan Formation tight sandstone. This
discovery represents the first identification of tight sandstone gas in the Silurian strata in the
southeastern marginal area of the Sichuan Basin [33], suggesting the potential coexistence
of shale gas and tight sandstone gas in the Silurian strata of this region. Therefore, this
study aims to analyze the fundamental conditions for the formation of Silurian shale gas
and tight sandstone gas in the southeastern region of the Sichuan Basin, elucidate the
unconventional natural gas resource potential in the Gongtan Syncline, and provide data
support and guiding recommendations for the joint exploration and development of shale
gas and tight sandstone gas in the study area.

2. Geological Settings and Sample Collection

2.1. Geological Background

The Gongtan Syncline is situated at the border between the southeastern region of
Chongqing and the northern region of Guizhou (Figure 1), and it is a geological unit within
the Yangtze Paraplatform (Level I), consisting of the Shangyitai Intra-Basin Depression
(Level II) and the Yudongnan Depression and Fold Belt (Level III). The exposed parts of
the syncline in the southeastern Sichuan Basin are divided into the northern and central
segments, with an exposed length of approximately 20 km. The syncline comprises sedi-
mentary strata from the Neoproterozoic era to the present, and it is dominated by Paleozoic
formations. The axis of the syncline is primarily composed of the Lower Triassic Jialingjiang
Formation, with Triassic, Permian, Devonian, and Ordovician formations exposed on both
flanks. The Gongtan Syncline was mainly formed during the Late Yan Mountain and
Himalayan periods. Despite undergoing extensive geological evolution, it exhibits good
structural continuity and simplicity, trending in a north–northeast direction. The limbs of
the syncline have steep dips, ranging from 30–86◦ on the northwest limb and 10–65◦ on the
southeast limb. Faults are relatively rare and mostly occur near the fold axis, with short
extensions (Figure 2).

 

Figure 1. Regional location of the study area.

The Silurian strata in the southeastern Sichuan Basin, where the study area is located,
are widely distributed, particularly in the lower and middle series. The upper part of the
middle series and the upper series are absent within the regional context. From bottom
to top, the stratigraphy consists of the Longmaxi Formation, Xintan Formation, Xiaoheba
Formation, and Hanjiadian Formation. The Longmaxi Formation and the underlying
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Wufeng Formation are characterized by dark shale. Reservoirs of Silurian clastic rocks
are mainly distributed in the Middle Silurian Hanjiadian Formation, the Lower Silurian
Xiaoheba Formation, and the Xintan Formation. However, the Hanjiadian Formation
suffers from severe erosion and extensive exposure within the Gongtan Syncline.

 

Figure 2. Regional structure diagram of the Gongtan Syncline. The arrow refers to the tendency of faults.

2.2. Sampling and Methodology

Shale samples from the Wufeng and Longmaxi Formations were collected from the cores
of shale gas Wells GD 1 and YC 2, as well as from three outcrop profiles within the study area,
totaling 100 samples. Additionally, tight sandstone samples from the Xintan and Xiaoheba
Formations were collected from Well GD 1, totaling 15 samples. The collected shale samples were
subjected to a series of analyses, including TOC, Ro, maceral composition, thin section analysis,
whole-rock X-ray diffraction quantitative analysis, scanning electron microscopy, porosity and
permeability measurements, and gas desorption. Tight sandstone samples underwent thin
section analysis, as well as porosity and permeability measurements.

In this study, the organic geochemical characteristics of shale were characterized us-
ing three parameters: TOC, Ro, and organic matter type. The German Leica Instrument
Company’s DM4500P optical microscope was employed to measure the Ro and maceral
composition, assessing the thermal maturity and organic matter type of the shale. The
corresponding analysis methods followed the standards of the Chinese petroleum and
natural gas industry, specifically SY/T 5124-2012 [34] and SY/T 5125-2014 [35]. To deter-
mine the total organic carbon content of the samples, a China HaiCheng Rock-Eval VIII
instrument (produced by HaiCheng Petrochemical Instrument Factory) equipped with a
flame ionization detector was employed. The corresponding testing procedures adhered to
the Chinese national standard GB/T 18602-2012 [36].

The reservoir characterizations of the shale and tight sandstone in this study primar-
ily involved analyzing mineral composition characteristics, pore structure features, and
porosity–permeability characteristics. Mineral composition characteristics were analyzed
using X-ray diffraction (XRD) technology with a Bruker D8 Advance X-ray diffractome-
ter from Bruker Corporation, Berlin, Germany, following the guidelines of the Chinese
petroleum and natural gas industry standard SY/T 5163-2010 [37]. The pore structure was
determined using a JSM-6610LV scanning electron microscope (SEM) from JEOL, Beijing,
Chian and an X-max energy dispersive spectrometer from Oxford Instruments, Shanghai,
Chian. Corresponding analysis methods adhered to the Chinese national standards GB/T
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18295-2001 [38] and GB/T 17359-2012 [39]. Porosity and permeability were determined
using an AP-609 porosity–permeability testing instrument from Coretest Systems following
the procedures outlined in the Chinese national standard GB/T 29172-2012 [40].

An integrated analysis of sedimentary environments was conducted by combining
the field outcrop data, drilling logs, well-logging data, and thin section analysis results.
The thin section analysis was primarily aimed at identifying rock types and providing data
support for the depositional facies division of the target layers. The experiments utilized
a Leica Scope.A1 polarizing microscope from Leica Instrument Company, Beijing, China,
following the guidelines of national standard GB/T 17412.1~3-1998 [41]. Shale gas content
testing was performed using an on-site gas content testing instrument developed by the
Chongqing Institute of Geology and Mineral Resources. The test results were primarily
used to evaluate the shale gas resource potential, with on-site testing methods following
the Chinese national standard GB/T 19559-2008 [42].

3. Gas Accumulation in Shale and Tight Sandstone

3.1. Favorable Geological Condition for Shale Gas
3.1.1. Sedimentary Environment

Previous studies have indicated that the Silurian strata in the southeastern part of the
Sichuan Basin were deposited in a shallow marine shelf environment [43,44]. Based on
a comprehensive analysis of drilling, outcrop data, and thin-section identification, along
with previous research findings, the Wufeng–Longmaxi Formation in the southeastern of
the Sichuan Basin can be vertically subdivided into two subfacies and four microfacies
sedimentary types. The two subfacies are a shallow-water continental shelf and a deep-
water continental shelf. The four microfacies are deep-water argillaceous continental shelf
facies, shallow-water mixed continental shelf facies, shallow-water argillaceous continental
shelf facies, and shallow-water sandy continental shelf facies. Organic-rich shale mainly
develops in the deep-water mudstone shelf sub-facies. On a planar scale, most areas of
the southeastern Sichuan Basin are situated in a deep-water shelf environment, with only
parts of Youyang County and Xiushan County in a shallow-water shelf environment. The
Wufeng–Longmaxi Formation in the Gongtan Syncline is located within a deep-water shelf
environment (Figure 3), which represents a favorable sedimentary environment for shale
gas development.

 

Figure 3. Schematic diagram of the Wufeng–Longmaxi Formation in the southeastern Sichuan Basin
(modified by reference [45]).
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3.1.2. Hydrocarbon Source Rock Conditions

The mud shale of the Wufeng–Longmaxi Formation represents a regionally excellent
hydrocarbon source rock [45]. In partial areas of the southeastern Sichuan Basin, this
stratigraphic unit has undergone erosion, resulting in significant variations in sediment
thickness, ranging from 30 to 120 m, with a gradual thinning trend from northwest to
southeast [46]. Drilling and outcrop data reveal that, within the Gongtan Syncline, the
distribution of the Wufeng–Longmaxi Formation mud shale is relatively stable, with
thickness primarily ranging between 50 to 70 m. Specifically, in the GD 1 well, the thickness
ranges from 1180 to 1259 m (a total of 79 m) (refer to Figure 4a), while in the YC 2 well,
the thickness ranges from 2104 to 2182 m (a total of 78 m) (refer to Figure 4b). An organic
geochemical analysis of 100 samples from drilling and outcrop materials indicates that the
organic matter in the Wufeng–Longmaxi Formation shale is predominantly Type I and
Type II1, with organic carbon content ranging mainly from 0.21% to 4.91% and averaging
at 1.10% (refer to Figure 5a). The organic matter maturity is relatively high, with vitrinite
reflectance (Ro) ranging from 1.19% to 2.39% and averaging at 2.18% (refer to Figure 5b),
indicating an evolution stage of high to over maturity. The mud shale has reached the
peak generation period, facilitating the full generation of shale gas. Consequently, the mud
shale of the Wufeng–Longmaxi Formation in the southeastern Sichuan Basin serves as a
favorable hydrocarbon source rock, providing conducive conditions for the generation of
Lower Silurian shale gas and tight sandstone gas in the region.

  
(a). GD 1 well (b). YC 2 well 

Figure 4. Columnar diagram of the organic geochemical characteristics of the Wufeng–Longmaxi
Formation shales in the study area.
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(a). TOC (b). Ro 

Figure 5. Histogram of TOC (a) and Ro (b) for the Wufeng–Longmaxi Formation shales in the study area.

3.1.3. Reservoir Characteristics

The shale of the Wufeng–Longmaxi Formation constitutes a “source-reservoir unity,”
serving as both the hydrocarbon source rock and the reservoir for shale gas [47]. Results from
an X-ray diffraction (XRD) analysis of 36 drilling and outcrop samples within the Gongtan
Syncline indicate that the predominant mineral composition of the Wufeng–Longmaxi For-
mation shale comprises detrital minerals and clay minerals (refer to Figure 6), with minor
quantities of carbonate and pyrite, among other minerals. The shale contains a high content
of brittle minerals such as quartz, feldspar, and carbonate, averaging at 67.10%, which is
conducive to reservoir fracturing and enhancement. The scanning electron microscope (SEM)
results reveal that the matrix pore types in the shale of the Wufeng–Longmaxi Formation in
the study area are primarily organic matter pores and interlayer clay mineral pores, with well-
developed structural fractures that provide favorable storage space for shale gas enrichment.
The porosity and permeability of 47 shale core samples from two wells were tested by the
thermal pulse-decay method. The results showed that the porosity of the samples ranged
from 0.19 to 5.41%, with an average of 1.21%, and the permeability ranged from 0.0001 to
0.2223 mD, with an average of 0.0082 mD. In general, the Wufeng–Longmaxi Formation in
the study area belongs to ultra-low porosity and ultra-low permeability reservoirs.

 

Figure 6. Mineral triangular diagram of the shale of the Wufeng–Longmaxi Formation in the Gongtan
Syncline.

3.1.4. Gas Content

The gas content of shale is a key parameter for evaluating the potential of shale gas
reservoirs, and it is crucial for shale gas evaluation, favorable area selection, resource
estimation, and calculation [48]. Shale gas content parameters are typically obtained
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through on-site desorption or isothermal adsorption experiments [49]. In this study, the
gas content parameters were primarily obtained using on-site desorption methods, where
the desorbed gas quantity was measured using instruments at the drilling site. Statistical
analysis of the on-site desorption experiment data from the GD 1 and YC 2 wells within
the Gongtan Syncline showed that the Wufeng–Longmaxi Formation shale exhibits good
gas content. Vertically, the gas content tends to increase with depth. Specifically, the
on-site desorption gas content of the core samples from the GD 1 well ranged from 0.42 to
3.02 m3/ton, averaging 1.64 m3/ton (Figure 7a). For the YC 2 well, the on-site desorption
gas content ranged from 0.11 to 2.39 m3/ton, averaging 0.71 m3/ton (Figure 7b). These
values are comparable to the on-site analyzed gas content of 0.90 m3/ton at the Jiaoye-1
well in the Reefs Dam area [50], indicating the favorable shale gas resource potential of the
Wufeng–Longmaxi Formation within the Gongtan Syncline.

  
(a). GD 1 well. (b). YC 2 well. 

Figure 7. Variation of the on-site desorption gas content with the buried depth of the Wufeng–
Longmaxi Formation in the Gongtan Syncline.

3.2. Favorable Geological Conditions for Tight Sandstone Gas
3.2.1. Sedimentary Environment

Based on the analysis of drilling and logging data in the southeastern Sichuan Basin,
the overlying Xintan Formation and Xiaoheba Formation above the Wufeng–Longmaxi
Formation primarily exhibit three sedimentary subenvironments: marginal marine (in-
cluding lower and middle-upper), offshore transition, and outer shelf (Figures 8 and 9).
Sandstones are mainly deposited in the middle-upper marginal marine environment, with
limited shoreface sand barriers in the lower marginal marine setting and more common
occurrences of mudstone interbeds. In the offshore transition zone, there are occasional
storm-induced sand barriers, but they are limited in distribution and scale. The Xin-
tan Formation predominantly consists of the sand barriers and mud flats of the lower
shoreface within the study area (Figure 8), with tight sandstones developed only in the
sand barriers on the western flank of the syncline. The Xiaoheba Formation in the Gongtan
Syncline mainly features coastal sand barriers in the middle-upper marginal marine setting
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(Figure 9), with a relatively developed occurrence of tight sandstones. Therefore, the Xintan
Formation and Xiaoheba Formation in the study area represent sedimentary environments
conducive to the development of tight sandstones, providing the material basis for the
formation of tight sandstone reservoirs in the region.

 
Figure 8. Schematic diagram of the sediments of the Xintan Formation in the southeastern Sichuan
Basin (modified by reference [51]).

 

Figure 9. Schematic diagram of the sediments of the Xiaoheba Formation in the southeastern Sichuan
Basin (modified by reference [52,53]).

3.2.2. Reservoir Characteristics

Analysis of the drilling and logging data from Wells GD 1 and YC 2 revealed the
presence of discontinuous sand bodies in the middle-upper part of the Xintan Formation
within the study area. These sand bodies exhibit unstable single-layer thicknesses ranging
from 2 to 15 m, and they are primarily composed of calcareous silty sandstone. The lower
part of the Xiaoheba Formation shows continuous and relatively thick-bedded sand bodies,
with thicknesses ranging from 26 to 50 m. The lithology of these sand bodies mainly
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consists of fine-to-silty sandstone and calcareous silty sandstone, exhibiting coarser grain
sizes compared to the mudstone–siltstone of the Xintan Formation. Physical property
analyses of 15 core samples from the GD1 well (Figure 10) showed low porosity and
permeability values for the middle-upper part of the Xintan Formation and the lower
part of the Xiaoheba Formation. Porosity values ranged from 0.83% to 3.96%, with an
average of 2.12%, while permeability ranged from 0.0015 to 0.0920 mD, with an average
of 0.0227 mD. Interpretation of the logging data indicates that, even in the middle-upper
Xintan and lower Xiaoheba Formations, the tight sandstone reservoirs exhibit extremely
low porosity and low permeability characteristics (Table 1). In summary, the sandstone
reservoirs within the Xintan and Xiaoheba Formations exhibit poor physical properties,
and they are characterized as having extremely low porosity and low permeability tight
sandstone reservoirs.

 

Figure 10. Porosity and permeability of the Lower Silurian tight sandstone in the GD 1 well.

Table 1. Reservoir petrophysical parameters of the tight sandstones from the Xintan and Xiaoheba
formations. The value of porosity and permeability refers to the minimum-maximum and the average.

Well Top Depth (m) Basal Depth (m) Porosity (%) Permeability (mD)

GD 1 978 1030 0–6.448
2.731

0–0.414
0.077

YC 2 1670 1900 1.026–6.074
2.966

0–0.255
0.023

3.2.3. Gas Content

The existing drilling and logging data indicate that the two wells not only exhibit good
gas indications within the syncline, but also show gas indications in the overlying Xintan
and Xiaoheba formations. The gas logging curves from the GD 1 well revealed consistent
gas shows from the lower-middle part of the Xintan Formation (around 1000 m) down to
the base of the Wufeng Formation (Figure 11). In the middle section of the Xintan Formation
(approximately 1010 m to 1055 m), gas anomalies were detected in silty mudstone and
mudstone–siltstone intervals, with total hydrocarbon contents ranging from 1.651% to
12.183%. Logging interpretation of this section indicates the presence of gas-bearing zones,
suggesting good gas saturation in the mudstone–siltstone of the Xintan Formation. At
the YC 2 well, gas anomalies were identified in the lower part of the calcareous silty
sandstone within the Xiaoheba Formation (1788–1796 m), with total hydrocarbon contents
ranging from 0.196% to 7.384% (Figure 12). The logging interpretation of this section also
confirmed the presence of gas-bearing zones in this interval. These findings from both
wells encountering tight sandstone gas within the Xintan and Xiaoheba Formations further
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confirm the geological characteristic of coexisting “dual-gas” in the lower Silurian strata of
the study area.

 

Figure 11. Histogram of the gas logging of the GD 1 well.

3.2.4. Hydrocarbon Migration Pathways

(1) Reservoir fractures and hydrocarbon accumulation

Based on the research results above, it is evident that the high mud content in the tight
sandstones of the Xintan and Xiaoheba formations within the study area leads to relatively
poor reservoir properties, which are unfavorable for the migration and accumulation
of natural gas. Scholars have discovered that natural fractures developed within tight
reservoirs can serve as pathways for oil and gas migration and as trapping locations,
thereby improving the conditions for oil and gas accumulation in tight reservoirs [54,55].
Through core observations, fractures were identified within the gas-rich intervals of the
mudstone–siltstone in the middle-upper part of the Xintan Formation in the GD 1 well
(Figure 13). These fractures predominantly consist of low-angle and inclined fractures. The
fracture density is relatively low, with an average longitudinal fracture density of only
0.11 fractures per meter, primarily consisting of small fractures. The statistical analysis of
fracture filling indicates that most fractures are filled, with fully filled fractures accounting
for 87.2% of all fractures. The imaging logging data from Well YC 2 (Figure 14) show
that fractures within the tight sandstone of the Xiaoheba Formation mainly consist of
high-resistance fractures and drilling-induced fractures, with minimal development of
high-conductivity fractures. As a result, natural fractures are developed to a certain extent
within the Lower Silurian tight sandstone formations in the study area, but these fractures
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are predominantly filled, which may partially affect the migration and accumulation of
natural gas within the tight sandstone reservoirs.

 

Figure 12. Histogram of the gas logging of the YC 2 well.

 

Figure 13. Fracture characteristics of the tight sandstone of the Xintan Formation in the GD 1 well.
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Figure 14. Dip angles of the natural fractures in the Xiaoheba Formation, Well YC 2.

(2) Fractures of the hydrocarbon source rock and hydrocarbon accumulation

For the tight sandstone gas reservoirs in the Xintan and Xiaoheba Formations within
the study area, the organic-rich shale of the Upper Ordovician Wufeng Formation to the
Lower Silurian Longmaxi Formation serves as the main source rock for hydrocarbons.
Natural gas within shale layers require effective migration pathways for transport [56–58],
whereas these shale layers exhibited characteristics of self-generation, self-storage, tightness,
low porosity, and ultra-low permeability. The presence of natural fractures undoubtedly
can provide crucial conditions for the migration of gas within shale layers, facilitating gas
expulsion. Through core observations, it was observed that natural fractures are developed
within the Wufeng–Longmaxi formations in the wells of GD 1 and YC 2 (Figure 15). These
fractures predominantly consist of high-angle cutting and vertical fractures. Such fractures
effectively connect different mechanical layers of the rock, forming efficient pathways for
natural gas migration. Consequently, natural gas generated within the Wufeng–Longmaxi
shale formations can migrate into the overlying Xintan and Xiaoheba formations of tight
sandstones through these pathways.

 
(a). Core samples from the lower part of the Wufeng–Longmaxi Formation in Well GD 1. 

 
(b). Core samples from the lower part of the Wufeng–Longmaxi Formation in Well YC 2. 

Figure 15. Fracture characteristics of the Wufeng–Longmaxi Formation in the Gongtan Syncline.
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4. Gas Preservation Settings

The Wufeng–Longmaxi Formation shales are extensively distributed within the Gong-
tan Syncline at moderate burial depths. Overlying these formations are medium-thick
layers of silty mudstone, muddy siltstone, and fine sandstone belonging to the Xintan and
Xiaoheba formations, serving as both reservoirs of tight sandstone gas and caprocks for
Wufeng–Longmaxi Formation shales. The Hanjiadian Formation overlies the Xintan and
Xiaoheba Formations. Its lower portion predominantly consists of yellow and yellow-green
shales interbedded with a purple-red shale. The middle section is composed of yellow-
green, gray-green, and purple-red shales along with thick layers of siltstone. The upper
part of the Hanjiadian Formation is characterized by yellow-gray and gray-green shales.
The Hanjiadian Formation exhibits significant thickness, ranging from 703 to 783 m, and it
is extensively distributed throughout the study area. It is characterized by low porosity,
low permeability, and effective sealing properties. Consequently, the development of direct
caprocks for shale gas and tight sandstone gas is well established, exhibiting favorable
sealing characteristics.

Seismic interpretation results indicate that the Gongtan Syncline is a typical dish-
shaped fold with a relatively weak structural deformation. Only a few faults with relatively
small fault scales and spacings are present within the Xintan and Longmaxi formations,
as well as underlying formations in the syncline. These faults do not breach the overlying
layers of the Lower Silurian shale and tight sandstone reservoirs (Figure 16). Overall, the
structural style of the Gongtan Syncline is straightforward, and the faults developed within
the syncline have minimal impact on the preservation conditions of shale gas and tight
sandstone gas, making it an advantageous area for unconventional oil and gas preservation
in the southeastern part of the Sichuan Basin.

 

Figure 16. Structural profile of the Gongtan Syncline (Profile lines are shown in Figure 2). The red
dotted lines represent faults in the Gongtan Syncline.

5. Conclusions

(1) Within the Gongtan Syncline, the Wufeng–Longmaxi Formation is situated in a deep-
water continental shelf depositional environment, characterized by thick organic-rich
shale deposits with high organic content, moderate thermal maturity, and good hydro-
carbon generation potential. This provides a solid material basis for the accumulation
of shale gas and tight sandstone gas. The Wufeng–Longmaxi Formation in the study
area exhibits high desorption gas content from organic-rich shale, indicating good
gas-bearing properties and significant potential for shale gas resources.
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(2) The Xintan Formation primarily comprises offshore sandbars and nearshore mud flats
of the lower shoreface, with an unstable distribution of tight sandstone layers. These
tight sandstone layers have relatively small individual thicknesses, predominantly
developing within the offshore sandbars on the western flank of the syncline. The
Xiaoheba Formation is dominated by alongshore sandbars of the upper-middle shore
phase, with well-developed tight sandstone that is characterized by thicker individual
layer thickness and more stable distribution. Both sets of tight sandstone reservoirs
exhibit low porosity, low permeability, and some natural fractures characterized by
high fracture filling. These natural fractures may facilitate the extensive migration
and accumulation of natural gas in the formations.

(3) The Lower Silurian formations within the Gongtan Syncline are at moderate burial
depths, and they are characterized by overall underdeveloped internal faults and a
relatively intact cap rock. The structural style is a broad and gentle syncline, providing
favorable conditions for hydrocarbon preservation. The geological conditions for
shale gas accumulation in the Wufeng–Longmaxi Formation within the syncline are
favorable, offering conducive prospects for shale gas exploration. The accumulation
conditions for tight sandstone gas in the Xiaoheba Formation are superior to those in
the Xintan Formation. The tight sandstone gas in the Xintan Formation is locally accu-
mulated due to the distribution of tight sandstones, which are primarily developing
on the western flank of the syncline.
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Abstract: CO2–slickwater hybrid fracturing technology is an essential part of shale gas recovery
and CO2 geo-storage. However, the exposure to supercritical CO2 (ScCO2) and slickwater can
result in potential changes of the pore structures and surface wetting behavior, which affect the gas
transportation and CO2 sequestration security in shale reservoirs. Therefore, in this paper, X-ray
diffraction (XRD), low-pressure nitrogen gas adsorption (N2GA), mercury intrusion porosimetry
(MIP), and fractal analysis were used to describe the pore characteristics of shale before and after
ScCO2–slickwater coupling treatments. Shale’s surface wettability was confirmed by contact angle
measurements. After the ScCO2–slickwater treatments, the number of micropores (<3.5 nm) and
mesopores (3.5–50 nm) increased, while that of macropores (>50 nm) declined based on the N2GA and
MIP experiments. Combined with fractal analysis, we argue that the pore connectivity diminished
and the pore structure became more complicated. By analyzing the results of XRD, shale pore changes
occurring after the ScCO2–slickwater treatment can be explained by the adsorption of polyacrylamide
(PAM). Contact angle measurement results showed that the shale’s surface treated by ScCO2 and
slickwater was more hydrophilic than that treated by ScCO2 and water, and indirectly prove our
argument above. Hence, the coupling using effect of ScCO2 and slickwater can impair the negative
effect of CO2 on the shale capillary force to improve shale gas productivity, but it can negatively
affect the security of CO2 sequestration in shale reservoirs.

Keywords: shale; pore structure; supercritical carbon dioxide; slickwater; CO2 sequestration

1. Introduction

Shale gas, an unconventional natural gas resource, possesses immense development
potential and vast reserves worldwide [1], making it a highly coveted commodity. The
United States stands as the pioneering nation in realizing the commercial exploitation
of shale gas, and its triumphant development has propelled the country towards energy
autonomy. The production of U.S. shale gas has surpassed 920.65 billion cubic meters,
representing a significant 74.23% of the country’s overall natural gas output [2]. According
to the Energy Information Administration report, China has the world’s most abundant
shale gas reserves, up to 31.58 trillion cubic meters, about 14.7% of the world’s shale gas
reserves [3]. With the increasing reliance on imported oil and gas resources, the potential
for shale gas development is also escalating, thereby rendering the exploration of shale gas
a highly sought-after research topic.

Shale reservoirs are typically remarkably tight, with low porosity and permeability,
and a large amount of shale gas exists in an adsorbed state, so shale reservoirs need to
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be stimulated to increase their permeability before shale gas can be extracted [4]. Hori-
zontal well hydraulic fracturing serves as the primary technology for extracting shale gas.
Nevertheless, this process is accompanied by numerous drawbacks, including significant
water resource consumption, potential contamination of underground water, and the chal-
lenge in reclaiming and draining fracturing fluids [5]. Hence, supercritical carbon dioxide
has emerged as a promising alternative to traditional fracturing fluids for the purpose of
hydraulic fracturing. This specialized phase of carbon dioxide, situated between liquid
and gas, offers unique advantages for this application. Its temperature and pressure are
higher than the critical temperature and pressure (Tc = 31.04 ◦C, Pc = 7.38 MPa) [6]. It
has a number of unique physical and chemical properties, such as a low viscosity, a high
diffusion coefficient, a surface tension close to zero, etc., [6]. Capable of penetrating the
micropores of shale reservoirs to generate micro-cracks during fracturing, it is deemed an
optimal substitute for water-based fracturing fluids in hydraulic fracturing operations [7].
However, it has been observed that the proppant-carrying capacity of supercritical carbon
dioxide is limited due to its extremely low viscosity, resulting in the inability to generate
effective fractures post-fracturing [8]. Furthermore, the exclusive utilization of CO2 for hy-
draulic fracturing fails to create primary fractures of significant length and width within the
geological formations, thereby limiting the scope of the fracture stimulation [9]. Therefore,
a hybrid fracturing technique has been proposed, which utilizes the combination of super-
critical CO2 and slickwater. This approach initially involves injecting liquid CO2 into the
shale formation for fracturing purposes, during which the CO2 transitions to a supercritical
state [9]. This approach can significantly augment the intricacy and extensive development
of the fracture network within the shale reservoir, thereby expediting reservoir activation
and minimizing the fracture initiation pressure [10]. Subsequently, slickwater with prop-
pants is injected at high pressure to fracture the shale reservoir, effectively supporting the
fractures and creating a large-scale fracture network to enhance the stimulated volume of
the reservoir [11]. Based on field application outcomes, the hybrid fracturing technology
utilizing supercritical carbon dioxide along with slickwater has demonstrated its effective-
ness in bolstering the extraction efficiency of shale gas [12]. Furthermore, shale exhibits a
greater affinity for CO2 compared to CH4, indicating that the injection of CO2 can efficiently
displace CH4, ultimately leading to a significant enhancement in shale gas recovery [13].

Moreover, utilizing CO2 to enhance shale gas development effectively serves the dual
purpose of advancing both shale gas extraction and CO2 geological sequestration. Notably,
CO2 is a significant greenhouse gas that contributes significantly to global warming. Var-
ious countries have recently developed carbon neutrality roadmaps to mitigate climate
change. According to the ‘China Carbon Dioxide Capture, Utilization, and Storage (CCUS)
Annual Report (2021)’, the global onshore potential for CO2 geological sequestration is
estimated to be between 6 × 1012 and 42 × 1012 tons [14]. This is 165 to 1157 times the
global CO2 emissions from energy combustion and industrial processes in 2021, which
totaled 363 × 1012 tons [14]. This underscores the immense potential of CO2 geological
sequestration as a pivotal tool in attaining carbon neutrality [15]. Currently, the primary
geological formations used for CO2 sequestration include oil and gas reservoirs, deep saline
aquifers, and unmineable coal seams [15]. Oil and gas reservoirs, traditionally utilized for
hydrocarbon storage, offer unwavering seal integrity. Furthermore, CO2 can effectively
boost the recovery of oil and gas resources, thus rendering its technical and economic
sequestration more viable. Thanks to their extensive fracture networks, depleted shale gas
reservoirs provide a significant storage capacity for CO2 [16]. The unfractured shale layers
also possess the functionality of cap rocks, effectively preventing the leakage of CO2. As a
result, these depleted reservoirs are deemed to be highly suitable geological locations for
the sequestration of CO2.

During the initial phase of shale gas extraction and the subsequent CO2 geological
sequestration, key properties such as pore characteristics and wettability hold significant
importance [17]. The pore characteristics serve as an indicator of the number of chan-
nels present within the shale formation, whereas wettability encapsulates the mechanical
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interactions between the solid and liquid phases within the reservoir [17]. Collectively,
these factors exert a considerable impact on both the extraction efficiency of shale gas and
the stability of CO2 geological sequestration [18]. However, after the hybrid fracturing
process utilizing CO2 and slickwater, there is an inevitable impact on the shale reservoir
due to the residual CO2 and slickwater [9]. For instance, the carbonic acid that results
from the reaction between CO2 and slickwater has the ability to interact with the mineral
components present in shale [9]. Supercritical CO2 may also dissolve organic materials and
clay minerals [19]. These interactions have the potential to modify the pore structure and
wettability of shale, which in turn can significantly influence both the recovery of shale gas
and the effectiveness of CO2 geological sequestration [20].

The ways in which individual fracturing fluids interact with shale and the resulting
changes in the shale pore structure are largely understood. However, despite the preva-
lent application of combined fracturing techniques, there remains a scarcity of research
investigating the combined impact of ScCO2 and slickwater on the pore structure and
wetting behavior of terrestrial shale formations. This gap in knowledge hinders the ac-
curate evaluation of pore characteristics and wettability in the formation after fracturing.
Therefore, it is essential to conduct exposure experiments on shale saturated with slickwa-
ter under different temperatures and CO2 pressures. Subsequent analyses of the treated
samples using techniques such as X-ray diffraction (XRD), atomic force microscopy (AFM),
low-temperature N2 adsorption, mercury intrusion porosimetry (MIP), and contact angle
measurements can be performed to characterize the shale samples. These tests aim to ex-
plore the variations in shale mineral components, surface morphology, pore characteristics,
and wettability. This research will aid in enhancing CO2-enhancing shale gas development
and CO2 geological storage technologies.

2. Materials and Methods

2.1. Sample Description and Preparation

The samples for the experimental study were collected from the terrestrial shale of
Zheng 083 well in the Chang 7 section of the Upper Triassic Extension Formation in the
Zhangjiatan area, Ordos Basin. The samples were buried at a depth of 495 m~512 m. Upon
completion of coring, the cores were promptly wrapped in parafilm and dispatched to
the laboratory to minimize water evaporation and oxidation of the samples due to air
exposure [9].

In this study, 1.5% KCl (as an anti-expansion agent) was used as the base liquid, and
polyacrylamide (PAM, drag-reducing agent) with a concentration of 0.1% was blended
with the slickwater. After mixing and blending the slickwater, it was left for 4 h to stabilize
its viscosity. The resistivity of the distilled water used was greater than 18 MΩ·cm, and
the KCl powder was analytically pure. PAM is a water-soluble anionic polymer with a
molecular weight of 16 million. The viscosity of the prepared slickwater was measured to
be 5.7 mPa·s and 4.7 mPa·s at room temperature and 40 ◦C, respectively, and was analyzed
using an Anton Paar rheometer (model MCR302, Graz, Austria).

2.2. CO2 Treatment Procedure

The soaking equipment used in this experiment was a self-designed high-temperature
and high-pressure shale soaking device, which includes a water bath with an accuracy of
±0.05 ◦C, a high-temperature and high-pressure reactor with internal dimension
ϕ60 mm × 120 mm, a vacuum pump, a syringe pump (Teledyne ISCO 260D) and a pres-
sure sensor. The reactor’s maximum working pressure and temperature are up to 40 MPa
and 100 ◦C, respectively [21].

In order to analyze and explain the mechanism of how to change the pore structure
and capillary pressure of shale when treated with ScCO2–slickwater, ScCO2-distilled water
treatment and He-slickwater treatment were added as a control group in the experiment.
The experiment was divided into three steps. Step 1: Shale saturated with distilled wa-
ter/slickwater. The shale bulk was cracked into particles with a grain size of 10–20 mm
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and put into a water saturator with a pressure of 0.1 MPa and saturated with distilled
water/slickwater until the pressure no longer changed and then taken out. Step 2: ScCO2
static soaking experiments of saturated distilled water/slickwater shale were carried out
using the above-mentioned soaking device. To simulate the effect of ScCO2 on the pore
structure of shale after entering the formation, the shale was treated at 40 ◦C and 8 MPa for
4 days. Then, shale particles were dried in a vacuum oven at 110 ◦C for 48 h to completely
remove the free and weakly bound water in the shale pores. Step 3: According to the
requirements of different testing approaches, the treated shale was crushed into powders
of different grain sizes for testing and analysis. XRD was used to characterize the changes
in the mineral compositions of the shale, combined with N2 adsorption to characterize the
changes in the pore parameters of the shale before and after treatment.

2.3. XRD Analysis

Before XRD analysis, the samples were ground to less than 200 mesh (75 μm). Powder
samples were tested at a rate of 2◦/min ranging from 3◦ to 45◦ by an X-ray diffractometer
(Bruker D8 Advance, Karlsruhe, Germany) to determine the relative mineral contents of
shale before and after pure CO2/CO2 + slickwater treatments. The relative mineral content
was obtained by fitting the XRD spectra using Jade 6 software [22].

2.4. N2 Adsorption Analysis

Powder samples were tested by a surface area and pore size distribution analyzer
(Belsorp-Max II, Matsumoto, Japan) to determine the pore structure of the shale before
and after pure CO2/CO2 + slickwater treatments. Prior to testing, the shale underwent
crushing into 60–80 mesh particles, aiming to expedite the adsorption equilibrium time
while simultaneously enhancing the effectiveness of pore testing. In order to maximize the
removal of residual gases and moisture in the pores without destroying the pore structure
and to improve the accuracy of the test, the shale was degassed under vacuum at 110 ◦C
for 15 h [23]. Then, the shale particles were subjected to N2 adsorption experiments at
−196 ◦C and the relative pressures (P/P0) of 0.01~0.99 to obtain the N2 adsorption–
desorption isotherms. Specific surface area (SSA) was calculated by the Brunauer–Emmet–
Teller (BET) model [24]. The pore volume and surface area of meso- and macro-pores were
evaluated by the application of the BJH model that accounts for the volume desorbed via
both capillary evaporation (described by the Kelvin equation) and thinning of multilayers
of adsorbed molecules in cylindrical pores. In order to eliminate the artificial error caused
by the tensile strength effect, the adsorption branch was selected for the BJH model in this
paper. The surface area and pore volume of micropores were estimated by the HK model
and the total pore volume (TPV) was set as the liquid N2 volume at the highest P/P0. The
average pore diameter (Da) was calculated from 4TPV/SBET and the pore size distribution
was derived from the nonlocal density function theory (NLDFT).

2.5. Mercury Intrusion Porosimetry (MIP) Test

A mercury intrusion pore size analyzer (PoreMaster-33, Quantachrome, Boynton Beac,
FL, USA) was used to perform mercury intrusion experiments up to 33,000 psi (227 MPa),
which corresponds to a minimum pore diameter of 6.4 nm according to the Washburn
Equation (1). The shale samples used to conduct the MIP tests were crushed into 1–3 mm
particles and then degassed at 110 ◦C for 15 h before being subjected to MIP testing [25] as
follows:

Pm = −4σcosθ

d
(1)

where Pm is the capillary pressure, MPa; σ is the surface tension of mercury, 0.48 N/m;
θ is the contact angle between shale and mercury, 130◦; and d is the pore diameter, μm.
In general, the N2 adsorption method is mainly used to characterize micropores and
mesopores, while the MIP method can better characterize macropores and make up for the
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shortcomings of the N2 adsorption method; so, the combination of the two methods can
characterize the pore structure of shale before and after treatment in a more complete way.

2.6. Contact Angle Measurement

The shale for the contact angle experiments was prepared as thin sections (about
10 mm × 10 mm × 2 mm), the surface of the shale samples was polished carefully with
1200 mesh sandpaper, and cleaned and dried to minimize the effect of surface roughness
on the contact angle. First, the roughness analysis of the shale surface before and after
treatment was carried out using an atomic force microscope (AFM) [17]. Then, the contact
angle test was carried out at room temperature using a JY-PHa (Sichuanjinhe Co., Mianyang,
China) contact angle tester. Five measuring points were selected for each sample, the drop
volume of liquid was 12 μL, and the contact time was 60 s [26].

3. Results

3.1. Mineral Compositions before and after Treatment

The mineral compositions of the shale samples before and after treatment were de-
termined by quantitative and qualitative analysis of XRD patterns (Figures 1 and 2 and
Table 1). Untreated shale is rich in quartz (SiO2) and clay minerals (kaolinite, illite and
clinochlore), of which the content of quartz is 24.2% and the total clay minerals is 48.89%.
Due to the significant clay mineral content, the interaction between water and clay within
shale results in the swelling of the clay during the water-based fracturing processes. The
composition of plagioclase stands at 14.27%, while calcite (CaCO3) comprises 9.43%. On
the other hand, dolomite (Ca Mg (CO3)2) and pyrite (FeS2) account for 1.09% and 1.12%,
respectively, both of which are under 3% in concentration. After undergoing treatment
with ScCO2–slickwater, the quartz content underwent a reduction of 9.13%. Additionally,
the calcite and clay mineral contents exhibited specific alterations. Specifically, the kaoli-
nite content increased by 3.94%, while the illite content rose by 14.2%. Conversely, the
clinochlore content decreased by 9.31%. Following the treatment, the dolomite content
exhibited a certain degree of increase, whereas the pyrite content declined accordingly,
albeit with minimal overall variation. Following treatment with ScCO2–distilled water,
the quartz content decreased by 1.38%, while the calcite content saw a reduction of 0.77%.
Furthermore, the overall clay mineral content declined by 0.24%, specifically due to reduc-
tions in the kaolinite and clinochlorite contents, with a corresponding increase in the illite
content. After undergoing treatment with He–slickwater, the quartz content underwent a
slight reduction of 3.91%, whereas the calcite and clay mineral contents (inclusive of kaoli-
nite, illite, and clinochlorite, all experiencing an upsurge) increased by 2.93% and 6.24%,
respectively. These mineral changes may be related to complex chemical reactions among
shale, CO2, and slickwater [9]. The dissolution of CO2 in water leads to the formation of
carbonic acid, and under weakly acidic conditions, a series of reactions are prone to occur
in shale minerals [26]:

CO2 + H2O ↔ H2CO3 ↔ H++ HCO−
3 + CO2−

3 (2)

calcite + 2H+ ↔ Ca2+ + CO2 + H2O (3)

dolomite + 4H+ ↔ Ca2+ + Mg2+ + 2CO2 + 2H2O (4)

illite + 1.1H+ ↔ 0.77kaolinite + 0.6K+ + 0.25Mg2+ + 1.2quartz + 1.35H2O (5)

pyrite + O2(aq) + 4H+ ↔ 4Fe3+ + 2H2O (6)

plagioclase + 8H+ ↔ Ca2++ 2Al3++ 2SiO2+ 4H2O (7)
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Figure 1. The XRD of untreated sample (black), ScCO2 + slickwater-treated sample (red), ScCO2 +
distilled water-treated sample (blue), and He + slickwater-treated sample (green).

Figure 2. The mineral contents of the untreated sample, ScCO2 + slickwater-treated sample, ScCO2 +
distilled water-treated sample, and He + slickwater-treated sample were obtained by XRD analysis.
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Table 1. Mineral composition of the shale samples before and after treatment.

Sample Quartz Calcite Dolomite Plagioclase Pyrite
Total
Clay

Kaolinite Illite Clinochlore

Untreated 24.2 9.43 1.09 14.27 1.12 49.89 24.41 12.36 13.12

ScCO2–slickwater 15.07 13.37 1.62 4.96 0.89 64.09 28.62 18.95 16.52

ScCO2–distilled
water 22.82 8.66 1.43 16.55 0.89 49.65 21.22 15.77 12.66

He–slickwater 20.29 12.36 0.94 9.8 0.48 56.13 26.11 13.58 16.44

As the duration of soaking increases, CO2 undergoes slow solubility in water, leading
to the production of carbonic acid [27]. This process results in a decrease in the pH level of
the system, thereby enhancing the dissolution and precipitation reactions of minerals. Mul-
tiple studies have unequivocally demonstrated that calcite possesses the utmost solubility
within the CO2–water–shale system, while minerals akin to feldspar exhibit a similar trend
of solubility [28]. Their solubility mostly influences the process of mineral dissolution.

Table 1 indicates that following ScCO2–slickwater treatment, the quartz and clinochlo-
rite content underwent a significant reduction of 37.7% and 65.2%, respectively, while the
calcite and clay minerals exhibited a marked increase of 41.78% and 28.46%, respectively.
According to Equations (3), (4), and (7) above, the dissolution of plagioclase leads to an
increase in the concentration of Ca2+, SiO2, and the pH value in the ScCO2–slickwater
system. SiO2 is the main component of quartz, so it may lead to a reverse reaction in
Equations (3) and (4), increasing the content of the calcite, dolomite, and clay minerals.
According to Equation (5), an illite reaction with ScCO2–slickwater consumes hydrogen
ions, raises the pH, and produces magnesium ions and quartz. According to Equation (7),
the reaction of plagioclase with ScCO2–slickwater also consumes H+, raises the pH, and
produces Ca2+ and quartz. On the one hand, the aforementioned reactions supply Ca2+

and M2+; on the other hand, they raise the pH, prompting Ca2+ and M2+ to react with CO2,
resulting in the formation and precipitation of the carbonate minerals calcite and dolomite.
This explains why, following ScCO2–slickwater treatment, the calcite and dolomite contents
of the samples underwent a significant increase, while the plagioclase content underwent a
notable decrease [29].

Interestingly, samples treated with slickwater exhibited a significant increase in the
clay content, in stark contrast to those treated with distilled water, which displayed virtually
no alteration in the clay content. This discrepancy may be attributed to the substantial
presence of K+ in slickwater. Furthermore, following the ScCO2–distilled water and He–
slickwater treatments, the quartz content exhibited respective declines of 5.7% and 16.1%,
whereas other mineral components underwent varied alterations. After undergoing ScCO2–
distilled water treatment, the calcite and kaolinite content underwent a reduction of 8.2%
and 13.1%, respectively, while the total clay mineral content decreased by 0.5%. Conversely,
following treatment with He–slickwater, the calcite and kaolinite content saw an increase of
31.7% and 7.0%, respectively, leading to an overall 12.5% increase in the total clay mineral
content.

Equation (6) demonstrates that the process of pyrite oxidation in shale is regulated by
the level of dissolved oxygen [30]. During the experimental procedure, the utilization of
deionized water for slickwater preparation, the saturation of shale under vacuum condi-
tions, and the implementation of a CO2 purification unit prior to the immersion of ScCO2
led to restricted levels of ambient and dissolved oxygen. Moreover, the ScCO2–slickwater
system demonstrates a minimal proportion of a pyrite oxidation reaction, attributable to
the low initial concentration of pyrite. This phenomenon can be attributed to the sluggish
oxidation reaction occurring within the system, resulting in a diminished pyrite content
within the shale.
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In summary, the XRD results of the controlled experiment reveal that the decrease
in the shale calcite content upon treatment with ScCO2–distilled water is notably less
significant than the increase in the shale kaolinite content following treatment with ScCO2–
slickwater. This phenomenon can be attributed to the fracturing fluid, such as slickwater,
which enhances the network pore structure and facilitates increased interaction between
CO2 and minerals [31]. Consequently, water exhibits more mineral reactions than distilled
water [9]. This observation suggests that the mineral mechanism reaction in shale may
be more intricate under real reservoir conditions. Shale treated with ScCO2–slickwater
has a higher solubility of plagioclase than the He–slickwater treatment. Although He is
insoluble in water, the introduction of ScCO2 enhances the acidity of the slickwater system,
subsequently leading to a decrease in the dissolution of plagioclase following treatment
with ScCO2–slickwater [9]. In contrast, it is observed that the kinetic diameter of He
molecules (0.28 nm) is comparatively smaller than that of CO2 molecules (0.33 nm). This
advantage allows the slickwater to penetrate a reduced number of apertures and achieve
effective engagement with the shale. This study’s findings reveal that the concentration of
quartz in the He–slickwater treatment surpassed that observed in the ScCO2–slickwater
treatment. Based on the observed changes in the mineral composition, we can deduce
that the shale reaction extent following the ScCO2–water treatment is anticipated to be
within the spectrum of both the ScCO2–water treatment and sole slickwater treatment.
This observation lays the groundwork for anticipating the geochemical interplay between
fluids and solids, as well as the transformation of the pore structure within the formation
following fracturing.

3.2. Analysis of the Pore Characteristics Based on N2 Adsorption Isotherms
3.2.1. Analysis of the Pore Characteristics Based on N2

Figure 3 displays the low-pressure N2 adsorption–desorption isotherms of the samples.
The adsorption isotherms of the samples are classified as type IV(a) by the International
Union of Pure and Applied Chemistry (IUPAC) [32]. Additionally, the hysteresis loop
of the samples is identified as type H3. This classification signifies that the shale pores
are predominantly comprised of slit pores, interspersed with a minority of pores exhibit-
ing the characteristic inkbottle-shaped pore throats. The samples’ adsorption–desorption
isotherms and hysteresis loops exhibited a comparable morphology before and after treat-
ment, suggesting that the pore morphology remained rather stable [33]. The isotherms
may be categorized into three stages based on the relative pressure (P/P0). When the ratio
of P/P0 is less than 0.45, the adsorption curve gradually rises as the pressure increases.
This observation suggests that N2 effectively occupies the shale’s micropores, whereas
single-layer adsorption occurs in the medium and large pores [34]. When the ratio of P/P0
exceeds 0.45, the slope of the curve exhibits an upward trend as the ratio of P/P0 gradually
increases [34]. This observation indicates that N2 is adsorbed onto the shale surface in
multiple layers, resulting in the phenomenon of capillary condensation.

When the P/P0 is more than 0.9, the curve and gas adsorption capacity experience
a significant rise as a result of capillary condensation in the macropores [9]. As the rela-
tive pressure nears 1, N2 adsorption remains unsaturated, suggesting that a considerable
percentage of macropores possess diameters exceeding the scope of the N2 adsorption
technique. Therefore, mercury intrusion porosimetry serves as an indispensable comple-
mentary instrument. The untreated shale sample exhibits a larger adsorption capacity
than the shale treated with ScCO2–slickwater, ScCO2–distilled water, and He–slickwater
at the highest relative pressure (P/P0 approaches 1). This observation suggests that the
adsorption capacity of the shale undergoes alterations during the treatment process. Prior
research has indicated that the adsorption capacity of shale is primarily influenced by
micropores and mesoporous, with a particular emphasis on micropores [35]. Hence, an
analysis was conducted on the pore characteristics of each pore in the shale both prior to
and after treatment.
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Figure 3. Adsorption–desorption isotherms of the shale before and after treatment.

3.2.2. Changes of the Pore-Structure Parameters Based on N2

Table 2 summarizes the parameters of the pores before and after treatment based on
the N2 adsorption and desorption. As can be seen in Table 2, the contribution of micropores
to the total specific surface area and total pore volume is minimal; mesopores contribute
the most to the specific surface area (more than 80%), and mesopores and macropores
contribute equally to the total pore volume. The results showed that the specific surface
area (SBET), total pore volume (TPV), and average pore diameter (Da) decreased after the
ScCO2–slickwater treatment. However, after the ScCO2–distilled water treatment, the
SBET and Da decreased, but the TPV increased. In addition, the specific surface area and
pore volume corresponding to the micropores, mesopores and macropores were reduced
after the treatment with ScCO2–slickwater. This phenomenon indicates that the ScCO2–
slickwater treatment can simultaneously affect micro-, meso-, and macropores.

Table 2. SSA, PV, and Ra of the shale pores based on N2.

Sample

Surface Area (m2/g) Pore Volume (cm3/kg)
SBET

(m2/g)
TPV

(cm3/kg)
Da

(nm)Micro
(HK)

Meso
(BJH-ad)

Macro
(BJH-ad)

Micro
(HK)

Meso
(BJH-ad)

Macro
(BJH-ad)

Untreated 0.153 2.018 0.139 0.1299 5.384 6.374 2.128 16.199 30.443

ScCO2–slickwater 0.114 1.712 0.090 0.0976 4.560 2.943 1.822 7.656 16.812

ScCO2–distilled
water 0.207 1.982 0.140 0.174 5.521 6.702 2.477 12.341 19.932

He–slickwater 0.116 1.813 0.144 0.100 4.549 6.222 2.081 14.175 27.247

Upon treatment with ScCO2–distilled water, the specific surface area of the micropores
underwent a significant augmentation, whereas the corresponding areas of the meso- and
macropores exhibited negligible variation. Correspondingly, the pore volume of the micro-
pores increased substantially, and the pore volume of the meso- and macropores increased
slightly. The SBET increased, while the TPV and the Da both decreased. The aforementioned
findings suggest that ScCO2–distilled water primarily exerts a notable influence on the
microporosity characteristics of shale. The sample, following treatment with He–slickwater,
exhibited a diminished specific surface area of micropores and mesopores, coupled with a
marginal increase in the specific surface area of the macropores. The pore volume within
the micropores, mesopores, and macropores underwent a decline. Similarly, the SBET and
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TPV also decreased, accompanied by a reduction in the average pore diameter. Given that
helium is an inert gas, this shift in pore structure parameters is attributed to the influence
of the slickwater [9].

The pore size distribution (PSD) of the shale samples before and after treatment
evaluated from the NLDFT model are presented in Figure 4. As observed in the PSD curves
depicted in Figure 4, it is evident that the micropores within the samples exhibit limited
development. However, the mesopores, particularly those falling within the range of
3 nm to 40 nm, are more prominently developed, with the peak concentration observed in
pores possessing diameters of 4–6 nm. Despite the alterations in the pore parameters, it is
noteworthy that the PSD trend of the treated samples remained unchanged. For example,
the PSD peaks of all the samples appeared at 4–6 nm, which is consistent with the fact that
the shape of the N2 adsorption–desorption isotherm did not change substantially. Upon
treating the samples with ScCO2–slickwater, it was observed that the differential pore
volume distribution diminishes within the range of 2–30 nm. This finding aligns with the
results presented in Table 2, indicating a reduction in the pore volume of the mesopores.
After treatment with ScCO2–distilled water, the samples exhibited a significant increase
in the differential pore size distributions of both the micropores and mesopores. Notably,
the peak increase at 4–6 nm was particularly prominent, aligning with the augmentation
in the pore volume observed for both micropores and mesopores, as detailed in Table 2.
For the samples treated with He–slickwater, the differential pore size distribution increases
significantly at 3–5 nm while decreasing slightly at 7–30 nm.

Figure 4. Pore-size distributions before and after treatment based on N2.

3.2.3. Fractal Dimensions of Sample Based on N2 Isotherms

The fractal dimension of the N2 isotherm can be calculated using the widely used
Frenkel–Halsey–Hill (FHH) model, which assumes that the thickness of the adsorbate layer
on a pore surface is directly related to the fractal dimension of that surface [36]. Moreover,
it implies that the adsorbate molecules’ behavior is influenced by the potential field created
by the adsorbent surface, as follows:

ln
V

Vm
= C + Aln

[
ln
(

P0

P

)]
(8)

where V implies the volume of the adsorbed N2, cm3/g at STP; the value Vm is the maxi-
mum volume of N2 needed to cover a monolayer, measured in cm3/g at STP completely
and it can be determined by using the BET model; P0 represents the saturated vapor pres-
sure of N2, MPa; P denotes the equilibrium pressure of N2 adsorption, MPa; C is a constant.
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By graphing ln(V/Vm) against ln[ln(P0/P)] using a double logarithmic coordinate system, a
linear connection may be shown. The slope of this line corresponds to the value of A.

Two types of forces predominantly govern the adsorption of gases on pore surfaces:
van der Waals forces (VDW) and capillary condensation [37]. The VDW mechanism is the
main process involved in the formation of a monolayer. Primarily, the interactions between
the solid and vapor phases govern this process. Conversely, capillary condensation occurs
in a later stage of adsorption, primarily influenced by the interactions between the liquid
and vapor phases. Researchers have documented two distinct fractal dimension values,
each stemming from the respective relative pressure ranges of 0–0.5 and 0.5–1.0. The fractal
dimension is evaluated within the VDW force regime, spanning relative pressures from
0 to 0.05, and during the capillary condensation phase, encompassing relative pressures
from 0.5 to 1.0.

D2 = A + 3 (9)

Figure 5 demonstrates that the FHH model accurately depicts the fractal characteristics
for relative pressures ranging from 0 to 0.5 and from 0.5 to 1. The correlation coefficients
(R2) are equal to or greater than 0.977 for all samples, except for the untreated sample at a
relative pressure >0.5, which suggests that the FHH model is applicable to N2 adsorption
on shale. The gentler incline on the left side of the FHH plot is associated with capillary
condensation when the adsorbate gathers within the pores. On the other hand, the greater
degree of incline on the right side of the FHH graph is interpreted as evidence of both single-
layer and multiple-layer adsorption taking place within the pores [38]. When the relative
pressure is less than 0.5, the fractal dimension increases gradually with the untreated
sample, ScCO2–slickwater-treated sample, ScCO2–distilled water-treated sample, and He–
slickwater-treated sample, as shown in Table 3. Extensive research studies have put forward
the theory that the fractal dimension observed at relatively low pressures corresponds to
the influence exerted by van der Waals (VDW) forces, thereby serving as an indicator of the
surface fractal dimension. This, in turn, can effectively represent the degree of roughness
present on the surface of the pores.

Figure 5. Plots of ln(V/Vm) versus ln[ln(P0/P)] from N2 adsorption isotherms.
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Table 3. The parameters of fractal dimensions of shale sample derived from the FHH model.

Sample
P/P0 < 0.5 P/P0 > 0.5

Fitting Equation D R2 Fitting Equation D R2

Untreated y = −1.277x + 0.455 1.723 0.977 y = −0.104x + 1.053 2.896 0.781

ScCO2–slickwater y = −0.508x + 0.434 2.492 0.998 y = −0.418x + 0.475 2.582 0.999

ScCO2–distilled water y = −0.499x + 0/425 2.501 0.999 y = −0.366x + 0.517 2.634 0.996

He–slickwater y = −0.475x + 0.430 2.525 0.999 y = −0.420x + 0.436 2.580 1

This indicates that the sole impact of slickwater results in significant alterations to the
roughness and intricacy of the shale’s micropores. This aligns with the observation that
both the specific surface area and pore volume of the micropores underwent a substantial
decrease in the sample subjected to the He–slickwater treatment. When slickwater interacts
with ScCO2 or solely ScCO2 combines with distilled water, it likewise elevates the roughness
and intricacy of the micropores, albeit to a lesser extent than ScCO2–slickwater. The fractal
dimension under elevated relative pressures corresponds to the phenomenon of capillary
condensation and signifies the fractal dimension of the pore structure, which can be utilized
to delineate the irregularity of pores [38]. Table 3 reveals that the ScCO2–slickwater and
He–slickwater treatments both significantly mitigate the irregularity of the pore structure,
though the ScCO2–distilled water treatment exhibits a relatively modest reduction in pore
structure irregularity.

3.3. Analysis of the Pore Characteristics Based on MIP

The mercury intrusion and extrusion curves for untreated and treated shale samples
are depicted in Figure 6. It is evident that the shapes of the intrusion and extrusion curves
for the treated shale samples remain largely unchanged, suggesting a minimal alteration
in the pore throat geometry of these samples. This observation aligns well with the
variations observed in the N2 adsorption and desorption isotherms prior to and following
the treatment process. The mercury intrusion and extrusion curves can be divided into
three segments. When the pressure drops below 0.1 MPa, a rapid surge in mercury content
signifies the existence of macroscopic cracks within the samples. Upon the increment of
pressure from 0.1 MPa to 10 MPa, a near-linear surge in the mercury quantity was observed,
suggesting a notably consistent distribution of macropores. Upon an increase in intrusion
pressure, from 10 MPa to 227 MPa, a notable acceleration in the mercury volume was
observed, suggestive of a substantial presence of pore throats within the mesopore size
range in the samples.

The pore size distribution of shale is shown in Figure 7. The untreated shale is dom-
inated by mesopores, accounting for 90.33% of the total porosity. After treatment with
ScCO2–slickwater, ScCO2–distilled water, and He–slickwater, the TSSA and TPV of the
shale show an increasing trend (Table 4). Observing Figures 8 and 9, it is evident that the
SSA and PV values within the mesopores underwent a decrease of 0.94% and 1.74%, respec-
tively, while the macropore proportion experienced a corresponding increase. Micropores
and fine mesopores mainly determine the SSA, and mesopores mainly determine the PV.
Therefore, the TPV increases with the increase in the number of macropores. The MIP
data showed the Da increased after the ScCO2–distilled water treatment and decreased
after the He–slickwater treatment. Therefore, the reasons for the pore changes caused by
the two treatments are different [39]. The process of extraction and dissolution, stemming
from the treatment with ScCO2–distilled water, has the potential to transform smaller shale
pores into larger ones, thereby causing a decrease in the TSSA as the number of mesopores
increases. In addition, the precipitation of secondary minerals in the pores may lead to
clogging of the macropores, resulting in a reduced TPV. The relative content of different
pore types determines the Da. After the ScCO2–distilled water treatment, the proportion
of macropore volume increased by 2.55%, and the Da also increased correspondingly. In
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addition to the mineral dissolution and ion precipitation caused by the water environ-
ment, PAM adsorption is also the reason for the decreased shale pore number after the
He–slickwater treatment [40]. The gelatinized PAM may enter the macropores under a
certain gas pressure and adhere to the inner wall of the shale pores, thus reducing the
Da. As a result, the enlargement in the pore volume within the shale subjected to the
ScCO2–slickwater treatment can be attributed to the extraction and dissolution of minerals.
Conversely, the reduction in the macropore volume may stem from the combined influence
of ion precipitation and PAM adsorption [41].

Figure 6. The intrusion and extrusion curves of mercury for the untreated sample (black), ScCO2–
slickwater-treated sample (red), ScCO2–distilled water-treated sample (blue), and He–slickwater-
treated sample (green).

Figure 7. Pore size distributions before and after treatment based on MIP.

110



Energies 2024, 17, 3870

Table 4. The SSA, PV, and Da of the shale pores based on MIP.

Sample
SSA (m2/g) PV (cm3/g)

Da (nm)Meso- Macro- TSSA Meso- Macro- TPV

Untreated 1.543 0.165 1.709 0.007 0.009 0.015 36.054

ScCO2–slickwater 1.576 0.187 1.763 0.007 0.010 0.017 38.568

ScCO2–distilled water 1.635 0.200 1.835 0.008 0.011 0.019 40.976

He–slickwater 2.328 0.181 2.509 0.010 0.010 0.020 31.253

Figure 8. Percentage of specific surface area before and after treatment of mesopores and macropores
based on MIP.

Figure 9. Percentage of PV before and after treatment of mesopores and macropores based on MIP.
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3.4. Effect of ScCO2 and Slickwater on the Wettability of Shale Surface

Given that the roughness of the rock surface can significantly influence the accuracy
of the contact angle measurement, it is imperative to employ an atomic force microscope to
precisely characterize the shale’s surface roughness [42]. Figure 10 illustrates the 2D and
3D surface morphology of shale treated by different conditions. It can be found that all the
chips’ surface roughness was within 1 μm, and the roughness factors of Yanchang shale
were 1.0227–1.0453. It is believed that the low surface roughness (<1 μm) is not influential
during contact angle measurements. Hence, the roughness did not influence the wettability
tests in this study [43].

Figure 10. Topography of Yanchang shale measured by AFM. #1: untreated sample, #2: ScCO2–
distilled water-treated sample, #3: ScCO2–slickwater-treated sample, #4: He–slickwater-treated
sample.

Figure 11 shows the results of contact angle measurements. The contact angles of the
untreated shale were 50◦–60◦, indicating that the raw samples’ surface was intermediate
water-wet. After the ScCO2–water treatment, the shale’s water wettability was significantly
vitiated (contact angles: 70◦–80◦). As rock wettability is closely associated with chemical
structures or mineral contents and surface morphology, the AFM results suggest that the
influence of morphology on wettability can be trivial, and the mineral contents can be the
dominant influence factor [44]. Previous studies and the results of XRD in this work have
shown that clay minerals and carbonates can be decreased in the CO2–water–shale system,
and the amount of clay minerals and carbonates determines the hydrophilicity of the rock
surface, which explicates the variation of contact angle measurements [45].

Additionally, the contact angles of the samples treated by ScCO2 and slickwater were
60◦–70◦, indicating that slickwater may deter the water wettability from weakening due to
CO2. Slickwater consists of network and crosslinked-structure PAM, which can be absorbed
on the shale’s surface. Earlier work found that PAM could interact with CO2, which may
prevent rock exposure to CO2 and mineralization, which is in accord with the results of
XRD in this work [9].
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Figure 11. Water contact angles on shale surface are used in different treatment conditions. Absorbed
PAM on the shale surface may be the main reason for the lower contact angles of the shale treated by
ScCO2 + slickwater than that treated by ScCO2 + water. Modified from [liujie].

3.5. Implications for the CO2 Geological Sequestration and Shale Gas Recovery

Previous studies have clarified that the first decade’s security of CO2 geo-storage can
be determined by the capillary force, which is related to the wettability of the rock surface,
liquid surface tension, and capillary radius [46]. This can be characterized by the following
formula:

P = (ρbrine − ρco2)gh =
2γcosθco2/water/solid

r

where P is the capillary force (mN/m2), γ is the surface tension of the liquid (mN/m),
and here it is the water surface tension, γwater = 72.8 mN/m, r is the capillary force, and
in this study, it can be regarded as the average pore radius of the shale based on LP-NA
tests. According to the results of the contact angle measurements and LP-NA, the change
of the capillary force of the shale treated by different conditions is shown in Figure 12.
Compared with the raw samples, shale samples treated by ScCO2 suffered a massive loss
of capillary force. Since the capillary force controls the efficiency of the structural trapping,
the CO2–water–shale systems impair the trapping capability of Yanchang shale. Although
using slickwater decreased the negative effect of CO2 on the shale capillary force, it may
still be in an inferior position against the buoyancy of the CO2 plume in the reservoirs.
Therefore, it is necessary to find solutions to change the capillary force of shale artificially in
the future. At the same time, the change of the capillary force will not only affect the sealing
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stability of shale but also influence unconventional natural gas recovery [45]. Reducing the
capillary force would decrease the driving force of the water flow in shale pores, which
may undermine the blocking effect of water on shale pore structures. Since the blocking
effect can be detrimental to the shale gas flow in the shale pores, the change of the capillary
force can be conducive to the shale gas recovery [45].

Figure 12. Capillary pressure of shale samples treated by different conditions.

4. Conclusions

In this study, low-pressure N2 adsorption tests and Mercury intrusion porosime-
try tests provide information on the change of the pore structures of Yanchang ScCO2–
slickwater-treated shale. In addition, contact angle measurements were used to observe
the surface wetting behavior to facilitate the investigation of the capillary force of shale.
Our findings indicate that after the ScCO2–slickwater treatment, pore connectivity was im-
paired due to more micro- and mesopores emerging. The fractal dimensional analysis also
suggests that the hybrid treatment strengthened the roughness with pore channels. Based
on the XRD results, we assume that the mechanism of pore characteristic changes may be
ascribed to the adsorption of PAM and mineralization. This was indirectly proved by the
shale surface wetting behavior after the ScCO2–slickwater treatment, as the network and
crosslinked-structure PAM can deter the water wettability weakening caused by exposure
to ScCO2. Therefore, using slickwater can decrease the negative effect of CO2 on the shale
capillary force to benefit the shale gas recovery, but it may negatively affect the security of
CO2 geo-sequestration.
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Abstract: China boasts significant reserves of low-permeability oil reservoirs, and the economic and
efficient development of these reservoirs plays a crucial role in enhancing oil and gas production.
However, the “difficult injection and difficult recovery” issue in low-permeability oil reservoirs is
a major challenge. To address this, research is conducted on the mechanism of pressure drive based
on the mathematical model of oil-water seepage in low-permeability reservoirs and the model
of fracture permeability. The study finds that pressure drive technology, by directly delivering
the pressure drive agent deep into the low-permeability reservoir, effectively prevents viscosity
loss and adhesion retention of the agent in the near-wellbore area. This technology expands the
swept volume, improves oil washing efficiency, replenishes formation energy, and facilitates the
gathering and production of scattered remaining oil. For reservoirs with higher permeability,
pressure drive yields quick results, and high-pressure water injection can be directly adopted
for pressure drive to reduce costs. On the other hand, reservoirs with lower permeability have
difficulty in water absorption, and the use of surfactant-based pressure drive can effectively reduce
the seepage resistance of the reservoir, enhancing its water absorption capacity and improving
development outcomes. Based on the mechanism of pressure drive development, further research
is conducted on the production characteristics of pressure drive mines. Addressing the variability
in pressure drive effects, big data analysis tools such as SHAP analysis and correlation analysis
are employed to evaluate the main controlling factors of pressure drive in both new and old areas.
Additionally, non-time series and time series pressure drive production forecasting models are
established based on pressure drive data.

Keywords: low-permeability oil reservoirs; main controlling factors; model of fracture permeability;
physical simulation; mechanism of pressure drive

1. Introduction

Currently, 70% of global oil production originates from mature oilfields, and they
will continue to serve as the primary source of oil output in the future [1,2]. Mature
oilfields, having undergone prolonged water injection and multiple chemical enhanced
oil recovery (EOR) stages, are characterized by high recovery rates and water cuts, posing
significant challenges for further development and exploitation in China’s petroleum
industry. For instance, the Daqing oilfield’s low-to-medium permeability reservoirs exhibit
comprehensive water cuts ranging from 93% to 96% and recovery rates of 38% to 42%,
with substantial remaining reserves [3–6]. However, these reserves are hindered by poor
reservoir quality, scattered remaining oil distributions, and injection–production difficulties,
rendering further enhancement of recovery rates challenging. Thus, there is an urgent need
for efficient reservoir stimulation technologies that can improve reservoir utilization and
mobilize scattered remaining oil [7–12].
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Xue Changrong [13] analyzed oil recovery and fracturing techniques for low-
permeability reservoirs based on practical work experience, offering insights yet lacking
empirical validation and in-depth studies on production efficiency. Ren Zeying [14]
demonstrated the application of an integrated geological-engineering approach in the
low-permeability turbidite sandstone reservoir in the Niuzhuang Sag of the Dongying
Depression, significantly enhancing reservoir characterization, drilling efficiency, and
oil displacement. While this technology shows promise, it also complicates operations
and may slow production rates. Lan Shuang [15] theoretically explored the potential of
micro-nano emulsions as enhanced water injection agents for low-permeability reser-
voirs, highlighting the need for practical implementation and further investigation. The
morphological complexity and orientation disorder of pore space evolution during in-
situ thermal reconstruction of oil shale, and their effects on permeability are introduced.
Pan Duo [16] introduced various EOR technologies, including polymer flooding, com-
posite flooding, microbial flooding, and in-depth profile control, to improve recovery
in low-permeability reservoirs. However, these techniques are complex and technically
demanding. Liu Jun [17] paid attention to this issue of morphological complexity and az-
imuthal disorder of evolving pore space in low-maturity oil shale during in-situ thermal
upgrading, and impacts on permeability.

Yu Jinzhu [18] reviewed fracturing techniques and trends for low-permeability oil-
fields, focusing on the state-of-the-art without addressing specific efficiency issues or
proposing innovative solutions. Yang Yong [19] conducted numerical simulations to study
the impact of various pressure-driven parameters on production enhancement in low-
permeability reservoirs. While it identified optimal parameter combinations, the study did
not fully address injection difficulties. The evolution of the anisotropic thermophysical
properties of low-maturity oil shales under elevated temperatures has been investigated,
and a rational prediction of its impact on the restoration of oil development has been
conducted [20]. Zhang, S.Q [21] employed a petrophysical and geochemical investigation-
based methodology to conduct a multilithology analysis of the reservoir in the Permian
Longtan Formation of the southeastern Sichuan Basin, and provided a framework for
pressure-driven exploitation. Li, L. [22] studied the distribution and development methods
of coal measure gas resources in China, and pressure-driven exploitation was proposed as
an important development approach. Cui Chuanzhi [23] analyzed the effects of induced
fractures on injection well pressures during pressure-driven water injection, contribut-
ing to the understanding of unstable seepage mechanisms but lacking a comprehensive
assessment of the impact on oil recovery.

Conventional chemical flooding in low-to-medium permeability reservoirs suffers
from low injection efficiency, poor reservoir utilization, and high chemical loss. Traditional
hydraulic fracturing establishes high-flow channels but struggles with energy replen-
ishment and sweep efficiency. Researchers have proposed large-scale pressure-driven
fracturing, which outperforms conventional chemical flooding and hydraulic fracturing
in field tests [24–27]. However, the coupling mechanisms between hydraulic fractures
and chemical flooding, as well as the oil displacement mechanisms during chemical agent
elastic flowback, remain unclear [28–30]. Furthermore, a systematic approach to studying
fluid flow patterns and enhanced recovery outcomes during pressure-driven processes is
lacking, hindering large-scale application [31–34].

Previous scholars have conducted extensive research on enhancing the recovery effi-
ciency of low-permeability and tight reservoirs, covering a wide range of aspects. Among
these [35,36], they investigate the computational methods for determining well spacing in
CO2 miscible and immiscible flooding, aiming to optimize the efficiency of CO2 flooding.
They employ 3D numerical simulations to study the dynamic propagation of fractures
in hydraulic fracturing of low-permeability reservoirs, providing a theoretical basis for
fracturing design [37]. The optimal well spacing deployment patterns for low-permeability
lens-shaped lithological reservoirs to optimize well pattern design are employed [38].
They introduce the application of an advanced water injection model in low-permeability
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reservoirs to enhance the effectiveness of waterflooding [39]. The application of volume
fracturing technology in tight oil reservoirs is examined and its potential for improving
recovery rates is demonstrated [40]. Overall, these studies provide scientific evidence and
technical support for the effective development of low-permeability and tight reservoirs;
however, there are still several issues that have not been considered.

The effect of pressure drive oil recovery we have studied is more detailed. A is rich in
low-permeability reservoir resources, with a total of 428 well groups implemented in low-
permeability reservoirs, resulting in an accumulated oil increase of 371,000 tons. This study
will demonstrate that pressure drive in low-permeability reservoirs can effectively solve the
problem of “difficult injection and difficult recovery”. By establishing a mathematical model
for oil-water seepage in low-permeability reservoirs and a model of fracture permeability,
we investigate the development mechanism of pressure drive. This addresses the challenges
of difficult economic production in low-abundance beach-bar sand reservoirs, the issue of
interlayer utilization differences in low-permeability reservoirs, and the general problems of
poor sweep efficiency and low recovery rates in low-permeability reservoirs. In view of the
differences in the effects of pressure drive, big data analysis methods such as SHAP analysis
and correlation analysis are used to evaluate the main controlling factors of pressure drive
in new and old areas. A non-time series and time series pressure-driven production capacity
prediction model based on pressure-driven data-driven has been established. The non-time
series pressure-driven production capacity prediction model based on machine learning
has high accuracy and has been verified.

2. Materials and Methods

2.1. Mathematical Model of Oil-Water Seepage in Low-Permeability Reservoirs

The pressure analysis model for pressure-driven water injection wells comprises
two primary components: the mathematical model of oil-water seepage under pressure-
driven water injection and the fracture propagation model during such injection. Prior to
establishing the pressure analysis model, the following assumptions are made: 1© Two-
dimensional planar flow; 2© The reservoir only involves oil-water two-phase seepage, with
oil and water being immiscible and individually adhering to Darcy’s law; 3© Both rock and
fluids are slightly compressible; 4© Heterogeneity and anisotropy of the rock are considered;
5© The effect of gravity is neglected; 6© The fracture propagation is modeled as a composite

linear expansion. Utilizing a quarter of the five-spot well pattern as the research unit, a
pressure analysis model for pressure-driven water injection is formulated.

Oil Phase Seepage Equation:
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Water Phase Seepage Equation:
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Auxiliary Equation:
So + Sw = 1 (3)

In the equations, x and y represent the lengths along the x-direction and y-direction,
respectively, in meters (m); t is time, in seconds (s); Kx and Ky are the absolute permeabilities
in the x-direction and y-direction, respectively, of the porous medium in the reservoir, in
Darcy (D); Kro and Krw are the relative permeabilities of the oil phase and water phase,
respectively; ρo and ρw are the densities of the oil phase and water phase, respectively,
in kilograms per cubic meter (kg/m3); μo and μw are the viscosities of the oil phase and
water phase, respectively, in milli Pascal-seconds (m Pa·s); ϕ represents the porosity of the
porous medium in the reservoir; qo and qw are the oil phase and water phase production
rates under standard conditions, respectively, in cubic meters per day (m3/d); po and pw
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are the pressures of the oil phase and water phase, respectively, in megapascals (MPa); G
is the threshold pressure gradient, in megapascals per meter (MPa/m); So and Sw are the
saturation of the oil phase and water phase, respectively.

By combining the initial conditions, internal and external boundary conditions with
Equations (1)–(3), a two-phase oil-water seepage model can be constructed.

2.2. Model of Fracture Permeability

The exponential model is currently the most widely used mathematical model for
stress sensitivity, which describes the relationship between formation pressure and fracture
permeability.

K = K0e−ασ (4)

σ = σo − p (5)

In the equation, K represents the fracture permeability, in Darcy (D); K0 is the initial
fracture permeability, also in Darcy (D); α is the dimensionless stress sensitivity coefficient; σ
is the effective stress, in megapascals (MPa); σ0 is the overburden pressure, in megapascals
(MPa); and p is the formation pore pressure, also in megapascals (MPa).

Based on previous studies on the relationship between formation pressure and fracture
permeability, a fracture permeability model under pressure-driven conditions is established:

When the formation pressure is in the ascending stage:

K = Ki, (p ≤ pc)

K = Kce−α1(σ0−p)(p > pc)
(6)

When the formation pressure is in the descending stage:

K = Kmine−α2(σ0−p), (p = pmin)
K = Kmin(p < pmin) (7)

In the formula, α1 and α2 represent the dimensionless stress sensitivity coefficients
obtained through fitting.

2.3. Solution of Pressure-Driven Model

The pressure analysis model for pressure-driven water injection wells describes a fluid–
solid coupling and oil-water two-phase nonlinear seepage problem, which is challenging
to solve analytically or semi-analytically. Therefore, the model is discretized, and the finite
difference method is employed to find its solution. In the differential equations governing
the seepage of oil and water phases, the right-hand side terms are discretized using the
first-order forward difference, while the left-hand side terms are discretized using the
second-order central difference. The unknowns are po, pw, so, sw, with the independent
variables being (x, y, t). Expanding the differential equations for oil and water phases
through discretization, the difference equations for the oil and water phases are obtained
as follows:

Toy
j− 1

2
pn+1

oi,j−1 + Tox
j− 1

2
pn+1

oi−1,j −
(

Tox
i+ 1

2
+ Tox

i− 1
2
+ Toy

j+ 1
2
+ Toy

j− 1
2
+

Vi,j βoi,j
Δt

)
pn+1

oi−1,j+

Tox
j+ 1

2
pn+1

oi+1,j + Tox
j+ 1

2
pn+1

oi,j+1 = Vpi,jρoi,j
sn+1

oi,j −sn
oi,j

Δt − Qoi,j − Vi,j βoi,j
Δt pn

oi,j

(8)

Twy
j− 1

2
pn+1

wi,j−1 + Twx
j− 1

2
pn+1

wi−1,j −
(

Twx
j+ 1

2
+ Twx

j− 1
2
+ Twx

j+ 1
2
+ Twx

j− 1
2
+

Vi,j βwi,j
Δt

)
pn+1

wi.j +

Twx
j+ 1

2
pn+1

wi+1,j + Twx
j+ 1

2
pn+1

wi+1,j = Vpi,jβwi,j
sn+1

wi,j −sn
wi,j

Δt − Qwi,j − Vi,j βwi,j
Δt pn

wi.j

(9)

120



Energies 2024, 17, 5253

In this context,
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(10)

In Equations (8) to (9), Δxi represents the unit grid length in the x-direction, with units
of meters (m). Δyj represents the unit grid length in the y-direction, with units of meters
(m). Δt represents the unit time, with units of days (d). pn+1

oi,j is the oil phase pressure at

node (i,j) and time step (n + 1), with units of MPa. sn+1
oi,j is the oil saturation at node (i,j)

and time step (n + 1). pn+1
wi,j is the water phase pressure at node (i,j) and time step (n + 1),

with units of MPa. sn+1
wi,j is the water saturation at node (i,j) and time step (n + 1). Cp is

the rock compressibility coefficient. Co is the oil phase compressibility coefficient. Cw is
the water phase compressibility coefficient. Vi,j is the volume of grid (i,j), with units of
cubic meters (m3). Qoi,j,Qwi,j are the production or injection rates of grid (i,j), with units
of cubic meters per day (m3/d). Vpi,j is the pore volume of grid (i,j), with units of cubic
meters (m3). Tox
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are the relative permeabilities of the water and

oil phases, respectively. Using the IMPES (Implicit Pressure, Explicit Saturation) method
to implicitly solve for pressure so = 1 − sw, we can let A = ρo

ρw
represent porosity and

[KWf =
W(x,t)3

12 × 109(8)]× A, represent the absolute permeability. By introducing these
notations and eliminating the saturation terms from the above equations, we focus on
solving for pressure implicitly. Additionally, KWf represents the fracture conductivity, with
units of 10−3 μm2·m.
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At each node, by applying Equation (11) to formulate equations, a pentadiagonal
system of equations is obtained. By substituting the initial and boundary conditions into
this system of equations, the pressure can be solved. Subsequently, the pressure values
obtained are substituted into the water phase difference Equation (9) to explicitly solve for
the water saturation. Finally, the fracture length, conductivity, pressure, and saturation
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distributions are updated, and the simulation calculation for the next time step is carried
out, thereby achieving the solution of the pressure analysis model for pressure-driven
water injection wells.

In the solution flowchart of the pressure-driven water injection well pressure analysis
model depicted in Figure 1, the notations Nx, Ny, Nt, and NN represent the number of grid
nodes in the x-direction, the number of grid nodes in the y-direction, the number of time
steps, and the total number of iterations, respectively. T denotes the total simulation time.

Figure 1. Solution Framework for Pressure Analysis Model of Pressure-Driven Water Injection Wells.

During the process of solving the pressure-driven water injection well pressure analy-
sis model, the following steps are typically followed:

(1) Input Basic Parameters: Initially, the fundamental parameters required by the model
are input. These parameters may include rock and fluid properties, well specifications,
and operational conditions.

(2) Initialization and Boundary Conditions: Each grid cell is assigned an initial value, and
the outer boundary conditions of the model are specified. These boundary conditions
define the pressure or flow conditions at the edges of the simulated reservoir.

(3) Calculation of kro and krw: Using interpolation methods, the relative perm of oil
(kro) and water (krw) are determined for each grid cell. These values are crucial in
determining the flow behavior of the fluids within the reservoir.

(4) Calculation of Flow Coefficients: Based on the reservoir’s fundamental parameters
and the derived pressure-driven water injection well pressure analysis model, the
flow coefficients for each grid cell are computed. These coefficients reflect the ease of
fluid flow through the porous medium.

(5) Formation of the Five-Diagonal Equation System: A system of five-diagonal equations
is formulated, where each equation represents the pressure balance at a specific
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grid cell. This system encapsulates the governing equations of fluid flow and the
interactions between adjacent grid cells.

(6) Solution of the Equation System: The five-diagonal equation system is solved nu-
merically to obtain the pressure values at different grid nodes. This step is crucial in
determining the pressure distribution within the reservoir under the influence of the
water injection well.

(7) Explicit Saturation Calculation and Iteration: Following the pressure calculation, the
saturations are updated explicitly using the new pressure values. This step involves
applying the appropriate saturation–pressure relationships for the oil and water
phases. The updated saturations are then used in the next iteration of the simulation.

(8) Iteration and Simulation Completion: The above steps are repeated in a loop until
the end of the simulation time is reached. Each iteration refines the pressure and
saturation distributions, providing a more accurate representation of the reservoir’s
response to the water injection well.

By following this iterative process, the pressure-driven water injection well pressure
analysis model enables the prediction of pressure and saturation changes within the reser-
voir, facilitating informed decision-making in reservoir management and optimization.

3. Mechanism of Enhanced Oil Recovery Through Pressure-Driven Technology

3.1. High Pressure Coefficient: The Key to Establishing a Stable and Continuous Pressure Profile
for Long-Term Stable Production

The pressure-driven development of low-permeability reservoirs can create a complex
fracture network through high-pressure fluid loss, significantly enhancing permeability
and injection capacity for rapid energy replenishment. Compared to conventional water
injection, the water injection capacity improves by 10–30 times after pressure-driven water
injection. In the pressure-driven modification zone, the pressure front advances, increasing
the displacement pressure gradient between wells by 5 to 10 times. Consequently, the range
of easily flowing zones expands by 3 to 5 times (Figure 2), enabling the establishment of
effective displacement between injection and production wells.

Figure 2. Pressure Gradient Profiles of Conventional Water Injection versus Pressure-Driven Water
Injection.

Figure 2 is a comparison of pressure gradient profiles between conventional water
injection and pressure-driven water injection. As can be seen from the figure, when the
well spacing reaches 80 m, the pressure head moves forward by 800 m, and at this point,
the pressure gradient increases by 60 times. This indicates that at this specific well spacing,
pressure-driven water injection can significantly improve the pressure gradient, which may
enhance the development effect of the reservoir.
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There are several reasons for this:

(1) Fluid dynamics effect: As the well spacing increases, the flow path of the fluid becomes
longer, leading to an increase in fluid resistance. In this case, using pressure-driven
water injection can overcome this resistance, allowing the fluid to pass through the
formation more effectively.

(2) Influence of microfracture zones: In the area of microfracture zones between wells,
the permeability of the formation will change. Pressure-driven water injection can
activate these microfractures by increasing the injection pressure, thereby further
improving the fluid flow capacity.

(3) Influence of matrix properties: Factors such as matrix permeability and well spacing
may affect the change in pressure gradient. Higher matrix permeability may make it
easier for fluids to flow through the formation, while longer well spacing may require
higher pressure to maintain the same flow rate.

In the actual oilfield development process, engineers typically determine the best
water injection strategy based on field test data and experience. The effect of pressure-
driven water injection within this range has been verified through multiple experiments
and practical applications.

Our proprietary long-core pressure transmission experiments have demonstrated that
the pressure transmission velocity is solely correlated with reservoir physical properties. In
contrast, the medium transmission velocity is influenced by both physical properties and
pressure gradients. Enhancing physical properties and displacement pressure gradients
can reduce the discrepancy between these two velocities.

Pressure transmission refers to the energy transfer resulting from fluid and matrix com-
pression, which is solely related to rock properties and the comprehensive compressibility
coefficient of the reservoir. The calculation formula for pressure transmission is:

η =
k
μ
· 1

φ · Ct
(13)

η: Pressure Transmission Coefficient.
k: Permeability, with units expressed in Darcies (Darcy, darcies) or millidarcies (mD).
μ: Dynamic Viscosity, quantified in units of Pascal-seconds (Pa·s) or centipoise (cP), where
1 Pa·s is equivalent to 1000 cP.
ϕ: Porosity, which represents the ratio of pore space to the total volume, is a dimensionless
value ranging from 0 to 1.
Ct: Total compressibility factor, encompassing the compressibility of both the fluid and the
rock matrix, measured in units of reciprocal Pascals (1/Pa).

Medium transmission refers to the mass transfer caused by fluid migration, which
is solely related to rock properties, fluid properties, and displacement pressure gradients.
The calculation formula for medium transmission is:

v =
k
μ
· Δp

L
(14)

K: Permeability, units: Darcy (Darcy, darcies) or millidarcies (millidarcies, mD).
μ: Dynamic Viscosity, units: Pascal-seconds (Pa·s) or centipoise (centipoise, cP), where
1 Pa·s = 1000 cP.
Δp: Pressure Gradient, units: Pascals (Pa) or bars (bar), where 1 bar ≈ 100,000 Pa.
v: Fluid Flow Velocity, units: meters per second (m/s) or other velocity units.
L: Medium length, meters (m).

Physical simulation experiments on pressure transmission and medium transmission
indicate that the lower the reservoir permeability, the greater the discrepancy between the
pressure transmission velocity and the medium transmission velocity (Figure 3). When the
permeability increases from 5 × 10−3 μm2 to 35 × 10−3 μm2, the pressure transmission
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velocity increases from 70 cm/min to 80 cm/min, a mere increase of 10 cm/min. However,
under a pressure gradient of 0.025 MPa/m, the medium transmission velocity increases
from approximately 20 cm/min to 50 cm/min. At a pressure gradient of 0.015 MPa/m, the
medium transmission velocity rises from around 5 cm/min to 35 cm/min, and under a
pressure gradient of 0.01 MPa/m, it increases from approximately 2 cm/min to 25 cm/min.
Furthermore, the lower the reservoir permeability, the more significant the discrepancy
between the pressure transmission velocity and the medium transmission velocity becomes.

Figure 3. Variation Curves of Pressure and Fluid Transmission Velocity with Permeability.

Field practice in pressure-driven oil recovery demonstrates that under conditions of
high pressure coefficients, the oil pressure drop rates of both oil and water wells are essen-
tially the same, maintaining a relatively constant injection–production pressure differential.
This is conducive to establishing a continuous and stable pressure profile, resulting in a
relatively high initial production, a long natural flow period, and minimal decline.

Continuous Pressure Transmission Type: After the first phase of pressure-driven water
injection in D-1, the pressure coefficient reached 1.8, with an initial daily oil production
of 10.4 t/d. The natural flow period has been prolonged (>220 days) and is still ongoing
without any decline. The oil pressure drop rate of the water well is 0.07 MPa/d, while that
of the oil well is 0.1 MPa/d (Figure 4a, Continuous Pressure Transmission Type).

  
(a) (b) 

Figure 4. Variation Curves of Oil Pressure and Daily Oil Production of Oil and Water Wells After
Well Opening in Block D-1-1. (a) Continuous Pressure Transmission Type, (b) Unstable Pressure
Transmission Type.

Unstable Pressure Transmission Type: After pressure-driven water injection in Block
E-1, the pressure coefficient reached 1.3, with an initial daily oil production of 7.3 t/d.
However, the natural flow period was short (62 days), followed by a monthly decline rate
of 14.5% after flowback and 15.2% after switching to pumping, indicating a significant
decline. The oil pressure drop rate of the water well was 0.04 MPa/d, while that of the oil
well was 0.2 MPa/d (Figure 4b. Unstable Pressure Transmission Type).
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Numerical simulation studies on fluid–solid coupling in pressure-driven oil reservoirs
have shown that a high pressure coefficient can ensure stable pressure fronts, enhance the
displacement pressure gradient, and facilitate the establishment of a stable and continuous
pressure profile (Figure 5). The numerical simulation of the pressure-driven reservoir
indicates that a high pressure coefficient ensures a stable pressure head, increases the
displacement pressure gradient, and is beneficial for the establishment of a stable and
continuous pressure profile. The advanced pressure drive forms a continuous pressure
profile between the oil and water wells. Moreover, the high-pressure system can achieve
high and stable production with long-term natural flow. Therefore, three regions will form:
(1) In the natural flow zone (blue line), the pressure transmission profile is stable, with
continuous natural flow; (2) In the stable pumping zone (yellow line), the displacement
pressure is stably established, and the pumping maintains certain production capacity;
(3) In the depletion decline zone (green line), near the original reservoir pressure, the
production declines rapidly, with no period of natural flow.

Figure 5. Continuous Pressure Profiles between Oil and Water Wells under Different Pressure
Coefficients for Advanced Pressure-Driven Injection.

Based on the above research, it is concluded that a high-pressure system can achieve
long-term high and stable production with continuous natural flow.

3.2. Sequential Pressure Drive Followed by Fracturing Facilitates the Formation of Complex
Redirected Fracture Networks

Physical simulations indicate that high pore pressure reduces the compressive strength
of rocks, making reservoirs more susceptible to fracturing. Higher reservoir pressure
coefficients lead to lower rock fracture pressures, favoring the development of complex
fracture networks. When water injection wells undergo pressure drive prior to fracturing
oil wells, the stress field changes, resulting in the formation of redirected fractures.

A high pressure coefficient can ensure a stable pressure front, enhance the displace-
ment pressure gradient, and help establish a continuous pressure profile. When a water
injection well is pressure driven before fracturing an oil well, it can cause changes in the
stress field. This change may cause the pressure front to become unstable. So, after regular
water injection, sudden pressure changes can lead to an unstable pressure head, which in
turn affects pressure distribution and causes a decrease. In addition, high pore pressure
reduces the compressive strength of rocks, making reservoirs more prone to fracture and
forming complex fracture networks. This further affects the propagation and distribution
of pressure, leading to instability of the pressure front.

Rock mechanics failure experiments on cores from Block E-1-2 under varying pore
pressures reveal that increased pore pressure decreases compressive strength. When the
pore pressure is 10 MPa, the rock fracture strain variation rate is approximately 1.0, with
an axial stress difference of around 100 MPa. At a pore pressure of 30 MPa, the rock
fracture strain variation rate decreases to approximately 0.5, with an axial stress difference
of approximately 25 MPa (Figure 6).
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Figure 6. Rock Mechanics Failure Curves of Cores from Block E-1-2 under Different Pore Pressures.

Fracture strength experiments on cores from Block E-1-2 under varying pressure
coefficients demonstrate that higher pressure coefficients result in lower fracture pressures.
At a pressure coefficient of 1.2, the core fracture pressure is 104.8 MPa; at 1.5, it decreases to
92.9 MPa; and at 1.8, it drops further to 30 MPa (Figure 7).

Figure 7. Histogram of Fracture Pressures of Cores from Block E-1-2 under Different Pressure
Coefficients.

In the instance where the lithostatic ratio (LSR) is 1.2, the reduction in the fracturing
pressure of the rock to 30 MPa is attributable to several factors:

(1) Influence of Pore Pressure: The increase in pore pressure leads to a decrement in the
compressive strength of the rock, rendering it more susceptible to fracturing. This is
corroborated by Figure 6, wherein the stress differential curves under varying pore
pressures illustrate a progressive decline in the rock’s load-bearing capacity as pore
pressure intensifies.

(2) Variations in Formation Stress: The alteration of the lithostatic ratio impacts the
effective stress state of the formation. When the formation is under-compacted (with
a lithostatic ratio less than 1), the rock may exhibit higher compressive strength;
conversely, as the lithostatic ratio approaches or exceeds unity, the increment in pore
fluid pressure results in a reduction in the rock’s effective stress, thereby diminishing
its resistance to fracturing.

(3) Support from Physical Simulation Experimentation: The relationship between the
lithostatic ratio and fracturing pressure depicted in Figure 8 further endorses this
perspective. As the lithostatic ratio increases from 1.0 to 1.8, a marked decrease in
the rock’s fracturing pressure is observed, with a significant drop to 72.9 MPa at a
lithostatic ratio of 1.5, and a further decline to 30 MPa when the ratio is 1.2.
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(a) 

 
(b) 

Figure 8. Schematic Diagram of Fracture Propagation in Oil Wells after Initially Fracturing Water
Wells and Subsequently Applying Pressure-Driven Injection to Oil Wells, and Schematic Diagram of
Fracture Propagation in Oil Wells after Initially Applying Pressure-Driven Injection to Water Wells
and Subsequently Fracturing Oil Wells. (a) Oil wells are fractured first, followed by pressure drive
for water wells. (b) Water wells undergo pressure drive first, followed by fracturing for oil wells.

The decrease in fracturing pressure to 30 MPa at a lithostatic ratio of 1.2 is attributed to
the augmentation of pore pressure, which precipitates a decline in the rock’s compressive
strength, concurrently with the pivotal role played by changes in formation stress. These
findings are substantiated by the results of physical simulation experiments and are in
alignment with actual field production scenarios in oil and gas operations.

Numerical simulations of firstly fracturing an oil well followed by pressure drive of
a water well indicate that when an oil well is fractured and put into production while
maintaining a formation pressure coefficient of 1.0, subsequent pressure drive of the water
well tends to induce the formation of long fractures in the oil well that are parallel to the
principal stress direction, creating wings on both sides (Figure 8a. Oil wells are fractured
first, followed by pressure drive for water wells).

Physical experiments involving water well pressure drive preceding oil well fracturing
demonstrate that when the water well undergoes water injection and pressure drive two
months in advance, resulting in a formation pressure coefficient reaching 1.8, subsequent
fracturing of the oil well leads to the formation of complex fractures, with fracture directions
deflecting by approximately 45◦ (Figure 8b. Water wells undergo pressure drive first,
followed by fracturing for oil wells).

Field practice has shown that when fracturing precedes pressure drive, rapid water
breakthrough occurs in some oil wells. Adjusting the sequence of production and injection,
i.e., performing pressure drive before fracturing, can effectively control water breakthrough.

In Block A-1, the water injection well was fractured prior to the pressure-driven
enhancement of the oil well, resulting in rapid water breakthrough in the oil well. In
December 2018, well A-1-1 in this block was fractured with two stages, each having a
half-length of 122 m. In January 2021, generalized pressure-driven water injection was
performed in the water injection well of this block, with a total cumulative water injection
volume of 3.7 × 104 m3. Following the pressure-driven water injection, the water cut in
well A-1-1, aligned with the principal stress direction, increased rapidly, leading to swift
water breakthrough in the oil wells in that same direction (Figure 9).
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Figure 9. Water Cut Variation Curve of Oil Well A-1-1 in the Direction of Principal Stress (Block A).

In Block Bin 435, water wells were initially subjected to pressure-driven injection
prior to fracturing the oil wells, leading to a low water cut and a gradual increase in water
cut for the oil wells. In January 2023, the water wells in this block underwent staged
pressure-driven injection, with a total cumulative water injection volume of 9.6 × 104 m3.
By April 2023, the oil wells were brought into production following staged fracturing,
which included three fracture stages and a half-fracture length of 157 m. After production
commenced, the water cut remained stable, with a slow increase observed (Figure 10).

Figure 10. Water Cut Variation Curve of Oil Well B-1-1 in the Direction of Principal Stress (Block B).

In Block B-1, the water injection well underwent pressure-driven treatment prior to
the fracturing of the oil well, resulting in a low water cut and a gradual increase in the oil
well’s water cut. In January 2023, the water injection well in this block experienced staged
pressure-driven water injection, with a total cumulative volume of 9.6 × 104 m3. In April
2023, the oil well was brought into production following staged fracturing, which included
three fracture stages and a half-fracture length of 157 m. After production commenced, the
water cut remained stable and increased slowly (Figure 10).

3.3. Reservoir Physical Properties and Injection Displacement Are the Main Controlling Factors
Affecting the Morphology and Extension Range of Fracture Network

Physical experiments indicate that the rock-breaking mechanisms vary among reser-
voirs with different physical properties. Generally, fractures induced by pressure drive
in low-permeability reservoirs form during the fracture initiation stage, whereas those in
ultra-low-permeability reservoirs occur during the fracture propagation stage after rupture.
The distinct stages lead to differences in the morphology and scale of pressure-driven
fractures in reservoirs with varying physical properties.

Specifically, when the brittleness index is 2.71 and the gas-measured permeability is
16.0 × 10−3 μm2, pressure-driven fractures are generated during the fracture initiation
stage (Figure 11a. Brittleness Index: 2.71 Gas Logging Permeability: 16.0 mD).
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(a) 

(b) 

 
(c) 

Figure 11. Strain–stress difference curves at permeabilities of 16.0 × 10−3 um2, 3.58 × 10−3 um2,
and 0.871 × 10−3 um2, respectively. (a) Brittleness Index: 2.71 Gas Logging Permeability: 16.0 mD.
(b) Brittleness Index: 59.7 Gas Logging Permeability: 3.58 mD. (c) Brittleness Index: 88.4 Gas Logging
Permeability: 0.871 mD.

When the brittleness index is 59.7 and the gas-measured permeability is 3.58 × 10−3 μm2,
pressure-driven fractures emerge during the fracture propagation stage following rupture
(Figure 11b. Brittleness Index: 59.7 Gas Logging Permeability: 3.58 mD).

With a brittleness index of 88.4 and a gas-measured permeability of 0.871 × 10−3 μm2,
pressure-driven fractures are generated during the fracture propagation stage subsequent
to rupture (Figure 11c. Brittleness Index: 88.4 Gas Logging Permeability: 0.87 mD).

Numerical simulations indicate that higher permeability leads to shorter fracture prop-
agation distances and more uniform fracture patterns, while higher injection rates result
in longer fracture propagation distances and less uniform fracture patterns. Therefore, to
achieve precise control over fracture morphology and propagation distance, it is necessary
to match different injection rates with varying reservoir properties.

The schematic diagram of pressure-driven fracture propagation under different perms,
with an injection rate of 2 × 10−4 m3/s and a cumulative injection volume of 0.1 PV, is
presented as follows:
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When the permeability is 3 × 10−3 μm2, the fracture propagation distance is the
longest, with fractures extending in all directions. In contrast, when the permeability
is 50 × 10−3 μm2, the fracture propagation distance is the shortest, resulting in a more
uniform fracture pattern (Figure 12a. Fracture network formed by pressure drive in
reservoirs with different physical properties).

(a) 

(b) 

Figure 12. Fracture propagation patterns under different permeabilities, and fracture propagation
patterns under different injection rates. (a) Fracture network formed by pressure drive in reservoirs
with different physical properties. (b) Fracture network formed by pressure drive in reservoirs with
different physical properties.

With a permeability of 10 × 10−3 μm2 and a cumulative injection volume of 0.1 PV,
the schematic diagram of pressure-driven fracture propagation under different injection
rates is shown below:

When the injection rate is 2 × 10−3 m3/s, the fracture propagation distance is the
longest, with fractures extending in all directions. Conversely, at an injection rate of
5 × 10−5 m3/s, the fracture propagation distance is the shortest, leading to a more uniform
fracture pattern (Figure 12b. Fracture network formed by pressure drive in reservoirs with
different physical properties).

By implementing advanced high-pressure drive with large well spacing in water wells,
we reduced pressure sensitivity and friction, thereby addressing the challenge of inefficient
production in low-abundance beach-bar sand reservoirs. Based on the different physical
properties of oil layers, we innovatively established a three-dimensional pressure drive
approach, optimizing different injection rates to control the propagation morphology of
pressure-driven fractures. This achieved high-pressure fluid loss and fracture network
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creation, resolving the issue of interlayer production differences in ultra-low-permeability
reservoirs. Through differential energy replenishment, response induction, displacement
adjustment, and flooding, we achieved a synergistic and uniform displacement in the
energy field, overcoming the problems of poor sweep efficiency and low recovery rates in
conventional low-permeability reservoirs. The in-depth study of pressure drive mecha-
nisms provides guidance for expanding the technical model of pressure drive development
in low-permeability reservoirs.

4. Research on Production Characteristics of Pressure Drive in Field Operations

Subsequently, we conducted research on the production characteristics of pressure
drive in field operations. Following pressure drive implementation, the daily injection rate
per well increased by more than two times, effectively solving the problem of “injection
difficulty”. The formation pressure maintenance level rose from 69.3% to 95.7%, effectively
restoring formation energy. The fluid production capacity of different types of reservoirs
improved by more than 1.2 times, addressing the challenge of “production difficulty”.

We divided the regions into old and new areas, with the previously studied region
designated as the old area and the newly developed one as the new area. Pressure drive
effectively overcame the “injection difficulty” issue. In the new area, after pressure drive,
the water injection capacity of turbidite rocks increased from 24.6 m3/d to 69.8 m3/d, and
that of beach-bar sands increased from 42.9 m3/d to 67.4 m3/d. The daily water injection
capacity after oil well conversion reached 37.9 m3/d, with a more than two-fold increase
compared to pre-pressure drive levels, and a greater improvement observed in turbidite
rocks than in beach-bar sands (Figure 13).

In the old area, after pressure drive, the water injection capacity of turbidite rocks
increased from 11.8 m3/d to 29.9 m3/d, and that of beach-bar sands increased from
7.7 m3/d to 21.3 m3/d. The daily water injection capacity after oil well conversion reached
20 m3/d, also with a more than two-fold increase compared to pre-pressure drive levels,
and a greater improvement in turbidite rocks than in beach-bar sands (Figure 13a. Effect
diagram of single-well daily injection increased by more than 2 times compared to before
pressure driving).

Pressure drive effectively restored formation energy, with notable improvements in
pressure maintenance levels across different rock types. Specifically, for turbidite rocks,
the pressure maintenance level increased from 69.1% prior to pressure drive to 100.3%
post-pressure drive. Similarly, in beach-bar sands, the pressure maintenance level rose
from 67.8% before pressure drive to 93.2% after the process. For conglomerates, the
pressure maintenance level improved from 73.5% pre-pressure drive to 88.2% post-pressure
drive. On average, the pressure maintenance level across all rock types increased from
69.3% before pressure drive to 95.7% afterward, with turbidite rocks exhibiting the highest
pressure recovery level, followed by beach-bar sands, and then conglomerates (Figure 13b.
Effect diagram showing a pressure maintenance level of 69.3% before pressure driving and
recovery to 95.7% after pressure driving).

Pressure drive addressed the challenge of “inadequate production”. In the new area,
the daily fluid production of turbidite rocks increased from 6.9 t/d before pressure drive
to a peak of 8.8 t/d afterward, currently stabilizing at 7.6 t/d. For beach-bar sands, daily
fluid production rose from 8.8 t/d pre-pressure drive to a peak of 17.0 t/d post-pressure
drive, currently at 8.5 t/d. In conglomerates, daily fluid production increased from 10.0 t/d
before pressure drive to a peak of 17.1 t/d afterward, currently averaging 13.8 t/d. These
data indicate that turbidite rocks and conglomerates maintained relatively stable fluid
production post-pressure drive, while beach-bar sands experienced a sharper increase
and subsequent decline (Figure 13c. Effect diagram showing liquid production capacity
increased by more than 1.2 times for different types of reservoirs).
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Figure 13. Histogram of Water Injection Capacity after Transition from Pressure-Driven Injection to
Conventional Water Injection in Reservoirs of Different Lithologies. (a) Effect diagram of single-well
daily injection increased by more than 2 times compared to before pressure driving. (b) Effect diagram
showing a pressure maintenance level of 69.3% before pressure driving and recovery to 95.7% after
pressure driving. (c) Effect diagram showing liquid production capacity increased by more than
1.2 times for different types of reservoirs.
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In the old area, the daily fluid production of turbidite rocks rose from 4.3 t/d before
pressure drive to a peak of 7.0 t/d afterward, currently at 5.7 t/d. For beach-bar sands,
daily fluid production increased from 4.6 t/d pre-pressure drive to a peak of 8.0 t/d post-
pressure drive, currently stabilizing at 4.8 t/d. In conglomerates, daily fluid production
rose from 3.0 t/d before pressure drive to a peak of 3.8 t/d afterward, currently averaging
3.5 t/d. These observations suggest that turbidite rocks and conglomerates in the old area
also maintained good fluid production capacity post-pressure drive, while beach-bar sands
once again demonstrated a steeper increase followed by a quicker decline (Figure 13c.
Effect diagram showing liquid production capacity increased by more than 1.2 times for
different types of reservoirs).

5. Identify the Main Controlling Factors of Pressure-Driven Technology

In view of the differences in the effects of pressure drive, retrospective evaluations of
the main controlling factors of pressure drive in new and old areas are conducted using big
data analysis methods such as SHAP analysis and correlation analysis.

The SHAP values for the influencing factors on the effectiveness of pressure drive in
the new area are as follows: water injection volume during pressure drive has a SHAP
value of 1.1, injection–production well spacing has a SHAP value of 1.08, injection rate has a
SHAP value of 0.9, original formation pressure has a SHAP value of 0.66, permeability has a
SHAP value of 0.55, reservoir thickness has a SHAP value of 0.3, mid-depth of the reservoir
has a SHAP value of 0.22, porosity has a SHAP value of 0.2, and crude oil viscosity has a
SHAP value of 0.04 (Figure 14a. SHAP Values for Factors Influencing the Effectiveness of
the New Area).

Factors Influencing Cumulative Oil Increment in the New Area and Their Correlation
Coefficients:

The correlation coefficients for factors influencing cumulative oil increment in the new
area are: water injection volume during pressure drive (0.45), injection–production well
spacing (0.43), injection rate (0.40), original formation pressure (0.18), permeability (0.31),
reservoir thickness (0.15), mid-depth of the reservoir (0.02), porosity (0.01), and crude oil
viscosity (0.02) (Figure 14b Correlation Coefficients of Factors Influencing Cumulative Oil
Increment in the New Area).

According to the SHAP values of the influencing factors of the effectiveness status in
the new area and the correlation coefficient values of the influencing factors of cumulative
oil increase in the new area, the impact values of the main controlling factors of pressure-
driven technology in the new area, from largest to smallest, are: pressure-driven water
injection volume > injection–production well spacing > injection rate.

SHAP Values for Factors Influencing Effectiveness in the Old Area:
The SHAP values for factors influencing the effectiveness of pressure drive in the

old area are: depletion level (1.1), water injection volume during pressure drive (0.9),
injection–production well spacing (0.72), injection rate (0.65), permeability (0.36), depleted
volume (0.3), water cut before pressure drive (0.28), cumulative injection before pressure
drive (0.25), original formation pressure (0.25), mid-depth of the reservoir (0.24), reservoir
thickness (0.18), porosity (0.18), and crude oil viscosity (0.11) (Figure 14c. SHAP Values for
Factors Influencing the Effectiveness of the Mature Area).

Correlation Coefficients for Cumulative Oil Increment in the Old Area:
The correlation coefficients for factors influencing cumulative oil increment in the

old area are: depletion level (0.61), water injection volume during pressure drive (0.53),
injection–production well spacing (0.50), injection rate (0.33), permeability (0.33), reservoir
thickness (0.28), depleted volume (0.25), water cut before pressure drive (0.13), cumulative
injection before pressure drive (0.14), original formation pressure (0.13), mid-depth of the
reservoir (0.12), porosity (0.08), and crude oil (0.01) (Figure 14d. Correlation Coefficients of
Factors Influencing Cumulative Oil Increment in the Mature Area Contributions).
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Figure 14. Cont.
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(d) 

Figure 14. Evaluation of main controlling factors of pressure-driven technology in new and old areas.
New area: pressure-driven water injection volume > injection–production well spacing > injection
rate; Old area: degree of depletion > pressure-driven water injection volume > injection–production
well spacing (data bar chart). (a) SHAP Values for Factors Influencing the Effectiveness of the New
Area. (b) Correlation Coefficients of Factors Influencing Cumulative Oil Increment in the New
Area. (c) SHAP Values for Factors Influencing the Effectiveness of the Mature Area. (d) Correlation
Coefficients of Factors Influencing Cumulative Oil Increment in the Mature Area Contributions.

Based on the SHAP values of the influencing factors of the effectiveness status in
the old area and the correlation coefficient values of the influencing factors of cumulative
oil increase in the old area, the impact values of the main controlling factors of pressure-
driven technology in the old area, from largest to smallest, are: degree of depletion >
pressure-driven water injection volume > injection–production well spacing.

Oil wells with large depletions are more prone to water breakthrough, and the pressure-
driven design in old fields should pay more attention to the imbalance of pressure and flow
field caused by historical exploitation. Taking the well group C-1-1 as an example, well
C-1-2 in this group has a depletion of 12.1%, well C-1-3 has a depletion of 15.4%, well C-1-4
has a depletion of 7.1%, and well C-1-5 has a depletion of 10.1% (Figure 15). According to
the monitoring of the water injection front of well C-1-1, water breakthrough occurred in
well C-1-3, which has a larger depletion.

Figure 15. Bar Chart of Oil Well Depletion Degree in Well Group C-1-1.
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Figure 16 illustrates the changes in the water injection front for Well Group C-1-1 at
different time periods, specifically on 24 May 2023, 1 June 2023, and 12 June 2023. As shown
in (Figure 16a), the water injection front change on 24 May 2023; in (Figure 16b), the water
injection front change on 1 June 2023; and in (Figure 16c), the water injection front change
on 12 June 2023.

(a) 

(b) 

 
(c) 

Figure 16. Variation in Water Injection Front at Different Time Periods in Well Group C-1-1. (a) Water
Injection Front Variation Chart on 24 May 2023. (b) Water Injection Front Variation Chart on 1 June
2023. (c) Water Injection Front Variation Chart on 12 June 2023.

6. Prediction Model for Pressure Drive Effectiveness

A predictive model for pressure drive productivity, both non-time series- and time
series-based, has been established utilizing data-driven approaches specific to pressure
drive operations. This model aims to forecast the effectiveness of pressure drive measures
by leveraging historical and real-time data pertaining to the process.

Flowchart for Establishing and Validating a Pressure-Driven Production Prediction
Model with Non-Time-Series Data Sample Libraries, Including Data Preprocessing (Stan-
dardization), Selection of Appropriate Regression Algorithms (Figure 17).
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Figure 17. Flowchart of a Non-Temporal Pressure-Driven Production Prediction Model Based on
Machine Learning.

In a neural network [41], multiple neurons can be combined to form a layer, and the
stacking of these layers creates the network structure. We employ a Multi-Layer Perceptron
(MLP).

z(l) = f (W(l)a(l−1) + b(l)) (15)

where:

z(l) represents the activation output of the l $-th layer.
W(l) denotes the weight matrix associated with the l $-th layer.
a(l) is the activation output of the l-1 layer, which also serves as the input to the l layer.
b(l) is the bias vector for the l layer.

Non-time-series pressure-driven production capacity prediction model based on ma-
chine learning (neural network regression algorithm), with the neural network fitting
diagram for the three months following pressure drive shown above (Figure 18).

Figure 18. Neural Network Fitting Chart for Three Months After Pressure-Driven Injection.

138



Energies 2024, 17, 5253

Time Series Production Forecast Model Based on Deep Learning:
Based on the established pressure-driven production capacity prediction model, a

regression plot for the daily oil production over three months was obtained, as shown
in the above figure (Figure 19). A time series production forecast model employing a
sequence-to-sequence (seq-seq) deep learning architecture has been developed. This model
comprehensively considers not only the temporal influence of production dynamics on
output but also the spatial impact of static geological parameters. The flowchart illustrat-
ing the model’s framework is presented below (Figure 20). Results from both training
and testing phases (Figure 21) demonstrate that the proposed deep learning-based time
series production forecast model achieves high accuracy, underscoring its effectiveness in
predicting production outcomes.

Figure 19. Regression Chart of Daily Oil Production Model for Three Months.

Figure 20. Time Series Production Prediction Model Based on Deep Learning.

 

Figure 21. Time Series Production Regression Chart for Deep Learning.
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Time series models for addressing pressure-driven problems can take various forms.
We base our approach on the linear autoregressive model (AR) and incorporate pressure
as an exogenous input variable. Let Pt denote the pressure at time t, and Xt represent the
target variable at time t (e.g., flow rate, head height, etc.) The pressure-driven time series
model can be expressed as:

Xt= c+
p

∑
i=1

φiXt−i + θPt + εt (16)

where:

c is the constant term.
φi is the coefficient of the autoregressive term, indicating the influence of past values of the
target variable on the current value.
p is the order of the autoregressive model.
θ is the coefficient of the pressure term, representing the impact of pressure on the target
variable.
Pt is the pressure at the current time.
εt is the error term, assumed to be a white noise process with a mean of zero.

This model assumes that the target variable Xt is influenced by its own past values as
well as the current pressure Pt. Such a model can be utilized to predict future values of the
target variable (including production) given current and past pressure data.

7. Conclusions

This study delves into the exploitation mechanism of pressure drive by establishing
mathematical models for oil-water seepage in tight oil reservoirs, a model of fracture per-
meability, and a prediction model for the pressure drive effect, elucidating the underlying
mechanisms of pressure drive technology in enhancing oil recovery (EOR).

(1) An innovative approach to complex fracture networks was developed by investigat-
ing the strategy of pressure drive prior to fracturing, revealing that establishing a
stable and continuous pressure profile with a high pressure coefficient is crucial for
achieving long-term stable production, and also facilitates the formation of complex
and branched fracture networks.

(2) Based on the varying physical properties of reservoirs, we innovatively developed
a three-dimensional pressure drive method, optimizing different injection rates to
control the propagation patterns of pressure-driven fractures, ultimately leading to
high-pressure leak-off and the creation of complex fracture networks.

(3) The analysis identifies reservoir physical properties and injection displacement as
the main controlling factors affecting the morphology and extension range of the
fracture network.

(4) We conducted field-scale studies on the production characteristics of pressure drive
operations, utilizing big data analytic tools such as SHAP analysis and correlation
analysis to retrospectively evaluate the primary controlling factors of pressure drive
in both new and established fields.

Compared to previous research on oil recovery solutions, the pressure drive method
investigated in this study yields more pronounced results. Looking forward, we aim to
explore deeper issues, expand our sample range, and experiment with different approaches
to further advance our understanding and application of this technology.

Author Contributions: Conceptualization, H.L.; Methodology, B.J.; Validation, B.J.; Formal analysis,
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Abstract: Existing CO2 leakage risk assessment frameworks for CO2 capture, geological
storage and utilization (CCUS) projects face limitations due to subjective biases and poor
adaptability to long-term scale sequestration. This study proposed a dynamic risk assess-
ment method for CO2 leakage based on a timeliness analysis of different leakage paths
and accurate time-dependent numerical simulations, and it was applied to the first CO2

enhanced gas recovery (CCUS-EGR) pilot project of China in the Maokou carbonate gas
reservoir in the Wolonghe gas field. A 3D geological model of the Maokou gas reservoir
was first developed and validated. The CO2 leakage risk under different scenarios in-
cluding wellbore failure, caprock fracturing, and new fracture activation were evaluated.
The dynamic CO2 leakage risk of the CCUS-EGR project was then quantified using the
developed method and numerical simulations. The results revealed that the CO2 leakage
risk was observed to be the most pronounced when the caprock integrity was damaged
by faults or geologic activities. This was followed by leakage caused by wellbore failures.
However, fracture activation in the reservoir plays a neglected role in CO2 leakage. The
CO2 leakage risk and critical risk factors dynamically change with time. In the short term
(at 5 years), the project has a low risk of CO2 leakage, and well stability and existing faults
are the major risk factors. In the long term (at 30 years), special attention should be paid
to the high permeable area due to its high CO2 leakage risk. Factors affecting the spatial
distribution of CO2, such as the reservoir permeability and porosity, alternately dominate
the leakage risk. This study established a method bridging gaps in the ability to accurately
predict long-term CO2 leakage risks and provides a valuable reference for the security
implementation of other similar CCUS-EGR projects.

Keywords: CO2 leakage; risk assessment; CCUS-EGR; numerical simulation; Wolonghe
gas field

1. Introduction

CO2 capture, geological storage and utilization (CCUS) is internationally recognized
as one of the most effective means of mitigating global warming [1–3]. In general, CCUS
is divided into three distinct components: CO2 capture, utilization, and storage. CO2

utilization is manifested mainly in CO2-enhanced oil recovery (EOR) and CO2-enhanced
gas recovery (EGR) projects, photocatalytic conversion of CO2 [4], and biological CO2

conversion. CO2 storage mainly includes geologic CO2 storage (GCS), mineralization, and

Energies 2025, 18, 4478 https://doi.org/10.3390/en18174478
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marine storage, among which GCS is the most important storage method. During the
process of geological storage, CO2 may leak through several paths, such as abandoned
wells, reactivated faults and caprocks [5]. The leakage of CO2 will pollute the groundwater
and subsurface soil and also has a chance of being released into the atmosphere [6–8].
Before implementing any CCUS project, conducting a CO2 leakage risk assessment should
be a top priority [9].

Several CO2 leakage risk assessment methods were proposed recently. The available
methods can be divided into qualitative and quantitative assessment methods. Qualitative
risk assessment methods primarily include the following frameworks: The Containment
Assurance Scenario and Significance Identification Framework (CASSIF), developed by
Ferhat Yavuz et al. [10], which employs fault leakage analysis, wellbore integrity evaluation,
and seal failure detection to identify critical events in geological containment systems. This
framework optimizes utilization of the Features, Events, and Processes (FEP) database
through real-time scenario matching, significantly enhancing the modeling accuracy of risk
significance identification. The Structured What-If Technique (SWIFT) proves particularly
effective for assessing risks in inaccessible hazardous environments where consequence
pathways remain ambiguous. Through systematic generation of hypothetical failure sce-
narios, SWIFT enables preemptive risk evaluation of complex industrial operations [11].
The Vulnerability Evaluation Framework (VEF) serves as a conceptual tool for systemic
vulnerability assessment. This framework assists regulatory bodies and engineering profes-
sionals in establishing customized risk metrics while providing methodological guidance
for design validation, risk quantification, and regulatory compliance management [12].
Earlier CCUS leakage risk evaluations mostly used evaluation frameworks and qualitative
methods due to a lack of specific data, which resulted in greater uncertainty and risk
misclassification. They could not dynamically assess the real-time changes in leakage
risk during the sequestration process, and had limitations in decision-making. Thus, this
method is gradually being replaced by quantitative risk assessment methods [11].

Quantitative risk assessment methods effectively make up for the shortcomings of
qualitative assessment methods, mainly for the realization of quantitative portrayal of the
risk of leakage, such as calculating the leakage volume or the risk of leakage from a single
leakage path over a certain period of time [13]. They can accurately provide input for
relevant monitoring and protection measures [14]. The main quantitative risk assessment
methods include the overall assessment of CO2 leakage risk with the Performance and
Risk (P&R) [15] and the main potential leakage path identification methods are the Cer-
tification Framework Approach (CFA) [16], CO2-Predicting Engineered Natural Systems
(CO2-PENS) [17], and Risk Interference Subsurface CO2 Storage (RISCS) [18]. The main
methods used recently for assessing the risk of CO2 leakage in CCUS-EGR projects are
described in the following section, but these various methods all have certain limitations.
The experimental approach includes core replacement experiments, fracture expansion
and permeability tests, etc. This method offers a visual representation of the reservoir’s
response to CO2 injection, but its limitations are also evident. It cannot reflect the complex
geological conditions of the actual subsurface reservoir, nor can it portray the long-term
evolution of the geological sealing process. The Probabilistic Risk Assessment Method
(PRA) is a statistical-based approach that utilizes leakage probability statistics and Fault
Tree Analysis (FTA) to quantitatively assess the risk of leakage. However, the method is
inherently dependent on data, and the lack of disclosure of leakage data from the CCUS-
EGR project restricts the reliability of the results due to governmental policy. Machine
learning methods, as one of the key quantitative risk assessment approaches, can use neural
networks and other artificial intelligence algorithms to analyze field monitoring data from
actual projects and predict leakage risk in conjunction with existing historical processes.
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The primary benefit of this approach is the enhanced accuracy of the calculated leakage
risk probability when combined with extensive data training calculations. However, the
key disadvantage is the lack of interpretability, resulting in a black-box model that hinders
the provision of reliable explanations for physical mechanisms [19]. Due to the lack of
sufficient evaluation data and the dynamic nature of leakage risk over time, the accuracy
and timeliness of existing quantitative evaluation methods are limited.

Numerical simulation is a mature and widely used tool for data generation [20]. It
uses professional numerical simulation software, such as TOUGH (Lawrence Berkeley
National Laboratory, Berkeley, CA, USA), CMG (Computer Modeling Group Ltd., Calgary,
AB, Canada), ECLIPSE (Schlumberger Ltd., Houston, TX, USA), etc., to construct the
corresponding numerical model and accurately predict the CO2 migration distribution
and leakage risk during the process of storage [21]. The integration of risk assessment and
numerical simulation holds significant potential in addressing the insufficient dynamic
assessment capabilities inherent in existing quantitative evaluation methodologies.

In recent years, quantitative evaluation methods have gradually become the main-
stream method of risk assessment. Aiming at the problem of wellbore leakage in the
process of CO2 geological storage in a saline aquifer, Gao et al. [22] established a quantita-
tive risk evaluation index system based on an analytic hierarchy process so as to determine
the influence weight of each influencing factor on leakage according to the score. Sorgi
et al. [23] proposed a quantitative assessment method for leakage risk, which introduced
measurement, monitoring and verification methods to avoid qualitative analysis or subjec-
tive judgment involved in risk assessment and analysis. Unfortunately, the method lacks
actual site applicability verification. Using a quantitative analysis method, Dou et al. [24]
established a heat and mass transfer and distribution model of offshore gas production
wells, explored the physical process of gas leakage and migration, quantitatively evaluated
the influence of different factors, and designed a series of risk prevention measures. By
comprehensively comparing qualitative, semi-quantitative and quantitative methods, the
qualitative evaluation method has the advantages of simple operation and short completion
time, but it has poor ability in later leakage quantification and risk assessment. The semi-
quantitative method can achieve advantages in operability and flexibility; the advantage
of the quantitative method is that it has sufficient data persuasiveness in terms of data
accuracy and uncertainty processing. The disadvantage is that the operation is difficult
and the completion time is long [25]. The quantitative evaluation method established in
this paper effectively solves the problem of difficult operation. Users can assign values in
turn according to the scoring table and combine the existing numerical simulation results
of site injection, which greatly reduces the working time.

Internationally, Enhanced Gas Recovery (EGR) technology remains at a low techno-
logical maturity level, with limited documented implementation cases [26]. Notably, China
achieved a milestone in 2024 by launching its first CCUS-EGR pilot demonstration project
at the Wolonghe Gas Field. Characterized by advanced technical maturity and comprehen-
sive supporting infrastructure, this pioneering project has successfully completed the first
period of CO2 injection.

Considering the limitations and shortcomings of the above risk assessment methods,
this paper focused on identifying the leakage pathways, determining the values of various
leakage indicators on the overall storage risk, and combining the results of numerical
simulation to propose a leakage risk assessment method for long-term CCUS projects.
The Maokou gas reservoir in the Wolonghe field, southwest China, was selected as an
application case to investigate the dynamic assessment results of CO2 storage risk under
different time scales, which will provide a scientific method for field injection storage in the
subsequent study area and a reliable basis for developing a leakage risk monitoring program.
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2. Materials and Methods

2.1. Establishment of the Leakage Risk Assessment Method
2.1.1. Leakage Pathway Analysis

After CO2 enters the formation through the wellbore, various factors during the
injection or production may cause damage to the wellbore structure or lead to leakage along
the fracture of an abandoned well. Then, the gas enters the reservoir and migrates upward
due to buoyancy and accumulates under the caprock. Since the injection of CO2 inevitably
raises the pressure in both the reservoir and caprock, there is a possibility of fault or fracture
activation, which in turn increases the risk of leakage [21]. With the increase of storage time,
the dissolution of CO2 in formation water and its water–rock reaction also poses a risk of
changing the permeability of the reservoir’s caprock [27]. Unexpected geological activities
in the geological body will also damage the stability of the storage body and increase the
risk of leakage. Therefore, in the above process, there will be a variety of potential leakage
pathways of CO2, mainly including the wellbore, caprock, reservoir, fault, fracture and so
on (Figure 1a). Moreover, the risk of leakage through these pathways varies dynamically
over time (Figure 1b). The temporal characteristics of these leakage pathways exhibit
significant variability in their operational impacts. For instance, leakage through abandoned
wellbores, pre-existing faults, or fractures—if it occurs—would likely manifest during the
early storage phases and thus be readily detectable. In contrast, other latent risks, such as
caprock integrity degradation induced by CO2 injection-associated geomechanically stress
redistribution and geochemical alteration processes, demonstrate progressive escalation
with continuous CO2 emplacement. These risks exhibit strong positive correlations with
CO2 concentration gradients. Consequently, the most effective dynamic risk quantification
methodology involves integrating site-specific numerical simulations to systematically
evaluate risk evolution through spatiotemporal analysis of CO2 plume migration patterns.

Figure 1. (a) Conceptual diagram of potential leakage path of CCUS, modified from Zhang et al. [28].
(b) Conceptual diagram of the risk of CO2 sequestration and leakage in geological media, modified
according to Gholami R et al. [29].

2.1.2. Evaluation Factors Determination

Based on the leakage pathways analysis listed above, the evaluation factors were
divided into four categories: caprock, reservoir, wellbore, and geologic body safety and
stability. The various evaluation factors can be further subdivided into more specific
sub-factors, whose determination methods and scoring rules are shown below:

Caprock: The complete and continuous distribution of the caprock will affect the gas
sequestration effectiveness in different areas of the site [30]. The thickness of the caprock
can be divided into individual and cumulative caprock thickness. A greater thickness of
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the caprock generally correlates with enhanced safety. The permeability of the caprock
directly influences the extent to which gas can escape after breaching the caprock. The
lithology, mechanical stability, and chemical reactivity of the caprock mainly reflect its
ability to resist external environmental changes and internal water–rock reactions over
the long-term storage scale [31]. For long-term storage, it is also important to consider
the content of non-reactive minerals in the caprock [32]. A series of sub-factors, including
continuity, thickness, permeability, lithology, mechanical stability, and chemical reactivity,
were established for accurate risk evaluation.

Reservoir: The influence of the reservoir on the overall closure performance is mainly
reflected in the indirect effect on the upper caprock. The physical indices of the reservoir
top adjacent to the caprock were selected to reflect this risk, in which the CO2 mole fraction
and the top pressure conditions can be used to visualize the strength of the effect on the
caprock. Numerical simulations can be used to obtain the CO2 mole fraction and top
pressure distribution of the corresponding reservoir. For accurate risk evaluation, a series
of sub-factors, including CO2 mole fraction and the ratio of the top reservoir pressure to
caprock rupture pressure, were established.

Wellbore: The main factors affecting the stability of a wellbore are completion time,
abandonment time, cementing measures and historical accidents. The completion time
determines the drilling technology and sealing methods used to complete the well [33].
The longer the abandoned time, the simpler the sealing measures taken at the time of
abandonment. The quality of the cementing reflects the well’s ability to withstand external
interference over a long period [34]. The longer the cementing ring of the abandoned
well, the better the safety of the well [5]. The last thing to emphasize is the history of
technical accidents in the well. For accurate risk evaluation, a series of sub-factors were
established, including the time of well completion, time of well abandonment, cementing
related measures and historical engineering accidents.

Geological body safety: The main factors affecting the safety of the storage system
include existing faults, potential rifts and seismic risk. As the dominant leakage path,
a fault will greatly increase the risk of sealing leakage [35,36]. The peak acceleration of
ground vibration is the horizontal acceleration corresponding to the maximum value of the
ground vibration acceleration response spectrum. A smaller value indicates better overall
safety and stability of the storage [37]. For accurate risk evaluation, a series of sub-factors
including existing faults, potential rifts and peak acceleration were established.

2.1.3. Scoring Rules of the Sub-Factors

The scoring rules of sub-factors follow the principle of uniformity and grading ac-
cording to the degree of influence on the leakage of the safety risk of the storage body.
The greater the influence, the lower the score, with a minimum of 0.2, and the smaller the
influence, the higher the score, with a maximum of 1. After that, the score will be graded
according to the degree of influence, including 0.8, 0.6, 0.4 and so on. The specific scores of
the risk levels are shown in Table 1.

The continuity of the caprock can be roughly categorized into three levels [30]. The
thickness of the single layer at the bottom of the caprock is classified into three levels. The
cumulative thickness of the caprock is divided into three classes. The caprock permeability
is divided into three grades. The lithology of the caprock is divided into four grades
according to the mud content. The mechanical stability of the caprock is divided into
four grades. The chemical reactivity of the caprock is reflected by the content of non-
reactive mineral content, which is roughly divided into four grades [32].
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Table 1. Scores in relation to risk level.

Score Risk Level

0.2 high
0.4 relatively high
0.6 medium
0.8 low
1.0 free

The CO2 mole fraction is divided into five grades. When the top reservoir pressure
approaches the caprock rupture pressure, the risk of rupture increases, which is divided
into four grades.

The well completion time can be categorized into three grades. Wellbore abandonment
time is divided into three grades on the basis of different times. The quality of cementing is
qualitatively divided into three grades [34]. Finally, the history of accidents in wellbore is
divided into three categories.

The distribution of faults or fractures in the caprock and reservoir can be classified into
four grades on the basis of their scale. The grading of peak ground shaking acceleration is
divided into five grades according to the actual seismic regions in China.

2.1.4. Evaluation Parameter Obtaining and Scores Calculation

The parameters of the caprock category index must be obtained from the correspond-
ing stratigraphic data of the study area. The parameters in the wellbore category index
and geological body safety category index, such as completion time and peak ground
shaking acceleration, must be combined with the actual engineering situation, which can
be obtained by consulting relevant data. The CO2 mole fraction and pressure at the top of
the reservoir, as part of the reservoir category index, need to be obtained with numerical
simulation. The formation rupture pressure can be calculated using the Eaton method [38]
based on the reservoir formation pressure evaluation method (Equation (1)):

Pf =
μ

1 − μ
(P0 − PP) + PP (1)

In the formula:
Pf is the formation rupture pressure, MPa;
μ is the Poisson’s ratio of the stratum, dimensionless;
P0 is the overlying stratum pressure, MPa;
Pp is the formation pore pressure, g/cm3.
The caprock juxtaposition thickness by fault is used to quantitatively characterize the

vertical development of faults (Equation (2)) [36]:

Hj = Hc − Hf (2)

In the formula:
Hj is the caprock juxtaposition thickness, m;
Hc is the caprock thickness, m;
Hf is the fault vertical throw, m.
During the process of geological storage, once a certain pathway leaks, it will cause

huge safety hazards to the overall storage unit and even cause a series of malignant
continuous safety accidents due to gas leakage. Therefore, we must consider the risks of
each index equally.
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The cumulative multiplication method is then adopted to comprehensively evaluate
the CO2 leakage risks by multiplying all indicators’ scores, emphasizing time-amplified
leakage impacts on system integrity as illustrated in Equation (3). Lv et al. [6] believed
that there were differences in the hazard levels caused by different leakage pathways,
and the scoring method was optimized on the basis of referring to the results of hazard
classification. The corresponding evaluation score index coefficients were formulated for
different types of leakage routes: wellbore, fault and geological activity are the first-level
hazard indicators, and all sub-indicators need to be squared after multiplying the scores;
the caprock and reservoir are the secondary hazard indicators, and the corresponding
sub-index index coefficient is 1, that is, it remains unchanged.

SF = (SW ∗ SG)
2 ∗ SC ∗ SR (3)

In the formula:
SF is the safe factor, which is equal to the result of multiplying the scores of all

indicators in the assignment table;
Sw is the cumulative multiplication of score values of all wellbore indexes, given by

the assignment table;
SG is the cumulative multiplication of score values of all geological body safety indexes,

which combines caprock faults, reservoir faults, and peak ground acceleration;
SC is the cumulative multiplication of score values of all caprock indexes, given by the

assignment table;
SR is the cumulative multiplication of score values of all reservoir indexes, given by

the assignment table.
The calculated SF classifies the risk into low, medium or high leakage levels, as

outlined in Table 2.

Table 2. CO2 leakage risk classification.

CO2 Leakage Safety Index Calculation Results Risk Level

0.1–1 low
10−4–0.1 medium

<10−4 high

2.2. CO2 Leakage Risk Assessment of the Wolonghe CCUS-EGR Project
2.2.1. Background

The Wolong gas field is located in the Chongqing Changshou District, where the
exposed Jurassic sand mudstone strata of the Ziliujing Group Dongyuemiao section rep-
resent the most ancient stratification. The gas field was first put into trial production in
January 1972, and as of February 2023, the Wolonghe gas field had a cumulative total
of 129 completed wells, with a cumulative gas production of 359.07 × 108 m3. Utilizing
this gas field as a paradigm, it is proposed that CO2 geological storage be employed in
conjunction with enhanced oil and gas recovery (CCUS-EGR).

This project is the first natural gas purification plant and gas carbon capture industri-
alization project in China, and it is also the first demonstration project of injecting CO2 for
enhancing natural gas recovery. Its carbon capture device is the first low pressure, medium
and low concentration carbon capture device in China. The project adopted the mode of
CCUS-EGR, and the chemical absorption method was used to capture the CO2 discharged
from the exhaust gas treatment unit. It is anticipated that about 26,500 tons of CO2 can be
captured annually and the gas recovery can be enhanced by 10% via CO2 injection.
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2.2.2. Numerical Model Establishment and Parameter Obtaining

The numerical model of the W67 well zone located in the Maokou Formation of the
Wolonghe gas reservoir was established as shown in Figure 2. The professional reservoir
simulation software CMG was employed by adopting the deterministic modeling method
and the actual parameters were used to construct the geological model, which includes
the well coordinates and the level structure, fault, well slope, geological layering, porosity,
permeability and gas saturation data. At the same time, the quality of the geological
structure, fault distribution and drilling stratification were strictly controlled, and the
planar grid was dissected with a size of 50 m × 50 m. The basic parameters of the model
are shown in Table 3.

Figure 2. Thickness of caprock, well placement, and distribution of existing faults in the study area.

Table 3. Reservoir component model parameters and values.

Parameter Value Parameter Value

surface area 19.7 km2 permeability 0.1–134 mD
stratum Maokou Group II storage temperature 85.74 ◦C

central burial depth 3477 m wellbore distribution 3 wells center,4 wells side
storage pressure 54.639 MPa injection gas Pure CO2

gas reserves 66.2 × 108 m3 number of wellbores 7
porosity 0~10% number of grids 460,000

The caprock of the gas reservoir is the Longtan Formation, which consists of dense
mudstone. The distribution is continuous, with a thickness of about 100~130 m. Its average
permeability and porosity are 9.5 × 10−9 mD and 0.00385, respectively. The caprock does
not contain reactive minerals and its mechanical properties are stable and not deformed.

The main component of reservoir gas is methane, accounting for 96.57%, while the
remaining impurity gases are CO2 and H2S, accounting for 2.11% and 0.77%, respectively.
The gas field is a dry gas reservoir characterized by ultra-low water saturation, with original
connate water saturation ranging from 6.6% to 12.6%.

The permeability distribution of the numerical model relies on logging permeability
data, and it was analyzed and calculated for different areas using well test data. The
porosity distribution was derived from the logging porosity data and was analyzed using
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the sequential Gaussian simulation algorithm. The specific spatial distributions of the
permeability and porosity are shown in Figure 3.

Figure 3. Permeability (a) and porosity (b) distribution of the Wolonghe gas field W67 well zone.

There are two injection wells (W067-1 and W067-2) and three production wells (W47,
W83, W67) located in the study area, as shown in Figure 2. The results of the cementing
quality survey showed that there are 14 existing old wells, 10 wells that qualified for
the pressure test, 2 wells that have no cementing quality test data and 2 wells that are
unqualified (as shown in Table 4). All of the wells are now in a normal working condition,
except for W122, which was abandoned in 2007.

Table 4. Wellbore information.

Well Number Well Type Establishment Time

W47 extraction well 1977
W83 extraction well 1985
W67 extraction well 1978
W93 monitoring well 1985

W122 monitoring well 2004
W78 monitoring well 1985

W067-1 injection well 2022
W067-2 injection well 2022

There is only one NE-SW fault in the gas production area of the W67 well, with a
planar extension length of about 800 m. According to the relevant information, the seismic
defense intensity of this site is 6 degrees, and the value of ground shaking acceleration
is 0.05 g.

This CO2-EGR project was planned into two phases. For phase I (2022–2027), a per-well
CO2 injection rate of 100,000 m3/day and an aggregate production rate of 70,000 m3/day
for production wells were selected. During Phase II (2027–2053), representing the expansion
phase, the injection rate was 150,000 m3/day per injection well, while the total production
rate was elevated to 110,000 m3/day.

2.2.3. Leakage Scenarios Set up

Based on the identification and analysis of leakage paths, this paper established a
leakage risk assessment framework. However, in the actual storage process, various
unpredictable sudden leakage situations may occur. Therefore, it is necessary to select
representative indicators in the evaluation framework and combine them with the actual
engineering situation to predict possible leakage scenarios. This measure can provide a

151



Energies 2025, 18, 4478

reliable basis for verifying the accuracy and applicability of the evaluation framework to a
certain extent.

Building upon the risk assessment indicators and the actual conditions of the study
area (as shown in Figure 2), three scenarios, namely, CO2 leakage along the well, leakage
when the cap layer is damaged by faults, and new faults generation in the reservoir were
set up. The detailed parameter settings in different scenarios are listed in Table 5.

Table 5. Parameter settings for different simulation groups.

Division of Groups Longitudinal Extension of the Fault to the Length of the Cap

Control group No fault
Experimental group a 50 m
Experimental group b 100 m
Experimental group c 200 m

Leakage along the wellbore: In order to simulate leakage along the injection well, a
specific grid near the injection well was set as a single fracture. The permeability of the
fracture grid is 20,000 mD, the porosity is 0.9, and the rest of the parameters are consistent
with the original model [39].

Leakage from new faults in the reservoir: The new fracture network at the edge of the
gas production area was used to simulate the addition of new faults caused by geological
activity. The permeability of the fracture network is 20,000 mD, the porosity is 0.9, and all
other parameters are the same as in the original model.

Leakage of caprock damaged by faults: Three simulation groups (a, b, and c) were set
up, with fault longitudinal extension thicknesses of 50 m, 100 m, and 200 m, respectively
(Table 5 and Figure 4). These groups simulated different fault extension distances triggered
by varying levels of geological activity. The permeability of the fracture grid is 20,000 mD,
the porosity is 0.9, and all other parameters remain consistent with the original model.

Figure 4. Longitudinal cross section of the caprock in different experimental groups (caprock layer in
blue, reservoir in yellow–green, fault in red).
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3. Results and Discussion

3.1. CO2 Dynamic Leakage Risk Assessment Framework

Aiming at the identified factors and sub-factors, the grading assignment method was
used to determine the corresponding scores of different levels according to the influence of
different indicators on the leakage risk. The specific scoring rules for different risk factors
are shown in Table 6.

Table 6. Sequestration system risk scoring of indicators.

Class I Indicators Class II Indicators Basis of Classification
Corresponding

Score

Caprock

Caprock integrity continuity

Cover trap area > 80% and no broken area 1

Cover trap area 40–80% 0.8

Cover trap area < 40% 0.4

Thickness of a single cap layer
immediately adjacent to the reservoir

>20 m 1

10–20 m 0.8

<10 m 0.6

Cumulative caprock thickness

>300 m 1

150–300 m 0.8

<150 m 0.6

Caprock permeability

<10−3 mD 1

10−3–10−2 mD 0.6

>10−2 mD 0.4

Caprock rock type

Paste rock, mudstone, calcareous mudstone 1

Sandy or silty mudstone 0.8

Sandy mudstone, silty mudstone 0.6

Shale, dense graywacke 0.4

Caprock mechanical stability

Rock Young’s modulus > 18 Gpa 1

Rock Young’s modulus 15–18 Gpa 0.8

Rock Young’s modulus 12–15 Gpa 0.6

Rock Young’s modulus < 12 Gpa 0.4

Caprock non-reactive mineral content

>80% 1

60–80% 0.8

40–60% 0.6

20–40% 0.4

0–20% 0.2

Reservoir

The CO2 mole fraction of top reservoir

0–10% 1–0.9

10–30% 0.9–0.7

30–50% 0.7–0.5

50–70% 0.5–0.3

70–100% 0.3–0

Top reservoir pressure/caprock
rupture pressure

0.4–0.5 1

0.5–0.6 0.8

0.6–0.8 0.6

>0.8 0.4
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Table 6. Cont.

Class I Indicators Class II Indicators Basis of Classification
Corresponding

Score

Wellbore

Wellbore engineering project
Non-existent 1

Existent 0.4

Wellbore completion time

Completion time < 18 years 1

Completion time > 18 years but completed
after 1992 0.8

Completed before 1992 0.4

Wellbore abandonment time

Less than 5 years 1

5–13 years 0.8

More than 13 years 0.6

Wellbore cementing quality

Excellent cementing quality 1

Medium cementing quality, partially
disconnected free well sections 0.8

Poor cementing quality, generous
connected free well sections 0.4

Cementing depth of cemented ring
Sealed to surface 1

Unsealed to surface 0.6

Length of cement ring cementation for
abandoned wellbore

>30 m 1

5–30 m 0.8

0–5 m 0.6

No measures taken 0.2

Wellbore historical engineering incidents

All free of engineering incidents 1

Technical events such as overflows and
well surges 0.6

Had well blowout 0.2

Geological
body safety

Fault or rift development in the caprock

No faults or fractures 1

Hj > 100 m 0.8

Hj 50–100 m 0.6

Hj < 50 m 0.4

Fault or rift development in the reservoir

No faults or fractures 1

Limited faults and intact caprock 0.8

5–10 large-scale faults (extending more
than 1 km) 0.6

More than 10 large-scale faults or have
fracture zone (extending more than 1 km) 0.4

Peak ground acceleration

<0.05 g 1

0.05–0.1 g 0.8

0.1–0.2 g 0.6

0.2–0.3 g 0.4

>0.3 g 0.2

3.2. Validation of the Numerical Model of the Wolonghe EGR Project

It is important to validate the established numerical model with historical production
data to guarantee the accuracy and scientific validity of the simulation results. In this paper,
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the historical gas production rate of W47 and wellhead pressure were employed to calibrate
the numerical model by model fitting, and the fitted results are shown in Figure 5.

Figure 5. Model production rate and pressure fit for well W47. ((a) is W47 production rate validation
results; (b) is W47 head pressure validation results).

The fitting results on gas production rate show good agreement with the historical
data, especially after 2005. In the early stages of production, due to the lack of historical
data, there is a large error between the simulated and actual values of wellhead pressure.
However, with the enrichment of production data samples after 2010, the fitting results of
wellhead pressure have become increasingly realistic. Overall, it can be seen that the numer-
ical model constructed in this paper demonstrates a good historical fitting effect. The model
is accurate and reliable, and the simulation results obtained can be used as an important
basis for subsequent risk assessment and the development of monitoring programs.

3.3. Simulation Results Under Normal Operating Conditions

The simulation results of the CO2 mole fraction distribution at the top of the reservoir
for 5 years of gas injection, 10 years of gas injection, and 30 years of gas injection under
normal operating conditions are shown in Figure 6.

Figure 6. CO2 distribution at the top of the reservoir at different gas injection times under normal
operating conditions.
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The permeability distribution of the reservoir exhibits a distinct pattern of higher
values in the eastern region compared to the western region, consequently leading to pref-
erential eastward migration of injected CO2 (Figure 6). Figure 7 shows the CO2 migration
distance at different times of gas injection. For phase I (injection rate: 100,000 m3/day,
duration: 5 years), the analysis reveals that the maximum north–south migration distance
of CO2 from the southern injection well reaches approximately 10,000 m, while the northern
injection well demonstrates a greater migration extent of 12,000 m along the same orienta-
tion. Additionally, a discernible migration plume extending approximately 8000 m from
the injection wells toward the eastern boundary is observed. After 10 years of continuous
injection, the migration distances exhibit a progressive enlargement. The southern injection
well shows a significant increase in north–south migration distance, reaching 16,000 m,
whereas the northern counterpart reaches 14,000 m. The CO2 plume maintains its eastward
migration tendency toward the boundary. Reaching 30 years of injection duration, both in-
jection wells demonstrate extensive CO2 migration. The maximum north–south migration
distances escalate to 30,000 m (southern well) and 25,000 m (northern well), respectively.
Notably, the eastward migration distance from injection wells to the eastern boundary
attains 10,000 m. The overall spatial distribution consistently manifests higher migration
potential in the eastern sector relative to the western region, aligning with the inherent
permeability characteristics of the reservoir.

Figure 7. CO2 migration distance and peak pressure of the reservoir at different times of gas injection.

Pressure variations induced by CO2 injection constitute a critical monitoring parameter.
Figure 7 shows the peak pressure curve and Figure 8 illustrates the spatiotemporal evolution
of reservoir pressure under normal operating conditions across different injection durations.
The spatial pressure distribution demonstrates a strong positive correlation with the CO2

plume dispersion pattern. At the 5-year injection period, the maximum reservoir pressure
reaches 36.5 MPa, escalating to 37.8 MPa after 10 years of continuous injection. Upon
reaching 30 years of sustained injection, the formation pressure peaks at 39.7 MPa. Notably,
short-term injection (<5 years) induces minimal pressure deviation from initial formation
conditions, whereas the 30-year injection duration triggers a marked pressure surge in the
eastern sector. This results in a distinct west-to-east pressure gradient, consistent with the
reservoir’s intrinsic permeability anisotropy.
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Figure 8. Pressure distribution at the top of the reservoir at different times of gas injection.

The reservoir exhibits ultra-low water saturation characteristics (ranging from 6.6% to
12.6%), significantly suppressing geochemical reaction intensities under current conditions.
Because of the unique carbonate reservoir in the study area, numerical simulation was
used to investigate the effect of the CO2 water–rock reaction process on the amount of CO2

leakage via the cap rock, as shown in Table 7.

Table 7. Comparative analysis of CO2 leakage capacity under different scenarios (t).

Water–Rock Reaction
No Water–Rock

Reaction
Relative Change Average Annual Change

10 years 1.01 1.14 0.13 0.013
20 years 9.68 10.56 0.88 0.044
30 years 32.65 35.33 2.68 0.089

From Table 7, it can be seen that the partial CO2 leakage from the caprock after the
addition of the water–rock reaction is slightly less than that from the cap without the
addition of the water–rock reaction. Considering that some of the CO2 may dissolve
simultaneously, it is assumed that part of the CO2 also passively participates in the mass
consumption of the water–rock reaction process, which reduces the mass of gas diffused
into the caprock, and the amount of CO2 leakage from the caprock may be reduced. The
average annual change in the leakage mass of the two is less than 0.1 t over a longer
reaction time, which is a very small error compared to the uncertainty of the real situation
over a long-time scale simulation. Therefore, it can be assumed that the CO2–water–rock
chemical reaction has a relatively small impact on the caprock. For this reason, water–
rock interactions were excluded from the analytical framework due to their negligible
thermodynamic impact.
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3.4. CO2 Leakage Under Different Leakage Scenarios
3.4.1. Spatial Distribution of CO2 Under Different Scenarios

The CO2 distribution at the top of the reservoir under the wellbore leakage scenario is
shown in Figure 9. The maximum north–south migration distances show minimal variation
from those under normal operating conditions; however, significant divergence is observed
in both the maximum CO2 mole fraction value and the spatial distribution patterns of
high-concentration CO2 accumulation zones during equivalent operational timeframes.
According to the simulation results, 5 years after CO2 injection begins, the CO2 gas fraction
in the fracture network of the reservoir appears to be significantly increased due to the
presence of fractures in the injection well. The maximum mole fraction is only about 0.8.
In contrast, there is no large-scale high-concentration CO2 accumulation zones at the top
of the reservoir. After 10 years of injection, the CO2 shows a tendency to diffuse from the
fracture to the surrounding area and the maximum fraction increases to 1.0. When the gas
injection time reaches 30 years, the gas concentration in most of the grid appears to increase
sharply, and the high gas concentration zone is concentrated near the two injection wells,
showing a migration trend from a low concentration in the west to a high concentration in
the east. The CO2 migration area expands to an impressive 1100 km2.

Figure 9. Wellbore leakage scenario CO2 distribution at the top of reservoir for 5, 10 and 30 years of
gas injection.

When compared to the no fracture control group, the presence of fractures in the
injection well may reduce the concentration of gas components in the original migration
grid. However, excessive gas concentrations concentrated near the fracture can lead to a
greater susceptibility to excessive gas pressures at specific points, increasing the risk of
caprock breach at particular points.

The CO2 distribution at the top of the reservoir in the caprock leakage scenario is
shown in Figure 10. The maximum north–south migration distances demonstrate minimal
variation from those under normal operating conditions. By comparing the simulation
results, it is found that the damage to the caprock caused by faults has less influence on
the distribution of CO2 gas in the reservoir. The spatial distribution of CO2 is basically the
same as the normal working condition.
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The CO2 distribution at the top of the reservoir in the fault leakage scenario is shown
in Figure 11. After 5 years of gas injection, the total amount of injected gas is small, and the
presence of new faults buffers the high-pressure area generated by the gas injection. The
concentration of CO2 components decreases significantly in the area close to the new fault,
presumably because the presence of the fault promotes gas migration to the surrounding
grids and the upper caprock. After 30 years of gas injection, the CO2 content in the grid at
the top of the reservoir near the injection well area increases significantly. The decrease in
gas content in the fault grid indicates that this part of the gas has already diffused into the
upper caprock, which increases the possibility of gas leakage from the cap layer.

Figure 10. Caprock leakage scenario CO2 distribution at the top of reservoir for 30 years of injection
in different groups.

Figure 11. Fault leakage scenario CO2 distribution at the top of reservoir for 5, 10 and 30 years of
gas injection.
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3.4.2. Leakage Capacity of CO2 via the Caprock Under Different Leakage Scenarios

The results of the CO2 leakage calculations for the caprock section are shown in the
Table 8. The presence of fractures in the injection wells exacerbates the process of CO2

leakage in the caprock formation, and the amount of leakage generated by a small volume
of fractures is extremely large, far exceeding that of the control group by a factor of 600.
Moreover, the presence of new faults does not have a significant effect on CO2 leakage in
the caprock. Even with an injection time of up to 30 years, the difference is very small. As
long as reservoir faults do not disrupt the upper caprock, some smaller-scale additions to
the reservoir area will not affect the caprock’s sealing capacity.

Table 8. Caprock CO2 leakage capacity (t) under different scenarios.

Injection Time Control Group Wellbore Fracture Group Sim. a Sim. b Sim. c
New Fault

Group

5 years 0 1635.7 110.03 178.64 296.75 0
10 years 0 4936.8 232.67 388.26 652.96 0
30 years 8.4 26,278.2 892.58 1591.83 1800.92 5.19

As shown in Figure 12, a more accurate quantitative assessment of the gas leakage
is provided. During the 30 years injection period, the CO2 leakage in the experimental
group is up to 160–320 times higher than that of the control group. It can be seen that the
gas leakage increases sharply as the injection time increases, and the length of the flaw
extending into the caprock also affects the leakage amount. When the fault destroys the
entire caprock, the integrity and sealing of the cap layer will no longer exist.

 
Figure 12. Comparison of CO2 leakage from caprock under different leakage scenarios.
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3.5. Sensitivity Analysis

The sensitivity analysis of the simulation in this paper is mainly divided into two cat-
egories: a sensitivity analysis of the actual site and a sensitivity analysis of the leakage
path. For the verification of the actual site model, this paper fully investigated the geology
data, constructed the regional scale model based on the actual stratum conditions, and
completed accuracy verification of the model based on the historical production data. It
can be considered that the model parameters are fully applicable to the actual site.

Secondly, this paper focused on the main leakage path in the geological storage
process. After establishing the model, the representative leakage situation was selected
for simulation prediction. The prediction results also further reflect that the caprock is the
dominant factor determining storage risk. Other model parameters were less sensitive to
the overall storage, which verifies that the evaluation scoring mechanism established in
this paper is feasible.

3.6. Leakage Risk Assessment of the Wolonghe CO2-EGR Project

On the basis of the different working stages of the injection and extraction wells in the
actual sequestration process, the leakage risks at 5 years after the start of injection (2027)
and 30 years after the expansion of the injection volume (2053) were calculated and the
corresponding risk grading diagrams were drawn.

According to the leakage rating method in Table 6, a higher score indicates a safer
containment process. Areas with a risk score greater than 0.1 have a low risk of leakage
and are acceptable under normal working conditions. Conversely, areas with a risk score
of less than 0.1 have a higher potential risk of leakage.

With an injection time of 5 years, the potential leakage risk is mainly located in the
vicinity of the W83 and W93 wells, which were analyzed due to the poor cementing quality
of the W83 wells, and there is a risk of leakage along the wellbore. Another potential
risk point is near the W47 well, where poor cementing quality in the B and C annulus
of the well increases the risk of gas leakage. In addition, the risk of leakage around
the two injection wells is also high, and it is recommended that appropriate monitoring
programs be implemented. Overall, the leakage risk is very low under the condition of
5 years of gas injection and the containment is in an ideal sealing condition. However,
individual engineering wells may increase the leakage risk in the adjacent area due to
the time of well formation and cementing quality. Therefore, it is necessary to strengthen
monitoring efforts and take the necessary preventive measures.

In the second stage of extending injections to 2053, the points with potential leakage
risk show a regionalized increase, mainly distributed on the eastern side of the study area.
The analysis suggests that there are some areas of higher permeability on the east side of the
reservoir, forming a dominant permeability path. The process of sequestration promotes
further gas migration, which increases the risk of leakage when the caprock is breached.
Overall, as storage time and the total amount of injected gas increases, CO2 will eventually
accumulate at the top of the reservoir due to its own buoyancy, significantly increasing the
average molar fraction of CO2 and the formation pressure. Referring to the scoring rules
in Table 2, the overall score is significantly lower compared to 2027, which is consistent
with the increased risk of leakage after actual injection. For long-term storage, the high-risk
areas shown in Figure 13 need to be equipped with appropriate monitoring points to track
the leakage risk in real time, ensuring that the dangerous situation at individual risk points
does not deteriorate, which could lead to a dramatic spread of gas in the local area or even
throughout the entire study area.
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Figure 13. Map of safe factors for the study area at different injection times ((A1) is the safe factor spa-
tial distribution at 5 years injection; (B1) is the safe factor spatial distribution at 30 years injection; (A2)
and (B2) are the safe factor plots after superimposing the spatial distribution of CO2 mole fraction).

4. Conclusions

This paper proposed a dynamic assessment method for CO2 leakage risk assessment
and applied it to the CO2-EGR project in the Wolonghe gas field, which is the first CO2-EGR
pilot project in China. The conclusions are summarized as follows:

(1) Considering the necessity of constructing a numerical model for each CCUS project,
a more precise dynamic evaluation method for assessing CO2 leakage risk was developed.
A comprehensive evaluation index and a scientific score calculation method were estab-
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lished according to the characteristics of different leakage modes and their influencing
factors.

(2) An accurate 3D numerical model of the CO2-EGR project in the Maokou gas
reservoir was developed and validated using detailed geological and hydrological data and
historical production data. The CO2 leakage risks under different scenarios were evaluated
and the results indicated that the CO2 leakage risk was observed to be most pronounced
when the caprock integrity was damaged by faults or geologic activities. This was followed
by leakage caused by wellbore failures.

(3) According to the dynamic CO2 leakage risk assessment results, this project has a
low risk of CO2 leakage, and well stability and existing faults are the major risk factors in
the short term. However, reservoir permeability and porosity take turns in dominating
the leakage risk over the long term (e.g., 30 years). The eastern part of the study area was
classified as a leakage-prone area due to the existence of high-permeability strata. Because
the CO2 leakage risk and critical risk factors dynamically change with time, a monitoring
program needs to be dynamically deployed in conjunction with different time periods.

This study innovatively combined numerical simulation results with quantitative eval-
uation scoring indices, realizing directional feature application of the evaluation method. It
also investigated dynamic relationships between the distribution of the CO2 plume and
the amount of leakage over a longer time scale. However, there is still a need for more
accurate and specific descriptions of the leakage paths, such as the wellbore and faults, etc.
The established method of cumulative multiplication of comprehensive indexes cannot
accurately reflect the weight influence of each index on the overall leakage risk. In the
future, more attention should also be paid to the deformation mechanism of fractures
during the sealing process in the evaluation system.
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CCUS CO2 capture, geological storage and utilization
EGR Enhanced Gas Recovery
CASSIF Containment Assurance Scenario and Significance Identification Framework
FEP Features, Events, and Processes
SWIFT Structured What-If Technique
VEF Vulnerability Evaluation Framework
P&R Performance and Risk
CFA Certification Framework Approach
CO2-PENS CO2-Predicting Engineered Natural Systems
RISCS Risk Interference Subsurface CO2 Storage
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PRA Probabilistic Risk Assessment Method
FTA Fault Tree Analysis
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