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Editorial

Editorial on Special Issue “Gels for Oil and Gas Industry
Applications”

Qing You 1,* , Guang Zhao 2 and Xindi Sun 3

1 School of Energy Resources, China University of Geosciences (Beijing), Beijing 100083, China
2 School of Petroleum Engineering, China University of Petroleum (East China), Qingdao 266580, China
3 Physics and Engineering Department, College of Health, Engineering and Science,

Slippery Rock University of Pennsylvania, Slippery Rock, PA 16057, USA
* Correspondence: youqing@cugb.edu.cn

This Special Issue includes many advanced high-quality papers that focus on gel
applications in the oil and gas industry. The papers in this Special Issue present the new
development of gels that can be used as conformance control agents, drilling fluid additives,
and hydraulic fracturing agents.

As common conformance control agents, gels have been applied in conventional
reservoirs for decades. Recently, more and more research has focused on gel application
in harsh environments, including high salinity and/or high temperature. Ding et al. [1]
introduced the gelling behavior of PAM/Phenolic crosslinked gel and its profile control
in a low-temperature and high-salinity reservoir. The results indicated that this gel could
form a strong “stem-leaf”-shaped 3D network structure in deionized water. In addition,
this structure remains stable in high-concentration salt solution. Therefore, this novel
gel is suitable for conformance control of high-salinity and low-temperature reservoirs.
Wang et al. [2] reported the enhanced oil recovery mechanism and technical boundary of
gel foam for Changqing oilfield. In this study, the composite gel system and gel foam
system were compared from the perspective of plugging performance and oil displacement
performance. The results revealed that the composite gel system is stronger in terms of
plugging performance, however, the gel-enhanced foam showed high oil displacement
efficiency due to the “plug-flooding-integrated” feature of the foam. Qu et al. [3] studied
the performance of soft movable polymer gel for water coning control of horizontal wells
in offshore heavy oil cold production. The results indicated that this gel has a compact net-
work structure and excellent creep property. The field application results revealed that the
oil rate increased from 9.2 m3/d to 20.0 m3/d, the average water cut was reduced to 60–70%,
and the cumulative oil production was predicted to increase almost 3-fold. Cheng et al. [4]
used experiments and numerical simulation to investigate the oil displacement mechanism
of weak gel in waterflood reservoirs. They concluded that weak gel selectively enters and
blocks large channels and diverts subsequent water flow to the unswept area. In addition,
the oil droplets converge to form an oil stream due to the negative pressure oil absorption
created by the weak gel’s viscoelastic bulk motion. In addition to conformance control
agents, gels can also be used as additives in drilling fluids. Tang et al. [5] reported novel
nanoparticles (acrylamide/2-acrylamide-2-3 methylpropanesulfonic acid/styrene/maleic
anhydride polymer-based nanoparticles), which can improve the filtration of water-based
drilling fluids at a high temperature. The rheological properties of the drilling fluids that
were treated with these nanoparticles were stable before and after aging at 200 ◦C/16 h
and the filtration control was improved. As a consequence, this novel nanoparticle can
improve colloidal stability and mud cake quality at a high temperature. Tang et al. [6]
also studied the effect of novel catechol-chitosan biopolymer encapsulator-based drilling
mud on wellbore stability. The rheology properties of this drilling fluid were stable before
and after 130 ◦C/16 h hot rolling and the shale inhibition behavior is good. Additionally,
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the novel drilling fluid could chelate with metal ions and form a stable covalent bond,
which improved the adhesiveness, inhibition, and blockage. Wei et al. [7] presented a salt
resistance copolymer and its application in oil well drilling fluids. Compared with other
small molecular copolymer filtrate reducers, this new copolymer has better resistance to
complex salts, better filtration-loss-controlling performance, and better resistance to satu-
rated brine. Long et al. [8] introduced a new drilling fluid filtrate reducer and reported its
preparation and hydrogelling performance. Compared with commercial filtrate reducers,
this novel filtration reducer shows good thermostability and salinity resistance. The filtra-
tion loss performance is comparable with a low viscosity sodium carboxymethyl cellulose
and carboxymethyl starch. Gels are also an important component in hydraulic fracturing.
Shibaev et al. [9] summarized the novel trends in the development of surfactant-based
hydraulic fracturing fluids. This review paper described the novel concepts and advances
of viscoelastic surfactant-based (VES) fracturing fluids published in the last few years. This
paper covered the use of oligomeric surfactants, surfactant mixtures, hybrid nanoparticles,
or polymer/VES fluids. The advantages and limitations of different VES fluids were system-
atically discussed in this paper. Wang et al. [10] presented a new compound staged gelling
acid fracturing method for ultra-deep horizontal wells. Sichuan carbonate gas reservoirs
are used as models in a simulator to predict the performance of this new staged gelling acid
fracturing method. The simulation results indicated that the crosslinked authigenic acid
and gelling acid in the Sichuan carbonate gas reservoir are injected alternatively in three
stages and the total production was 2.1 times higher than the conventional acid fracturing.

Funding: This research received no external funding.

Conflicts of Interest: The authors declare no conflict of interest.
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Article

A New Compound Staged Gelling Acid Fracturing Method for
Ultra-Deep Horizontal Wells

Yang Wang 1,* , Yu Fan 1, Tianyu Wang 2, Jiexiao Ye 1 and Zhifeng Luo 3
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* Correspondence: wangyang0996@petrochina.com.cn

Abstract: Carbonate gas reservoirs in Sichuan are deeply buried, high temperature and strong het-
erogeneity. Staged acid fracturing is an effective means to improve production. Staged acidizing
fracturing of ultra-deep horizontal wells faces the following problems: 1. Strong reservoir heterogene-
ity leads to the difficulty of fine segmentation; 2. The horizontal well section is long and running too
many packers increases the completion risk; 3. Under high temperatures, the reaction speed between
acid and rock is rapid and the acid action distance is short; and 4. The fracture conductivity is low
under high-closure stress. In view of the above problems, the optimal fracture spacing is determined
through productivity simulation. The composite temporary plugging of fibers and particles can
increase the plugging layer pressure to 17.9 MPa, which can meet the requirements of the staged
acid fracturing of horizontal wells. Through the gelling acid finger characteristic simulation and
conductivity test, it is clear that the crosslinked authigenic acid and gelling acid in the Sichuan
carbonate gas reservoir are injected alternately in three stages. When the proportion of gelling acid
injected into a single section is 75% and the acid strength is 1.6 m3/m, the length and conductivity of
acid corrosion fracture are the best. A total of 12 staged acid fracturing horizontal wells have been
completed in the Sichuan carbonate gas reservoir, and the production is 2.1 times that of ordinary
acid fracturing horizontal wells.

Keywords: compound; staged; gelling acid fracturing; temporary plugging

1. Introduction

Sichuan carbonate gas reservoir is rich in natural gas resources. The reservoir has the char-
acteristics of high temperature, low porosity, and low permeability [1–3]. The formation temper-
ature can reach 160 ◦C, and the reservoir lithology is mainly dolomite. The gas production
of vertical wells after fracturing is low, which cannot support the economic development
of gas reservoirs [4,5]. Staged acid fracturing of horizontal wells is a favorable means to
improve the development effect of gas reservoirs [6–8]. Staged fracturing technologies
mainly comprise double-pack single-slip multistage fracturing [9], packer-sliding sleeve
fracturing [10], and hydraulic jetting multi-stage fracturing [11]. Staged acid fracturing of
ultra-deep horizontal wells faces many problems, such as fracture parameter optimization,
staged fracturing process optimization, and acid corrosion fracture length improvement.

Productivity simulation and fracture parameter optimization of horizontal wells are
the basis of staged acid fracturing of horizontal wells [12–14]. Simple analytical solutions
are derived on the basis of the assumption of infinite drain hole conductivity. These models
are widely adopted because they are easy to use. However, they are not able to pro-
duce an accurate prediction of productivity because they ignore the pressure drop in the
wellbore [15–18]. Hemanta Mukherjee et al. [19] conducted a series of studies about the pro-
ductivity of fractured horizontal wells in a uniform sandstone reservoir. Yang He et al. [20]
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established the productivity-prediction model, which was suitable for the acid fracturing hori-
zontal well in the fracture-cavity reservoir, by comprehensively considering primary factors,
wellbore pressure drop, cracks for supporting liquid, and connected fracture system.

The reaction rate of acid liquid rises sharply at high temperatures, which seriously
affects the acid fracturing effect of ultra-deep reservoirs [21–23]. Settari [24] developed a
comprehensive acid fracturing model that solved for 2D/pseudo-3D fracture geometry,
leakoff, heat transfer, and acid transport. Rencheng Dong et al. [25] developed a 3D acid
fracturing model to compute the rough acid fracture geometry induced by multi-stage
alternating injection of pad and acid fluids, they investigated the effects of viscous fingering,
perforation design, and stage period on the acid etching process. S.J. Jackson et al. [26]
investigated the stability of immiscible viscous fingering in Hele-Shaw cells with spatially
varying permeability, providing an efficient, high accuracy scheme to track the interfa-
cial displacement of immiscible fluids. Tu Nguyen et al. [27] developed an improved
VOF interface-sharpening method on the general curvilinear grid for two-phase flows.
Haoran Xu et al. [28] developed a modeling framework for the coupled thermal-hydro-
mechanical chemical processes during acid fracturing in carbonatite geothermal reservoirs.
Jiahui You et al. [29] developed a pore–scale numerical model to analyze the impact of acid–
rock interaction on multiphase flow behavior, and the pore–scale model in this research
provides the fundamental knowledge of the physical and chemical phenomena of acid–rock
interactions and their impact on acid transport. Hossein Mehrjoo et al. [30] studied the final
fracture conductivity during acid fracturing. Xu P et al. [31] studied the influences of rock
microstructure on acid dissolution on a dolomite surface. Daobing Wang et al. [32] used
a cohesive zone method (CZM)-based finite element model to obtain the fracture closure
pressure and minimum horizontal principal stress of the major fracture and the branch
fracture based on pressure fall-off analysis.

Deep high-temperature vuggy naturally fractured formations where tools are not
reliable and costive [33], and diverted fracturing with temporary plugging has become an
option [34]. Degradable fiber is another commonly used diverter. It can bridge on the frac-
ture, or fill the gap between particulate diverters to form a tight barrier. A combination of
particulate diverter and fiber was often applied in the fields [35,36]. Jianye Mouet et al. [37]
designed a multi-stage triaxial fracturing system and experimental procedures to satisfy
the requirements of diverted fracturing in horizontal wells. Among the various exist-
ing chemical diverters, temporary plugging agents have the greatest potential for being
used in HPHT reservoirs. Temporary plugging agents are made from degradable poly-
mers, typically polylactic acid (PLA), which can degrade at the reservoir temperature
and leave no residue [38]. All reported field applications with this type of diverter are in
reservoirs less than 100 ◦C, and only used for plugging the perforation holes during the
refracturing [39–41]. Zhou et al. [42] investigated the filtration characteristic of temporary
plugging and the length of filter cake under the condition of different fracture widths.
Daobing Wang et al. [43] presented a comprehensive workflow to model hydraulic fracture
by accounting for interactions with numerous crosscutting natural fracture or joint sets,
as well as the effect of temporary plugging in opened fractures. This model is a fully
coupled seepage flow in porous media, fluid flow in fractures, and rock deformation finite
element model with adaptive insertion of cohesive elements as a crosscutting natural frac-
ture or joint sets. Wang Mingxing et al. [44] designed a high-pressure evaluation system
for fracture temporary plugging and investigated the key factors and their influencing
pattern. Chen Yang et al. [45] conducted a series of experiments to investigate the plug
formation time, diverter consumption, and plugging zone characteristics with different
fracture widths and diverter concentrations. Zhu Baiyu et al. [46] established the visual-
ization model of a microfluidic chip and CFD–DEM numerical simulation to evaluate the
effect of particle plugging in a fracture-vuggy reservoir.

According to the previous studies, it can be concluded that there are still many tech-
nical problems in the staged acid fracturing of ultra-deep horizontal wells. Therefore,
this paper introduces a new compound staged gelling acid fracturing method for ultra-deep
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horizontal wells. Using productivity simulation technology, we optimize the optimal frac-
ture spacing and fracture length of segmented acid fracturing in horizontal wells. Through
dissolution and plugging pressure tests of the temporary plugging agent, the combination
of high-strength temporary plugging agent is optimized, and the key parameters of al-
ternating injection acid fracturing process are optimized by the VOF model. This study
deepens the understanding of the staged acid fracturing mechanism in an ultra-deep hori-
zontal well, and provides great help for acid fracturing stimulation design. The compound
staged gelling acid fracturing technology is widely used in ultra-deep horizontal wells
in the Sichuan Basin, which has achieved a good stimulation effect and improved the
development effect of gas reservoirs.

2. Results and Discussion

The buried depth of the carbonate gas reservoir in the Sichuan Basin is 6 to 7 km and
the temperature is 140 to 160 ◦C. It is mainly composed of biological micrite ash and algal
agglomerate dolomite. There are various types of gas reservoir space, including intergranu-
lar pores, intragranular pores, and intergranular pores (Figure 1), as well as karst caves,
solution fractures, and structural fractures. The average porosity of the reservoir is 3.4% and
the average permeability is 0.4 mD. In terms of natural fractures, they are mainly structural
fractures. The section of structural fractures is generally straight, mostly with high-angle
fractures. The wall of dissolution fractures is uneven and harbor shaped, and the structural
dissolution fractures are generally filled with asphalt or dolomite. The core observation
shows that the fractures are relatively developed, the fracture density is 2.86 pieces/m,
and the connectivity between the fractures and various effective pores is good. Accord-
ing to the comparison of reservoir vertical development characteristics of multiple wells,
the thickness of a single well reservoir is thin, and the average thickness is only 11.8 m.

 

Figure 1. Thin section of well QY1. 
Figure 1. Thin section of well QY1.

According to the core test, the average Young’s modulus of the carbonate reservoir in
the Sichuan Basin is as high as 60 GPa and the average compressive strength is 510 Mpa.
The high Young’s modulus and compressive strength lead to the narrow width of acid
fracturing fracture. The Poisson’s ratio of the reservoir is 0.29. We used a GCTS RTR-2000
tester to evaluate the rock mechanical properties of cores in the Sichuan Basin, and it can
be observed from Figure 2 that, with the increase in axial stress, there is no inflection
point in the axial strain and volumetric strain curves, indicating that the reservoir cores
in the Sichuan Basin have typical plastic characteristics, so it is difficult to maintain the
conductivity of acid corrosion fractures under high closure pressure. Carbonate reservoirs
in the Sichuan Basin have obvious plastic characteristics. Because the plastic deformation
of rocks needs to consume additional energy, the fracture extension needs high pressure.
Under the condition of the same injection displacement, the fracturing fracture formed in
the elastic–plastic formation is relatively short and wide.
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−Figure 2. Stress−strain curve of well QY32.

The differential strain test results show that the maximum horizontal principal stress of
the reservoir is 170.2 MPa, the minimum horizontal principal stress is 148.1 MPa, the vertical
principal stress is 200.8 MPa, and the horizontal two-way stress difference is 22.1 MPa,
and the horizontal stress difference coefficient is 0.15. According to the distribution law
of three-way principal stress, the fractures formed by acid fracturing of carbonate rock
reservoir in the Sichuan Basin are mainly vertical fractures.

Gelling acid is the most commonly used acid system for acid fracturing of gelling acid
carbonate gas reservoir. Gelling acid has the characteristics of low friction and low acid-rock
reaction speed. The gelling agent of acid is a linear high-molecular polymer. After being
fully dissolved in acid solution, the molecular chains stretch and entangle with each other
to form a spatial network structure and produce structural viscosity. The mechanical and
thermal properties of gelled acid were evaluated by HAAKE rheometer, its density was
1.1 g/cm3 and its viscosity was 24 mPa·s after shearing for 60 min at 160 ◦C (Figure 3).
Gelling acid can maintain good viscosity at high temperatures, which is conducive to acid
fracturing stimulation.
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Figure 3. Stress–strain curve of well QY32.
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2.1. Optimal Fracture Parameters of Acid Fracturing for Horizontal Wells

The optimization of fracture spacing is the key to the optimization of acid fracturing
design [47–49]. Reasonable fracture spacing can reduce unnecessary packers and mutual
interference between acid fracturing fractures. Reducing the fracture spacing is conducive
to expanding the drainage area of gas wells, but the research shows that, when the fracture
spacing is shortened to a certain extent, the productivity of gas wells will not be significantly
improved, and there is an economic optimal fracture spacing for staged acid fracturing of
horizontal wells [50–53]. According to the reservoir porosity, permeability, gas saturation,
and other physical parameters in the Sichuan Basin, we used Eclipse to establish the
numerical simulation model of staged acid fracturing horizontal wells in carbonate gas
reservoirs, and the relevant parameters selected in the model are shown in Table 1.

Table 1. Numerical simulation-model parameters.

Grid side length (m) 0.1 Reservoir permeability (mD) 0.308

Model I-axis length (m) 3000 Gas saturation (%) 86.2

Model J-axis length (m) 600 Fracture conductivity (D·cm) 14

Model K-axis length (m) 12 Rock compressibility 3.9 × 10−7

Reservoir porosity (%) 3.12 Formation pressure (MPa) 98.2

It can be observed from Figure 4 that the gas production of horizontal wells increases
significantly with the decrease in fracture spacing. However, when the fracture spacing
is reduced to 50 m, the gas production of horizontal wells is only 5.3% higher than that
when the fracture spacing is 70 m, and the gas production does not significantly increase.
Therefore, the optimal fracture spacing for the segmented acid fracturing of horizontal
wells in carbonate gas reservoirs in the Sichuan Basin is 70 m.

 

Figure 4. Productivity simulation under different fracture spacing.
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2.2. Packer + Temporary Plugging

Staged acid fracturing technology of packer is an important measure to increase
the production of the carbonate reservoir [54]. Its process is to run multiple packers in
an open-hole horizontal well at one time, and divide the horizontal well section into
several independent well sections for acid fracturing through the packer. The length of the
horizontal section of the horizontal wells in carbonate gas reservoirs in the Sichuan Basin
can reach 1.2 km, and the optimal fracture spacing according to productivity simulation is
70 m. If we only use packers for staged acid fracturing, we need to run at least 18 packers in
the well to fully stimulate the formation, but running too many packers not only increases
the risk of well completion [55], it also leads to greatly increases the throttling pressure,
thus affecting the injection rate [56]. Through calculations, the carbonate gas reservoir in
the Sichuan Basin only adopts the packer, which increases the throttling pressure by at least
30 MPa, and the acid injection rate is only 2 m3/min. From such a low injection rate it is
difficult to obtain long acid corrosion fractures at high temperature. In this paper, a new
compound staged acid fracturing method was proposed to solve the problem of difficult
stimulation of long interval horizontal wells. The goal of this method is to achieve tight
cutting stimulation while reducing packers.

Aiming at the problem of difficult stimulation in the long well section, a new com-
pound staged acid fracturing method is proposed in this paper. The goal of this method
is to stimulate the reservoir while reducing the packer. The process principle is to use the
temporary plugging agent to replace some packer functions. After throwing the ball to
open the sliding sleeve, we first injected liquid to create the first fracture in the formation,
then added the temporary plugging agent to block the end of the first fracture, and finally
injected liquid for the second fracturing. This stimulation method can not only ensure the
optimal fracture spacing, but also reduce the packer by half (Figure 5).

 

(a) (b) 

HO(CH₂CH₂O)ₙ
ple 

Figure 5. Schematic diagram of the staged acid fracturing technology. (a) Packer staged acid
fracturing; (b) “Packer + temporary plugging” staged acid fracturing.

The reservoir temperature in the Sichuan Basin is high. The first requirement of
acid fracturing for the temporary plugging agent is that the dissolution rate of the tem-
porary plugging agent in a high-temperature acid liquid cannot be too high, because if
the temporary plugging agent dissolves quickly, there is no way to form a stable plugging
layer in the formation. This paper evaluated the dissolution experiments of temporary
plugging agents of different materials at 150 ◦C, and the experiment shows that the dissolu-
tion rate of the polyemulsion-modified polyvinyl alcohol resin is low at 150 ◦C (Table 2),
but the dissolution rate of the temporary plugging agent of other materials is more than
50%. The polyemulsion-modified polyvinyl alcohol resin with a low dissolution rate was
selected for the temporary plugging acid fracturing in the Sichuan Basin. The polyemulsion-
modified polyvinyl alcohol resin used in the experiment came from the Chengdu LEPS
technology company; its molecular weight was 180,000–240,000 and it was completely
dissolved in water after 3 h at 150 ◦C. Urea methyl ester is the urea formaldehyde resin.
It is the condensation polymerization of urea and formaldehyde under the action of a
catalyst to form the initial urea formaldehyde resin, and then form the thermosetting resin
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under the action of the curing agent. The molecular formula of polyethylene glycol is
HO(CH2CH2O)nH.

Table 2. Experiment on the solubility of the temporary plugging agents with different materials.

Experimental Sample
Dissolution Rate of Test Sample in 20%

Hydrochloric Acid at 150 ◦C

Polyemulsion-modified polyvinyl alcohol resin 3.54%

Urea methyl ester 92.04%

Modified polyethylene glycol 96.65%

The reservoir in the Sichuan Basin is highly heterogeneous. According to statistics,
the maximum fracture pressure difference between points in the horizontal section is
15 MPa. Therefore, in order to achieve an effective temporary plugging acid fracturing,
the plugging layer formed by the temporary plugging agent must bear a pressure of at
least 15 MPa. Fibers and particles are commonly used temporary plugging materials [57].
The plugging principle is to achieve a high-strength plugging through particle bridging
and fiber winding. The polyemulsion-modified polyvinyl alcohol resin was processed into
fibers with a length of 6–8 mm and particles with different particle sizes. In this paper,
the plugging ability of fibers and particles was evaluated using a three-dimensional fracture
dynamic plugging experimental equipment. By placing fibers and particles into clean water
in a certain proportion and driving them into the simulated acid fracturing fracture at a
uniform speed with a precision pressure pump, the displacement pressure change of the
temporary plugging material after entering the simulated fracture was observed with an
electronic pressure gauge.

To carry out the fracture plugging test with the temporary plugging agent, the first
step was to determine the fracture width of the temporary plugging agent. Through the
simulation of fracturing software, it was found that the average width of acid corrosion
fracture in the Sichuan carbonate gas reservoir is 6 mm. Therefore, the fracture width of
this test was determined as 2 mm and the test temperature was 150 ◦C.

It can be seen from Figure 6 that, after adding 40/70 mesh particles to 100/140 mesh
particles, the pressure bearing capacity of the plugging layer is significantly improved.
Especially when the concentration of 40/70 mesh particles increases to 1.5%, the pressure
bearing capacity of the plugging layer can be increased to 13.7 MPa. Therefore, the addition
of large particles is helpful to quickly bridge and form a sealing plugging layer. The pressure
of the plugging layer is required to be higher than 15 MPa for the temporary plugging
acid pressure of the Sichuan carbonate gas reservoir. Therefore, we considered adding
an appropriate concentration of fibers into the particles and filling the gap between the
particles of different sizes with fiber, so as to further improve the pressure bearing capacity
of the plugging layer.

It can be seen from Figure 7 that, after adding fiber to particles, the pressure bearing
capacity of the plugging layer is significantly improved. Especially when the fiber concen-
tration reaches 1.0%, the pressure bearing capacity of the plugging layer can be increased
to 17.9 MPa, which is 4.2 MPa higher than that of the plugging layer with only particles.
The fiber + particle composite temporary plugging method meets the requirements of the
staged acid fracturing of the Sichuan carbonate gas reservoir. It can be seen from Figure 8
that fibers and particles almost fill the whole simulated fracture, 40/70 mesh particles are
distributed in a scattered manner, fibers and 100/140 mesh particles are intertwined to
form a dense layer, and they fill the gap between the 40/70 mesh particles.
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Figure 6. Comparison of the fracture sealing ability of the combination of differently sized particles.

 

Figure 7. Comparison of the fracture sealing ability of the particle and fiber combination.
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Figure 8. Distribution of the temporary plugging materials in a simulate
Figure 8. Distribution of the temporary plugging materials in a simulated fracture.

The sealing layer is composed of fibers and particles. The particles quickly accumulate
in the fracture to form a sealing layer. At the same time, the fibers are intertwined to block
the gap between the particles, so as to improve the pressure bearing capacity of the sealing
layer. As can be seen from Figure 7, with the increase in the fiber dosage, the peak pressure
bearing capacity of the plugging layer increases significantly.

2.3. Acid Fracturing Technology for the Ultra-Deep Reservoir

A high-temperature carbonate reservoir has a fast acid rock reaction speed and short
acid corrosion fracture length [58]. Alternating acid fracturing injection is an effective
means to improve the length of the acid fracturing fracture. The fingering phenomenon
is produced by injecting liquids with different viscosities, which not only improves the
effective action distance of acid, but also forms non-uniform etching on the fracture wall to
further improve the conductivity [59]. Based on the multiphase flow VOF model and the
test results of acid corrosion fracture conductivity, the acid fracturing process of alternating
injection in the Sichuan carbonate gas reservoir was studied, and the key parameters,
such as the optimal injection liquid viscosity ratio, injection displacement, and scale,
were determined.

It can be seen from Figure 9 that, with the increase in the viscosity ratio of the two
liquids, the fingering characteristics of acid liquid in the fracture become more and more
obvious, and the flow pattern of acid liquid evolves from uniform piston propulsion to
narrow fingering propulsion. When the viscosity ratio of fracturing fluid (blue part) to acid
(red part) increases to 8:1, the fingering pattern of acid liquid tends to be stable. The non-
uniform distribution of acid solution is conducive to strengthening the differential acid
corrosion of rock and plays a positive role in maintaining and improving the fracture
conductivity in the later production stage [59]. The viscosity of crosslinked autogenous
acid is 150 mPa·s and the viscosity of gelling acid is 18 mPa·s. The viscosity ratio of the
above two liquids is slightly greater than 8:1. The crosslinked authigenic acid and gelling
acid meet the requirements of the best viscosity ratio of the alternating injection.

We selected two carbonate rock plates with the same mineral composition for the
experiments and compared the surface morphology of the fractures by injecting acids with
different viscosities. It can be seen from Figure 10 that the differential corrosion ability
of acid is stronger after increasing the viscosity ratio of the acid solution. The fracture
corrosion effect observed in the acid etching experiment is the same as that of the numerical
simulation, which further proves the accuracy of the numerical simulation in the simulation
of the acid fingering behavior.
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(a) (b) 

  
(c) (d) 

Figure 9. Fingering form of the acid solution under different viscosity ratios (red represents gelling
acid and blue represents crosslinked authigenic acid). (a) Viscosity ratio 1:1; (b) Viscosity ratio 3:1;
(c) Viscosity ratio 8:1; and (d) Viscosity ratio 12:1.

  
(a) (b) 

Figure 10. Acid corrosion fracture wall after injecting acid with different viscosities. (a) Viscosity
ratio 3:1; and (b) Viscosity ratio 8:1.

We Kept the displacement and scale of the acid injection unchanged, and simulated the
length of the acid corrosion fracture and dimensionless conductivity under the condition of
series 1 to 5 injection. As can be seen from Figure 11, with the increase in the injection series,
the length of acid corrosion fracture and dimensionless conductivity rise synchronously.
When the alternating injection series is 3, the growth range of acid corrosion fracture
length and dimensionless conductivity slows down. Compared with a three-stage alternate
injection, the length of acid corrosion fracture of the five-stage alternate injection increases
by only 6 m, with an increased rate of 6.12%. The best series of alternating injection acid
fracturing in the Sichuan carbonate gas reservoir is 3, and the length of acid corrosion
fracture can reach 99.6 m.

We used the acid fracturing software to simulate the fracture shape of alternating
injection acid fracturing. The physical model was established according to the actual
geological and mechanical parameters of carbonate rocks in the Sichuan Basin. The acid
corrosion fracture shape was simulated according to the three-stage alternating injection of
authigenic acid and gelling acid with an injection displacement of 7 m3/min. Figure 12
is the simulation diagram of the acid corrosion fracture width. The color represents
the width of the acid corrosion fracture, and the dark color shows that the width of the
acid corrosion fracture is large. It can be seen from Figure 13 that the width of the acid
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corrosion fracture changes greatly after a three-stage alternating injection of acid fracturing.
The multiple alternating injection of the crosslinked authigenic acid and gelling acid
intensifies the interface effect between liquids and promotes the generation of the acid
fingering phenomenon.

 

Figure 11. Acid corrosion fracture parameters under different injection series.

 

Figure 12. Simulation diagram of the acid corrosion fracture width under the three-stage alternating
injection. (Red represents fractures with a width of 7–9 mm, yellow represents fractures with a width
of 5–7 mm, and green represents fractures with a width of 3–5 mm).

Under the condition of keeping the injection displacement, injection stages, and total
amount of liquid unchanged, the fracturing software was used to simulate the acid fractur-
ing fracture extension under different liquid injection ratios. It can be seen from Figure 13
that, with the decrease in the amount of crosslinked autogenous acid, the length of acid
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fracturing fracture decreases, and the conductivity of acid etching fracture increases steadily.
When the volume ratio of the crosslinked authigenic acid and gelling acid is 1:3, the length
of acid etching fracture is close to 100 m, and the dimensionless conductivity of fracture is
close to the maximum. The acid fracturing design of the Sichuan carbonate gas reservoir
takes into account the two parameters of fracture length and conductivity, and the volume
ratio of the injected crosslinked authigenic acid and gelling acid is preferably 1:3.

 

Figure 13. Acid corrosion fracture parameters under different liquid injection ratios.

As can be seen from Figure 14, when the injection volume ratio of the crosslinked
autogenous acid and gelling acid is 1:3, the acid liquid creates non-uniform corrosion on the
rock wall, the acid liquid creates a groove corrosion with a certain height difference on the
rock wall, and the non-corrosion rock creates a support resembling a pier, which improves
the effectiveness of the crack under high closure stress.

Figure 14. Wall morphology of the acid corrosion fracture.

Acid strength refers to the amount of acid used per meter of the reservoir during acid
fracturing. The acid corrosion fracture length and dimensionless conductivity when the
acid strength is from 0.7 to 1.9 m3/m were simulated by fracturing software. It can be seen
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from Figure 15 that, with the increase in acid strength, the acid corrosion fracture length
and dimensionless conductivity increase rapidly because increasing the amount of acid can
ensure that more acid liquid reacts with the rock, so as to improve the acid fracturing effect.
When the acid strength increases to 1.6 m3/m, the growth rate of the acid corrosion fracture
length and dimensionless conductivity slows down. When the acid strength is increased
to 2.0 m3/m, the length of acid corrosion fracture is 2.8 m longer than that of 1.6 m3/m.
The optimal acid strength of the Sichuan carbonate gas reservoir is 1.6 m3/m, which can
not only ensure a better fracture length and conductivity, but also reduce the excessive
consumption of acid liquid and improve the economy of the acid fracturing stimulation.

 

Figure 15. Simulation results of the acid corrosion fracture parameters under different acid strengths.

2.4. Field Application

In the Sichuan carbonate gas reservoir, a total of 12 horizontal wells have been stimu-
lated by staged acid fracturing, and the production is 2.1 times higher than that of general
stimulation. Among them, the drilling depth of well QY1019 is 6823 m, the horizontal
section length is 1185 m, the reservoir section length is 901 m, the average porosity of
the reservoir is 3.2%, and the average permeability is 0.31 mD. In 2021, the QY1019 well
completed the compound staged acid fracturing stimulation through packer + temporary
plugging. A total of 480 m3 authigenic acid, 1440 m3 gelling acid, 800 kg fiber, and 800 kg
temporary plugging particles were injected into the formation. In order to verify the effec-
tiveness of staged acid fracturing for the temporary plugging, two kinds of chemical tracers
were added before and after the injection of the temporary plugging agent. The chemical
tracer interpretation results showed that new fractures were formed after the addition of a
temporary plugging agent. Net pressure fitting shows that, compared with conventional
acid fracturing, the fracture length and conductivity of alternating injection acid fracturing
increased by 78.3% and 52.5% respectively. The daily gas production is 1.58 × 104 m3/d,
which is 2.4 times of the test daily gas production of the adjacent wells.

3. Conclusions

In this study, we proposed a new staged acid fracturing method for ultra-deep horizon-
tal wells, which uses the packer and the temporary plugging agent to realize the uniform
stimulation of long well sections. We used numerical simulation software to determine
that the optimal fracture spacing of horizontal wells in the carbonate gas reservoirs in the
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Sichuan Basin is 70 m. Through the pressure test of the plugging layer, the composite
temporary plugging mode of fiber and particle was proposed. The fiber and particle can
form a plugging layer with a pressure bearing capacity of more than 17 MPa, which meets
the stimulation requirements. Through the simulation of gelling acid fingering form and
the test of conductivity, it was found that the best acid fracturing effect can be obtained
by injecting crosslinked autogenous acid and gelling acid alternately in three stages and
increasing the amount of acid. This study has great guiding significance for the stimulation
of ultra-deep carbonate gas reservoirs.
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Abstract: Gel conformance control technology is widely used in moderate and high temperature
reservoirs. However, there are few studies on shallow low-temperature and high-salinity reservoirs.
The difficulties are that it is difficult to crosslink at low temperatures and with poor stability at high salt
concentrations. Therefore, the PHRO gel was developed, which was composed of gelatinizing agent
(polyacrylamide), crosslinking agents (hexamethylenetetramine and resorcinol) and crosslinking
promoting agent (oxalic acid). The PHRO could form high-strength gels in both deionized water
and high-concentration salinity solutions (NaCl, KCl, CaCl2 and MgCl2). The observation of the
microstructure of PHRO gel shows that a strong “stem—leaf”-shaped three-dimensional network
structure is formed in deionized water, and the network structure is still intact in high-concentration
salt solution. The results show that PHRO has good salt resistance properties and is suitable for
conformance control of low-temperature and high-salinity reservoirs.

Keywords: low temperature; high salinity; conformance control; salt resistance; phenolic; gel

1. Introduction

Waterflooding is a common method for the displacement of crude oil. It also has the
function of a formation energy supplement. It is an effective way for oilfields to maintain
stable production and is widely used worldwide. Nonetheless, with the development of
water injection in the middle and late stages, the formation heterogeneity is aggravated by
flushing with long-term water injection, and the injected water enters the production well
along the large-pore or high-permeability zone. As a result, oilfields are facing problems
of increased water cuts and declining oil production. There is still a considerable amount
of remaining oil irregularly distributed in the unswept area of reservoirs by waterflood-
ing [1,2]. Therefore, enhancing oil recovery in the middle and late stages of waterflooding
development has become an important research topic for oilfield development researchers.

The North Buzachi oilfield in Kazakhstan is located on the Buzachi peninsula in the
northeastern Caspian Sea [3]. The reservoir depth is less than 500 m. The average porosity
is 32.4%. The average permeability is 1930 mD. The reservoir temperature is 29–33 ◦C, and
the total salinity of formation water is 3.78 × 104 − 6.09 × 104 mg/L. The North Buzachi
oilfield is encountering a decline in the formation pressure coefficient, a high water–oil ratio
and declining oil production in some wells after a long period of waterflooding. To improve
waterflooding performance and ensure stable oil production, it is necessary to plug large
channels or highly permeable zones to expand the swept volume of injected water.

The practice of oilfield development in the past 20 years shows that the most effective
conformance control method is the application of chemical plugging agents [4]. The com-
monly used plugging agents are resin, foam, gel, etc., and gel is the most frequently applied
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among them [5–11]. Gel is a type of plugging agent with a three-dimensional network
structure formed through a crosslinking reaction between gelation agents and crosslinking
agents [12,13]. Gelation agents are water-soluble polymers, such as polyacrylamide and
polyethylene imine, of which polyacrylamide and its derivatives are the most commonly
used. For crosslinking agents, there are two main types [14–17]: (1) organic metal crosslink-
ing agents, such as Cr3+, Zr4+ and Al3+, can be crosslinked with the carboxylic acid group
in the polymer molecule; (2) organic crosslinking agents, such as formaldehyde-phenol and
phenolic resin, can be crosslinked with amide groups in polymer molecules. At present,
research on gel focuses on middle and deep reservoirs, whereas there are few studies on
shallow reservoirs with low temperature and high salinity.

Due to the low activity of crosslinking agents at low temperatures, the crosslinking
reaction of most gels is slow or does not occur. Chromium and phenolic gels are the
most commonly used gels at low temperatures [18,19]. Chromium gels are composed
of PAM and Cr3+ crosslinking agents, which have the characteristics of fast gelation and
high strength at low temperatures [11,20–23]. However, they result in high water loss due
to structural damage in high-salinity water over time. Then, the stability and strength
of chromium gels will decline sharply, which will greatly reduce the plugging period.
DiGiacomo [24] found that in the presence of calcium and magnesium ions, the dehydration
of chromium gels was intensified and suggested that this was due to Ca2+ and Mg2+ ions
reacting with the carboxyl group in PAM and producing carboxylates with low water
solubility. Wang [25] investigated the impact of calcium chloride on the dehydration
behavior and the microstructure of PAM/Cr3+ gel. The experimental results indicated that
a high concentration of calcium chloride could promote the water loss of gels, while a low
concentration of calcium chloride could inhibit the dehydration of gels. The reduction in
water-holding holes in PAM/Cr3+ gel is the internal reason that a high concentration of
calcium chloride aggravates the water loss of gels.

In this study, a phenolic crosslinking gel was prepared, referring to the temperature
and salinity of formation water in the North Buzachi oilfield. The fluid consists of polyacry-
lamide, hexamethylenetetramine, resorcinol and oxalic acid (PHRO). The oxalic acid has
dual functions of accelerating crosslinking and shielding saline ions, which can reduce the
gelation time and strengthen the salt resistance of PHRO. First, the influence of different
additive concentrations on gelling performance and fluid stability was studied. Secondly,
the gelling performance and stability of the fluid in different concentrations of sodium
chloride, potassium chloride, calcium chloride and magnesium chloride solutions were
studied. Finally, the salt tolerance mechanism of the fluid was analyzed from the micro-
scopic morphology. The results demonstrate that PHRO is suitable for conformance control
in low-temperature and high-salinity conditions. This study provides basic theoretical
support for the development of conformance control technology in shallow reservoirs with
low temperatures and high salinity.

2. Results and Discussion

2.1. Preparation of PHRO Gel

2.1.1. Process of Crosslinking

The crosslinking reactions of PHRO gel are condensation reactions between polyacry-
lamide (PAM), hexamethylenetetramine (HMTA) and resorcinol (RO). There are three types
of crosslinking reactions [17]:

1. HMTA is hydrolyzed to produce formaldehyde, which is crosslinked with PAM;
2. Formaldehyde reacts with RO to generate polyhydroxy methyl phenol, which is

crosslinked with PAM;
3. Formaldehyde reacts with RO to phenolic resin, which is crosslinked with PAM.

The hydrolysis of HMTA to formaldehyde is the key step in the formation of the gel,
and the reaction process is illustrated in Figure 1. The hydrolysis reaction is a reversible
reaction, and the reaction rate is very slow at low temperatures. The addition of OA makes
the solution acidic, which shortens the gelation time of PHRO.
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Figure 1. Hydrolytic process of HMTA.

2.1.2. Macroscopic and Microscopic Morphology of Gel

The appearance of the PHRO gel in deionized water is shown in Figure 2. The gel
formed in ionized water is dark orange, and its strength reaches the “G” level.

Figure 2. Picture of PHRO before and after crosslinking. (a) Before crosslinking; (b) after crosslinking
(the formula is 0.4 wt% PAM + 0.5 wt% HMTA + 0.05 wt% RO + 0.3 wt% OA).

The microscopic morphology of the PHRO gel in deionized water is shown in Figure 3.
The gel has a robust three-dimensional network structure like the “stem-leaf” of plants,
and the network is embedded with granular substances of different sizes. It is speculated
that the particle substance is phenolic resin with different molecular weights generated
by the reaction of formaldehyde and RO. The particles could reinforce the strength of the
gel structure.

Figure 3. Two-dimensional (2D) and three dimensional (3D) images of the PHRO gel in deionized
water with AFM. (a) Scanning area is 40.0 µm × 40.0 µm; (b) scanning area is 4.2 µm × 4.2 µm;
(c) scanning area is 1.0 µm × 1.0 µm.
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2.2. Effect of Additive Concentration on Gelling Performance of PHRO Gel

The gelation time, gel strength and dehydration rate of PHRO gels with different
concentrations of PAM, HMTA, RO and OA were measured. The experimental temperature
was 30 ◦C, and deionized water was used to prepare the liquid.

2.2.1. Effect of PAM Concentration on Gelling Performance

The gelation time, gel strength and dehydration rate of PHRO gels with different
concentrations of PAM (0.1–0.8 wt%) were measured while keeping concentrations of
HMTA, RO and OA constant, and the results are exhibited in Figure 4. With the increase in
the concentration of PAM from 0.1 wt% to 0.8 wt%, the gel strength of PHRO remained at
the “G” level. The gelation time was shortened from 173 h to 116 h, reduced by 32.9%. The
dehydration rate declined by 14.9%, from 17.0% to 2.1%.

Figure 4. Gelling performance with different concentrations of PAM (0.5 wt% HMTA + 0.05 wt%
RO + 0.3 wt% OA).

The results show that the increase in the concentration of PAM is beneficial for increas-
ing the gelatinization rate and stability. This is because the number of “-CONH2” groups
involved in crosslinking increases with increasing PAM concentration, resulting in a faster
reaction rate and stronger crosslinking density. With the dehydration rate < 5.0% as the
standard, the optimal PAM dosage is ≥ 0.4 wt%.

2.2.2. Effect of HMTA Concentration on Gelling Performance

The gelation time, gel strength and dehydration rate of PHRO gels with different
concentrations of HMTA (0.1–0.8 wt%) were measured while keeping concentrations of
PAM, RO and OA constant, and the results are shown in Figure 5. When the concentration
of HMTA was ≤0.2 wt%, the gel strength increased from “D” to “E”, the gelation time
increased from 161 h to 181 h, and the dehydration rate decreased from 8.2% to 6.2%. When
the concentration of HMTA was >0.2 wt%, the gel strength increased from “E” to “G”, the
gelation time decreased from 181 h to 105 h, and the dehydration rate decreased from 6.2%
to 3.5%.
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Figure 5. Gelling performance with different concentrations of HMTA (0.4 wt% PAM+ 0.05 wt% RO+
0.3 wt% OA).

The results show that a low concentration of HMTA could not prepare high-strength
gels, and the increase in the concentration of HMTA is beneficial for increasing the gela-
tinization rate and stability. This is because when the concentration of HMTA is low, the
number of “-OH” groups involved in crosslinking is low. The crosslinking density is poor,
and the gel strength is weak. With the increase in HMTA concentration, the number of
“-OH” groups increased, the crosslinking reaction accelerated, and the crosslinking density
increased. With the dehydration rate < 5.0% as the standard, the optimal HMTA dosage is
≥0.5 wt%.

2.2.3. Effect of RO Concentration on Gelling Performance

The gelation time, gel strength and dehydration rate of PHRO gels with different
concentrations of RO (0.01–0.08 wt%) were measured while keeping concentrations of
PAM, HMTA and OA constant, and the results are illustrated in Figure 6. When the RO
concentration was ≤0.03 wt%, the gel strength increased from “D” to “G”. The gelation
time increased from 153 h to 181 h, and the dehydration rate increased from 4.7% to 4.8%.
When the RO concentration was >0.03 wt%, the gel strength remained at the “G” level. The
gelation time was shortened from 181 h to 97 h, and the dehydration rate was reduced from
4.8% to 4.6%.

Figure 6. Gelling performance with different concentrations of RO (0.4 wt% PAM + 0.5 wt% HMTA +
0.3 wt% OA).
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The results show that a low concentration of RO could not prepare high-strength gels.
And increasing the concentration of RO is beneficial for increasing the gelatinization rate
and stability. This is because with the increase in the concentration of RO, the contents of
polyhydroxymethyl phenol and phenolic resin increased; that is, the number of crosslinking
sites increased. Therefore, a low concentration of RO has low crosslinking density and weak
gel strength, while a high RO concentration has a high crosslinking rate, high crosslinking
density and high gel strength. The gelation time should be as short as possible in field
applications, so the optimal RO dosage is ≥0.05 wt%.

2.2.4. Effect of OA Concentration on Gelling Performance

The gelation time, gel strength and dehydration rate of PHRO gels with different
OA concentrations (0.1–0.8 wt%) were measured while keeping PAM, HMTA and RO
concentrations constant, and the results are displayed in Figure 7. When the concentration
of OA was ≤0.5 wt%, the gel strength remained at the “G” level, the gelation time was
shortened from 157 h to 115 h, and the dehydration rate increased from 4.0% to 22.4%.
When the concentration of was OA > 0.5 wt%, the gel strength remained unchanged at the
“G” level, the gelatinization time was extended from 115 h to 164 h, and the dehydration
rate increased from 22.4% to 41.6%.

Figure 7. Gelling performance with different concentrations of OA (0.4 wt% PAM + 0.5 wt% HMTA +
0.05 wt% RO).

The results show that a low concentration of OA is beneficial for increasing the
gelatinization rate and stability of gels, but a high concentration of OA is unfavorable.
This is because the acidity of the solution increases with increasing OA concentration,
which can accelerate the hydrolysis reaction of HMTA and thus accelerate the crosslinking
reaction. When the concentration of OA is too high, the acid will destroy the structure of
PAM, resulting in a slow crosslinking rate and a decrease in the stability of gels. With the
dehydration rate < 5.0% as the standard, the optimal OA dosage is ≤0.3 wt%.

2.3. The Effect of Aqueous Salinity on Gelling Performance of PHRO Gel

The influence of Na+, K+, Ca2+ and Mg2+ on PHRO gelling performance was studied
by measuring the gel strength, gelation time and dehydration rate of PHRO in different
concentrations of NaCl, KCl, CaCl2 and MgCl2 solutions. The gel formula in the experiment
was 0.4 wt% PAM + 0.5 wt% HMTA + 0.05 wt% RO + 0.3 wt% OA, and the experimental
temperature was 30 ◦C.

24



Gels 2022, 8, 433

2.3.1. Gelling Performance in Monovalent Salt Solution

The gel strength, gelation time and dehydration rate of PHRO gels in NaCl and
KCl solutions with different concentrations (0–20.0 wt%) are shown in Figures 8 and 9,
respectively. With the increase in the concentration of NaCl, the gel strength remained at
the “G” level, and the gelation time was reduced from 130 h to 84 h. The dehydration rate
increased from 4.1% to 5.5%. With the increase in the concentration of KCl, the gel strength
was maintained at the “G” level. The gelation time was reduced from 131 h to 91 h, and the
dehydration rate increased from 4.1% to 6.1%.

Figure 8. Gelling performance of PHRO in different concentrations of NaCl solution.

Figure 9. Gelling performance of PHRO in different concentrations of KCl solution.

The results indicate that PHRO can form high-strength gels and good stability in NaCl
and KCl solutions with high concentrations; that is, the PHRO gels have good resistance to
univalent salt ions. This is due to the electrostatic shielding effect of Na+ and K+, which
can make the molecular chain of PAM curl up to a certain extent and shorten the distance
between molecules [26]. However, this effect is slight and only accelerates the crosslinking
reaction but has little negative influence on gel strength.

2.3.2. Gelling Performance in Divalent Salt Solutions

The gel strength, gelation time and dehydration rate of PHRO gels in CaCl2 and
MgCl2 solutions with different concentrations (0–1.6 wt%) are shown in Figures 10 and 11,
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respectively. With the increase in the concentration of CaCl2, the gel strength remained at
the “G” level, the gelation time was first shortened from 131 h to 115 h and then increased
to 135 h, and the dehydration rate increased from 4.1% to 8.6%. Moreover, with the increase
in the concentration of MgCl2, the gel strength remained at the “G” level, the gelation time
was first shortened from 130 h to 117 h and then increased to 143 h, and the dehydration
rate increased from 4.1% to 7.9%.

Figure 10. Gelling performance of PHRO in different concentrations of CaCl2 solution.

Figure 11. Dehydration rate of PHRO in different concentrations of MgCl2 solution.

The results show that PHRO can form high-strength gels with good stability in high
concentrations of CaCl2 and MgCl2 solutions; that is, PHRO gels have good resistance to
bivalent saline ions. Ca2+ and Mg2+ have a stronger electrostatic shielding effect than Na+

and K+ [27,28]. When the concentration of CaCl2 and MgCl2 is low, they react with OA to
form precipitation. As the concentration of Ca2+ and Mg2+ increases, the shielding effect of
Ca2+ and Mg2+ on the PAM molecular chain is increased, which intensifies the curl of the
PAM molecule. This tends to lead to internal crosslinking between “-CONH2” and “-COO-”
on the PAM molecular chain, resulting in weakened inter-molecular crosslinking, and then
the strength and stability of the gel are reduced.
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2.4. Plugging Performance

The functional performance of PHRO gel in underground formation is shown in
Figure 12. The main process is as follows: (1) select the well group with abundant remaining
oil; (2) according to the construction design scheme, inject PHRO uncrosslinked gel solution
into the injection well; and (3) waterflooding again. The experimental results of the plugging
performance of PHRO gel are shown in Figure 13 and Table 1. In the process of injection,
the injection pressure increased rapidly from 73.6–98.7 kPa due to the high viscosity of the
uncrosslinked gel solution, which increased by 70.2–92.6 kPa compared with that of the
simulated formation water. After PHRO was gelatinized completely, the initial pressure
increased to the highest point in the subsequent waterflooding process and then decreased
slightly. As the pressure increased, the simulated formation water broke through part of the
core channel, and the pressure stabilized when the simulated formation water was injected.
The calculated residual resistance coefficient is higher than 41.0, and the plugging rate of
the gel is higher than 97.6%. Moreover, the residual resistance coefficient and plugging rate
increased with the increase in core permeability.

Figure 12. Schematic diagram of functional performance of PHRO gel in formation.

Figure 13. Pressure response of PHRO during conformance control experiment (the formula of gel is
0.4 wt% PAM + 0.5 wt% HMTA + 0.05 wt% RO + 0.3 wt% OA).

Table 1. Plugging ability of gels under different permeability conditions.

Number of Sandpack P1 (kPa) P2 (kPa) FRR E (%)

SC-1 6.13 251.6 41.0 97.6
SC-2 4.23 238.2 56.3 98. 2
SC-3 3.31 216.8 62.5 98.5

27



Gels 2022, 8, 433

The results show that PHRO gel has good plugging performance and is suitable for
conformance control in low-temperature and high-salinity formation.

2.5. Discussion

The effect of saline ions on PHRO gels is mainly on the PAM molecular chain. After
PAM hydrolysis, the molecular chain contains negative “-COO-”, and the molecular chain
is extended due to electrostatic repulsion [26]. According to the “Lyotropic series” theory
and osmotic pressure theory, the electrostatic shielding of Na+, K+, Ca2+ and Mg2+ can
weaken the intermolecular and intramolecular electrostatic repulsion of PAM [29]. As a
result, PAM molecules get closer to each other, and their chains curl up. The strength of
electrostatic shielding is related to the valence state and concentration of saline ions. To
explore the salt tolerance mechanism of PHRO gel, the microtopography of PHRO in NaCl
and CaCl2 solutions was observed.

Firstly, the microscopic morphology of PHRO in NaCl solution with a concentration
of 20.0 wt% was investigated, and the results are shown in Figure 14. The PHRO gel has a
complete network structure, and the mesh shrinks to form a denser network. The results
show that the double-layer structure of PAM was not damaged in high-concentration
sodium chloride solution, and there was still strong hydrogen bonding between PAM and
water molecules. Therefore, the gel still has good stability.

Figure 14. Two-dimensional (2D) and three-dimensional (3D) images of the PHRO gel in 20.0 wt%
NaCl solution with AFM. (a) Scanning area is 18.8 µm × 18.8 µm; (b) scanning area is 5.0 µm × 5.0 µm;
(c) scanning area is 1.7 µm × 1.7 µm.

Secondly, the microscopic morphology of PHRO in CaCl2 solution with a concentration
of 1.6 wt% was scanned, as shown in Figure 15. The PHRO gel has a complete network
structure, with more mesh shrinkage and lower mesh numbers than those in NaCl solution.
This is because the electrostatic shielding effect of Ca2+ is much stronger than that of Na+,
the molecular chain of PAM is more curled up, and the hydrogen bonding between PAM
and water molecules is more damaged. However, due to the shielding effect of OA on Ca2+,
the gel still has good stability in saline water.
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Figure 15. Two-dimensional (2D) and three-dimensional (3D) images of the PHRO gel in
1.6 wt% CaCl2 solution with AFM. (a) Scanning area is 40.0 µm × 40.0 µm; (b) scanning area is
20.0 µm × 20.0 µm; (c) scanning area is 1.1 µm × 1.1 µm.

There are two reasons that PHRO gel has good salt resistance. On the one hand,
formaldehyde and resorcinol react to produce phenolic resin particles of different molecular
weights, which are evenly dispersed in the network structure of PHRO. These particles
cover the PAM skeleton and attain a saline ion shielding effect. On the other hand, the
addition of OA can partially eliminate the influence of Ca2+ and Mg2+ and improve the
stability of gels.

In conclusion, the PHRO gel has good salt resistance, and appropriate salinity can
accelerate the crosslinking reaction and improve the stability of gels. The results show
that it is suitable for conformance control in high-salinity formation. In addition, gels of
different strengths can be prepared by adjusting the concentration of the polymer and
crosslinking agent. During the field application, the high-strength gel blocks the near-well
zone and the weak gel blocks the in-depth zone to realize in-depth profile control.

3. Conclusions

A PHRO gel suitable for conformance control of low-temperature and high-salinity
reservoirs was prepared, and the influence of the concentration of each component on the
gelling performance of the gel was investigated. The gelling performance of PHRO in
sodium chloride, potassium chloride, calcium chloride and magnesium chloride solutions
were studied. The microstructure of PHRO in sodium chloride and calcium chloride
solution was observed, and the salt resistance mechanism of PHRO gel was analyzed.
Some conclusions may be drawn as follows:

(1) PHRO can form gels with high strength and good stability at a low temperature. The
optimal concentrations of different additives were PAM ≥ 0.4 wt%, HMTA≥ 0.5 wt%,
RO ≥ 0.05 wt% and OA ≤ 0.3 wt%. The strength of the gel can reach the “G” grade.
The gelation time is 105–173 h, and the dehydration rate is 2.1–5.2%.

(2) The strength of PHRO gels in different concentrations of NaCl and KCl solutions
can reach the “G” level, and the dehydration rate is 4.1–6.1%. The gelatinization
time is 84–131 h, and it decreases with the increase in saline ion concentration. Fur-
thermore, the strength of PHRO gels in different concentrations of CaCl2 and MgCl2
solutions can be maintained at the “G” level, and the dehydration rate is 4.1–8.6%.
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The gelatinization time is 115–143 h, and it decreases with the increase in saline
ion concentration.

(3) PHRO gel has a robust “stem-leaf” three-dimensional network structure, which
contains embedded phenolic resin with different sizes and different molecular weights.
It can enhance the strength of the PAM skeleton and improve the stability of the gel.
Moreover, the PHRO gel still has a complete network structure in a high-concentration
salt solution, the network is more compact due to mesh contraction, and the gel
structure still has high strength.

(4) The plugging rate of PHRO in simulated formation water is more than 97.6%, which
is suitable for conformance control in low-temperature and high-salinity reservoirs.

(5) The salt-resistant performance of PHRO gel is mainly because the phenolic resin
generated by the fluid can strengthen the gel network structure, and OA has the
function of shielding salt ions. The appropriate number of saline ions is beneficial
for accelerating the crosslinking reaction and improving the gel strength. The results
show that PHRO gel is suitable for in-depth conformance control in low-temperature
and high-salinity formation, which has broad application prospects.

4. Materials and Methods

4.1. Materials

4.1.1. Additives

The polymer used in this study was PAM with an average molecular weight of
1.0 × 107 g/mol and a hydrolysis degree of 3.6%, which was manufactured by Anhui
Tianrun Chemical Industry Co., Ltd. (Bengbu, China). The crosslinking agents used were
HMTA and RO, which were provided by Weifang Xingjia Chemical Co., Ltd. (Weifang,
China). To encourage the fluid to crosslink at low temperatures, OA was used as a cross-
promoting agent, purchased from Shandong Feishuo Chemical Technology Co., Ltd. (Jinan,
China). The salts used for the salt resistance study fluid were NaCl, KCl, CaCl2, NaHCO3
and MgCl2·6H2O, which were obtained from Pharmaceutical Group Chemical Reagents
Co., Ltd. (Shanghai, China). The water used in the experiment was deionized water.

4.1.2. Simulated Formation Water

The simulated formation water used in the experiment in this paper was prepared
according to the ionic composition of formation water from North Buzachi Oilfield. The
total salinity of the simulated water was 63,246.2 mg/L, and the ionic composition is shown
in Table 2.

Table 2. Ionic composition of simulated formation water.

Ionic Type Cl− SO4
2− HCO3

− Mg2+ Ca2+ Na+ K+

Ionic content (mg/L) 36879.4 540.9 72.6 579.3 1985 17445.9 5743.1

4.2. Methods

4.2.1. Preparation of PHRO Gel

The PHRO gel was prepared at room temperature (25 ◦C). First, PAM was evenly
dispersed in the solution according to the designed dosage and stirred with a mechanical
stirrer (IKA RW20, IKA, Königswinter, Germany) at a rate of 300 r/min for 2 h. Then,
HMTA, RO and OA were successively added according to the designed dosage and stirred
at a rate of 300 r/min for 30 min. Finally, 15 mL of the well-stirred initial solution of the gel
was put into an ampoule bottle, sealed with an alcohol burner and placed in the oven (UFP
500, Memmert Company, Schwabach, Germany) at 30 ◦C.
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4.2.2. Determination of Gelation Time and Gel Strength

In this study, the GSC strength code method was used to determine the strength of
PHRO [30,31]. Letters A-I were used to represent different strength levels of the gel, and
grade “I” was the highest strength, as shown in Table 3. First, the initial solution of PHRO
gel was prepared according to the method in Section 4.2.1. Secondly, the samples were
taken out of the oven every hour to record the time and strength code. When the strength
code no longer changes, the current code is the strength level of PHRO, and the time is the
gelation time of PHRO. There were three parallel samples in each group, and the gelation
time was the average value of the sample data.

Table 3. Gel strength code [30,31].

Gel Strength Code Gel Category Gel Description

A No detectable gel The same viscosity as the original polymer solution.
B Highly flowing gel Only slightly more viscous than the initial polymer solution.

C Flowing gel Most of the gel flows to the bottle cap by gravity
upon inversion.

D Moderately flowing gel Only a small portion (5.0–10.0%) of the gel does not readily flow
to the bottle cap by gravity upon inversion

E Barely flowing gel Significant portion (>15.0%) of the gel does not flow by gravity
upon inversion.

F Highly deformable non-flowing gel The gel does not flow to the bottle cap by gravity
upon inversion.

G Moderately deformable non-flowing gel The gel deforms about halfway down the bottle by gravity
upon inversion.

H Slightly deformable non-flowing gel Only the gel surface slightly deforms by gravity upon inversion.
I Rigid gel There is no gel surface deformation by gravity upon inversion.

4.2.3. Stability of PHRO Gel

In this study, the dehydration rate (Dw) was used to characterize the stability of PHRO
gel. The lower the Dw of PHRO gel in the same aging time, the better its stability. First, the
initial solution of PHRO gel was prepared according to the method in Section 4.2.1., and
the mass of gel-forming solution was recorded as m0. Secondly, the prepared samples were
aged for 90 days in the oven at 30 ◦C. Finally, the mass of the solid phase in the ampoule
bottle aged for 90 days was weighed at room temperature (25 ◦C) and denoted as m1. There
were three parallel samples in each group, and the dehydration rate was the average value
of the sample data. The calculation formula of Dw is:

Dw = m0−m1
m0

× 100% (1)

4.2.4. Plugging Performance of PHRO Gel

The plugging performance of PHRO gels is characterized by the plugging rate (E)
and residual resistance coefficient (FRR). The higher the E and FRR, the better the plugging
performance.

The plugging performance of PHRO gels was evaluated by using a sandpack with
a diameter of 25 mm and a length of 200 mm. The flow chart of the evaluation device is
shown in Figure 16. Sandpacks with different permeabilities were obtained by filling them
with quartz sand with different sizes, and 300 mesh nets for sand leaking prevention were
placed at the inlet and outlet of the sandpack to prevent sand production. The porosity and
permeability parameters of the sandpack are shown in Table 4. The plugging evaluation
experiments of gels were carried out in the oven at 30 ◦C, and the fluid injection rate was
1.0 mL/min.
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Figure 16. Flow chart of sandpack model.

Table 4. Porosity and permeability of sandpack.

Number of Sandpack Permeability (µm2) Porosity (%)

SC-1 1.09 25.4
SC-2 1.51 29.3
SC-3 2.10 31.0

First, the simulated formation water was injected, and the stable pressure P1 was
recorded after the pressure stabilized. Secondly, the uncrosslinked gel solution of PHRO
gel was prepared according to the method in Section 4.2.1. Thirdly, 0.3 PV (pore volume) of
the initial solution of the gel was injected, and the sandpack was placed in the oven and
aged for 7 days. Finally, simulated formation water was injected, and the stable pressure P2
was recorded after the pressure stabilized.

The calculation formula of the residual resistance factor is:

FRR = P2
P1

(2)

The calculation formula of the plugging rate is:

E =
(

1 − P1
P2

)

× 100% (3)

4.2.5. The Microscopic Morphology of PHRO Gel

Atomic force microscopy (AFM) (Multimode 8, Bruker Company, Billerica, MA, USA)
was used to observe the microstructure of PHRO gels. First, the initial solution of PHRO
gel was prepared as described in Section 4.2.1. Secondly, an appropriate amount of gel
sample was cut and placed on a copper sheet with scissors to make it spread into a film as
thin as possible and dried in a freeze dryer (SCIENTZ-10N, Ningbo Scientz Biotechnology
Co., Ltd., Ningbo, China) for 24 h. Finally, the microstructure of PHRO was observed in
air in AFM tapping mode, and the related parameters were determined. The experimental
temperature was 30 ◦C, and the room humidity was 30%.
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Abstract: The gel plugging and flooding system has a long history of being researched and applied,
but the Changqing reservoir geological characteristics are complex, and the synergistic performance
of the composite gel foam plugging system is not fully understood, resulting in poor field application.
Additionally, the technique boundary chart of the heterogeneous reservoir plugging system has hardly
appeared. In this work, reservoir models of porous, fracture, and pore-fracture were constructed,
a composite gel foam plugging system was developed, and its static injection and dynamic profile
control and oil displacement performance were evaluated. Finally, combined with the experimental
studies, a technical boundary chart of plugging systems for heterogeneous reservoirs is proposed.
The research results show that the adsorption effect of microspheres (WQ-100) on the surface of
elastic gel particles-1 (PEG-1) is more potent than that of pre-crosslinked particle gel (PPG) and the
deposition is mainly on the surface of PPG. The adsorption effect of PEG-1 on the surface of PPG
is not apparent, primarily manifested as deposition stacking. The gel was synthesized with 0.2%
hydrolyzed polyacrylamide (HPAM) + 0.2% organic chromium cross-linking agent, and the strength
of enhanced gel with WQ-100 was higher than that of PEG-1 and PPG. The comprehensive value of
WQ-100 reinforced foam is greater than that of PEG-1, and PPG reinforced foam, and the enhanced
foam with gel has a thick liquid film and poor foaming effect. For the heterogeneous porous reservoir
with the permeability of 5/100 mD, the enhanced foam with WQ-100 shows better performance in
plugging control and flooding, and the recovery factor increases by 28.05%. The improved foam
with gel enhances the fluid flow diversion ability and the recovery factor of fractured reservoirs with
fracture widths of 50 µm and 180 µm increases by 29.41% and 24.39%, respectively. For pore-fractured
reservoirs with a permeability of 52/167 mD, the PEG + WQ-100 microsphere and enhanced foam
with WQ-100 systems show better plugging and recovering performance, and the recovery factor
increases are 20.52% and 17.08%, 24.44%, and 21.43%, respectively. The smaller the particle size of
the prefabricated gel, the more uniform the adsorption on the foam liquid film and the stronger the
stability of the foam system. The plugging performance of the composite gel system is stronger than
that of the enhanced gel with foam, but the oil displacement performance of the gel-enhanced foam
is better than that of the composite gel system due to the “plug-flooding-integrated” feature of the
foam. Combined with the plugging and flooding performance of each plugging system, a technique
boundary chart for the plugging system was established for the coexisting porous, fracture, and
pore-fracture heterogeneous reservoirs in Changqing Oilfield.

Keywords: enhanced gel system; enhanced foam system; heterogeneous reservoir; plugging adapt-
ability; enhanced oil recovery

1. Introduction

Due to the stimulation of low/ultra-low permeability reservoirs, high-permeability
channeling channels are easily formed after artificial fractures are connected with natural
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fractures [1,2]. However, the high cost of fine water injection and the long shutdown
period greatly affect the normal production of oilfields [3]. Given this, the development of
plugging and flooding systems with strong applicability has received extensive attention.

Gel and foam systems, as the two most widely used plugging agents, have achieved
positive progress in both laboratory experiments and field applications in recent decades [4,5].
Gel-based plugging systems have been used on a large scale in the 1990s, and various
modified gels, micro-nano microspheres, polyethylene glycol gels (PEG), and chitosan-
based gels have been developed, including preformed particle gel (PPG) and HPAM weak
gels with various particle sizes and compositions [6–10].

Field tests show that a single plugging system cannot meet the selective plugging of
highly heterogeneous reservoirs and cannot meet the needs of adjusting the water absorp-
tion profile and enhancing oil displacement. In recent years, scholars have carried out a
series of composite plugging system applicability evaluation experiments to achieve the
comprehensive effect of “deep control and flooding + near-well plugging”. Jia et al., devel-
oped a novel nanocomposite gel with tunable gel formation time based on the in-situ poly-
merization method [11]. The nanocomposite gel system has good temperature resistance
(75–105 ◦C), adding 5% nano-silica, and the compressive performance of the composite gel
system is improved from 8.7 to 21 KPa; ammonium persulfate and hydrochloric acid can be
caused to be effectively degraded. Given the development of cross-linking after polymer
flooding, Haung et al., proposed a low initial viscosity gel plugging agent: 500–1000 mg/L
polymer LH2500, 1000–2500 mg/L cross-linking agent CYJL, 200–500 mg /L citric acid,
100–150 mg/L sodium sulfite, and 100–200 mg/L sodium polyphosphate. For secondary
polymer flooding reservoirs, the oil recovery can be enhanced by 13.6% after 0.1 PV gel
plugging [12]. Liu et al., developed a gel system formed by a terpolymer (L-1) and a new
cross-linking system (HB-1) for ultra-deep and high-temperature reservoirs [13]. This can
create a stable continuous 3D network structure with good long-term thermal stability. The
strength of the gel system can be adjusted by changing the concentrations of the terpolymer
(0.05–1%) and the crosslinking agent (0.05–1%).

The commonly used foam sealing and channeling systems are mainly composed of a
foaming agent, foam stabilizer, and gas phase [14,15]. Nitrogen comes from various sources
and has become the most commonly used foam gas phase. Foam stabilizers include HPAM,
worm-type surfactants, inorganic nanoparticles, and nano-microspheres. Using three crude
oils with different properties, Lai et al., studied the stability and oil displacement capacity
of the gel foam system [16]. For crude oil with more heavy components such as resins
and asphaltenes, when the oil saturation is lower than 20%, the gel foam shows higher
foam stability. The oil-containing gel foam generated from heavy oil has good stability, the
plugging rate is 95.33%, and the enhanced oil recovery is 23.1%. Zhang et al., performed huff
and puff experiments on core samples using different gases and foams at the temperature
of unconventional liquid reservoirs, capturing time-lapse CT images with a computed
tomography unit (CTU) [17]. Studies have shown that a combination of EOR techniques
(foam or sequencing surfactant and gas injection) opens the possibility of achieving sound
oil recovery. Natural fractures can easily lead to lost circulation and can easily limit the
normal production of oil fields. Li et al., developed an oil-based pressure-bearing foam
gel plugging agent for fracturing shale: 0.6% DSFA foaming agent + 0.3% BPMO foaming
agent + 0.5% EPDM + 1.5% SBS + 0.05% rigid crosslinking agent DB + 0.02% modified SiO2
nanoparticles [18]. The core plugging experiment shows that the plugging efficiency of the
plugging agent is about 90%.

The concise literature shows that many studies have been carried out on the plugging
control and flooding system and its mechanism in heterogeneous reservoirs, and good
application results have been achieved in oilfields. However, in the face of complex and
changeable reservoirs with strong heterogeneity, coupled with insufficient understanding of
the synergistic mechanism of multi-component compound plugging systems, the existing
plugging systems have poor water blocking and oil-increasing effects, and even cause
secondary damage to the reservoir. In addition, the technical chart of the heterogeneous
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reservoir plugging system has hardly appeared. Therefore, in this work, combined with
the geological characteristics of Changqing Oilfield, reservoir models of porous, fracture,
and pore-fracture were constructed, the composite plugging system was developed based
on the gel and foam system, and injection and dynamic performance were evaluated. The
synergistic effect stimulates the new vitality of traditional plugging agents, optimizes and
strengthens the gel and gel-enhanced foam plugging control and flooding systems, and
achieves breakthroughs in the channeling channel of “injecting, plugging, long-lasting,
and low-cost”. Finally, based on the optimal plugging systems of different reservoir
models, a technical boundary chart of plugging systems for heterogeneous reservoirs is
proposed. The results of this study improve the composite gel foam plugging system
and its action mechanism suitable for highly heterogeneous reservoirs; additionally, they
provide crucial technical guidance for Changqing’s low-permeability reservoirs to achieve
stable production and increase production.

2. Experiments and Methods

2.1. Static Performance Evaluation Experiment of Plugging System

2.1.1. Gel Plugging Agent

1. Pre-crosslinking gel particle

The prefabricated gel particles include microspheres (WQ-100), PEG-1, PPG, HPAM,
organochromium crosslinking agent, foaming agent, and formation water (60,000–100,000 mg/L),
all provided by Changqing Oilfield. Microscopic tests of WQ-100, PEG-1, and PPG by
Microscope First. A total of 0.5 g of prefabricated gel particle plugging agent and 100 mL of
formation water/kerosene was sequentially added to 6 beakers and stirred with a magnetic
stirrer for 10 min. Next, the magnetron was taken out and all the beakers were sealed
and placed in a hot air drying oven with a constant temperature of 70 ◦C [19]. Finally,
the microscopic morphology of WQ-100, PEG-1 and bulk particles was observed by the
microscope, and the particle size changes were analyzed and counted.

2. Gel

A total of 500 mL of formation water was poured into a jar and stirred with a large
torque stirrer. Slowly, 3 g of HPAM powder was added and was continued to be stirred
until the HPAM was completely dissolved. The prepared mother liquor was diluted with
formation water and stirred for 1 min to make HPAM evenly dispersed in the formation
water. Next, 30 mL of the diluted HPAM solution was added to the cup, the organic
chromium cross-linking agent was dropped into the beaker and stirred for 30 s (450 rpm),
and 25 mL was poured into a stoppered measuring cylinder. All stoppered graduated
cylinders were placed in a water bath preheated to 70 ◦C, the state of the mixture in
the graduated cylinder was recorded every 1 h, and the time required for each group of
formulations to reach grade G was recorded [20]. After the gel in the graduated cylinder
reached the G level, the vacuum pump hose was connected to the inside of the forming
gel, the vacuum pump was started, and the maximum reading of the vacuum gauge was
recorded.

2.1.2. Foam

A 100 mL quantity of distilled water was put into the mud cup and different volume
fractions of foaming agents were added. The high-speed stirrer was set to 6000 rpm and the
foam was poured out after stirring for 3 min. The foaming volume and the time it took to
produce 50 mL of liquid were recorded. The foam performance is quantitatively evaluated
using the foam comprehensive value, and the calculation method is as follows [21]:

Fc = V0t f

where Fc is foam comprehensive coefficient, mL·s; V0 is initial foam volume, mL; t f is foam
half-life, s.
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2.1.3. Binary/Ternary Complex System

1. Pre-crosslinking gel particles

The formula of the pre-crosslinking gel particle complex systems were 0.5% WQ-100 + 0.5%
PEG-1, 0.5% WQ-100 + 0.5% PPG, and 0.5% PEG-1 + 0.5% PPG, respectively. The formation
water was used as the dispersant for the compound system, totaling 100 mL. After the three
groups of compound systems were sealed, they were aged in a constant temperature oven
at 70 ◦C for 12 h. The pre-gel compound system was taken out and the poorly dispersed
system was uniformly dispersed again by stirring with a glass rod.

2. Enhanced gels with pre-crosslinking gel particle

The HPAN dispersion method is the same as 2.1.1 (2). All dispersion systems were put
into 25 mL graduated cylinders with a stopper and placed in a water bath with a constant
temperature of 70 ◦C, and the gel formation time and the degree of vacuum breakthrough
were recorded.

3. Enhanced foam with pre-crosslinking gel particles and gels

The formulation and interfacial tension of the gel-reinforced foam compound system is
shown in Table 1. A 100 mL quantity of prefabricated gel particle-foaming agent dispersion
system was put into a mud cup. After stirring for 3 min, the rotation was stopped and
immediately poured into a graduated cylinder to measure the foaming volume and absorb
the upper foam for microscopic observation. The time when the liquid in the graduated
cylinder reaches 50 mL was recorded and the comprehensive foam value of the system
was calculated. The 0.2% HPAM + 0.2% organic chromium cross-linking agent + 0.4%
foaming agent was dispersed in formation water to obtain a jelly-reinforced foam system.
The reinforced foam system sample was added to the sample cell of the interfacial tension
tester, and the size of the bubbles at the outlet of the injector in the tester was controlled by
software. The test was stopped when each sample is measured for 900 s, and the real-time
gas–liquid interfacial tension values in the interval of 300–900 s were averaged as the test
results of this group of samples [22].

Table 1. The formula of enhanced foam system with pre-crosslinking gel particles.

Enhanced Foam System Interfacial Tension/(mN/m) Note

0.4% foaming agent 35.2 /
0.4% foaming agent + 0.1% WQ-100 33.6 Reduce surface tension
0.4% foaming agent + 0.1% PEG-1 34.8 Not significantly
0.4% foaming agent + 0.1% PPG / Particle size is too large to measure

0.4% foaming agent + 0.2% HPAM + 0.1%
organic chromium cross-linking agent 46.5 Liquid film gelation, foam stabilization

2.2. Physical Simulation Model Construction

To better simulate the reservoir conditions of strong heterogeneity with the develop-
ment of micro-fractures, laboratory physical simulation experimental models of porous,
fracture, and pore-fracture were constructed. For the porous reservoirs model, a one-
dimensional sand filling model was filled by mixing quartz sands of different particle sizes,
with a porosity of 26% and a permeability of 7 × 10−3 µm2. Secondly, the artificial core
(5 × 10−3 µm2) was split along the axis direction by the Brazilian splitting device, and the
split core adhered to the ceramsite. After the cores were merged, they were wrapped and
tightened by the raw material belt to simulate the fractured reservoir after underground
fracturing, and the opening of the fracture could be changed by adjusting the particle size
of the ceramsite. Finally, the sand filter screen was cut into small strips and mixed with
quartz sand (40–80 µm, 80–120 µm) evenly. The one-dimensional sand-packing model was
filled to construct pores for simulating reservoirs with micro-fractures. The diagram and
fundamental porosity and permeability characteristics of the fractured and pore-fractured
experimental models are shown in Figure 1 and Table 2, respectively.
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Figure 1. Flow chart of laboratory displacement experiment.

Table 2. Basic parameters of the fractured and pore-fractured experimental models.

Physical Models
Fracture Width

/µm

Porosity before
Splitting

/%

Permeability before
Splitting

/× 10−3 µm2

Permeability after
Splitting

/× 10−3 µm2

Fractured
models

50 19.5 5.3 90,000
180 20.6 4.6 2,480,000
340 21.2 6 31,200,000
510 20.4 4.7 87,000,000

Pore-fractured
models

Matrix volume /cm3 Microfracture
volume/cm3

Porosity
/%

Permeability
/× 10−3 µm2

295

0.4 27.1 52.2
0.8 28.4 91.2
1.2 29.8 166.7
1.6 31.2 252.7

The calculation formula of fracture permeability is as follows.

K = 1000 × φb2

12

where K is permeability, 10−3 µm2, φ is porosity of fractured reservoir model, and b is
fracture width, µm.

2.3. Plugging EOR Mechanisms and Performance

The prefabricated different reservoir models were loaded into the displacement system,
and the experimental flow of plugging and enhanced oil recovery displacement is shown
in Figure 1. The formation water was pumped into the model to measure the initial
permeability (Ki), the fracture opening was adjusted by changing the particle size of
ceramsite, and the number of screen bars was increased or decreased to alter the pore-
fractured reservoir model. For each reservoir model, first, a plunger pump was used to
saturate the model with water at 0.5 mL/min and record the steady pressure Pi. The
injection rate was maintained and 0.5 PV of the plugging system was injected into the
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model to be tested. After the plugging system was injected, it was transferred to the
formation water injection until the pressure was stable.

It is worth noting that for millimeter-centimeter PPG, it can be seen from the static
performance experiments that it has evident stratification after adding liquid. During the
injection and displacement process, the conventional intermediate container was used
because a large amount of PPG is deposited or adheres to the top cover of the intermediate
container. This can cause injection difficulties and even lead to the experiment’s failure. As
shown in Figure 1, the intermediate vessel injected with PPG was upgraded and improved
in this study, mild shear was generated by stirring, and the pressure-resistant pipeline
was thickened with an inner diameter of 3 mm. The slightly sheared bulk particles are
further subjected to extrusion shearing while passing through the injection pipeline, which
also improves the PPG injection performance. During the EOR performance evaluation
experiment, after saturating the formation water and crude oil in sequence, firstly, the
formation water was injected to stimulate the production. The produced fluid was injected
into the plugging system after no oil phase flowed out, and then the formation water was
injected again until no oil phase flowed out again. During the period, the cumulative
oil production was recorded by the oil-water separation metering device, the cumulative
oil production injection curve was drawn, and the enhanced oil recovery performance of
the plugging system was evaluated. The plugging rate represents the plugging ability of
the formation after a particular plugging agent is injected and forms stable plugging. Its
calculation theory is as follows:

Plugging efficiency = 1 − K1

Ki

where Ki is permeability after plugging, 10−3 µm2, K1 is initial permeability, 10−3 µm2.

3. Results and Discussion

3.1. Static Performance of Plugging System

3.1.1. Gel Plugging Agent

1. Pre-crosslinking gel particle

Figure 2 shows the particle size test results of the microspheres (WQ-100) dispersed
in the formation water and kerosene. WQ-100 delivers good dispersing performance in
both formation water and kerosene, has good adaptability to both dispersing media, and
has no precipitation occurs. WQ-100 still showed good expansion performance under high
temperature and high salt environments, and the particle size distribution expanded from
1–5 to 10–20 µm within 24 h. Additionally, WQ-100 has good stability without swelling,
cracking, and cross-linking polymerization within 120 h.

 

Figure 2. Micrograph of microspheres (WQ-100) after dispersion.

Figure 3 shows the particle size test results after PEG-1 formation water and kerosene
are dispersed. When sampling the PEG-1 dispersion system, delamination can be observed,
indicating that the dispersibility of the plugging agent in formation water is not excellent.
PEG-1 continued to expand within 120 h and the expansion rate gradually decreased with
time. The particle size was raised from 0.1 to 0.5 mm and the diameter expansion rate was
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500%. The PEG-1 gel particles had good temperature and salt resistance. During the ageing
process, the PEG-1 particles continued to absorb water, and the inner folded network of
long chains gradually unfolded. At the macroscopic level, the particle volume expanded,
the surface gradually became smooth, and the interior of the particles became transparent.

 

Figure 3. Micrograph of PEG-1 after dispersion.

The particle size test results of bulky particles dispersed in formation water and
kerosene are shown in Figure 4. When sampling the bulky particle dispersion system, an
apparent layering phenomenon was found, and reliable sampling could be carried out
only after stirring. The swelling particle samples continued to expand within 120 h, the
expansion rate decreased with time, and the particle size grew from 5 to 10 mm.

 

– – –
–

Figure 4. Micrograph of preformed particle gel after dispersion.

2. Gel

After HPAM was dispersed, it was a uniform viscous colloidal fluid. No residue was
seen at the bottom of the bottle, indicating that it had good adaptability to the formation
water with high salinity. The breakthrough vacuum degree and gel formation time of the gel
is shown in Figure 5. With the increase of the mass fraction of HPAM and organic chromium
cross-linking agent, the gelation time of the gel was shortened, and the strength of the gel
was increased. When the mass fractions of HPAM and organic chromium crosslinking
agent are 0.05–0.15% and 0.05–0.25%, respectively, the gelation time is 11–35 h and the gel
strength is 0.015–0.027 MPa.
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(a) (b) 

Figure 5. Contour diagrams of static performance of organic chromium gel: (a) gel strength, (b) gela-
tion time.

The formulation adjustment of the gel system is more flexible. The concentration of
each component can be adjusted according to the need to change the gelation time and the
breakthrough vacuum degree to achieve the effect of deep displacement regulation and
enhanced plugging. There is an obvious negative correlation between the breakthrough
vacuum degree of the gel system and the gelation time, as shown in Figure 6. In order to
meet the fluidity and blocking performance, the recommended gel system formulation is
0.2% HPAM + 0.2% organic chromium cross-linking agent.

 

–
–

n of ol-

Figure 6. Fitting curves of breakthrough vacuum and gelation time.

3.1.2. Foam Comprehensive Coefficient at Varying Concentrations of Foaming Agent

As a surfactant, a foaming agent can be evenly distributed on the gas–liquid interface
and slow down the time required for gas–liquid separation. The foaming performance
and half-life results of different concentrations of foaming agents are shown in Table 3 and
Figure 7. As the concentration of foaming agent (c) increased from 0.1% to 0.4%, the initial
foaming volume increased from 160 mL to 450 mL. At c > 0.4%, the initial bubble volume
and elution half-life changed gradually, and after c > 0.8%, the elution half-life decreased.
With the increase of the foaming agent concentration, the density of the surfactant on the
liquid film gradually increases after the foam is formed. After the monomolecular film
is completely adsorbed on the surface of the liquid phase, the bimolecular film begins to
form. The concentration of the foaming agent is defined as the critical concentration of
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the foaming agent. Above this concentration, the comprehensive performance of the foam
begins to stabilize.

Table 3. Foam comprehensive coefficient under varying concentrations of foaming agent.

Concentration of
Foaming Agent/%

Initial Foaming
Volume/mL

Elution Half-Life/s
Foam Composite

Value/(mL s)

0.1 160 83 13,280
0.2 230 262 60,260
0.4 450 467 210,150
0.6 480 495 237,600
0.8 500 520 260,000
1.0 520 515 267,800

–
–

 

Figure 7. Concentration of foaming agent-initial foaming volume, foam half-life, and composite value.

3.1.3. Binary/Ternary Composite Plugging System

1. Pre-crosslinking gel particle

The microscopic test results of the gel particle compound system are shown in Figure 8.
In the compound system of WQ-100 and PEG-1/PPG, the primary performance is adsorp-
tion. The adsorption effect of WQ-100 on the surface of PEG-1 particles is stronger than that
on the surface of PPG particles. It is worth noting that the adsorption amount of WQ-100
on the PPG surface is much less than the amount deposited on the surface recesses, which
indicates that the microspheres are mainly deposited on the surface of PPG particles. In
addition, due to the large particle size of PEG-1 and PPG particles, the adsorption effect
of PEG-1 on the surface of PPG particles is not obvious, mainly manifested as deposition
stacking. WQ-100 can form secondary plugging on the formation after PEG plugging,
improving the sweeping flow efficiency.

 

12

21.5

22

Figure 8. Pre-crosslinking gel particle absorptive effect.

2. Enhanced gels with pre-crosslinking gel particle

The gelation time and strength of the prefabricated gel particles and the polymer
gel compound system are shown in Table 4. The relationship between the strength of
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the composite gel system and the gelation time is shown in Figure 9. Under a certain
mass fraction of HPAM and organic chromium cross-linking agent, and with an increased
particle size of the added prefabricated gel particle plugging agent, the breakthrough
vacuum degree of different compound gel systems under the same gel formation time
increases. In particular, the strength of the gel compound system increases more obviously
after adding WQ-100.

Table 4. Strength and gelation time of gel compounds system.

HPAM/% Gel Agent
Organic Chromium

Crosslinking Agent/%
Breakthrough
Vacuum /MPa

Gelation Time/h

0.2

0.1 0.024 21
0.2 0.027 12
0.3 0.031 7

0.2% WQ-100
0.1 0.038 21.5
0.2 0.040 12
0.3 0.042 7.5

0.2% PEG-1
0.1 0.032 22
0.2 0.035 12
0.3 0.037 8

0.2% PPG
0.1 0.028 22
0.2 0.032 13
0.3 0.033 7

 

Figure 9. Gels strength and gelation of enhanced gels systems.

The microscopic test results of the enhanced gel systems are shown in Figure 10. The
dispersion performance of the WQ-100 system gel is the best and it is evenly distributed.
Compared with WQ-100, PEG-1 and PPG are both observed to have obvious granularity,
indicating that the dispersion effect of PEG-1 and PPG is poor.

 

Figure 10. Micrograph of enhanced gels systems.
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Generally, there are two ways to strengthen the gel. One is to add micro-nano-scale
particles into the HPAM solution to strengthen the gel structure by using it as a skeleton.
The second is that the HPAM solution and the added prefabricated gel particles strengthen
the gel by forming additional chemical bonds. Figure 11 shows the mechanism of action of
nanosphere-enhanced gel and PEG/PPG particle-enhanced gel. The red and yellow areas
represent small particle plugging agents such as microspheres and large particle plugging
agents such as PEG and PPG, respectively. For the micro-nano-enhanced bulk gel system,
if nano-SiO2 particles are added, it does not participate in the coordination reaction due
to their stable chemical properties; it only exists in the form of a gel skeleton [23]. The
essence of nano-microspheres is AM and its derivatives with a certain stable structure, so it
can not only serve as the skeleton of the gel during the formation of the gel. In addition,
the nano-microspheres can form coordination bonds with the colloidal HPAM dispersion
system through the cross-linking agent, which leads to the largest improvement in the
breakthrough vacuum degree of the gel system with the addition of microspheres [24].

 

Figure 11. Formation mechanisms of enhanced gels with microspheres.

The structural properties and particle size of PEG enable it to form a reinforced
structure in part of the gel. In contrast, the PPG particles can develop coordination with
the HPAM dispersion system on its surface, which can both improve the gel strength to a
certain extent. However, due to the poor dispersibility of PEG and PPG in the liquid phase,
the gel can only be strengthened locally. Meanwhile, the larger particle size of PEG and
PPG particles also aggravated the injection difficulty of the gel system.

3. Enhanced foam with pre-crosslinking gel particle and gels

The foaming performance of the reinforced foam system is shown in Figure 12 on the
right. The foaming volume of microsphere-reinforced foam is more significant than that of
single foam. The foaming volume of the reinforced foam system obtained by compounding
other prefabricated particle plugging agents except microspheres is smaller than that of
single foam. Combined with the results of the liquid elution half-life test, the foaming
agent has good tolerance to the actual working environment with a small amount of white
oil in the solution. However, since the specific surface area of PEG particles is larger
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than that of PPG, more white oil is attached to the surface of the PEG particles during
sampling, resulting in a more obvious attenuation of the reduction of the foaming volume
and half-life.

   

(a) (b) (c) 

Figure 12. The basic performance of enhanced foam system and single foam: (a) foam volume,
(b) foam liquid chromatography half-life, (c) foam composite value.

Sampling and microscopic observation of the reinforced foam system are carried out,
and the results are shown in Figure 13. A single conventional foam liquid film is thinner,
the particle size distribution of the bubble particles is relatively concentrated, and the
liquid phase is clear and transparent. In the PEG and PPG reinforced foam system, it was
observed that the particle size homogeneity of the bubble particles decreased significantly,
no other particles were seen on the surface of the bubble particles, and the liquid phase was
turbid. After PEG and PPG plugging agents were added to the foaming agent system, they
did not participate in the foaming process. Only the surface white oil entered the liquid
phase, resulting in the deterioration of the foaming performance of the foaming agent.

 

Figure 13. Enhanced foam system with pre-crosslinking gel particle and gels.

In the microsphere-reinforced foam system, it can be seen that a large number of
microspheres are adsorbed on the surface of the bubble particles, the particle size of the
bubble particles is concentrated, and the particle size is reduced. Since the microspheres are
originally dispersed in the oil phase, the liquid phase is slightly turbid, but the weakening
effect of the oil relative to the foaming agent is weak. For microsphere-reinforced foam, the
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microspheres are uniformly dispersed in the foaming agent solution and form a skeleton
structure on the liquid film after foaming. During the foaming process, the microspheres
absorb water and expand, which reduces the free water in the liquid film and strengthens
the ability of the foaming agent to have interfacial tension. Additionally, the polymer
surface has a large number of hydroxyl groups, negative ions appear in free water after
dispersion, and the diffusion double electron layer appears, strengthening the repulsion
between the liquid films and increasing the foam volume [25]. On the other hand, in
the process of liquid film dehydration, the microspheres are dehydrated synchronously,
resulting in the slowing down of the water loss rate of the foam on the macroscopic level,
which is manifested as the prolongation of the half-life of the foam. The synergistic effect
of the two mechanisms greatly increases the comprehensive value of the foam. The liquid
film of the gel-reinforced foam system is thicker and there is basically no contact between
the bubbles. After the foaming, the liquid phase of the gel is still the main body and the
foaming effect of the foaming agent on the gel is extremely poor.

3.2. Plugging and EOR Performance of Gel System

3.2.1. Plugging Performance

1. Porous reservoir

Since the porosity reservoir model is a low-porosity and low-permeability reservoir,
only the microspheres and PEG systems with smaller particle sizes are selected for the
plugging performance evaluation experiment. The plugging effects of microspheres and
PEG systems on porous reservoirs with different permeability are shown in Table 5. Com-
pared with microspheres, the PEG system has a poor plugging effect in reservoirs with low
permeability but has a stronger plugging effect on reservoirs with high permeability. As
the permeability increased from 4.8 × 10−3 µm2 to 156.7 × 10−3 µm2, the plugging ability
of the microsphere system decreased rapidly and the plugging rate decreased from 92.05%
to 20.73%. The PEG system can play a good plugging role in the reservoir with relatively
high permeability; the plugging rate decreases from 96.83% to 91.82%.

Table 5. Plugging efficiency of pre-crosslinking gel particle on the porous reservoir.

Plugging System
Initial Permeability

/10−3 µm2
Plugging Efficiency

/%

Plugging Efficiency after
Injection 10 PV

Formation Water

0.5% WQ-100
0.5 PV

4.8 92.05 79.21
15.9 90.52 71.93
49.6 78.21 56.20
99.8 52.34 21.54

156.7 20.73 5.80

0.5% PEG-1
0.5 PV

4.8 End face seal
15.9 End face seal
49.6 96.83 90.24
99.8 93.83 82.23

156.7 91.82 77.53

Microscopic observation was performed on the end face of the model injection end
after the PEG system was pressed, and the results are shown in Figure 14. It can be observed
that PEG particles accumulate on the end face of the model and fail to enter the model
to play a blocking role. Since the PEG system is mainly due to the hydration expansion
after injection and the plugging of the hyperpermeable pores by a single particle, it is more
inclined to reduce the permeability of the hyperpermeable layer using deep regulation and
flooding. In addition, the microsphere-PEG compound system (0.5%, 0.25 PV) was used
to simulate the heterogeneous reservoir formed by the interlayer permeability difference
through the dual sand-packing tube model, and the effect of different injection sequences
on the plugging performance was studied. Taking the reservoir model with a permeability
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difference of 30 as an example: when the microspheres were injected first, the injection
pressure only increased from 0.21 MPa to 0.24 MPa, and when the PEG system continued to
be injected, the pressure increased rapidly, reaching as high as 2.48 MPa. PEG was injected
first, and the pressure in the model quickly rose to 2.30 MPa. Continued injection of
microspheres mainly overcomes the resistance of the PEG particles. Since PEG is displaced
into the formation more profoundly by the subsequent microspheres in the system with PEG
injected first, it is more difficult for the injected water to flow around. Additionally, through
the process of “broken-migration-re-blocking”, the plugging of the hyperpermeable layer
by PEG particles is more uniform, which further enhances the continuity of the plugging
effect.

 

Micrograph of pore formation model’s end face and internal after injecting PEG system.

−3 −3 MPa when the fracture opening is 50 μm.

ity of the PEG system began to decline when the permeability was greater than 180 μm, 

– μm).

/μm
24.80

99.68

9

Figure 14. Micrograph of pore formation model’s end face and internal after injecting PEG system.

2. Fractured reservoir

Table 6 shows the evaluation results of the plugging performance of a single prefabri-
cated gel particle plugging agent. The injection pressure of the microspheres grows from
1.88 × 10−3 MPa to 2.5 × 10−3 MPa when the fracture opening is 50 µm. However, with
the further increase of the fracture opening, its plugging ability disappears. The plugging
ability of the PEG system began to decline when the permeability was greater than 180 µm,
and the PEG particles quickly flowed out along the fracture, resulting in the final injection
pressure of only 1.3 MPa. The plugging effect of microspheres and PEG decreased rapidly
with the increase in fracture opening. The plugging rate of large-sized bulk particles and
gel systems increased in the range of low fracture opening (50–180 µm).

Table 6. Plugging efficiency of pre-crosslinking gel particle on the fractured reservoir.

Plugging System
Fracture Width

/µm
Plugging Efficiency

/%
Residual Plugging

Efficiency/%

0.5% WQ-100 (0.5 PV)

50 24.80 7.39
180 16.67 5.17
340 5.00 0.00
510 1.23 0.00

0.5% PEG-1 (0.5 PV)

50 94.29 86.88
180 82.98 38.46
340 18.18 6.90
510 13.64 0.72

0.5% PPG (0.5 PV)

50 98.76 91.83
180 99.76 99.34
340 99.53 98.49
510 99.68 98.75

0.2% HPAM + 0.2% Cr3+ (0.5 PV)

50 97.11 90.91
180 99.81 99.18
340 99.88 99.67
510 99.91 99.75
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The plugging performance of the prefabricated gel particle composite plugging system
is shown in Table 7. The microsphere-enhanced gel system showed stronger erosion
resistance than the bulk particle-PEG system in formations with larger fracture openings. It
showed a higher residual plugging rate at the end of the flooding. For large-scale fractures,
the prefabricated gel particle plugging agent sheared and broken by the filler is more likely
to be flushed out with the displacing fluid, thus showing insufficient plugging durability
for large-scale fractures.

Table 7. Plugging efficiency of multiple pre-crosslinking gel particles on the fractured reservoir.

Plugging System
Fracture Width

/µm
Plugging Efficiency

/%
Residual Plugging

Efficiency/%

0.5% PPG 0.25 PV
+ 0.5% PEG-1 0.25 PV

50 99.02 97.61
180 99.85 99.50
340 99.87 99.66
510 99.90 99.81

0.5% WQ-100 + 0.2% HPAM
+ 0.2% Cr3+ 0.5 PV

50 98.93 92.85
180 99.91 98.97
340 99.90 99.05
510 99.92 99.13

3. Pore-fractured reservoir

Pore-fractured reservoirs have the characteristics of both porosity and fractured reser-
voirs. Large-sized plugging agents have a poor injection effect, while small-sized plugging
agents are prone to channeling. Figure 15 shows the plugging effect of microspheres, PEG,
and their composite systems in the pore and fractured reservoirs. The microsphere-PEG
compound system showed an excellent plugging effect on pore fractured reservoirs be-
cause the compound system appeared in the 52.2 × 10−3 µm2, 91.2 × 10−3 µm2, and
166.7 × 10−3 µm2 models. The end face is blocked and only the experimental results are
obtained for the reservoir with a permeability of 252.7 × 10−3 µm2. The plugging effect of
the granular system on pore and fractured reservoirs is unstable, and a reinforced foam
system should be developed for plugging.

/μm

−3 μm −3 μm
−3 μm

−3 μm

 

Figure 15. Plugging effects of pre-crosslinking gel particle on the pore-fractured reservoir.

3.2.2. EOR Performance

For different heterogeneous reservoir models, the enhanced oil recovery effect of
each gel plugging system is shown in Table 8. Compared with the 2-segment plugging
system, the recovery degree of the 4-segment plugging system after the first round of
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PEG-microsphere injection was basically the same as that after the 2-segment plugging
system was injected with PEG particles. In the first stage, the front-end PEG particles
are mainly used to block and increase the swept area. After injecting the second round
of PEG-microspheres, a new slug appeared in the 4-segment plugging system, which
additionally blocked the inlet section of the high-permeability pipe and further forced the
injected fluid to enter the low-permeability pipe for oil displacement. The level of output
increased significantly. Subsequent microsphere systems are also mainly turned into low-
permeability tubes, relying on the deformation and adsorption capacity of the microspheres
to the oil phase to further utilize the residual oil. After plugging, the recovery factors of the
three models were increased by 11.49%, 24.14%, and 25.89%, respectively. Increasing the
number of slugs had a positive effect on the control and flooding performance. Compared
with heterogeneous porosity reservoirs, the recovery degree of fractured reservoirs before
plugging is low, only about 16%.

Table 8. Plugging efficiency of multiple pre-crosslinking gel particle on the fractured reservoir.

Reservoir Models
Plugging System

Formula
EOR before Plugging

/%
EOR after Plugging

/%

Porous reservoirs 50/100 mD
0.5 PV WQ-100 39.19 50.68

0.25 PV PEG + 0.25 PV WQ-100 38.82 64.71
0.15 PV PEG + 0.15 PV WQ-100 +

0.1 PV PEG + 0.1 PV WQ-100 39.08 63.22

Fractured
reservoirs

Fracture width
/µm

Plugging system
Formula

EOR before plugging
/%

EOR after plugging
/%

50 0.5 PV WQ-100 14.63 18.29
50 0.2 PV PEG + 0.3 PV WQ-100 15.63 37.5
180 7.5 13.75
50

0.2 PV PPG + 0.3 PV PEG
16.67 44.44

180 7.32 29.27

Pore-fractured
reservoirs

Permeability
/mD

Plugging system
Formula

EOR before plugging
/%

EOR after plugging
/%

52 0.5 PV WQ-100 43.75 52.5
167 40.79 44.74
52 0.2 PV PEG + 0.3 PV WQ-100 46.15 66.67
167 39.02 56.1

As shown in Figure 16, take the crack width of 50 µm and the PEG-microsphere system
as an example; after all the PEG particles were injected, the recovery rate reached 31.56%.
The injection of microspheres and the adsorption of PEG particles further blocked the hyper-
tonic channel. In addition, the microspheres entered the low-permeability matrix together
with the water phase and elastically deformed in the matrix pores, further producing the
residual oil that was not used during the water flooding process. Continued water injection
replaced the pre-microsphere slug in the low-permeability reservoir. Because the length
of the slug formed by PEG particles failed to seal the entire fracture, the final recovery
rate reached 37.50%. For the two reservoir models, the PEG-microsphere system enhanced
oil recovery by 21.87% and 6.25%, respectively, and the PPG-PEG system enhanced oil
recovery by 27.77% and 21.95%, respectively. The bulky particles have a good ability to
control water and profile in fractured reservoirs, and the microsphere system also has a
stronger oil washing effect than the single water phase after turning to the matrix.

For pore-fractured reservoirs, after the microsphere system is injected into a reservoir
with high fracture density, due to the extremely small particle size and good fluidity,
the amount of microspheres per unit fracture area decreases and the bridging instability
between microsphere particles intensifies. The injected fluid can only perform secondary
oil washing near the wall of the micro-cracks, so it enters the failure stage immediately
after stopping the injection of microspheres, and the PEG-microsphere system can form
a more reliable plugging. The microsphere system improves the oil recovery of porous
and fractured reservoirs with permeability by 8.75% and 3.95%, respectively, and the
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PEG-microsphere composite system improves the oil recovery by 20.52% and 17.08%,
respectively, as shown in Figure 16. The addition of the PEG front slug effectively blocked
the micro-fractures, and the subsequent microsphere system formed adsorption on the PEG
surface and further strengthened the diversion of the injected water to the formation.

 

— —

“ ”

s with a fractured opening greater than 50 μm.

Figure 16. EOR effects of enhanced gels on fractured and pore-fractured reservoir.

3.3. Plugging and EOR Performance of Gel Enhanced Foam System

3.3.1. Plugging Performance

The plugging effects of the enhanced foam system on different reservoirs are shown
in Table 9. Compared with the conventional foam system, the microsphere foam system
has a higher comprehensive foam value, which means that its blocking performance is
stronger than that of the conventional foam system in static experiments. In the microsphere
foam system, after the foam fails, the microspheres—as foam stabilizers—continue to play
a blocking role. Compared with the microsphere-enhanced foam system, the “break-
migration-re-plugging” process of the PEG-microsphere system in the porous reservoir
significantly slows down the decay rate of the plugging rate. After the foam system is
injected into the fracture, it quickly flows back along the fracture, which is not suitable for
formations with a fractured opening greater than 50 µm. Compared with the conventional
jelly system, the structure of foam-modified jelly is more complex, and it is more difficult
to break through the foam-modified jelly under the same injection amount. Microsphere-
enhanced foam can be used for secondary blocking through microspheres to enhance the
blocking ability.

3.3.2. EOR Performance

The enhanced oil recovery effect of the enhanced foam system on different heteroge-
neous reservoir models are shown in Table 10 and Figure 17. Compared with the 4 slug
PEG-microsphere plugging system, the conventional foam and the microsphere-enhanced
foam system can increase the recovery by 0.20% and 2.16%, respectively. Compared with
the PEG-microsphere system, the foam system has a specific surfactant flooding ability
while plugging, and the recovery degree is improved more greatly. For microsphere-
enhanced foam, effective plugging was not formed in fractured formations with a fractured
opening of 180 µm, only foaming agents and microspheres could be used to strengthen
oil washing near the fracture surface, and a large amount of injected fluid was lost. The
gel-reinforced foam system shows good plugging and profile control performance. Form-
ing a gel system with worse rheology strengthens the ability to divert the injected water,
allows the subsequent fluid to enter the depth of the matrix for oil washing, and increases
the reserves in the low-permeability matrix [26]. After injection of the gel-enhanced foam
system, the recovery factors of fractured reservoirs with fracture widths of 50 and 80 µm
increased by 29.41% and 24.39%, respectively. The increase in fracture density leads to an
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aggravation of the ineffective circulation of injected fluid, which requires higher plugging,
regulation, and displacement capability of the same plugging system. Compared with the
PEG-microsphere composite system, the recovery degree of the microsphere-enhanced
foam increased by 3.92% and 4.35% under the reservoir conditions of 52 mD and 167 mD.

Table 9. Plugging efficiency of enhanced foam system in varying reservoir models.

Reservoirs Models Permeability/mD 0.25 PV PEG + 0.25 PV WQ-100 0.25 PV Foam + 0.25 PV WQ-100

Porous reservoirs 5/150

Section block 94.2%/97.8%
96.1%/97.6% 94.1%/96.3%
92.8%/94.5% 91.6%/92.5%
91.1%/92.8% 90.4%/90.9%

Reservoirs models Fracture width/µm Foam + WQ-100 Enhanced foam with gels + WQ-100

Fractured
reservoirs

50 85.5/90.5 94.7/96.4
180 50.6/56.8 92.9/94.2
340 10.3/13.8 91.6/92.6
510 4.8/5.9 89.7/90.5

Reservoirs models Microfracture/matrix
volume ratio Foam WQ-100 + Foam

Pore-fractured
reservoirs

0.4/295 91.4 93.6
0.8/295 89.7 92.8
1.2/295 86.1 91.2
1.6/295 80.3 90.5

Table 10. EOR efficiency of enhanced foam at varying reservoirs models.

Reservoir Models
Plugging System

Formula
EOR before Plugging

/%
EOR after Plugging

/%

Porous reservoirs 5/100 mD
PEG-WQ-100 39.08 63.22

Foam 39.13 65.22
Enhanced foam with WQ-100 39.02 67.07

Fractured
reservoirs

Fracture width/µm Plugging system
Formula

EOR before plugging
/%

EOR after plugging
/%

50

PEG-WQ-100 15.63 37.5
PPG-PEG-1 16.67 44.44

WQ-100 14.63 18.29
Enhanced foam with WQ-100 17.86 42.86

Enhanced foam with gels 17.65 47.06

180

PEG-WQ-100 7.5 13.75
PPG-PEG-1 7.32 29.27

Enhanced foam with WQ-100 7.89 16.58
Enhanced foam with gels 8.54 32.93

Pore-fractured
reservoirs

Permeability
/mD

Plugging system
Formula

EOR before plugging
/%

EOR after plugging
/%

52
PEG-WQ-100 46.15 66.67

Foam 44.44 65.56
Enhanced foam with WQ-100 46.67 71.11

167
PEG-WQ-100 39.02 56.1

Foam 39.02 48.78
Enhanced foam with WQ-100 42.86 64.29
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Fracture width/μm

opening of 180 μm, only foaming agents a

factors of fractured reservoirs with fracture widths of 50 and 80 μm 

   

(a) (b) (c) 

Figure 17. EOR effects of enhanced foam with WQ-100: (a) pore reservoirs, (b) fracture reservoirs,
(c) pore-fractured reservoir.

3.4. Construction of Profile and Control System Technique Plate

Combined with the static performance, plugging mechanism, and enhanced oil re-
covery effect of the reinforced gel and reinforced foam systems, a technical chart of the
plugging system was constructed according to the characteristics of different heterogeneous
reservoirs, as shown in Figure 18. For pore-fractured reservoirs with a permeability of
50–200 mD, considering the stability of injection, the microsphere-reinforced foam system
is still preferred to strengthen the plugging of micro-fractures and play the role of micro-
spheres in regulating plugging. For pore-fractured reservoirs with a permeability higher
than 200 mD, the reservoirs have begun to show obvious fractured reservoir characteristics,
so the PEG-microsphere system with good injection performance should be prioritized to
plug microfractures. For fractured reservoirs with fracture width less than 100 µm (perme-
ability is about 400,000 × 10−3 µm2 according to the empirical formula, which is affected
by porosity in fractures), considering the effectiveness of plugging and reducing injection
resistance, the use of microspheres-reinforced foam system or PEG-microsphere system.
Considering the stronger mechanical strength of microsphere-enhanced gel, microsphere-
enhanced gel can be used in fractured reservoirs with a fractured opening of more than
300 µm to enhance the plugging effect. Alternatively, the formation of bulk swelling par-
ticles and PEG particles can comprehensively strengthen the plugging of fractures and
improve the fluid flow diversion ability, followed by the use of microsphere flooding to
improve the oil washing efficiency of the remaining oil in the low-permeability matrix and
comprehensively improve the recovery factor.

 

with fracture widths of 50 μm and 180 μm increases by 29.41% and 24.39%.

“
”

—
—

Figure 18. Technique boundary chart of plugging and flooding system in heterogeneous reservoirs.

4. Conclusions

The conclusions of this work are as follows.

(1) The adsorption effect of microspheres (WQ-100) on the surface of PEG-1 is more
potent than that of PPG, and the deposition is mainly on the surface of PPG. The
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adsorption effect of PEG-1 on the surface of PPG is not apparent, primarily manifested
as deposition stacking.

(2) The gel was synthesized with 0.2% HPAM + 0.2% organic chromium cross-linking
agent, and the strength of enhanced gel with WQ-100 was higher than that of PEG-1
and PPG. The comprehensive value of WQ-100 reinforced foam is greater than that of
PEG-1, and PPG reinforced foam and the enhanced foam with gel has a thick liquid
film and poor foaming effect.

(3) For the heterogeneous porous reservoir with the permeability of 5/100 mD, the
enhanced foam with WQ-100 shows better performance in plugging control and
flooding, and the recovery factor increases by 28.05%. The improved foam with gel
enhances the fluid flow diversion ability and the recovery factor of fractured reservoirs
with fracture widths of 50 µm and 180 µm increases by 29.41% and 24.39%.

(4) For pore-fractured reservoirs with a permeability of 52/167 mD, the PEG + WQ-100
microsphere and enhanced foam with WQ-100 systems show better plugging and
recovering performance, and the recovery factor increases are 20.52% and 17.08%,
24.44% and 21.43%, respectively.

(5) The plugging performance of the composite gel system is stronger than that of the
enhanced gel with foam. However, the oil displacement performance of the gel-
enhanced foam is better than that of the composite gel system due to the “plug-
flooding-integrated” feature of the foam.
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Abstract: Horizontal well water coning in offshore fields is one of the most common causes of rapid
declines in crude oil production and, even more critical, can lead to oil well shut down. The offshore
Y oil field with a water cut of 94.7% urgently needs horizontal well water control. However, it
is a challenge for polymer gels to meet the requirements of low-temperature (55 ◦C) gelation and
mobility to control water in a wider range. This paper introduced a novel polymer gel cross-linked
by hydrolyzed polyacrylamide and chromium acetate and phenolic resin for water coning control of
a horizontal well. The detailed gelant formula and treatment method of water coning control for a
horizontal well in an offshore field was established. The optimized gelant formula was 0.30~0.45%
HPAM + 0.30~0.5% phenolic resin + 0.10~0.15% chromium acetate, with corresponding gelation
time of 26~34 h at 55 ◦C. The results showed that this gel has a compact network structure and
excellent creep property, and it can play an efficient water control role in the microscopic model.
The thus-optimized gelants were successively injected with injection volumes of 500.0 m3. The
displacement fluid was used to displace gelants into the lost zone away from the oil zone. Then,
the formed gel can be worked as the chemical packer in the oil–water interface to control water
coning after shutting in for 4 days of gelation. The oil-field monitoring data indicated that the oil rate
increased from 9.2 m3/d to 20.0 m3/d, the average water cut decreased to 60~70% after treatment,
and the cumulative oil production could obtain 1.035 × 104 t instead of 3.9 × 103 t.

Keywords: polymer gel; water coning; chemical packer; horizontal well; offshore oil-field application

1. Introduction

Waterflooding is the most economical and commonly used method for oil fields,
especially for offshore oil fields with high equipment investment [1–3]. Due to the reservoir
heterogeneity, it is inevitable that injected water will break into the oil well at the later
stage of development, resulting in a high water production rate. Multi-branch, long-
distance horizontal wells are the main way of drilling and production in offshore oil
fields [4–8]. This is mainly due to the rational use of the operation space, saving resources,
and increasing the oil drainage area of the reservoir. Once the formation water enters
the horizontal well, the water cut increases sharply. A high level of water production
leads to an increase in corrosion and scale, a high load of fluid-handling facilities, and
significant environmental protection concerns, which eventually results in shut-in wells
without economic benefit [9–12]. Therefore, efficient and low-cost water control methods
are particularly important for the development of offshore oil fields.

Polymer gel treatment is a cost-effective method to improve sweep efficiency in
reservoirs and reduce excess water produced during oil and gas production. Polymer
gel treatment can also improve the rheology and composition of crude oil [13–16]. The
gel formed by polymer and cross-linker can be injected into the target formation with
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high water cut and fully or partially seal the formation at reservoir temperature [17–20].
Polymer gels prepared with chromium acetate or phenolic resin are commonly used and
relatively stable systems, but their gelation temperatures are very different [21–24]. Polymer
gels prepared with chromium acetate or phenolic resin are commonly used and relatively
stable systems, but their gelation temperature is very different. The activation temperature
of phenol/formaldehyde cross-linked by acrylamide-based copolymer is above 80 ◦C,
which is suitable for use in middle-/high-temperature oil reservoirs. When the reservoir
temperature is low, the cross-linking condensation reaction of this system will slow down,
and better formation effects cannot be guaranteed [25,26]. Since the formation of brine will
affect the gelation time and stability of the dynamic gel, the researchers tried to develop a
salt-insensitive gel system using a special salt-insensitive modified polymer (PAN, PVA,
PAMPS, PSSA, etc.) [27]. Metal-based cross-linking agents (Cr3+, Al3+) are widely used
in low-temperature reservoirs due to their low price, but the gelation time will decrease
rapidly with the increase in gel temperature, which will lead to the problem of an uneven
density of cross-links and poor gel stability. Organometallic cross-linkers can increase
gelation time by slow release of metal ions [28,29]. Although the gel reaction rate can be
controlled to some extent, the gel formed by metal complexation has poor toughness. It is
more susceptible to damage during formation migration [30]. Moreover, the polymer gel
should have good deformability, in addition to meeting the conditions of gel strength and
gelation time, which easily leads to deeply migrating into the water-yielding formation and
plugging water channels for enhanced oil recovery. The low-temperature composite cross-
linked soft movable polymer gel can be cross-linked multiple times after being destroyed
during the migration process. This gel with excellent strength and creep properties is more
suitable for controlling water coning of horizontal wells in offshore oil fields.

The Y oil field is an offshore heavy oil field that has been put into scale development.
It is a Neogene marine sandstone reservoir. HX well is situated in the formation NgII11+2.
For the formation NgII11+2, the reservoir temperature is 55 ◦C, the reservoir pressure is
about 13.5 MPa, the average porosity is 30.0%, the effective permeability is 2.1 µm2, and
the salinity of formation water is 34,178.2 mg/L. The effective thickness of the sandstone
reservoir is about 8.4 m. There is a water layer with sufficient bottom water energy
under the production layer (NgII11+2), resulting in a sharp rise in the water content of the
production well. Recently, the water cut of the HX well has been up to 100%. When the
bottom water breaks through, the great adverse mobility ratio of water to oil also promotes
a sharp increase in water production and a significant decrease in oil production. In order
to control water production, most horizontal wells need to take measures to block water
channels and increase oil production. In this study, a novel soft movable polymer gel
was introduced for controlling water coning of horizontal well in offshore heavy oil cold
production. The strength and creep properties of gel were investigated, and its rheology and
micromorphology are evaluated. Additionally, the treatment strategy was simulated and
verified through a microscopic visual model. The oil-field application was implemented
using the optimized treatment, and finally, good application results were achieved.

2. Experimental

2.1. Experimental Materials

Partially hydrolyzed polyacrylamide (HPAM, Mw: 1.2× 107 Da, degree of hydrolysis: ~23%),
chromium acetate (Cr3+) acetate cross-linker, and phenolic resin (PR, Mw: 2 × 104~3 × 104 Da, sul-
fonation degree: ~20%) cross-linker were purchased from Shida Oil Field Service Company,
Dongying, China. All samples were industrial grade (~95%). Y oil field HX well of reservoir
temperature is 55 ◦C, and the formation water composition is shown in Table 1.
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Table 1. Composition of Y oil-field formation water.

Components Na+ and K+ Ca2+ Mg2+ HCO3
− SO4

2− Cl−

Concentration
(mg/L) 10,516.2 423.5 1524.6 139.8 2821.6 18,752.5

2.2. Preparation of Brine

High-density brine is an indispensable working fluid, which is usually determined by
the density of the formation water. High-density brine is formulated by dissolving soluble
inorganic salts. High-density brine used in oil-field construction usually has the following
characteristics: (1) the density of brine is higher than that of the gelants; (2) the brine and
formation water are compatible, and the viscosity is higher than that of the formation
water; (3) the inorganic salts for preparing brine are cheap and environmentally friendly.
Therefore, sodium chloride (NaCl) is an ideal water-soluble inorganic salt to prepare a
high-density brine.

Gel and brine were prepared as the basis of the material, and then the performance of
the gel was systematically studied. The flowchart of methodology is shown in Figure 1.

− −

 

roscopic visual inspection method (Sydansk’s method) commonly used in the oil field 

Figure 1. Flowchart of methodology.

2.3. Optimum Formula of Soft Movable Polymer Gels

(1) Gelation time

The polymer (0.3~0.45%) and cross-linker (0.3~0.6% PR + 0.05~0.20% Cr) were dis-
solved in tap water, and the pH value of the cross-linked glue solution is 6~6.5. Then, the
mixed solution was placed in an oven at a temperature of 55 ◦C until the gel was com-
pletely gelled. Temperature triggered chromium ion release forms complex with a polymer
carboxyl group, and phenolic resin is cross-linked with an amide group. Gelation time is
the time when the gelants change from solution into code E according to the macroscopic
visual inspection method (Sydansk’s method) commonly used in the oil field [31,32], as
shown in Table 2. The gel strength was characterized by the code from A to G.

(2) Water-plugging capacity

After the gelants enter the core pores, the polymer gels gelled by gelants can block
the channeling channel. The water-plugging capacity was evaluated by comparing the
permeability of the core after injection of gelants with the permeability of the original
core. The schematic of the experimental setup is shown in Figure 2. The experimental
procedures are as follows: (1) a sandbag was filled with dry sand as a reservoir unit, and its
weight was measured; (2) the sandbag was evacuated overnight, saturated with water, and
weighed. The volume of water (pore volume) was calculated from the mass of incoming
water; (3) waterflooding was conducted, and the stable pressure was recorded; (4) 0.3 pore
volume (PV) gelants were injected into a sand pack and placed into an oven, with reservoir
temperature for a certain time; (5) waterflooding was implemented again, and the stable
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pressure was recorded; (6) the water-plugging capacity (C) and the residual resistance
factor (Frr) of polymer gel were calculated, using Equations (1) and (2) as follows:

C = (1 − kb/ka)× 100% (1)

Frr = kb/ka = ∆Pa/∆Pb (2)

where kb—permeability of the sandbag before plugging; ka—permeability of the sandbag
after plugging.

Table 2. Gel strength ratings and descriptions [17].

Code Detailed Gel Description

A No detectable gel formed: gel has the same viscosity as the original
polymer solution.

B Highly flowing gel: gel is slightly more viscous than the original polymer solution.

C Flowing gel: most of the gel flows to the vial/tube top upon inversion.

D Moderately flowing gel: only a small portion (5~15%) of the gel does not readily
flow to the vial/tube top upon inversion.

E Barely flowing gel: gel barely flows to the vial/tube top; a significant portion
(>15%) of the gel does not flow upon inversion.

F Highly deformable nonflowing gel: gel does not quite reach the vial/tube top
upon inversion.

G Moderately deformable nonflowing gel: gel deforms about half the distance to the
vial/tube top upon inversion.

H Slightly deformable nonflowing gel: gel surface slightly deforms upon inversion.

I Rigid gel: no gel surface deformation occurs upon inversion.

J Ringing rigid gel: a tuning fork-like mechanical vibration occurs upon tapping.

= − 

Δ Δ

— —

 

— — — —
— — —

–

Figure 2. Schematic of the experimental set-up: 1—pump, 2—valve, 3—brine water container,
4—treatment fluid contianer, 5—pressure meter, 6—sand pack, and 7—graduated cylinder.

2.4. Creep Recovery Property

The creep and recovery properties of elastic polymer gels were measured using an
MCR302 rheometer (Annton Parr Company, Germany), with a plate–plate at 55 ◦C. Con-
stant shear stress of 2.4 Pa was applied on polymer gel, and the linear viscoelastic range
was obtained. The strain of elastic polymer gel versus time was studied after eliminating
the constant shear stress.
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2.5. Microstructure of Gel

The gel microstructure was observed via environmental Quanta 200 FEG scanning
electron microscopy (ESEM) (FEI Company, Hillsboro, OR, USA). During the experiments,
a small piece of gel sample was directly placed on a covered ESEM grid at 25 ◦C.

2.6. Visual Physical Simulation Experiments

The visual physical model system was designed and built, as shown in Figure 3. The
glass plate model consisted of an etched base glass plate combined with a cover glass
plate, the boundaries of which were sealed with sealant. There were three ports at the
bottom of the model—two water injection ports were located in the lower part, and one
water outlet is located in the upper part. After the pumping device and the observation
device were connected, the airtightness of the pipeline was checked, and the experiment of
bottom-water coning and control in a horizontal well was simulated.

—

— —
— —

–

Figure 3. Schematic of visual physical simulation model: 1—computer, 2—video camera system,
3—syringe pump, and 4—model.

2.7. Flowchart of Soft Movable Polymer Gel for Controlling Water Coning in Horizontal Well

As shown in Figure 4, the horizontal well was located in the middle of the oil layer
on a reservoir, and bottom water broke through and entered the wellbore from bottom to
top (Figure 4a,b). Gravity separation is a core principle of controlling bottom-water coning
technology, which relies on the density difference between fluids (oil and water) to cause
gravity separation in the reservoir. In this study, first, high-density brine (0.99~1.02 g/cm3)
was injected into the reservoir through the wellbore, and it mainly migrated to the water–oil
transition zone to protect the polymer gel from entering the bottom of the water layer
(Figure 4c). In the second step, the gelants with a density (0.97~0.98 g/cm3) between oil
and brine were injected into the penetration zone (Figure 4d). Then, displacement fluid
(~1.00 g/cm3) was injected to displace the gelants in the wellbore into the water coning
zone and away from the oil layer of the reservoir (Figure 4e). Finally, after the displacement
fluid was flushed away with fresh water from the mine, the horizontal well was shut in for
gelation, completing a chemical gel packer (Figure 4f).
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(a) (b) 

  

(c) (d) 

  

(e) (f) 

Figure 4. Schematic of polymer gel for controlling bottom-water coning in horizontal well:
(a) reservoir with bottom water; (b) bottom water coning; (c) injecting high-density brine; (d) injecting

the gelants; (e) injecting displacement fluid; (f) restarting well production: oil layer; aquifer;

 high-density brine;e;  gelant;t;  displacement fluid.

2.8. Construction Plan of HX Well

The water and oil production data of oil wells in recent years were first analyzed, after
which the gel water control plan was determined. After calculating the usage of the three
liquids, three working fluids had to be injected in sequence, mainly including high-density
brine, gelants, and displacement fluid. The high-density brine was first injected into the
bottom water layer to increase the density difference between the oil and water phases.

The gelants of polymer gel were injected into the bottom water layer through the water-
cone water channel to act as a plug. The displacement fluid can drive the gelants of the
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wellbore and oil layer into the water layer to keep the oil flow channel unobstructed. After
the injection of the three kinds of liquids, the HX well was shut in, which transformed the
gelling agent form into a chemical gel packer near the interface between the oil and water
layers, blocking the bottom-water coning. Finally, the data of water and oil production of
oil wells after adopting gel water control were analyzed.

3. Results and Discussion

3.1. Density and Viscosity Properties of Brine

The density and viscosity of brine as a function of salt mass fraction were measured,
as shown in Figure 5. The density of the brine should be higher than that of the formation
water in Table 1, so the mass fraction of sodium chloride in the preparation of high-density
brine should be higher than 8%. Furthermore, there are two factors to consider. On the
one hand, high-density brine may have a negative impact on the gelation of the gelants;
on the other hand, the density between the high-density saline and transition zone also
decreases exponentially during high-density saline and gel injection. The calculation found
that when the injected high-density saline was 8% NaCl solution, the transition-density
saline was half of that in high-density saline.

Figure 5. Density and viscosity of brine as a function of salt mass fraction at 55 ◦C.

3.2. Optimum Formula of Soft Movable Polymer Gels

Based on temperature (55 ◦C) and salinity conditions (34,178.2 mg/L) of the Y oil-field
reservoir, a novel polymer gel prepared via HPAM + PR and Cr3+ cross-linker was investi-
gated. The gelation time, gel strength, thermal stability, and water-plugging capacity of the
soft movable polymer gels were tested, as shown in Figures 6 and 7, and Tables 3 and 4.

The experimental results showed that the gelation time of gel prepared using
HPAM + PR and Cr3+ cross-linker was 15~50 h. Additionally, the gel strength of most gels
was higher than code F. After aging for 30 days at 55 ◦C, the gel stability of these gels
slightly decreased, and the thermal stability of gel strength was very good.

It is necessary to guarantee safe injectivity into the horizontal well by using gelants
with a long gelation time. Both the near- and far-well formulas of gels must satisfy the
gelation time of greater than 24 h for construction. The residual resistance factor of the
gel used in the far well should not be too large (Frr < 50), and the residual resistance
factor of the gel used in the near well should be higher than that of the far well (Frr < 200).
According to practical experience and economic benefits, two kinds of formulas of poly-
mer gels were selected: 0.30% HPAM + 0.3% PR and 0.1% Cr3+ cross-linker, as well as
0.45% HPAM + 0.5% PR and 0.15% Cr3+ cross-linker. Taking one formula of the polymer
gel as an example, Figure 8 shows the gelation performance of the gel prepared via 0.30%
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HPAM + 0.30% PR and 0.1% Cr3+ after aging 3 days and 30 days. It can be seen that the gel
has no syneresis even after aging for 30 days.

 

Figure 6. Histogram of gelation time (h) of 0.30% HPAM + PR and Cr3+ cross-linker (The color
represents gelation time of gel).
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Figure 7. Histogram of gelation time (h) of 0.45% HPAM + PR and Cr3+ cross-linker. (The color
represents gelation time of gel).
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Table 3. Gel strength and long-term thermal stability of the gel system prepared via
0.30% HPAM + PR and Cr3+ cross-linker.

HPAM/% PR/% Cr3+/% Gel Strength/% Aging 30 d at 55 ◦C

0.30

0.30

0.05 D~E No syneresis
0.10 F No syneresis
0.15 E No syneresis
0.2 E No syneresis

0.40

0.05 C~D No syneresis
0.10 F No syneresis
0.15 F No syneresis
0.20 E~F No syneresis

0.50

0.05 C No syneresis
0.10 F No syneresis
0.15 F~G No syneresis
0.20 F No syneresis

0.60

0.05 C No syneresis
0.10 E~F No syneresis
0.15 F~G No syneresis
0.20 F~G No syneresis

Table 4. Gel strength and long-term thermal stability of the gel system prepared via
0.45% HPAM + PR and Cr3+ cross-linker.

HPAM/% PR/% Cr3+/% Gel Strength/% Aging 30 d at 55 ◦C

0.45

0.30

0.05 F No syneresis
0.10 F No syneresis
0.15 F~G No syneresis
0.2 F~G No syneresis

0.40

0.05 D~E No syneresis
0.100 F~G No syneresis
0.15 F~G No syneresis
0.20 G No syneresis

0.50

0.05 C No syneresis
0.10 F No syneresis
0.15 G~H No syneresis
0.20 G~H No syneresis

0.60

0.05 C No syneresis
0.10 F No syneresis
0.15 G~H No syneresis
0.20 G~H No syneresis

It can be seen from Table 5 that plugging efficiency was more than 98% for different
formulas of gel systems. Moreover, with the increase in polymer and cross-linker concen-
tration, both the plugging efficiency and residual resistance factor were improved. This
indicates that the gel system has good plugging properties.

3.3. Creep Recovery Property

The creep recovery property of the gel is shown in Figure 9. The polymer gel good
deformability, which easily leads to deep migration into water-yielding formation and
water plugging for enhanced oil recovery. By analyzing the strain characteristics of the gel,
the creep recovery process can be divided into two phases. In the first phase, the constant
stress (2.4 Pa) acted on the gel samples for 120 s. The initial strain increased sharply and
then tended to become stable over time. The connections between the main structural units
in the elastic gels were stretched elastically, and the strain value was several times than
that of initial state at the constant shear stress. In the second phase, the constant stress was
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removed from the gel samples, and the strain could be recovered. The metallic chromium
cross-linked gel destroyed its viscoelasticity under shear stress. It can be concluded the
deformation and recovery abilities of the gel prepared via HPAM + PR and Cr3+ cross-linker
is strong, which means that the gel has strong deformability and good elasticity.

 

Figure 8. The gelation performance of gel prepared via PR and Cr3+ cross-linker after aging 3 d and
30 d, respectively.

Table 5. Plugging capacity of the gel system.

Gel Type Gel Formula (wt)
Gelation
Time/h

Initial
Permeability/µm2

Plugging
Efficiency/%

Residual
Resistance Factor

HPAM + PR + Cr3+

0.30% + 0.50% + 0.20% 26 3.89 99.85 769.2
0.30% + 0.40% + 0.15% 34 3.09 99.16 109.1
0.30% + 0.30% + 0.10% 32 4.24 96.94 32.2
0.45% + 0.50% + 0.20% 22 3.87 99.65 356.8
0.45% + 0.4% + 0.15% 24 3.08 98.75 80.0
0.45% + 0.3% + 0.10% 24 2.83 95.75 23.5

3.4. Microstructure of the Gel Systems

ESEM is a good way to accurately investigate the microstructure of the gel system.
This method can keep the gel system from damage and observe the gel samples in their
natural state. The ESEM micrograph of the gel sample is shown in Figure 10. It can be noted
that the gel sample had a uniform three-dimensional network. Additionally, the pore size
ranged from 5.0 µm to 28.0 µm, and the border thickness changed from 10.0 µm to 30.0 µm
for the gel sample. A single chromium metal cross-linking agent forms a large network
hole and a thin omentum [25,26], which is easy to dehydrate under external force damage.
It can be concluded that the composite cross-linked gel has a more compact structure than
that of metal cross-linked gels, which contributes to the good stability of the gel system.
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/μm

 

from 5.0 μm to 28.0 μm from 10.0 μm 
to 30.0 μm for the gel sample. A single chromium metal cross

Figure 9. Elastic characteristics of the gel system at 55 ◦C.

  

–

Figure 10. ESEM micrographs of the gel sample.

3.5. Visual Model Experiment of Water-Coning Control in the Horizontal Well

As shown in Figure 11, the reservoir model with bottom water was placed vertically,
and the middle point at top of the model was used to simulate the water coning point of
the horizontal well. The vertical stripe was the water-channeling channel in the matrix
model. The simulated oil (0.89 g/cm3, ~180 mPa·s) was injected from the water injection
port at the bottom of the model to saturate the model, and then the water was injected
after the crude oil aged and stabilized (Figure 11a). The simulated oil was produced from
the top outlet in the model to mimic oil production from the horizontal well with bottom
water (Figure 11b). As oil was produced from the top of the model, bottom-water coning
would occur (Figure 11b). High-density brine has a higher density than plugging agent
and higher viscosity than formation water, so it entered the bottom aquifer along the water
coning channels. The brine had little effect on the performance of the following gel. The
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transitional density saline was injected into the well when the high-density saline was
completed, and it separated the high-density saline and the polymer gel and weakened
the effect of salt on gelant properties. The gelants entered the bottom aquifer along the
water-coning channels and spread in a horizontal direction during their injection stage
(Figure 11c). The displacement fluid displaced gelants in the vicinity of the oil–water
interface (Figure 11d). Then, the top production port was shut in order to wait for the
transformation of gelants into gels. The chemical gel packer can effectively solve horizontal
bottom-water coning and increase oil production (Figure 11e).

–

  

(a) 

(b) (the yellow circle and the arrow represents water-channeling channel) 

(c) (the arrow represents injection channel of gelant)

 

 

Figure 11. Cont.
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(d) (the yellow circle and the arrow represents injection channel of gelant)

(e) (the yellow circle represents new water-channeling channel)

Figure 11. Visual physical simulation experiments: (a) horizontal well with bottom water; (b) bottom
water coning; (c) injecting high-density brine and transition-density brine and injecting the gelants;
(d) injecting displacement fluid; (e) resumption of production.

From the experimental results in the above figure, it can be seen that the injection of
high-density brine increased the density difference between the bottom water and oil. The
gelants’ density ranged from 0.97 g/cm3 to 0.98 g/cm3, which is between high-density
brine (ρ8%NaCl = 1.0255 g/cm3) and oil (ρo = 0.886 g/cm3). Thus, this chemical gel packer
formed near the oil–water transition layer. When the chemical gel packer was completed
to control bottom-water coning, it was difficult for the bottom water to flow into the
horizontal well. The longer the gel packer stability was, the better the effect of controlling
bottom-water coning was.

3.6. Field Application

3.6.1. Background of HX Well

The pay zone of the Y oil field is NgII11+2, with a formation thickness of 8.4 m and a
reservoir temperature of 55 ◦C. The depth of the HX well is 2045.0 m, and the horizontal
section length is 382.0 m. The data of crude oil and liquids production in the HX well over
time are presented in Figure 12. Due to a high water cut (>90%) in Mar 2015, measures were
taken in the HX well to control excess water production using polymer gel in March 2016.
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Figure 12. Data of crude oil and liquids production over time in HX well before treatment.

The main reasons for choosing a chemical gel packer are as follows: (1) The oil layer is
thin (<10.0 m), and the horizontal well section is located lower and close to the oil–water
interface; (2) there is no tight layer at the bottom of the oil layer to block bottom water;
(3) the serious vertical heterogeneity of the reservoir is conducive to the gravity separation
of injected fluid.

3.6.2. Gelants Formula (A + B) of Polymer Gel

(1) Gelant A formula for far from wellbore

Gelant A were made up of 0.30% HPAM + 0.30% PR and 0.10% Cr3+ cross-linker, and
the gelation time was 36 h at 55 ◦C;

(2) Gelant B formula for near-wellbore zone

Gelant B were made up of 0.45% HPAM + 0.50% PR and 0.15% Cr3+ cross-linker, and
the gelation time was 24 h at 55 ◦C.

3.6.3. Volume of Gelants

Equation (3) for calculating the volume of high-density brine is shown as follows:

V1 = 2 × (R1 − R2) × L × ϕ × β (3)

where V1—the volume of high-density brine, m3; R1—radius of the brine layer, m; R2—
radius of gelants layer, m; L—length of horizontal segment, m; ϕ—porosity, %; β—the ratio
of the width of vertical high permeability to the length of horizontal segment [18].

For HX well, L = 382.0 m, ϕ = 30.4%. Assuming R1 = 12.0 m, R2 = 11.0 m and β = 20%,
then volume of high-density brine as follows:

V1 = 2 × (12 − 11) × 382 × 30.4% × 20% = 47.0 m3

The designed V1 was 50 m3. The volume ratio of the high-density brine (8% NaCl) to
transition density brine (4% NaCl) was 1:1, so each volume of them was 25.0 m3.
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Equation (4) for calculating the volume of polymer gel is shown as follows:

V2 = 2 × (R2 − R3) × L × H × β × ϕ (4)

where V2—the volume of polymer gel, m3; R2—radius of gelants, m; R3—radius of dis-
placement fluid, m; L—length of horizontal section, m; ϕ—porosity, %; β1—the proportion
of fluid channeling (≤5%).

If L = 382.0 m, ϕ = 30.4%, R2 = 11.0 m, R3 = 3.0 m and β1 = 3.1%, then volume of
polymer gel as follows:

V2 = 2 × (11 − 3) × 382 × 8.4 × 30.4% × 3.1% = 500.0 m3

The designed V2 was 500.0 m3. The two gelants were divided into two parts accord-
ing to the volume ratio of 3:2 (A:B), and the volume of gelant A for far from wellbore
was 500.0 × 3/5 = 300.0 m3, while the volume of gelant B for the transition zone was
500 × 2/5 = 200.0 m3.

Equation (5) for calculating the volume of displacement fluid is shown as follows:

V3 = 2 × R3 × L × H × ϕ × K (5)

where V3—volume of displacement fluid, m3. Then, volume of displacement fluid as follows:

V3 = 2 × 3 × 382 × 8.4 × 30.4% × 3.1% = 181.0 m3

The gelants’ density of the above gel formula was between 0.97 g/cm3 and 0.98 g/cm3,
which is between high-density brine (ρ8%NaCl = 1.0255 g/cm3) and oil (ρo = 0.886 g/cm3).
Therefore, the chemical packer formed by gel was easily built up near the oil–water interface.

3.6.4. Detail of Measurements

(1) The HX well maintained production for 10 days and restored the existing water
cone channel; (2) briefly, 50.0 m3 high-density brine was injected into the HX well; (3) then,
300.0 m3 far-wellbore gelant was injected, after which 200.0 m3 near-wellbore gelant was
injected into HX well; (4) then, 181.0 m3 displacement fluid was injected into HX well;
(5) seawater was used as a displacement fluid to drive gelants into percolation water layer;
(6) the HX well was shut in for 4 days, and the gelants became a chemical gel packer; (7) the
HX well was reopened, and production resumed.

3.6.5. Field-Test Results

The data of crude oil and liquids production over time in HX well after treatment
is shown in Figure 13. It can be seen that the highest total oil production per day of the
HX well was 29.6 t, and the water cut decreased to 8% and remained at a lower level,
less than 50% for a long time after the treatment in the HX well. Lastly, the accumulated
oil production was 1.035 × 104 t instead of 3.9 × 103 t. Oil-field construction results
confirmed that this novel method is quite suitable for water coning control and has a broad
application prospect.
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Figure 13. Data of crude oil and liquids production over time in HX well after treatment.

4. Conclusions

(1) The designed gelant formula of soft movable polymer gel was 0.30~0.45% HPAM
+ 0.30~0.5% phenolic resin + 0.10~0.15% chromium acetate, with a corresponding
gelation time of 26~34 h at 55 ◦C. The formula meets the technological requirements
of controlling bottom-water coning in horizontal wells in offshore oil fields.

(2) The visual glass plate simulation device can intuitively present the phenomenon
of bottom-water coning and the effect of high-density brine injection and chemical
packer control, which confirmed the feasibility of the process.

(3) Combined with the production status and reservoir conditions of the HX well in the Y
oil field, the technology of soft movable polymer gel for controlling water coning was
successfully applied, which provides a technical basis for cost reduction and efficiency
improvement in offshore oil fields.
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Novel Acrylamide/2-Acrylamide-2-3 Methylpropanesulfonic
Acid/Styrene/Maleic Anhydride Polymer-Based CaCO3
Nanoparticles to Improve the Filtration of Water-Based Drilling
Fluids at High Temperature
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Abstract: Filtration loss control under high-temperature conditions is a worldwide issue among
water-based drilling fluids (WBDFs). A core–shell high-temperature filter reducer (PAASM-CaCO3)
that combines organic macromolecules with inorganic nanomaterials was developed by combining
acrylamide (AM), 2-acrylamide-2-methylpropane sulfonic acid (AMPS), styrene (St), and maleic
anhydride (MA) as monomers and nano-calcium carbonate (NCC). The molecular structure of
PAASM-CaCO3 was characterized. The average molecular weight of the organic part was 6.98 × 105

and the thermal decomposition temperature was about 300 ◦C. PAASM-CaCO3 had a better high-
temperature resistance. The rheological properties and filtration performance of drilling fluids treated
with PAASM-CaCO3 were stable before and after aging at 200 ◦C/16 h, and the effect of filtration
control was better than that of commonly used filter reducers. PAASM-CaCO3 improved colloidal
stability and mud cake quality at high temperatures.

Keywords: filtration reducer; high temperature; water-based drilling fluid; nanomaterials;
calcium carbonate

1. Introduction

With the deep exploration and development of oil and gas resources, high-temperature
water-based drilling fluid (WBDF) technology has become one of the key technologies in
drilling engineering [1–3]. As the most commonly used high-temperature drilling fluid
additive for a long time, additive materials (such as sulfonated phenolic resin, sulfonated
lignite, sulfonated tannin) have been widely used to control rheology or filtration perfor-
mance [4–7]. However, sulfonated materials still decompose easily at high temperatures [8],
and some need to be used together to achieve the best results [9], most of which are en-
vironmentally unfriendly [10,11]. In view of the above disadvantages, since the 1980s,
researchers have started to develop the application of multicomponent copolymers in
high-temperature drilling fluids and have achieved good results [12–14].

As early as the 1980s, Giddings et al. [15] developed a terpolymer filtrate reducer. This
agent was copolymerized with acrylamide, 2-acrylamide-2-methylpropanesulfonic acid,
and 2-mercaptobenzoic acid as monomers. The rigid side chain and the large number of
sulfonic acid groups in its molecule improve its high-temperature effect. Dickert et al. [16]
developed a pH-adaptive high-temperature filtrate reducer by aqueous solution polymer-
ization with acrylamide, 2-acrylamide-2-methylpropanesulfonic acid, and n-vinyl-alkyl
amide as monomers. On the basis of Giddings, American scholar Patel [17] successfully
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prepared a high-temperature and high-salinity filtration reducer with 2-acrylamide-2-
methylpropionic acid as the monomer and 2-mercaptobenzoic acid as the cross-linking
agent based on precise control of the molecular structure. The agent can resist Ca2+ and
Mg2+ ion pollution and has a good effect against temperatures exceeding 200 ◦C.

As the research progressed, the shortcomings of the descending agents of the polymers
formed by copolymerization of AM monomers with alkene monomers and sulfonic acid
monomers were gradually exposed [18–20]. Therefore, researchers began to develop
environmentally friendly high-temperature and -salinity WBDF loss reducers on the basis
of ethylene sulfonic acid monomer/acrylamide (or its derivatives). Thaemlitz et al. [21]
developed a fluid loss reducer with high-temperature resistance and high salinity with N-
vinyl carbazole (NVC), polystyrene sulfonic acid (PSS), and AMPS as monomers. Drilling
fluids using it as a key additive can maintain good rheology and filtration after aging at
high temperatures, and also have good anti-pollution and some shale inhibition effects.

In 2019, Soric and Heier [22] developed a high-temperature and high-salinity fluid
loss reducer by aqueous solution polymerization. Its relative molecular weight was about
1 million and its temperature resistance exceeded 180 ◦C. The drilling fluid system con-
structed with it as a key treatment agent has been successfully applied to shale gas blocks
in the Republic of Herwazka and exhibits a reservoir protection effect. The Exxon company
has prepared an environment-friendly, high-temperature, and high-salinity WBDF system
with synthetic polymer as the key treatment agent, which can resist the high temperature
of 210 ◦C, and the waste drilling fluid can be directly discharged into the sea after being
tested by the U.S. Environmental Protection Agency (EPA); Schlumberger also developed
drilling fluid systems with a density of 2.20 g/cm3 and temperature resistance exceeding
220 ◦C. It has been used in some sensitive areas such as marine blocks in the United States
and is environmentally friendly. Bagum et al. used aloe additive to form four representa-
tive drilling fluid formulations along the base bentonite. A complete rheological test and
filtration test of mud additives with different concentrations were carried out to study the
feasibility of this new additive.

The team of Prof. Zhengsong Qiu at the University of Petroleum, China, thoroughly
studied the mechanism of action of high-temperature, high-density, and high-salinity
drilling fluids and developed a HTP-1 filtration reducer using amps, NVP, DAAC as
monomers [23]. It worked well at 240 ◦C with a NaCl content of 20%wt and a density
of 2.0 g/cm3. Based on this, a novel filtrate reducer, FLR-1, was developed by introduc-
ing nanotechnology [24]. Its filtration loss effect is significant, and the HTHP filtration
at 200 ◦C/16 h is only 20.5 mL. In addition, FLR-1 can also significantly improve the
rheological properties of the drilling fluid system with excellent salt tolerance and meet
the environmental protection standards. Researchers [25] have shown that nanomaterials
can significantly improve the performance of drilling fluids and broaden their service
conditions. Scientists have [26] applied zinc oxide nanoparticles prepared in the laboratory
to WBDF. The results show that nanoparticles improve the rheological properties of WBDF.
Adding a single nanomaterial to the WBDF will not significantly affect the API filtration
volume. However, the mud cake thickness decreases with the concentration of nanopar-
ticles. The results show that nanoparticles can improve the rheological properties. The
application of waste nanomaterials [27,28] was summarized in rheological and lubricity
testing, adequate rheological and filtration checks were performed on water-based drilling
fluids, and the effect of waste as an additive was evaluated on drilling fluid performance.
Minakov et al. [11] found that the yield stress and consistency index of nanoparticle drilling
fluids increase with temperature. As particle size increases, their influence on the tem-
perature dependence of drilling fluid viscosity increases. The addition of nanoparticles
stabilizes the viscosity of drilling fluids relative to temperature.

In summary, great progress has been made in WBDF filtration reducer technology at
high temperature in recent years, but the problems still exist [29,30]. At present, some vinyl
copolymer drilling fluid reducing agents are nontoxic and environmentally friendly [31,32],
but are easily (partially) degraded under high-temperature conditions [33,34]. Some of

76



Gels 2022, 8, 322

the degraded products may be toxic/lowly toxic, which will affect their eco-friendly
performance [35–37].

Recent studies have shown [38–40] that nanoparticles have the advantages of high
surface energy, thermal stability, and rigidity. By assembling block copolymers into the grid
holes formed by polymer frameworks, the rigidity and thermal stability of nanomaterials
can be combined with the advantages of salt resistance and toughness of polymers [41],
thus further improving the high-temperature stability of modifiers, which also provides a
new idea for the development of high-temperature WBDF agents.

Therefore, this paper summarizes the design concept of the molecular structure of
the high-temperature WBDF filtration reducer (PAASM-CaCO3), which has excellent prop-
erties. The rigidity and thermal stability of inorganic nanomaterials were combined, the
nanoparticles were embedded into the grid pores formed by the polymer framework, and
the organic–inorganic nanocomposites with excellent properties were developed.

2. Materials and Methods

2.1. Materials

The main reagents for the reaction are detailed in Table 1.

Table 1. Major Materials for Synthesis of PAASM-CaCO3.

Materials Purity Suppliers

Acrylamide (AM) CP Shanghai Sinopharm Chemical Reagent Co., Ltd.,
Shanghai, China

2-Acrylamido-2-Methyl
Propanesulfonic Acid (AMPS) CP Aladdin Reagent Co., Ltd., Shanghai, China

Styrene (St) CP Aladdin Reagent Co., Ltd., Shanghai, China

Maleic anhydride (Ma) AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

K2S2O8 AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

NaHSO3 AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

NaOH AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

Span 80 AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

Tween 60 AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

N-amyl alcohol AR Shanghai Sinopharm Chemical Reagent Co., Ltd.

Dimethyl sulfoxide GC Aladdin Reagent Co., Ltd., Shanghai, China

NanoCaCO3 (NCC, particle
size: 15 nm) Ind GreenSource Biotech Co., Ltd., Jinan, China

In addition, common filter reducer products were purchased to compare PAASM-
CaCO3 with PAASM-CaCO3 from Shida Innovative Technology Co., Ltd., Dongying, China:
Driscal D and D-4; high-temperature polymer filtration reducer, 80A51; high-temperature
calcium-resistant fluid loss reducer, jt888; high-temperature salt-resistant filtration reducer,
PJA-2; bitumen filtration reducer, FT-A; sulfonated phenolic resin, SMP-1.

2.2. Methods

2.2.1. Synthesis of Poly (AM-AMPS-St-MA)-CaCO3

According to the designed molecular structure, monomers such as acrylamide (AM),
maleic anhydride (MA), 2-acrylamide-2-methylpropanesulfonic acid (AMPS), and styrene
(St) were used to prepare the high-temperature-resistant molecular framework, and then the
pre-dispersed inorganic nanoparticles (NCC) were embedded into the prepared framework
to ensure good temperature resistance. The reaction schematic of poly (AM-AMPS-St-MA)-
CaCO3 (PAASM-CaCO3) is shown in Figures 1 and 2.
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Figure 2. Schematic diagram of PAASM-CaCO3 reaction.

An amount of 30 mL of sodium tetraborate buffer solution was prepared in beaker 1,
and then 17.5 g of NCC was added. After high-speed stirring at 12,000 rpm for 15 min, 5 mL
of dimethyl sulfoxide was added dropwise and placed in an ultrasonic cell disintegrator for
dispersion. An amount of 50 mL of deionized water was added in beaker 2, and then 43.5 g
of AMPS was added to dissolve with sufficient stirring. In beaker 3, 20 mL of deionized
water was added and 29.8 g of AM was dissolved with stirring under heating. White
oil, 1.25 g of tween 60, and 3.75 g of span 80 were added to beaker 4 and stirred well to
homogeneity with a glass rod. The solutions in beaker 2 and beaker 3 were poured into
a four-port flask, the pH values were adjusted to 6.0 with 15 mol/L of NaOH solution,
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10.3 g of MA and 21.8 g of St were added, and the reaction system was stirred under the
protection of N2. Beaker 2 and beaker 3 were cleaned with deionized water and added to
a four-port flask. The liquid in beaker 4 was added into the flask and stirred for 15 min.
Then, 0.336 g of K2S2O8 and NaHSO3 was added in beaker 5, dissolved by deionized water,
and then added dropwise to the four-port flask. The reaction system began to heat up. The
suspension in beaker 1 was dripped into the reaction system after 2 h and then continued
to react for 5 h. Then, it was rapidly cooled to room temperature. Ethanol and acetone were
added to filter the resulting sediment and quickly washed out with dilute hydrochloric
acid. A novel polymer-based NCC with a core–shell structure as a high-temperature filtrate
reducer for drilling fluid (PAASM-CaCO3) was obtained.

2.2.2. Characterization of PAASM-CaCO3

(1) FTIR: 1 mg of dry PAASM-CaCO3 powder and 20 mg of KBr were mixed fully. The
mixture was loaded into the mold and compacted with 50 MPa of pressure. FTIR
spectra of the compacted tableting were obtained on a NEXUS FTIR spectrometer.

(2) TGA: The thermogravimetric analysis of PAASM-CaCO3 was carried out by a Mettler
Teledo thermogravimetric analyzer in Switzerland. The temperature range was from
room temperature to 1000 ◦C, the heating rate was 10 K/min, the atmosphere was
nitrogen, and the gas flow rate was 50 mL/min.

(3) GPC: The relative molecular mass of PAASM (without NCC) was determined by the
German SFD gel permeation chromatograph (GPC). The mobile phase was phosphate-
buffered solution. The column was a SHODEX (K-806 M chloroform system) and the
filler was styrene and two vinyl benzene copolymers.

(4) Surface hydroxyl number test: 18 mL of sodium dihydrogen phosphate-buffered
solution was prepared, and then 12 mL of NaCl solution with a mass fraction of 0.2%
was added.

After full mixing, the pH value of 0.5 mol/L of dilute hydrochloric acid sodium
dihydrogen phosphate-buffered solution was adjusted to 5.5. The 0.6 g sample was fully
stirred and dispersed, and the pH value of the liquid was measured with a precision pH
meter. The suspension was titrated dropwise by a 1.5 mol/L NaOH solution to pH 9.0 for
20 s, which was the end point of the titration. The amount of NaOH consumed during this
period was recorded

The hydroxyl number N on the surface of NCC can be calculated according to
formula (1):

N = CVNA10−3/Sm (1)

where C is the concentration of NaOH solution, mol/L; V is the amount of NaOH used
from the start of the titration to the end point, mL; NA is the Avogadro constant, 6.02 × 1023;
S is the specific surface area of the particles, nm2/g; m is the mass of sample involved in
the titration, g.

2.2.3. Performance Evaluation of PAASM-CaCO3

(1) Drilling fluid preparation and aging

An amount of 16 g of sodium-based bentonite was added to 400 mL of clear water
and stirred at 8000 rpm on a high-speed blender for 30 min, and then 0.8 g of Na2CO3 was
added, stirred for 20 min, and then pre-hydrated for 24 h. A certain amount of polymer
was then added to the fluid, which was stirred at 8000 rpm for 30 min on a high-speed
blender. The composites were aged at a set temperature for 16 h by aging and were cooled
to room temperature before stirring at high speed for 20 min. Rheological and filtration
properties of drilling fluid before and after rolling at a specific temperature/16 h were
tested according to the drilling fluid performance evaluation standard SY/t5621-1993.16 g.

(2) API Static Filtration Test

The static API filterability of drilling fluid was tested with a ZNZ-D3 API medium
pressure filter (Qingdao Haitong Instrument Co., Ltd.). A certain amount of drilling fluid
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was loaded into the filter kettle, the top was covered with API filter paper, and it was placed
under 100 psi. The filtered volume (FL or FLAPI) of the drilling fluid was recorded for 30
min, which is recommended by the API.

(3) High-temperature high-pressure static filtration loss test

The static HTHP filterability of drilling fluid was tested with a GGS424A high-
temperature and high-pressure static filter instrument (Qingdao Haitongda Instrument Co.,
Ltd., Qingdao, China). A certain amount of drilling fluid was loaded into the filter kettle,
the top cover was covered with HTHP filter paper, the top cover was tightened, and the
difference between the upper and lower pressure was 3.5 MPa. The test temperature was
the hot roll temperature (the test temperature is 180 ◦C when the hot roll temperature is
higher than 180 ◦C). The filtered volume (FLHTHP) of the drilling fluid was recorded for
30 min, which is recommended by the API.

(4) Rheological property test

The rheological parameters of the drilling fluid were tested according to the drilling
fluid performance evaluation standard SY/T5621-1993. The apparent viscosity, plastic
viscosity, and yield point of drilling fluid were measured with the ZNP-M7 6-speed rotating
viscometer (Qingdao Haitongda Instrument Co., Ltd.). They measured the apparent
viscosity, plastic viscosity, and yield point of drilling fluid with ϕ600 and ϕ300. The value
of 300 was calculated according to the test program recommended by the API.

AV = ϕ600/2 (2)

PV = ϕ600 − ϕ300 (3)

YP = ϕ300 − ϕ600/2 (4)

where:

AV is the apparent viscosity (mPa·s);
PV is the plastic viscosity (mPa·s);
YP is the yield point (Pa);
ϕ600 is the dial reading of the 6-speed rotational viscometer at 600 r/min (dia);
ϕ300 is the dial reading of the 6-speed rotational viscometer at 300 r/min (dia).

2.2.4. Study of Filtrate Control Mechanism

(1) Zeta potential test

A Brookhaven zeta potential tester (Brookhaven instruments Ltd., New York, NY,
USA) was used to test the zeta potential of drilling fluid before and after aging. An amount
of 8 g of sodium montmorillonite was added to 400 mL of deionized water and placed
on a magnetic stirrer for 24 h. Then, a certain amount of PAASM-CaCO3 was added and
stirred for 24 h to ensure that the various components of the mixed material were mixed
sufficiently. Then, the drilling fluid was placed at a certain temperature and rolled for 16 h.
When tested, drilling fluids were equipped with a microprocessor unit that automatically
calculates the electron mobility of particles and converts them into ζ Potential. The average
of the three tests was taken as the zeta potential of the drilling fluid.

(2) Particle size distribution test

An amount of 8 g of Na montmorillonite in 400 mL of deionized water was added
and placed on a magnetic stirrer to stir for 24 h; then, a certain amount of PAASM-CaCO3
was added, stirring was continued for 24 h to ensure the various components in the mixed
material were fully mixed, and the particle size distribution of drilling fluid before and after
aging was tested by a bettersize2000 laser particle size distribution instrument (Dandong
baited Instrument Co., Ltd., Dandong, China).
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3. Results and Discussion

3.1. Structural Characterizations

3.1.1. Fourier Transfer Infrared (FTIR) Analysis

The results of the infrared spectroscopic analysis of PAASM-CaCO3 and NCC are
shown in Figure 3. It can be seen from (a) that 3380 cm−1 is the O-H vibration absorp-
tion peak, 3195 cm−1 is the N-H stretching vibration absorption peak of the amide group,
and 3004 cm−1 is the stretching vibration absorption peak. = C-H on the benzene ring,
2923 cm−1, is the C-H stretching vibration absorption peak on the saturated carbon
atoms, 1796 cm−1 is the stretching vibration absorption peak of C=O in the carboxyl
group; 1664 cm−1 can be attributed to the stretching vibration of C=O in the amide group;
1604 cm−1 is for the stretching vibration of the C=C skeleton of the benzene ring; 1429 cm−1

can be assigned to C-O antisymmetric stretching vibration; S=O symmetric contraction
vibration in sulfonic acid groups appears at 1120 cm−1. The absorption peak at 875 cm−1

is assigned to the in-plane bending deformation vibration peak of CaCO3 C-O, and the
absorption peak at 632 cm−1 is assigned to the in-plane deformation vibration peak of
O-C-O, which indicates that the product contains NCC. There are no vibrational peaks
of olefin double bonds at 1000 cm−1~900 cm−1, indicating no residual monomers in the
products. The FTIR analysis result shows that the chains of the synthesized products have
chains bearing all comonomers.
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Figure 3. The FTIR analysis results. (a) PAASM-CaCO3; (b) NCC.

3.1.2. Surface Hydroxyl Number Test

The results of the surface hydroxyl number test before and after NCC inlay copolymer-
ization are shown in Table 2. From the test results, the number of surface hydroxyl groups
of NCC is 0.1506/nm2 before modification, and the number of surface hydroxyl groups of
PAASM-CaCO3 is drastically reduced to 0.0448/nm2 after modification, indicating that a
large number of hydroxyl groups on the surface of NCC participate in the reaction and the
size of the nanoparticles matches well with the size of the network structure.

Table 2. Surface hydroxyl number test of NCC before and after modification.

NCC PAASM-CaCO3

V/volume (mL) 0.411 0.129
N/Hydroxyl Number 0.1506 0.0448
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3.1.3. Gel Permeation Chromatography (GPC) Test

The GPC experimental results of PAASM (without NCC) are shown in Table 3 and
Figure 4. The results show that the weight-average molecular weight (Mw) of the polymer
main chain is 6.98 × 105, and the number-average molecular weight (Mn) is 2.84 × 105,
which gives PAASM a suitable relative molecular weight. It will be detrimental to the
rheological regulation control of drilling fluid if the relative molecular weight of additive
agents is too large. If the relative molecular weight is too small, it will be difficult to increase
the viscosity, which will affect the effect of colloidal protection and filtration reduction,
and it will be difficult to guarantee high-temperature stability. The relative molecular mass
of PAASM is moderate and has the potential to overcome the above drawbacks. At the
same time, it can be found that the relative molecular weight distribution of PAASM is
narrow and the polydispersity coefficient is 2.45, which indicates that the molecular mass
distribution of PAASM polymer is relatively uniform.

Table 3. Relative molecular weight test results of PAASM.

Weight-Average Molecular
Weight (MW)

Number-Average
Molecular Weight (Mn)

Polydispersity
Coefficient (D)

697,500 284,600 2.45
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Figure 4. Results of GPC of PAASM.

3.1.4. Thermogravimetric Analysis

The thermogravimetric analysis results of PAASM-CaCO3 are shown in Figure 5.
As can be seen from Figure 5, there is no decomposition of PAASM-CaCO3 from room
temperature to 300 ◦C, and the weight loss is mainly due to the re-removal of adsorbed
water. The side chain begins to decompose from 330 ◦C to 420 ◦C. When the tempera-
ture is higher than 420 ◦C, the molecular skeleton is completely destroyed and the final
residual mass is about 45%, which is mainly composed of NCC and the carbonized main
chain structure. The results of thermogravimetric analysis show that the total thermal
weight loss of PAASM-CaCO3 is about 55% in the range from room temperature to 500 ◦C.
The thermal decomposition temperature of PAASM-CaCO3 is much higher than those of
traditional agents.
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Figure 5. Thermogravimetric analysis results of PAASM-CaCO3.

3.1.5. Micro-Morphology Test

TEM images of NCC and PAASM-CaCO3 in an aquatic environment are shown in
Figure 6. It can be seen that the NCC before modification is cubic with an average particle
size of about 15 nm (Figure 6a). The modified particles are spherical and the particle size
changes to about 200 nm (Figure 6b). The reason for this change is that the modified
polymer is coated on the surface of NCC, and the polymer swells in water and partially
dissolves in water, resulting in adhesion, resulting in the increase in NCC particle size in
TEM, which also indicates that NCC has been successfully modified.
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Figure 6. TEM test result. (a) NCC suspension; (b) PAASM-CaCO3 suspension.
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The SEM image of PAASM-CaCO3 is shown in Figure 7. It can be seen that PAASM-
CaCO3 is mainly spherical with a large specific surface area, which can exert its surface
energy advantage. The particles are closely packed, adhere to each other, and are basically
connected by polymers. The particle size of the polymers is basically the same as that
measured by TEM.
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Figure 7. SEM photo of PAASM-CaCO3.

3.1.6. Particle Size Distribution Test

The results of the particle size distribution of 0.1% PAASM-CaCO3 in water are shown
in Figure 8. As can be seen from the test results, the PAASM-CaCO3 particle size distribution
is narrow, with a D50 of approximately 259 nm, D10 of 1.88 nm, and D90 of 877 nm. The
particle size test results are relatively close to the TEM results. Compared with the SEM
results, the reason for the increase in particle size is mainly due to the water absorption of
the polymer and the hydration in the solution.
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Figure 8. PAASM-CaCO3 particle size distribution.

3.2. Performance Evaluation

3.2.1. Filtration Reduction Effect in 4% Bentonite Mud

The filtration volume under medium pressure and HTHP (200 ◦C/3.5 MPa) of PAASM-
CaCO3 and commonly used high-temperature-resistant polymer filter reducers (coded
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Driscal-D and D-4) after aging at 200 ◦C/16 h was compared to further evaluate the
filtration reduction capacity of PAASM-CaCO3. Table 1 shows the formulations of different
drilling fluids. The main components of drilling fluids are shown in Table 4.

Table 4. Preparation of drilling fluids.

Components
Amount (Concentration)

Base Fluid 1 2 3

Distilled water (mL) 400 400 400 400
sodium montmorillonite (g) 16 16 16 16

Na2CO3(g) 0.8 0.8 0.8 0.8
PAASM-CaCO3 0 4 0 0

Driscal-D 0 0 4 0
D-4 0 0 0 4

The filtration effects of 1% PAASM-CaCO3, 1% D-4, and Driscal-D in the base mud
are shown in Figure 9. It can be seen that the filtration of base fluid decreases to some
extent after adding different filtration reducers. After aging at 200 ◦C, D-4 has the best
filtration reduction performance. The medium pressure filtration loss is 4.8 mL, and the
HTHP filtration loss is 11 mL. The filtration reduction result of PAASM-CaCO3 is close to
that of D-4. After aging at 200 ◦C, the medium pressure filtration loss is 5.2 mL and the
high-temperature and high-pressure filtration is 14.4 mL. After aging at 200 ◦C/16 h, the
API filtration volume of Driscal-D is reduced by 19 mL. The test shows that PAASM-CaCO3
has a good filtration control effect in 4% bentonite drilling fluid.
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Figure 9. Filtration loss in based muds after aging at 200 ◦C.

3.2.2. Effect on Rheology of WBDF

In order to further study the influence of PAASM-CaCO3 on the rheological properties
of drilling fluids, the rheological properties and filtration properties of fluids were tested
with different PAASM-CaCO3 additions before and after aging at 200 ◦C/16 h. The base
fluid is 400 mL deionized water + 16 g sodium montmorillonite + 0.8 g Na2SO3. The
experimental results are shown in Figure 10.
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Figure 10. Effect of PAASM-CaCO3 on rheological and filtration properties of 4% bentonite mud.
(a) Apparent viscosity; (b) plastic viscosity; (c) filtration Volume; (d) mud cake thickness.

It can be seen from the results that with the increase in PAASM-CaCO3 content in 4%
bentonite mud, AV, PV, and YP gradually increase. When 1.5% PAASM-CaCO3 is added,
the apparent viscosity of the slurry before and after aging is 66 MPa·s and 37.5 MPa·s,
respectively, which indicates that PAASM-CaCO3 still has a good tackifying effect after
aging. In addition, the yield point of the pulp before and after aging is stable under different
PAASM-CaCO3 additions. It is also found that with the continuous addition of PAASM-
CaCO3, the filtration loss of aging fluids decreases continuously. After aging at 200 ◦C/16 h,
the filtration loss is 29 mL. Filtration loss is only 4 mL when 1.5% PAASM-CaCO3 is added.
At the same time, it is not difficult to see that with the increase in PAASM-CaCO3, the mud
cake thickness of fluid becomes thinner gradually after aging, which indicates that the mud
cake quality gradually improves and starts to become thinner and tougher, which indicates
that the addition of PAASM-CaCO3 can improve the colloidal high-temperature stability of
drilling fluids.

3.2.3. Comparison with Other Commonly Used Filtration Reducers

In order to further evaluate PAASM-CaCO3’s filtration reduction ability, the filtration
control effects of PAASM-CaCO3 and other commonly used high-temperature-resistant
filter agents before and after aging at 200 ◦C/16 h were compared. The results are shown
in Table 5. It can be seen from the test results that the API filtration loss volume of D-4

86



Gels 2022, 8, 322

and PAASM-CaCO3 are smallest after hot-rolling at 200 ◦C/16 h, which are 4.8 mL and
5.2 mL, respectively. The mud cake thickness of PAASM-CaCO3 drilling fluid after aging is
similar to that of D-4 drilling fluid, which is 2.9 mm and 2.4 mm, respectively, which shows
that PAASM-CaCO3 prevents mud cake from becoming too thick and improves the quality,
indicating that the newly developed PAASM-CaCO3 has good filtration control and good
heat resistance.

Table 5. Comparison of filtration control effects after aging (200 ◦C/16 h) of common filtration reducers.

No. Components
Filtration Volume (mL) MCT

(mm)Before Aging After Aging

Base Fluid 4% bentonite mud 16.8 29.0 5.8
1 1#+1%PAASM-CaCO3 3.6 5.2 2.9
2 1#+1%Driscal-D 8.8 19.0 4.7
3 1#+1%D-4 3.2 4.8 2.4
4 1#+1%80A51 7.2 20.0 5.0
5 1#+1%JT888 4.4 18.0 4.9
6 1#+4%PJA-2 6.2 17.0 5.0
7 1#+4%FT-A 6.6 19.0 4.9
8 1#+4%SMP-I 5.2 18.0 5.0

3.2.4. Evaluation of Temperature Resistance

The results of API filtration and HTHP filtration after aging at different temperatures
are shown in Figure 11. It can be seen that with the increase in aging temperature, the
API loss of drilling fluid gradually increases. As the temperature increases, the high-
temperature and -pressure loss of drilling fluid increases rapidly at first, and then slowly
and then rapidly. When the temperature is lower than 180 ◦C, the change in temperature
has little effect on drilling fluid filtration. When the temperature exceeds 180 ◦C, the
molecular structure of PAASM-CaCO3 starts to become damaged under high temperature,
the movement of water molecules becomes more serious, and the hydration group of
PAASM-CaCO3 cannot play its full role, which leads to the weakening of gel protection
and the increase in filtration loss.
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Figure 11. Filtration loss after aging at different temperatures.
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3.3. Study of Filtration Control Mechanism

3.3.1. Particle Size Distribution Test

Large and small particles often coexist in drilling fluids and maintain a certain pro-
portion. During filtration, large particles in drilling fluid can act as a bridge to support
the main frame of the mud cake. Small particles play a filling role. The cage structure
formed by large particles can be filled with a suitable proportion of small solid particles,
thus improving the density of the filter cake and keeping the filtration performance of
drilling fluids in a good state.

Figure 12 and Table 6 show the test results of the particle size distribution of drilling
fluids after aging in the presence of PAASM-CaCO3 at different concentrations. From
the test results, it can be seen that the particle size distribution of basic mud is wide and
multi-peaked. There are submicron, micron, and millimeter particles in the drilling fluid,
and the median particle size is 28.80 µm. With the addition of PAASM-CaCO3, the particle
size distribution of mud gradually changes from multi-peaked to single-peaked, and the
particle size distribution curve moves to the left. This shows that with the increase in the
PAASM-CaCO3, the number of small particles of micron and sub-micron size increases, and
their particle size distribution becomes narrower, which makes the particles in mud more
uniform. PAASM-CaCO3 has a strong adsorptive functional group and rigid nanostructure,
which has a high adsorptive energy and surface energy. It can appear on the surface of clay
particles after adding in. In addition, it improves the thickness and diffusion of hydration
film and the double layer on the surface of clay particles, enhancing the water and static
repulsion between particles, and at the same time, its hydrophobic structure can form a
film around clay particles. Therefore, the aggregation of clay particles is restrained and clay
particles are decomposed into fine particles, which is beneficial to reducing mud filtration.

μ
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Figure 12. Particle size distribution after aging (in ◦C/16 hg).

Table 6. Partial size value of muds.

Concentration of
PAASM-CaCO3/%

Particle Size/µm

D10 D50 D90

0 5.119 28.8 139
0.1 1.772 19.01 58.75
0.3 2.016 18.58 66.99
0.5 1.171 14.46 60.71
1 3.171 14.48 31.27
2 2.772 12.65 23.65

88



Gels 2022, 8, 322

The test results of the particle size distribution of drilling fluids before and after aging
at different temperatures are shown in Figure 13 and Table 7. It can be seen that the particle
size distribution of the drilling fluid is relatively wide before aging, which indicates that
under this condition, the particles are conducive to the bridging action of large particles and
filling action of small particles. After aging at different temperatures, the size distribution of
the muds becomes narrower and the size becomes larger. It can be seen from the test results
that within a certain temperature range (<210 ◦C), with the increase in aging temperature,
the grain size distribution curve of the mud gradually moves to the left, indicating that the
small particles in drilling fluid begin to increase and the large particles gradually decrease.
In conclusion, PAASM-CaCO3 gradually plays a role in this temperature range as the
temperature increases. The clay particles affected by high-temperature dehydration and
aggregation are dispersed to form a relatively stable colloidal suspension system. When
the temperature increases further (>220 ◦C), the median particle size of the mud increases,
the particle size distribution curve starts to show a bi-peak distribution, and the main
peak starts to move to the right, indicating that the sub-micron particles begin to increase
gradually and the clay particles in the muds begin to aggregate. The reason for this may be
that the ionization balance of water is promoted with increasing temperature. At this time,
the active H+ in water gradually increases and the attack probability of the PAASM-CaCO3
molecular main chain increases greatly, which leads to the oxidation, deformation, and even
decomposition of the PAASM-CaCO3 molecular main chain, releasing rigid nanoparticles
initially encapsulated in the polymer framework and combining them. Therefore, clay
particles without PAASM-CaCO3 protection also begin to dehydrate and aggregate at
high temperatures, forming small submicron particle clusters and thinning the hydration
film. The intermolecular hydration repulsion is weakened, resulting in an increase in
particle size.
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Figure 13. Particle size distribution curve of drilling fluids after aging.

Table 7. Particle size value of muds after aging.

Aging Temperature/◦C
Particle Size/µm

D10 D50 D90

20 1.322 12.31 72.03
180 3.824 13.7 97.59
190 4.93 16.7 57.64
200 3.171 14.48 31.27
210 4.521 16.67 40.7
220 1.796 24.17 77.94
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3.3.2. Zeta Potential Test

The zeta potential values of PAASM-CaCO3 mud with different additions are shown
in Figure 14. It can be seen from the test results that the zeta potential of the muds is
negative throughout the experiment, which indicates that the charge properties of the
surface of bentonite particles have not changed with the addition of PAASM-CaCO3. Before
aging, with the increase in PAASM-CaCO3 concentration, the absolute zeta potential of the
drilling fluid begins to increase, which indicates that more and more bentonite particles are
adsorbed on the surface of PAASM-CaCO3. When the concentration of PAASM-CaCO3
increases to 1.5%, the absolute zeta potential of the mud does not increase significantly,
indicating that under this condition, PAASM-CaCO3 forms saturated adsorption, continues
to increase its dosage, and cannot adsorb more bentonite colloidal particles. The absolute
zeta potential of the mud increases significantly with the increase in PAASM-CaCO3
concentration after aging at 200 ◦C/16 h, which indicates that the hydrate groups in PAASM-
CaCO3 adsorb on the surface of bentonite particles at high temperature and improve the
double layer thickness of diffusion electricity. The protective effect of PAASM-CaCO3
on colloidal particles is more obvious with the increase in PAASM-CaCO3 dosage. High-
concentration PAASM-CaCO3 can be adsorbed excessively on the surface of clay particles,
inhibiting the adverse effects of high-temperature dehydration. In addition, according to
the zeta potential of before and after aging, it can be seen that the zeta potential of bentonite
after high-temperature treatment decreases slightly compared with the absolute value
before aging, but the decrease is not significant, indicating that the zeta potential source of
clay particles is less affected by temperature. In the presence of different concentrations
of PAASM-CaCO3, the absolute zeta potential of drilling fluids after aging also decreases,
which indicates that some hydration and adsorption groups of PAASM-CaCO3 decompose
at high temperature, resulting in a decrease in the amount of adsorption on the surface of
clay particles.
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Figure 14. Effects of different concentrations of PAASM-CaCO3 on zeta potential.

4. Conclusions

A high-temperature filtration reducer with a core–shell structure (PAASM-CaCO3) was
developed by mosaic copolymerization using AMPS, AM, St, and MA as monomers in com-
bination with NCC. The monomers were successfully polymerized, and the weight-average
relative molecular weight of the organic macromolecular backbone in the PAASM-CaCO3
structure was 6.98 × 105. The PAASM-CaCO3 initial thermal decomposition temperature
was high, which was about 300 ◦C. The newly developed PAASM-CaCO3 was in a spatially
globular structure. PAASM-CaCO3 had a better resistance to high temperature. The filtra-
tion loss of drilling fluid was basically stable before and after aging at 200 ◦C/16 h, whose
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effects were near or surpassed that of Driscal-d and was on top of commonly used filtration
reducers. The rigid nanoparticles were properly introduced into the PAASM-CaCO3, which
enhanced the steric hindrance and stability of the molecular structure, and was beneficial
in improving its high-temperature resistance.
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Abstract: The production performance of waterflood reservoirs with years of production is severely
challenged by high water cuts and extensive water channels. Among IOR/EOR methods, weak gel
injection is particularly effective in improving the water displacement efficiency and oil recovery.
The visualized microscopic oil displacement experiments were designed to comprehensively investi-
gate the weak gel mechanisms in porous media and the numerical simulations coupling equations
characterizing weak gel viscosity induced dynamics were implemented to understand its planar
and vertical block and movement behaviors at the field scale. From experiments, the residual oil of
initial water flooding mainly exists in the form of cluster, column, dead end, and membranous, and it
mainly exists in the form of cluster and dead end in subsequent water flooding stage following weak
gel injection. The porous flow mechanism of weak gel includes the preferential plugging of large
channels, the integral and staged transport of weak gel, and the residual oil flow along pore walls in
weak gel displacement. The profile-control mechanism of weak gel is as follows: weak gel selectively
enters the large channels, weak gel blocks large channels and forces subsequent water flow to change
direction, weak gel uses viscoelastic bulk motion to form negative pressure oil absorption, and the oil
droplets converge to form an oil stream, respectively. The numerical simulation indicates that weak
gel can effectively reduce the water-oil mobility ratio, preferentially block the high permeability layer
and the large pore channels, divert the subsequent water to flood the low permeability layer, and
improve the water injection swept efficiency. It is found numerically that a weak gel system is able to
flow forward under high-pressure differences in the subsequent water flooding, which can further
improve oil displacement efficiency. Unlike the conventional profile-control methods, weak gels
make it possible to displace the bypassed oil in the deep inter-well regions with significant potential
to enhance oil recovery.

Keywords: weak gel; oil recovery; numerical simulation; displacement efficiency

1. Introduction

How to effectively shut in the high permeability channels and divert injected water to
the bypassed low permeability regions, is a crucial question for the water flooding process
in the late stage of water injection. After years of in-depth development in waterflood
reservoirs, the residual oil is highly dispersed and mainly distributed in the deep area of the
inter-well region [1], conventional modification of good pattern and injection and produc-
tion parameters is less effective [2], and profile-control by traditional gels or polymers is no
longer feasible as the high-concentration gels consolidate quickly and can only be effective
in plugging the wellbore vicinity [3–6]. On the contrary, weak gels have a competitive
edge over conventional gels in the following aspects: conventional gel has a relatively high
concentration of polymer and crosslinker, high gel strength, short gel formation time, and
high cost. Therefore, it can only be used for permeability adjustment in the near-well zone,
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but cannot effectively solve the problem of deep reservoir heterogeneity [6–8]. Weak gel,
however, uses delayed crosslinking technology to inject a certain concentration of polymer
and crosslinking agent into the deep reservoir, forming a polymer gel of a certain strength
in the high permeability zone far from the injector vicinity, forcing the subsequent fluid to
shift into the low permeability zone with high oil saturation, expanding the swept volume
and improving the oil displacement efficiency [9,10].

Extensive laboratory investigation and field applications of weak gels have been
performed in past years [7,8]. Different gel systems including ultra-high molecular weight
HPAM/phenolic weak gel system, particle gels, gel agents with a high salt resistance,
solvent–polymer weak gels, colloidal dispersion gels, et al., have been developed for oil
reservoirs with various conditions [9–14], which effectively expand the applicability and
potential of weak gels. Moreover, the hybrid process of weak gels with other recovery
methods is also a new trend, such as the combination of weak gels and microorganisms,
and the CO2-gel fracturing system in shale oil reservoirs [15,16].

Evaluation of gelation systems directly influences the type, operational parameters,
and application performance of weak gels [17–19], in which numerical simulations were
performed to study the influence factors of gelling performance [20,21], and laboratory
experiments including NMR and coreflooding were used to investigate the displacement
mechanisms [22–24].

However, the flow characteristics of the weak gel system in the porous media and
the micro-mechanisms of oil displacement by reducing relative permeability of water
phase in high permeability channels and expanding the water flooding swept area are not
fully understood. The numerical simulation coupling experiment phenomenon and the
equations characterizing migration dynamics of weak gel system in porous media, which
describes the process of gel deformation and migration under the influences of pressure
gradient, velocity, retention, time, and other factors, was yet to be performed previously.
The visualized micro-scale experiments and the field scale numerical simulations were
performed in this study to further investigate the oil displacement dynamics of weak gels
and subsequent waterflooding, which is significant to guide the extensive application of
weak gels.

2. Experiment

2.1. Experimental Equipment and Materials

The experimental oil is the simulated oil prepared using crude oil and kerosene in
the laboratory, with a viscosity of 3.8 mpa·s at 45 ◦C. The experimental water uses the
field-produced water with a salinity of 4800 mg/L. The weak gel used in the experiment
is a polymer and chromium crosslinking agent (1600 mg/L × 2000 mg/L), in which the
molecular weight of the polymer is 800 million. The experimental temperature is 45 ◦C to
simulate the formation and reservoir conditions.

Experimental instruments include the microlithographic glass model, magnetic stirrer,
Brookfield viscosimeter, HW-2B thermostat with temperature control accuracy ±0.5 ◦C,
electronic balance with sensing accuracy ±0.01 g, analytical balance with sensing accuracy
±0.0001 g, one micro-pump (range 0.5–10 mL/h), one micro-pump control computer, one
high-magnification microscope, and one camera. The experimental equipment and process
are shown in Figure 1.
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Figure 1. Visual connection diagram of micro-displacement experimental device.

2.2. Experimental Procedure

The experiments were carried out according to the following procedures:

1. Preparing the weak gel system required by the experiment: 0.4 g polymer was added
into 200 mL produced formation water and stirred for 1 h. Then 0.9 g crosslinking
agent and 0.2 g stabilizer were added to the solution and stirred for 1 h.

2. Filtering the crude oil to avoid blocking the model.
3. Saturating oil after the model is vacuumed.
4. Water flooding (constant speed 0.03 mL/h), observe the microscopic seepage process

in the process of water flooding, and film the distribution and morphology of residual
oil in the micro model until no oil is produced by water flooding.

5. Injecting 0.3 PV weak gel system into the lithography model while recording the
microscopic oil displacement process by micro-camera.

6. Placing the lithographic model in a 45 ◦C incubator for 2 h, and wait for the weak gel
system to gel.

7. The photolithography model was displaced by subsequent water until no oil was produced
in the model. The microscopic oil flooding process was recorded by micro-camera.

8. Image analysis.
9. Cleaning the visualized model and preparing for the next experiment.

3. Analysis of Experimental Results

3.1. Phenomenon Description

3.1.1. Oil Displacement Dynamics and Residual Oil Types in Water Flooding Stage

The oil displacement photos at different stages were recorded by micro-camera to
describe the experimental phenomena. It is shown in Figure 2 that the injection end is in
the lower right corner, and the production end is in the upper left corner. In the stage of
water flooding, under the action of injection pressure at both ends of the photolithography
model, the injected water communicates a curved water flow channel along the direction of
the injection end and production end. The injected water front surges forward in the large
channel area with low flow resistance, forming an obvious dominant channel, which is
manifested as a fingering phenomenon. Due to the large flow resistance of injected water in
the small pore, the small pore area with large flow resistance becomes the main enrichment
area of residual oil.

After the water flooding stage, the residual oil in the pores and throats is evenly
distributed along both sides of the dominant channel. The residual oil mainly exists in the
form of cluster, column, dead end, and membrane, in which the cluster residual oil remains
in small throat pore clusters surrounded by unobstructed large pores in water flooding, the
columnar residual oil remains in isolated plug shape or columnar shape at the throat of
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connected pores, the dead end residual oil is isolated in the form of droplets in the dead
angle of the pores where the injection water cannot sweep, and it is usually the residual
oil with one end closed or one end very difficult to flow, and the membranous residual oil,
as shown in Figure 3, is an oil film attached to the pores or inner wall of throats during
water flooding.

 

Figure 2. Water–oil displacement stage.

 

(a) (b) 

 

(c) (d) 

Figure 3. Distribution of residual oil after water flooding. (a) Cluster residual oil; (b) dead end
residual oil; (c) columnar residual oil; (d) membranous residual oil.

3.1.2. Oil Displacement Dynamics and Residual Oil Characteristics in Weak Gel
Injection Stage

At the stage of weak gel injection, under the action of injection pressure, the weak gel
front advances forwards in a circular shape, and the advance speed of the main streamline is
faster. Weak gel preferentially migrates forward in the preferential flow channel generated
in water flooding (Figure 4). In addition, in the areas on both sides of the water flow channel,
the injected volume increased significantly, and the residual oil in the smaller channels that
were not previously driven by injected water was also driven forward for a certain distance
by the weak gel. The displacement front was relatively more uniform than water flooding,
indicating that the weak gel played a role in adjusting the displacement profile.
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Figure 4. Weak gel injection stage (The arrow is the demonstration of aquauous weak gel displacement
orientation, and the red arc is the swept area).

Due to the influence of profile-control of weak gel, the residual oil near the injection
end with high flow resistance was displaced. By the end of the weak gel injection, the
residual oil mainly exists in the pores and throats close to the production end with high
flow resistance and on both sides of the weak gel injection channel, presenting a relatively
uniform distribution on the whole and relatively scattered distribution in local areas.

Changing the microscope lens and using the camera to take photos to observe the
present form of a weak gel in the pores after injection, as indicated in Figure 5. In the
subsequent water flooding stage, the weak gel system after gelation exists in the form of
gel groups in the large pore channels, thus playing the role of selective plugging.

 

Figure 5. Weak gel group (The red circle is the weak gel group).

3.1.3. Oil Displacement Dynamics and Residual Oil Characteristics in Subsequent Water
Flooding Stage

As shown in Figure 6, in the subsequent water flooding stage, due to the gelation of
the weak gel system blocking the original water channel, the subsequent injection of water
bypassed the original flow channel with the increase of water injection, and displaced the
previously undeveloped oil in the small pores to the producing end, indicating that the
weak gel plays a role in adjusting the displacement profile. Moreover, the injected water
displaces the continuous weak gels along the pore extension direction, indicating that
the weak gel also plays an oil displacement role. By comparing the pictures of the water
flooding stage and subsequent water flooding stage, it can be seen that the sweep area of
injected water has been significantly improved. A large number of residual oil in pores
and throats is displaced by subsequent water, and the distribution of residual oil is very
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scattered. Microscopic observation shows that the residual oil mainly exists in the pore and
throat in the form of clusters and dead ends after the subsequent water flooding stage.

Figure 6. Subsequent water flooding stage (The arrow is the demonstration of subsequent water
displacement orientation).

3.1.4. Description of Local Oil Displacement

In the experiment of weak gel microcosmic oil displacement, the phenomenon of
oil displacement is different for parallel channels with different pore sizes in different oil
displacement stages. In the stage of water flooding, for parallel channels with different
sizes, the injected water preferentially replaces crude oil in larger channels, as shown in
Figure 7. In the weak gel injection stage, for parallel channels with different sizes, the
injected water preferentially replaces the crude oil in the smaller channels, as demonstrated
in Figure 8. In the subsequent water flooding stage: for parallel channels with different
sizes, the injected water preferentially replaces crude oil in larger channels, as indicated in
Figure 9.

 

Figure 7. Oil displacement in water flooding stage.
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Figure 8. Oil displacement in weak gel injection stage.

 

 

Figure 9. Oil displacement in subsequent water flooding stage.

3.2. The Porous Flow Mechanism

The visualized microscopic oil displacement experiment of weak gel acting on the
photoengraving model shows that weak gel first flows through the large pore channels
during injection, so the subsequent injected water cannot pass through the large pore
channels occupied by weak gel, then it is forced to flow to the pore channel not swept by
the early water flooding. With the increase of injection water, the injected water pushes part
of the weak gel forward, stops again when it meets small pores, and changes the direction
of water flow to drive out the residual oil that has not been used in the stage of water
flooding, improving the swept volume of injected water.

Through the analysis of the experimental results, the main mechanism of weak gel
profile-control is obtained as follows: the preferential plugging of large channels, the
integral and staged transport of weak gel, and the residual oil flow along pore walls in
weak gel displacement.

1. Preferential plugging of large channels

In the phase of weak gel injection, with the increase of injected volume, at the injection
end, the weak gel is displaced to the producing end in a circular shape. As the flow
resistance of the gel in the high permeability area is less than that in the low permeability
area, the main line direction of the weak gel is the direction of the high permeability area
with low flow resistance and high porosity. After 2 h of the coagulation stage, the large
pore channel is preferentially blocked.

As demonstrated in Figure 10, weak gel preferentially flows into large channels with
low seepage resistance. The residual oil in the circle is driven by weak gel, indicating that
the weak gel has preferentially entered the large pore channel along the water flow channel
generated by water flooding oil.
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Figure 10. Preferential plugging of large channels.

2. The integral and staged transport of weak gel

As weak gel has a certain viscoelasticity, it mostly flows in the pore and throat structure
in the form of gel groups in the seepage process, and the migration has strong integrity and
coherence. Under the action of injection pressure, it is like a snake whose shape can change
along the pore structure, advancing in the pore and throat. In addition, the migration of
weak gel in the pore is phased. Before entering a certain pore, the weak gel accumulates
liquid amount and pressure first. When the pressure reaches the threshold pressure to
break through the pore, it immediately pushes into the pores.

As demonstrated in Figure 11, in the process of residual oil displacement, the weak
gel pushes the residual oil forward as a whole, like a snake whose shape can change along
the pore structure, and its migration has integrity and stages.

 

 

 

 

Figure 11. Weak gel transport.

3. The residual oil flow along pore walls in weak gel displacement

Due to the viscoelasticity of weak gel and the integrity of its migration, the weak gel
can migrate forward close to the pore wall when it migrates in the pores, so the residual oil
in membrane form attached to the pore wall can also be displaced by weak gel, as shown
in Figure 11 above.

3.3. The Profile-Control Mechanism

Through further analysis of the experimental results, the main mechanism of weak gel
profile-control is obtained as follows: weak gel selectively enters the large channels, weak
gel blocks large channels and forces subsequent water flow to change direction, weak gel
uses viscoelastic bulk motion to form negative pressure oil absorption, and the oil droplets
converge to form an oil stream.
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1. The weak gel selectively enters the large pore channels

The main flow path of weak gel injected into the model is along the direction of low
flow resistance and high porosity, which is often consistent with the path of water flooding
in the early stage. As the weak gel injected into the model has a certain viscosity, it has
a certain integrity and continuity in the flow process. However, due to the large size of
the large pores, the shear rate of the weak gel is relatively low, so the weak gel can flow
more smoothly while maintaining its integrity and continuity. Therefore, under a certain
injection pressure, the weak gel will overcome the resistance along the path and migrate in
the large channels with low resistance, as exhibited in Figure 10 above.

2. The gelation blocks the large pore channels and diverts the subsequent water
flow direction

In the subsequent water flooding stage, the viscosity of weak gel after gelation is
relatively high, which can form a blockage in pores and produce an end face effect, and the
critical pressure entering small pores is much higher than that of oil and water. Therefore,
under a certain pressure, the migration of weak gel is difficult, and the probability of
entering small pores is very small. According to the microscopic experimental results, in
the subsequent water flooding process, due to the blocking phenomenon of weak gel in
the channels under a certain pressure, the liquid flow of injected water is forced to change
direction and flow to the small-channel area with relatively small resistance, so that the
residual oil that is undeveloped in the stage of water flooding is displaced and the swept
volume is increased.

As shown in Figure 12, in the subsequent water flooding stage, due to the weak
gel after gelation blocked the pores, the subsequent injection of water is forced to flow
into the small pores to displace the residual oil, which plays a role in adjusting the water
imbibition profile.

 

 

 

Figure 12. Subsequent water flow redirection.

3. The viscoelastic gelation moves integrally to absorb oil by negative pressure

For the weak gel, the chemical structure of the cross-linked polymer molecular coils
is relatively stable, and the stability after gelation is better, which mainly reflects good
viscoelasticity, integrity, and coherence during migration, and obvious water–glue interface
with subsequent water. When the injection pressure reaches a certain level, the weak
gel group flows through the hole like a snake through the grass, and flows rapidly in
the direction of relatively little resistance. Due to the instantaneous speed of the integral
migration of the weak gel group, and its good viscoelasticity, integrity, and coherence
during migration, the subsequent fluid cannot be filled in time, resulting in instantaneous
‘negative pressure’ (the pressure of the main channel is lower than that of the surrounding
channels). At this point, the oil or water in the surrounding porous channel overcomes the
internal threshold pressure and extrudes out of the porous channel and is sucked into the
oil stream.
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Figure 13 indicates that in the weak gel injection stage, negative pressure is formed
due to the viscoelastic bulk movement of the weak gel, which sucked out the residual oil in
the subsequent water flooding stage.

 

 

Figure 13. Negative pressure oil absorption.

4. Oil droplets converge to form oil stream

In the microscopic displacement experiment, it is also found that in the process of
weak gel displacement, a large amount of oil in small pores is displaced, and gradually
accumulates into oil droplets in large pores, which move forward and form continuous oil
droplets. The thickness of oil droplets thickens with the displacement, and finally, they
migrate to the outlet in the form of continuous oil flow. As shown in Figure 14, three small
oil droplets converge to form a large oil droplet when passing through a narrow throat and
migrate forwards in the form of an oil stream.

 

 

Figure 14. Accumulation of oil droplets into oil stream.

4. Numerical Simulation

4.1. Simulation Model Parameters

The numerical simulation is carried out using the CMG-STARS reservoir numerical
simulator. The model is established using a Cartesian grid system, which is divided into
19 × 19 grids in X and Y directions with a grid size of 20 m, and 10 grids in the Z direction
with each grid thickness of 10 m. The five-point well pattern was used which includes one
injector in the center and four corner producers. The basic parameters and their values of
the sector model are shown in Table 1.

Table 1. Basic data of the geological model.

Reservoir Parameters Parameter Value

Reservoir top depth (m) 1400
Permeability (mD) 50, 55, 60, 80, 380, 400, 390, 180, 100, 50

Porosity (%) 0.23
Original formation pressure (MPa) 16
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In this model, the gel injection rate is 0.097 PV/a, the maximum injection pressure is
20 MPa, the minimum bottomhole flow pressure is 3 MPa, and the cumulative gel injection
volume is 0.29 PV. The basic data required for reservoir fluid modeling are shown in Table 2.
The established 3D numerical model is demonstrated in Figure 15.

Table 2. Basic data of the fluid model.

Reservoir Parameters Parameter Value

Underground oil viscosity (mPa·s) 8
Surface crude oil density (kg/m3) 860

Water viscosity (mPa·s) 0.5
Oil volume coefficient (m3/m3) 1.09

 

    𝑘  𝜇 — 𝑘 — 𝜇 — 
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Figure 15. A 3D numerical model of reservoir.

4.2. Equations Influencing Weak Gel Displacement Dynamics

The efficiency of water flooding is largely related to the mobility ratio of displacing
and displaced fluids. Definition of mobility ratio:

M =
Displacing phase mobility

Displaced phase mobility
=

kw/µw

ko/µo

=
kw

ko
× µo

µw
(1)

where, kw—Relative permeability of water; µw—Viscosity of water; ko—Relative permeabil-
ity of oil; µo—Viscosity of oil.

Due to the high mobility ratio, the injected water moves faster than the displaced oil,
resulting in fingering. The injected water bypassed the displaced oil and migrated toward
the producing well. Most of the oil is unswept by the water because of fingering, which
is the water flow channel toward the producing well. Once the water channel is formed,
water will bypass residual oil in the reservoir and flows directly from the injection well to
the producing well.

After the injection of weak gel, the liquid viscosity can be calculated according to the
nonlinear mixing Equation (1):

Ln(µα) = ∑
nc∈s

i=1 f ( fαi)× Ln(µαi) + N × ∑
nc /∈s

i=1 fαi × Ln(µαi) (2)

where, µα—Mixed viscosity of aqueous phase (α = w) or oil phase (α = o); µαi—Viscosity
of aqueous phase (α = w) or oil phase (α = o) component “i”; fαi—Weight factor of non-
critical component “i” in nonlinear mixing calculation of aqueous phase (α = w) or oil
phase (α = o); f ( fαi)—Weight factor of key component “i” in nonlinear mixed calculation
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of aqueous phase (α = w) or oil phase (α = o); nc ∈ s—Key group fraction in liquid phase;
nc /∈ s—Scores of other groups except the key group; N—Normalized factor.

By incorporating the equations above characterizing injected liquid viscosity and
mobility ratio induced migration dynamics of weak gel system in porous media into the
simulation model, it is able to simulate gel deformation and migration dynamics under the
influences of pressure gradient, velocity, retention, time and other factors. The aqueous
phase viscosity distribution field maps in different periods of weak gel injection are given
through numerical simulation, as exhibited in Figure 16. The simulation results indicate
that weak gel can increase the viscosity of the aqueous phase, thus reducing the mobility
of water, reducing the fingering phenomenon, improving the plane heterogeneity, and
enhancing the recovery factor.

   

(a) 23 days (b) 1 month (c) 3 years 

Figure 16. Aqueous phase viscosity distribution at different stages of weak gel injection.

4.3. Dynamics of Weak Gel Injection

As shown in Figure 17, numerical simulation results demonstrated that the higher the
permeability, the lower the flow resistance, so the weak gel will preferentially enter the high
permeability layer and increase its flow resistance. Consequently, the subsequent injected
water will enter the low permeability layer or the low permeability area and expand the
swept volume.

 

Figure 17. Cont.
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Figure 17. A 3D distribution of weak gel mole fraction.

According to the numerical simulation results, the plane distribution of weak gel mole
fraction in Figure 18 shows that the main route of weak gel flow is along the direction of the
high permeability flow channel, which is often the channel of water breakthrough in the
early waterflood stage. After weak gel profile-control flooding, water pushes the weak gel
to flow forward. Therefore, weak gels continuously expand the sweep region and displace
the residual oil in this region to the producing well, so weak gels play two roles adjusting
the heterogeneity and displacing oil.

   

Figure 18. Planar distribution of weak gel mole fraction.

4.4. Diversion of Subsequent Water Flooding

Based on the established injection-production system of a five-point well pattern,
the comparison of three-dimensional streamline distribution of initial water flooding and
subsequent water flooding following weak gel was simulated numerically. It can be seen
from Figure 19 that in the process of water flooding, injected water mainly flows along the
highly permeable layer, and weak gel first enters the large pore originally occupied by water
after injection. Under the effect of subsequent injection water, the weak gel continues to
move forward along the large pore channels with low resistance. Meanwhile, the presence
of weak gel increases the flow resistance of the large pore channels, forcing the injection
water to change direction. Figure 20 indicates that the subsequent injected water can enter
the low permeability zone unswept in the initial water injection, thus improving the sweep
efficiency and ultimate recovery of the waterflood.
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Figure 19. A 3D streamline distribution of initial water flooding.

Figure 20. A 3D streamline distribution of subsequent water flooding.

The comparison of the planar streamline distribution in Figures 21 and 22 shows
that weak gel will change the flow direction of other fluids when it flows in porous
media. The reservoir itself has macroscopic and microscopic heterogeneity, and microscopic
heterogeneity is mainly reflected in the difference in pore size, pore distribution, and pore
surface properties in the rock pore structure. Therefore, in the process of water flooding, the
injected water always tends to enter the large pore channels with low resistance, and the
residual oil always remains in the small pores or in the form of oil droplets in the center of
the large pores. According to channel flow theory, when the oil phase loses its continuity, it
becomes residual oil and cannot be recovered. After the weak gel is injected into the porous
media, the flow direction of the subsequent injected water can be diverted, as shown in
Figure 22, forcing the injected water to enter the unswept area, thus improving the sweep
efficiency of the subsequent water flooding.
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Figure 21. Planar streamline distribution of initial water flooding.

 

 

 

Figure 22. Planar streamline distribution of subsequent water flooding.

5. Conclusions

1. By analyzing the distribution patterns of residual oil in pores and throat through
visualized microscopic oil displacement experiments at different stages, the residual
oil of initial water flooding mainly exists in the form of cluster, column, dead end, and
membranous, and it mainly exists in the form of cluster and dead end in subsequent
water flooding stage following weak gel injection.

2. The porous flow mechanism of weak gel includes the preferential plugging of large
channels, the integral and staged transport of weak gel, and the residual oil flow along
pore walls in weak gel displacement.

3. The profile-control mechanism of weak gel is as follows: weak gel selectively enters
the large channels, weak gel blocks large channels and forces subsequent water flow
to change direction, weak gel uses viscoelastic bulk motion to form negative pressure
oil absorption, and the oil droplets converge to form an oil stream, respectively.
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4. Numerical simulation coupling equations characterizing weak gel viscosity induced
dynamics indicate that weak gel can effectively reduce the water-oil mobility ratio,
preferentially block the high permeability layer and the large pore channels, divert
the subsequent water to flood the low permeability layer, and improve the water
injection swept efficiency. A weak gel system is able to flow forward under high-
pressure difference, which can further improve oil displacement efficiency besides
flow diversion.
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Abstract: The problem of wellbore stability has a marked impact on oil and gas exploration and
development in the process of drilling. Marine mussel proteins can adhere and encapsulate firmly on
deep-water rocks, providing inspiration for solving borehole stability problem and this ability comes
from catechol groups. In this paper, a novel biopolymer was synthesized with chitosan and catechol
(named “SDGB”) by Schiff base-reduction reaction, was developed as an encapsulator in water-
based drilling fluids (WBDF). In addition, the chemical enhancing wellbore stability performance
of different encapsulators were investigated and compared. The results showed that there were
aromatic ring structure, amines, and catechol groups in catechol-chitosan biopolymer molecule. The
high shale recovery rate demonstrated its strong shale inhibition performance. The rock treated by
catechol-chitosan biopolymer had higher tension shear strength and uniaxial compression strength
than others, which indicates that it can effectively strengthen the rock and bind loose minerals
in micro-pore and micro-fracture of rock samples. The rheological and filtration property of the
WBDF containing catechol-chitosan biopolymer is stable before and after 130 ◦C/16 h hot rolling,
demonstrating its good compatibility with other WBDF agents. Moreover, SDGB could chelate with
metal ions, forming a stable covalent bond, which plays an important role in adhesiveness, inhibition,
and blockage.

Keywords: wellbore stability; biopolymer; encapsulator; water-based drilling fluids; chemical
strengthening

1. Introduction

The problem of wellbore stability in oil and gas drilling engineering has always been a
worldwide technical problem. Especially in the complex deep-seated, deep-sea oil and gas,
special structural wells, unconventional reservoirs, and other drilling projects, the problem
of borehole wall instability is more prominent. According to incomplete statistics, the cost
of dealing with borehole instability in drilling construction accounts for 50% of the cost of
drilling fluid [1–3].

Hydration of shale is a complex process. Shale has low permeability and clay minerals
such as montmorillonite are contained in the pores [4]. Na-montmorillonite consists of
negatively charged clay sheets, which are similar to pyrophyllite layers, whose negative
charge is compensated by interlayer sodium ions to maintain electrical neutrality [5]. The
surface hydration first occurs after the montmorillonite meets water. At this stage, the
expansion pressure generated by hydration is large and the volume expansion is small.
With the hydration, the expansion pressure decreases rapidly [6].

The surface hydration causes crystallization expansion. Ionic hydration begins when
the surface is hydrated [7]. Ion hydration brings hydration film to clay and hydration ions
compete with water molecules for the connection position of crystal plane of clay. After
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surface hydration and ionic hydration of clay minerals such as sodium montmorillonite,
the hydrated ions dissociate in the liquid away from the surface of clay minerals, forming
a diffusion double layer between clay minerals [8]. The combined action of double layer
repulsion and osmotic pressure produces hydration, that is, osmotic hydration. The volume
of clay minerals expands under this action. At this stage, 1 g montmorillonite can absorb
10 cm of water. The volume increases by nearly 20 times, and the crystal layer spacing
increases to 13 µm [9].

Therefore, under the huge drilling pressure difference, drilling fluid filtrate is very
easy to invade the formation along the micro-porous and micro-fissures of shale [10]. The
micro-voids and fractures of shale are rich in clay minerals such as montmorillonite. As
sodium ions are very liable to occur in the above-mentioned hydration process in wet
environment [11], the lattice of montmorillonite is very liable to cause interlayer crystal
distance expansion after meeting water, which is manifested as macroscopic hydration
expansion and dispersion. Once shale meets water, it will expand and generate huge
expansion force, which will directly endanger wellbore integrity. At the same time, water
intruding into shale crevices will also cause shale micro-cracks to expand and extend,
resulting in wall instability [12,13].

In recent years, researchers have developed a series of additives which can improve
the borehole pressure bearing capacity [14–17]. In terms of physical plugging, micro-nano
particles are mainly used for direct plugging at present. There are many micro-nano pores in
shale formation. The size of conventional plugging agent particles is too large to enter into
the micro-nano pore in shale, which is easy to accumulate on the surface and cannot form
effective plugging [18,19]. At present, nano-particles such as nano-silica, nano-magnesium
oxide, iron oxide, zinc oxide, and graphene have been directly used or surface modified
and used as plugging agent in the field of drilling fluids [20–23]. However, due to the high
activity of nanoparticles, they are easy to agglomerate and lose their characteristics. At
the same time, inorganic nanoparticles have a high rigidity and are easy to disengage and
migrate after entering formation pore throat, which is not conducive to plugging [24,25].

In terms of chemical inhibition, different kinds of shale inhibitors have been developed,
including inorganic salts, organic salts, macromolecular polymers, low molecular organic
amines, polyalcohols, and so on [26–29]. These inhibitors mainly inhibit hydration expan-
sion and dispersion of shale by restraining hydration of clay surface, encapsulating shale
particles, changing wettability of shale surface, and controlling water activity of drilling
fluids [28–31]. With the development of science and technology, the main applications in
water-based drilling fluids are mainly silicates, organosilicons, polyalcohols, aluminum-
based, and asphalts. With the changes in temperature, pH, salinity, or cloud point effect
after they enter the formation, precipitation or insoluble substances are generated to plug
the micro-pore and micro-fracture of shale, and then the purpose of sealing and consolidat-
ing the borehole wall is achieved. R. Schlemmer [32–34] of M-I Drilling Fluid Company has
successfully developed an encapsulator to replace sugars and acrylates. At 4% addition, the
8-h expansion rate of shale can be reduced from 73.3% to 15.6%, which has been successfully
applied in the Beihai Sea. 5high performance silicate-based muds were chosen by M. Al-
booyeh [35] out of 81 different formulations of drilling fluids, which showed good rheology
properties and all of them were thermally stable. The five performance silicate-based muds
lost less than 10 mL before and after hot roll at 160 C/16 h, and the rolling recovery of
shale cuttings also increased from less than 20% to nearly 80%. Qi Chu [36] developed a
An organosilicon quadripolymer of acrylamide (AM), 2-acrylamido-2-methyl-1-propane
sulfonic acid (AMPS), N-vinylpyrrolidone (NVP) and a kind of organosilicon monomer
by solution free radical polymerization. The test result showed that the organosilicon
quadripolymer drilling fluid performance was better than corresponding terpolymer with-
out organosilicon group and shows favorable inhibitive property. EI-Monier [37] developed
an environmentally friendly inorganic aluminum/aluminum shale inhibitor encapsulator-
A through special size and structure design. The agent is a mixture of inorganic aluminum
and aluminum in a certain proportion. It can effectively prevent the active clay from
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absorbing water, and the expansion rate can be reduced by about 90% after 8 h, while the
water absorption of sodium montmorillonite can be reduced by 30%. It has low toxicity and
can effectively seal formation pore under high temperature and strong acid environment.

However, there are some limitations of the above additives, such as limited bearing
capacity of the well eye, poor compatibility of drilling fluid, weak effect of high temperature,
and unfriendly to the environment. The results show that wellbore instability of shale
formation is the result of both physical and chemical factors [38–40]. So, it is very important
to develop an encapsulator which takes physical plugging and chemical cementing into
account to solve the problem of wellbore instability in shale formation.

Mussel can firmly adsorb to rocks under strong winds and waves in the ocean. Its foot
silk protein is a powerful adhesive and has been widely used in biological and medical
fields. At the same time, the surface becomes denser and stronger after mussels adhere to
rocks, hulls, etc., which also shows the potential of physical consolidation [41,42].

The active ingredient of this mussel adhesive protein is a catechol group. Inspired
by this characteristic, catechol was grafted onto the main chain of chitosan by Schiff
base-reduction reaction method. Finally, a novel environmentally friendly biopolymer
encapsulators in WBDF, named SDGB, was developed, and the structural characterization
and performance evaluation are conducted.

2. Results and Discussion

2.1. Orthogonal Experiment of SDGB

The main factors affecting polymer performance include the monomer ratio of catechol
to chitosan, reaction time, initiator concentration, and reaction temperature. Orthogonal
tests with three levels and four factor designs are shown in Table 1, and the results are
shown in Table 2. The rolling recovery of shale rock chips was evaluated in SDGB aqueous
solution. The temperature has the most significant effect on the rolling recovery of shale
rock chips. The following optimal conditions were determined by rolling recovery of shale
rock chips: catechol to chitosan molar ratio of 1:2, initiator concentration of 7 wt%, reaction
time of 10 h, and reaction temperature of 10 ◦C.

Table 1. Orthogonal tests with three levels and four factor designs.

Factor Level
Mole Ratio of

Catechol/Chitosan
Initiator Concentration *

/%
Time

/h
Temperature

/◦C

1 1:1 5 8 10
2 1:2 7 10 25
3 1:3 10 12 40

* Initiator amount is the weight percentage of initiator in total monomer.

Table 2. Optimized results of SDGB orthogonal experiments.

Num. Monomer Ratio
Initiator

Concentration
/%

Time
/h

Temperature
/◦C

Rolling
Recovery

/%

1 1:1 5 8 10 75.1
2 1:1 7 10 25 73.6
3 1:1 10 12 40 67.5
4 1:2 5 10 40 74.6
5 1:2 7 12 10 78.9
6 1:2 10 8 25 75.1
7 1:3 5 12 25 73.4
8 1:3 7 8 40 74.3
9 1:3 10 10 10 78.4
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Table 2. Cont.

Num. Monomer Ratio
Initiator

Concentration
/%

Time
/h

Temperature
/◦C

Rolling
Recovery

/%

Level
k1 0.721 0.744 0.748 0.775 -
k2 0.762 0.756 0.755 0.74 -
k3 0.754 0.737 0.733 0.721 -

R 0.041 0.019 0.023 0.053 -

2.2. Characterization of SDGB

2.2.1. Fourier Transform Infrared Spectroscopy (FT-IR) Characterization Test

The result of FT-IR is shown in Figure 1. It can be seen that the amino group has a
stretching vibration absorption peak at 1706 cm−1, and the peak at 1380 cm−1 belongs to the
methyl vibration absorption peak. The typical absorption peaks of O–C stretching vibration
and the stretching vibration of aromatic C=C at 1090 cm−1 and 1530 cm−1 existed in
chitosan, which proved that catechols had reacted with chitosan successfully. Meanwhile,
the IR absorption peak at 1300–1090 cm−1 was the symmetric vibration caused by the
covalent bond between anthraquinone and Fe2+, which indicated that the structure of
catechol in SDGB had strong reactivity and could produce strong reactivity with metal
ions [43,44].
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Figure 1. Fourier transform infrared spectrum of SDGB.

2.2.2. NMR Hydrogen Spectroscopy (HNMR) Analysis

The HNMR results of SDGB are shown in Figure 2. It can be seen that there is a peak of
protons on the main chain of chitosan at chemical displacement δ of 3.6–4.0. The chemical
shift δ at 3.1 corresponds to the C-2 proton peak of chitosan, and the chemical shift δ at
1.9 corresponds to the methyl proton peak of acetyl group in chitosan. The peak of chemical
shift δ at 6.7 is the proton peak of benzene ring on catechol, and the peak of chemical shift δ
at 4.1 is the proton peak of methylene linked to benzene ring, indicating that the polymer
containing catechol structure has successfully reacted with chitosan.
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Figure 2. Spectrogram of HNMR.

2.2.3. Thermogravimetric Analysis

The thermogravimetric and differential curves of SDGB are shown in Figure 3. The
results showed that the weight loss of SDGB could be divided into four stages. From room
temperature to about 150 ◦C, this stage is mainly due to the loss of adsorbed water. From
180 ◦C to around 245 ◦C, there is an obvious weight loss at this stage, mainly due to the
degradation of the main polymer chains, and the weight loss is about 30%. From 280 ◦C
to 330 ◦C, this stage was mainly due to the decomposition of side chains and catechol
structure. From 330 ◦C to 360 ◦C. The chitosan backbone was destroyed and the mass of
SDGB remained unchanged after decomposition.
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Figure 3. Thermogravimetric analysis results of SDGB.

2.2.4. Gel Permeation Chromatography (GPC) Test

The GPC experimental results of SDGB are shown in Table 3. Gel permeation chro-
matography showed that the number average molar weight of SDGB was 25,974 and the
weight average molecular weight was 33,424. The relative molecular weight is moderate,
which ensures that it not only has sufficient adsorption strength but also can enter shale
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microprobes or cracks. Meanwhile, its polydispersity index was low, indicating narrow
molecular weight distribution and good homogeneity.

Table 3. Relative molecular weight test results of SDGB.

Mn
(Dalton)

Mw
(Dalton)

Mp
(Dalton)

Mz
(Dalton)

Mz+1

(Dalton)
Polydispersity

Index

25,974 33,424 17,339 46,291 66,870 1.66731

2.3. Evaluation of Improving Borehole Stability

2.3.1. Tensile Shear Strength Test

The results of the tensile shear strength test of the lapped samples after treated by
amphoteric polymer, SDGB, emulsified asphalt, aluminum humate, polyol, and Na2SiO3
are shown in Figure 4. It can be seen that the lap joint samples treated with SDGB, emulsified
asphalt and aluminum humate have higher tensile shear strength in air. The tensile shear
strength of 4% SDGB solution in air is about 0.501 MPa, which is the highest among the
six samples. The tensile shear strength in water is significantly lower than that in air
(0.21 MPa), while the other samples are zero. As can be seen from Figure 5 after treated by
SDGB solution, the surface of the metal lap sample is discolored and completely damaged,
indicating that SDGB has better adhesion performance. According to Deming TJ et al. [45],
catechol group can be oxidized in water to form anthraquinone structure, which can chelate
with metal ions or metal oxides on the rock surface to form stable covalent bonds, and then
firmly adsorb on the rock surface to prevent rock samples from dispersing in water.
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Figure 4. The result of tensile shear strength.
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Figure 5. The metal sample treated by 4 wt%SDGB solution. (a) Before tested; (b) After tested.

2.3.2. Uniaxial Compressive Strength Test

The compressive strength test results of rock samples treated with different wellbore
stabilizers are shown in Figure 6. The uniaxial compressive strength of dry rock samples
is 12.4 MPa, reduced by about 50% after soaking in clean water. After being treated
with different wellbore stabilizers, the compressive strength of rock samples is improved.
Among them, 2% of SDGB has the best performance. The compressive strength reaches
8.1 MPa, which is about 25% higher than that of clean water. The results show that SDGB
can effectively improve the compressive strength of rock samples.
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Figure 6. Compressive strength of rock samples treated with different solutions.

2.3.3. Inhibitory Shale Hydration Test

The main mineral composition of shale used for inhibitive experiments is shown in
the Tables 4 and 5. It can be seen that the clay mineral content of the shale selected for the
experiment is 53%. Illte/smectite minerals are the main clay minerals, indicating that the
shale used for this experiment has a high content of active minerals and a high potential
hydration ability. 2% SDGB solution can effectively inhibit the dispersion of shale cuttings,
and the rolling recovery is 91.06% at 70 ◦C (Figure 7a). With the increase of temperature, the
rolling recovery decreases slightly. However, the recovery after 150 ◦C/16 h hot rolling is
still as high as 75.6% (Figure 7b), indicating that SDGB can still effectively inhibit hydration
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and dispersion at high temperature. The swelling rates of rock samples treated at 70 ◦C
and 150 ◦C for 8 h are 42% and 57% respectively, which is lower than 74% of fresh water,
indicating that the higher the temperature, the worse the inhibition performance.

Table 4. The main mineral composition of shale used for inhibitive experiments.

Quartz Plagioclase Calcite Hematite Clay Mineral

32 8 2 2 53

Table 5. The main clay composition of shale used for inhibitive experiments.

Kaolinite Chlorite Illite Illte/Smectite Interlayer Ratio (%)

1 0 2 97 75
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Figure 7. Results of inhibition tests. (a) Rolling recovery of different wellbore stabilizers; (b) variation
of expansion rate at different temperature treated by SDGB.

2.3.4. Hydroscopicity Test

The hydroscopicity test results of shale core treated by different wellbore stabilizers
are shown in Figure 8 and Table 6. The rock sample has strong water absorption capacity,
which tends to be stable in about 2 h, and the total water absorption reaches 9.1%. After
treatment with 2% SDGB solution, the total water absorption of rock samples decreased to
2.75%, nearly 70% lower than that of clean water. The results show that SDGB can firmly
adsorb and cement rock samples, so as to inhibit the water absorption capacity of rocks
and ensure the stability of wellbore.

Table 6. The hydroscopicity result of different wellbore stabilizers.

Wellbore Stabilizer
Water Absorption of

Rock Core (%)
Water Absorption

Reduction Rate (%)

Clean water 9.10 0
4% emulsified asphalt solution 8.05 11.53

3% polyol solution 5.38 40.88
3% Na2SiO3 solution 4.70 48.35

2% aluminium humate solution 3.24 64.40
2% SDGB solution 2.75 69.78

Clean water 9.10 0
4% emulsified asphalt solution 8.05 11.53
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Figure 8. The hydroscopicity curve of different wellbore stabilizers.

2.3.5. Compatibility Evaluation in Drilling Fluid

Different amounts of SDGB were added to 4 wt% bentonite water-based drilling fluid,
and its apparent viscosity, plastic viscosity and filtration were tested after hot rolling at
130 ◦C/16 h. The results are shown in Figures 9–11. It is not difficult to find that there
is an optimal concentration of SDGB in the drilling fluid, and the addition of SDGB has
no adverse effect on the water-based drilling fluid. After hot rolling at 130 ◦C, it has
good rheological and filtration properties, and has the function of increasing viscosity and
reducing filtration.
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Figure 9. Variation of apparent viscosity of drilling fluid with temperature.
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Figure 10. Variation of filtrate loss of drilling fluid with temperature.
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Figure 11. Variation of filtrate loss of drilling fluid with temperature.

2.4. Mechanism of SDGB

2.4.1. Adsorption Isotherm Test

Figure 12 shows the UV absorption spectrum and adsorption standard curve of SDGB,
from which it can be seen that the absorption peak of SDGB is the most obvious at the
wavelength of 277.8 nm, and the measured adsorption standard curve is roughly linear.
Figure 13 is the curve of sodium adsorption amount of bentonite with different surface
temperatures. It shows that the adsorption curves of SDGB at different temperatures are
L-shaped, indicating that SDGB mainly adsorbs through a single layer on clay surface.
The adsorption capacity of SDGB increases rapidly with increasing concentration. When
a certain concentration is reached, the adsorption capacity tends to be flat. The saturated
adsorption capacity at 25 ◦C is 117 mg/g, which shows a strong adsorption capacity. With
the increase of temperature, the adsorption capacity of SDGB decreases, and the saturated
adsorption capacity can still reach 94 mg/g at 90 ◦C. SDGB has strong high temperature
desorption capacity. The analysis shows that the surface of clay particles is negatively
charged and SDGB molecules contain more oxygen-containing functional groups which
can be firmly adsorbed on the surface of clay particles by hydrogen bonds.
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Figure 12. The UV absorption spectra and adsorption standard curve of SDGB. (a) UV absorption
spectra of SDGB and chitosan; (b) SDGB adsorption standard curve.
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Figure 13. Adsorption isotherm of SDGB.

Shale surfaces are usually rich in metal ions and oxides. Catechol groups can chelate
with metal substances to form stable covalent bonds and strongly adsorb on the surface
of wellbore rock. In order to further study the adsorption characteristics of SDGB on rock
surface, the effects of different concentrations of metal ions (taking ferrous ions as examples)
on the adsorption of SDGB were tested. Figure 14 shows the adsorption capacity of SDGB in
the presence of Fe2+ at different concentrations. The results showed that the adsorption ca-
pacity of catechol-chitosan biopolymer capsules on the surface of montmorillonite particles
gradually increased with the increase of Fe2+ concentration, indicating that the presence
of Fe2+ can effectively improve the adsorption capacity of catechol-chitosan biopolymer
capsules on the surface of montmorillonite particles. According to Deming et al. [45], in
the presence of Fe2+ ions or other metal ions, oxygen atoms in the catechol structure of
SDGB molecules can interact with metal ions to form relatively stable chelation covalent
structures, and some can even be oxidized to anthraquinone structures, thereby enhancing
the adsorption strength of catechol structures on rock surfaces.
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Figure 14. Effect of Fe2+ on the adsorption of SDGB.

2.4.2. Scanning Electron Microscope Test

Figure 15 shows the internal shape of cores before and after different treatments. It
can be seen from (a) that micropore and microfissure are well developed in the core and
clay minerals adhere to the grain surface. (b) It can be seen that after SDGB treatment, clay
minerals originally attached to the grain surface are cemented and filled in the micropore of
rock samples, which significantly reduces the micropore in rock samples and makes them
more compact. It is found that SDGB not only acts as a seal, but also adsorbs, cements and
solidifies clay minerals in micro-cracks of rock samples, thus improving the compressive
strength of rock.
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Figure 15. The shale sample treated by SDGB. (a) Before treatment (×5.0 k); (b) After treatment (×6.0 k).

2.4.3. FT-IR Test

In order to study the interaction mode and mechanism between SDGB and sodium
montmorillonite, the infrared spectra of bentonite, SDGB and SDGB modified bentonite
were tested, and the result is shown in Figure 16.
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Figure 16. Infrared spectra of sodium montmorillonite before and after modification.

It can be seen from the test results that the main absorption peaks of sodium mont-
morillonite have not changed significantly before and after modification, indicating that
the main molecular structure of sodium montmorillonite has not changed before and after
SDGB modification. It can be seen from the infrared spectra of Na-MMT that 3630 cm−1

can be attributed to the Tensile vibration of the hydroxyl group, because bound water
molecules still exist in the molecular layer of Na-MMT, which is the result of the conjuga-
tion of freely bound water and bound water. 1050 cm−1 is the vibration absorption peak
of silica-silicon in sodium montmorillonite molecular layer. 1640 cm−1 can be attributed
to the tensile vibration of hydroxyl groups adsorbed in water between different layers of
sodium montmorillonite. The results showed that the above main absorption peaks did not
change significantly before and after modification, which indicated that the action of SDGB
and sodium montmorillonite would not change the main molecular structure of bentonite
silicate framework. However, some new infrared absorption peaks can also be found
in SDGB-modified sodium montmorillonite. 3430 cm−1 can be attributed to the tensile
vibration absorption peak formed by the near oxygen atoms connected with benzene ring.
2930 cm−1 and 2850 cm−1 can be attributed to the symmetric vibration absorption peak
of methylene. Meanwhile, the intermolecular hydroxy tensile vibration absorption peak
initially appeared at 1640 cm−1 in the modified Na-MMT spectrum appeared at 1570 cm−1

and moved to low frequency to some extent, indicating that SDGB formed hydrogen bond
with sodium montmorillonite.

2.4.4. Summary and Analysis of Mechanism

Traditional high-performance amine shale inhibitors often work through higher amine
density. In the presence of a large number of amines, a large number of amines in the in-
hibitor molecules are positively charged, which can electrostatically absorb with negatively
charged bentonite particles, thus neutralizing the negative charges of active clays, com-
pressing their diffusion double layer, driving out water molecules and thus inhibiting shale
hydration. The schematic diagram of action mechanism of SDGB is shown in Figure 17.
SDGB surface does not contain a large number of strong cationic groups to keep the drilling
fluid from functioning (most water-based drilling fluid additives are negatively charged).
First, the adsorption of SDGB occurs through the presence of trace metal ions on the shale
surface. The structure of catechol in SDGB can chelate with metal ions. The active groups
such as catechol adsorb rapidly and firmly on the surface of rock particles on the well wall
through hydrogen bond and chelation, encapsulate the active groups, and play a “sticky”
role in preventing rock particles from dispersing under the action of drilling fluids and
improving rock strength. Second, during the adsorption process between chemical wall

123



Gels 2022, 8, 307

fixing agent and the surface of rock particles, the polymer chain can also fill and plug the
pores of rock, reduce rock permeability, and improve the stability of drilled rock. Third, the
molecules of chemical wall fixing agent contain strong adsorptive groups, which can inhibit
hydration when strongly adsorbed on rock surface. In short, the combination of “binder
curing to increase strength physical blockage to reduce permeability of rock samples to
reduce hydration rejection” improves wellbore stability.

，

Figure 17. Mechanism diagram of SDGB enhancing wellbore stability.

3. Conclusions

Inspired by mussels, a novel catechol-conjugated-chitosan biopolymer encapsulators
SDGB was synthesized. The optimum synthesis conditions are determined in this paper.
The structure of the products was characterized by IR, NMR, and TG. The results showed
that the catechol reacted successfully with chitosan, and the decomposition temperature
was over 180 ◦C. The experiment shows that SDGB can effectively improve the shear
strength and inhibition of shale. The recovery rate of the shale cuttings was still up to 75.6%
after 150 ◦C/16 h hot rolling, and the bearing capacity of the rock can be increased by 24%.
A wellbore strengthening drilling fluid was constructed based on SDGB. The rheological
and filtration performance of this drilling fluid is stable before and after 130 ◦C/16 h
hot rolling, and shale inhibition behavior is good. Moreover, SDGB could chelate with
metal ions, forming a stable covalent bond, which plays an important role in adhesiveness,
inhibition, and blockage.

4. Materials and Methods

4.1. Materials

3,4-dihydroxybenzoic acid(catechol), chitosan (degree of deacetylation (>95%),
N-(3-dimethylaminopropyl)-N-ethylcarbodiimide hydrochloride (EDC) and N-hydroxysuc-
cinimide (NHS) were commercial products from Aladdin reagent company, Shanghai,
China, respectively. Na2SO3, NaCl, CaCl2, NaOH, and Na2SiO3 were purchased from
China Pharmaceutical Reagents Co., Ltd. in Shanghai, China. Sodium-based bentonite and
artificial cores for drilling fluid were purchased from Huawei Bentonite Group Co., Ltd. in
Weifang City, China and Haian Petroleum Research Instrument Co., Ltd. in Nantong City,
China, respectively. The main reagents for the reaction are detailed in Table 4.
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4.2. Methods

4.2.1. Synthesis of Catechol-Chitosan Biopolymer Encapsulators

Ferrous chloride was added and fully dissolved in hot ethanol solution (50% wt,
30 mL). A certain amount of polymer containing catechol structure was added into a
three-neck flask and stirred with an electric stir bar under an inert N2 atmosphere. A
certain amount of chitosan was dissolved with 20 mL, 1 mol/L hydrochloric acid and them
nitrogen is introduced into the reaction system. After the pH was adjusted to a certain
value with 5 mol/L NaOH solution, the initiator is dissolved in 10 mL of deionized water
and then added dropwise to the reaction solution to trigger the reaction. The mixture was
refluxed for a period of time at a certain temperature. The precipitate was filtered and
washed with ethanol to get the final product. The molecular structure of SDGB is shown
in Figure 18.

  

Figure 18. The molecular structure of SDGB.

Orthogonal tests were used to optimize the four main factors to determine the best
formulation and these four factors are the mole ratio between catechol and chitosan, reaction
time, initiator concentration, and reaction temperature. The influence of different factors
was analyzed by testing the tensile shear strength and rolling recovery of the product.

4.2.2. Tensile Shear Strength Test

The mechanical properties of core before and after treated by SDGB are tested by
uniaxial mechanical strength test(Bairoe Test Instrument Co., Ltd. in Shanghai, China),
which can effectively reflect the improvement of shale by strong wall drilling fluids. In
accordance with the Chinese National standard “methods for determination of tensile
shear strength of adhesives” (GB7124-1986) and “determination of chemical resistance
of adhesives” (GB/t13353-92), the aqueous solution of SDGB is applied to the single lap
surface of the sample and the lap joint sample is pressed at 5 MPa for 2 h, then placed in
water at 50 ◦C for 24 h. Then longitudinal tensile force is applied to the single lap joint
surface of the sample to test the maximum load that the sample can bear on wdw-100
microcomputer controlled triaxial multifunctional machine (Figure 19).
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Figure 19. WDW-100 tensile shear strength device.

4.2.3. Cuttings Hot-Rolling Dispersion Test

Shale dispersion recovery experiment is a common method to evaluate the shale
inhibition ability of treatment agent. The dispersion performance of shale is related to
the stability of wellbore. It is one of the important indexes to evaluate the stability of
shale wellbore macroscopically. The dispersion experiment can be used to understand the
hydration and dispersion performance of rock samples, and can also be used as a means to
evaluate the inhibition of drilling fluid on shale. 350 mL of solution with encapsulators of
various concentrations and 50 g of shale cuttings (2–5 mm) obtained from the upper layer
of Shahejie formation in Dongying oil field were added into sealed cells. After hot rolling
at 77 ◦C for 16 h, the cuttings were washed with 10% KCl solution and screened through a
40-mesh sieve. The recovered cuttings were dried at 105 ◦C for 4 h and the percentage of
recovery was determined.

4.2.4. Characterization of SDGB

A Bruker AVANCE 400 NMR spectrometer (Brooke Co., Ltd., Zurich, Switzerland)
was used to measure the proton nuclear magnetic resonance (1HNMR) spectra. D2O was
used for field frequency lock, and the observed 1H chemical shifts were reported in parts
per million (ppm). Before 1H NMR analysis, the pH value of the polymer solution was
adjusted to around 9.0 by dilute NaOH/D2O solution.

A total of 1 mg dry SDGB powder and 20 mg KBr were mixed fully. The mixture
was loaded into the mold and compacted with 50 MPa pressure. FTIR of the compacted
tableting were obtained on a NEXUS FT-IR spectrometer(Thermo Nicolet Corporation,
Waltham, MA, USA).

The thermogravimetric analysis of SDGB was carried out by mettler-teledothermo
gravimetric analyzer (NETZSCH-Gerätebau Co., Ltd., Selb, Germany). The temperature
range was from room temperature to 1000 ◦C, the heating rate was 10 K/min, and the
atmosphere was nitrogen, and the gas flow rate was 50 mL/min.

The relative molecular mass of SDGB was determined by the SFD gel permeation
chromatograph (GPC) (Schambeck Co., Ltd., Berlin, Germany). The mobile phase was
phosphate buffer solution. The column was SHODEX (K-806M chloroform system, and the
filler was styrene and two vinyl benzene copolymer).
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4.2.5. Core Uniaxial Compressive Strength Test

The rock samples were soaked in different wellbore strengthening agent solutions for
4 h, then taken out carefully and dried at room temperature. Then compressive strength
was tested on wdw-100 microcomputer controlled triaxial multifunctional machine (Bairoe
Test Instrument Co., Ltd., Shanghai, China).

4.2.6. The Hydroscopicity Test

The hydroscopicity test was conducted by self-made core self-priming experimental
device. The water absorption and water absorption rate of typical shale in deionized water
were tested. At the same time, the change of water absorption of rock samples treated with
different encapsulators with time was tested to comprehensively evaluate the hydration
and dispersion performance of rock samples. First, the experimental core is dried in an
oven at 105 ◦C for 12 h, and then placed at 25 ◦C for 24 h. During the experiment, the room
temperature is maintained at 25 ◦C. Then, the shale standard core is suspended on the hook
of the electronic balance, so that its lower end just contacts the solution. The total mass of
the rock sample changes after water absorption over time is recorded.

4.2.7. Scanning Electron Microscope Test

Core micro morphology was tested by S-4800 field emission scanning electron mi-
croscope (HitaChi, Ltd., Tokyo, Japan) after being treated by SDGB, sodium silicate and
aluminum humate.

4.2.8. Adsorption Isotherm Test

In order to further study the action mechanism of SDGB in drilling fluids, the adsorp-
tion characteristics of SDGB on bentonite particles were studied.

(1). A sufficient amount of 10% hydrogen peroxide was added to the beaker together
with 100 g of bentonite and stirred simultaneously on a heating oven to eliminate the
possible influence of the residual organics in the bentonite on the adsorption test results.
Deionized water was then added so that the contents in the beaker are well dispersed, and
then was placed in a centrifuge and centrifuged at 8000 rpm for 15 min. The upper clear
liquid was poured out, and deionized water was continued to be centrifuged repeatedly
for three times. The precipitate was collected and then placed into a blast drying oven and
dried to constant weight, crushed and sieved.

(2). Some SDGB was added into a beaker containing deionized water, stirred well
and dissolved; 2.0 g of purified bentonite was added to another beaker containing deion-
ized water, stirred well and dispersed. After the two beakers had been mixed, they were
placed in a magnetic stirrer and stirred thoroughly for 24 h until the adsorption equilib-
rium was reached. The mixed suspension was placed in a centrifuge and centrifuged at
a high speed of 10,000 rpm for 15 min. The absorbance in λ = 200–400 nm of the super-
natant was measured by a uv-1750 UV VIS spectrophotometer(Yuanxi Instrument Co., Ltd.,
Shanghai, China).

(3). In λ = 277.8 nm, the adsorption capacity on the surface of bentonite sodium was cal-
culated from the standard curve of polymer solution concentration and light transmittance
(as shown in Figure 12a).

4.2.9. Rheological and Filtration Testing of Drilling Fluids

(1) Drilling fluid preparation and hot rolling
A total of 16 g of sodium-based bentonite was added to 400 mL of clear water, and

stirred at 8000 rpm in a high-speed blender for 30 min. Then 0.8 g of Na2CO3 was added,
stirred for 20 min, and then pre-hydrated for 24 h. A certain amount of polymer was then
added to the slurry, which was stirred at 8000 rpm for 30 min in a high-speed blender. The
composites were aged at set temperature for 16 h by hot rolling and were cooled to room
temperature before stirring at high speed for 20 min. Rheological and filtration properties
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of drilling fluid before and after rolling at a specific temperature/16 h were tested according
to the drilling fluid performance evaluation standard SY/t5621-1993.16g.

(2) API Static Filtration Test
The static API filterability of drilling fluid was tested with ZNZ-D3 API medium

pressure filter (Qingdao Haitong Instrument Co., Ltd., Qingdao, China). A certain amount
of drilling fluid was loaded into the filter kettle and the top was covered with API filter
paper and placed under a pressure of 100 psi. The filtered volume (FLAPI) of the drilling
fluid is recorded for 30 min, which is recommended by API.

(3). Rheological property test
The rheological parameters of the drilling fluid are tested according to the drilling

fluid performance evaluation standard SY/T5621-1993. Apparent viscosity, plastic viscosity,
and shear force of drilling fluid were measured with ZNP-M7 6-speed rotating viscometer
(Haitong Instrument Co., Ltd., Qingdao, China). Then the apparent viscosity, plastic
viscosity, and shear force of drilling fluid with ϕ600 and ϕ were measured. The value of
300 is calculated according to the test program recommended by API.

AV = ϕ600/2 (1)

PV = ϕ600 − ϕ300 (2)

where:
AV is the apparent viscosity (mPa·s);
PV is the plastic viscosity (mPa·s);
ϕ600 is the dial reading of 6-speed rotational viscometer at 600 r/min (dia);
ϕ300 is the dial reading of 6-speed rotational viscometer at 300 r/min (dia).
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Abstract: Fumaric acid sludge (FAS) by-produced from phthalic anhydride production wastewater
treatment contains a large amount of refractory organic compounds with a complex composition,
which will cause environmental pollution unless it is treated in a deep, harmless manner. FAS
included saturated carboxylic acid, more than 60%, and unsaturated carboxylic acid, close to 30%,
which accounted for the total mass of dry sludge. A new oil well drilling fluid filtrate loss reducer,
poly(AM-AMPS-FAS) (PAAF), was synthesized by copolymerizing FAS with acrylamide (AM) and
2-acrylamide-2-methyl propane sulfonic acid (AMPS). Without a refining requirement for FAS, it can
be used as a polymerizable free radical monomer for the synthesis of PAAF after a simple drying
process. The copolymer PAAF synthesis process was studied, and the optimal monomer mass
ratio was determined to be AM:AMPS:FAS = 1:1:1. The temperature resistance of the synthesized
PAAF was significantly improved when 5% sodium silicate was added as a cross-linking agent. The
structural characterization and evaluation of temperature and complex saline resistance performance
of PAAF were carried out. The FT-IR results show that the structure of PAAF contained amide groups
and sulfonic acid groups. The TGA results show that PAAF has good temperature resistance. As
an oilfield filtrate loss reducer, the cost-effective copolymer PAAF not only has excellent temperature
and complex saline resistance, the API filtration loss (FL) was only 13.2 mL/30 min after 16 h of
hot rolling and aging at 150 ◦C in the complex saline-based mud, which is smaller compared with
other filtrate loss reducer copolymers, but it also has little effect on the rheological properties of
drilling fluid.

Keywords: fumaric acid sludge (FAS); free radical copolymerization; filtrate loss reducer; organic
wastewater of phthalic anhydride; oil well drilling fluids

1. Introduction

Phthalic anhydride is usually produced by the naphthalene method [1], which is
produced by the synthesis of naphthalene and o-xylene through the process of oxidation,
isomerization, drying and crystallization, etc. The organic tail gas produced in the produc-
tion of phthalic anhydride becomes acidic organic wastewater after absorbing washing
water, and then the catalyst thiourea was added and the maleic acid in the wastewater
was transformed into fumaric acid. After cooling, crystallization, centrifugation, and other
operations, the fumaric acid production wastewater is produced.

A large amount of fumaric acid production wastewater is produced during the
production of phthalic anhydride, and the COD of these organic wastewater is about
6000–12,000 mg/L [2], which requires the addition of flocculants for flocculation and sedi-
mentation, and the flocculation products are pressed and filtered to obtain press-filtered
sludge. Fumaric acid sludge (FAS) can be obtained by drying the press-filtered sludge,
as shown in Figure 1. A plant producing about 150,000 tons of phthalic anhydride will
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produce about 4000 tons of FAS every year, and this FAS sludge may contain hazardous
chemicals such as naphthoquinone, naphthalene, maleic anhydride, etc., which will cause
environmental pollution unless it is treated in a deep, harmless manner. Therefore, utilized
FAS as a high-value resource has important environmental and economic significance.

 

Figure 1. Flowchart of the source of FAS and its high-value utilization method.

The specific composition of FAS is different due to different synthetic process routes,
operation process parameters of different manufacturers, organic wastewater treatment
process, etc. The substances contained in FAS generally include phthalic acid, benzoic acid,
citric acid, maleic acid, fumaric acid and other organic acids, mainly including fumaric acid
and maleic acid.

Due to the high value of fumaric acid, many researchers try to separate and purify
fumaric acid from FAS [3–5]. However, it is difficult to separate high-purity fumaric acid
from FAS, and the process is very complicated, going through the steps of washing and
sedimentation, decolorization, filtration, transposition reaction, drying, filtrate treatment,
etc. These processing methods require many instruments, high energy consumption, high
treatment cost, and low economic efficiency; finding a cost-effective way to treat FAS has
become a challenge.

Some researchers have studied the use of FAS to produce polyol unsaturated polyester
resin to produce artificial marble/granite and foamed resin for home decoration building
materials, but failed to realize industrial application [6]. In addition, only unsaturated
carboxylic acids (about one-third) in FAS are utilized in the production of unsaturated
polyester resin. Even if the average price of maleic acid and fumaric acid industrial products
is 6000 CNY/t, the utilization value is only about 2000 CNY/t. How to realize the utilization
of saturated carboxylic acid (about three-fifths) in FAS is more economical.

Unsaturated carboxylic acids account for about one-third of FAS, while saturated
carboxylic acids account for two-thirds. This compositional feature determines that the
utilization of FAS cannot only consider unsaturated dicarboxylic acids, and the value of
saturated carboxylic acids is equally important, or even more important. Citric acid and its
aluminum salts are widely used in oilfield water injection scale inhibitors and cross-linking
agents for polymer hydrogels [7–10]. Therefore, the direct utilization of FAS may be the
best in the field of oilfield chemicals.

Drilling fluid, known as the “blood” in drilling engineering, has the functions to carry
cuttings, protect the well-bore wall, balance formation pressure and reduce drilling tool
wear [11]. With the continuous low price of oil, the direction of development of drilling
fluid additives highlights the utilized resources of wastes to reduce the production cost of
the additives [12–14]. If FAS can be directly utilized to prepare drilling fluid additives, it is
not only an important process method to solve the clean production of phthalic anhydride,
but also an effective way to reduce the production cost of drilling fluid additives.

Oilfield filtrate loss reducer is the core additive of drilling fluid, which can form a thin
and dense mud cake at the well wall, reduce the amount of drilling fluid filtrate loss pene-
tration into the formation interior, avoid well collapse, and ensure safe oilfield production.
Filtration control is an important property of a drilling fluid, particularly when drilling
through permeable formations, where the hydrostatic pressure exceeds the formation pres-
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sure. Commonly used filtrate loss reducer includes cellulose derivatives, starch derivatives,
humic acids, synthetic resins, and sulfonic acid-based multipolymer [15,16]. Both fumaric
acid and maleic acid contain –C=C– in their molecular structures, and it is feasible to utilize
FAS as a polymeric monomer for the preparation of multiple copolymers and then as a fil-
trate loss reducer for oilfield drilling applications. Many researchers have utilized fumaric
acid and maleic acid to synthesize oilfield chemical additives in recent years [17–19].

FAS contains a large amount of fumaric anhydride and maleic anhydride; their molec-
ular structure can easily form a rigid ring structure through hydrogen bonding, which
results in low polymerization activity (low reactivity rate) and difficulty in forming a large
molecular weight in a free radical polymerization reaction (such as hydrolyzed poly-maleic
anhydride (HPMA), a polymer-scale inhibitor with excellent performance, the short molec-
ular chain of which is due to the carboxyl group formed by hydrolysis, which makes it
easier to form carboxyl salts with metal ions). Therefore, polymer containing FAS has
the function of small-molecule viscosity reducer. On the other hand, the ring structure
in the molecular structure greatly increases the molecular rigidity of the polymer, which
makes the polymer relatively superior in salt resistance and high-temperature resistance to
a certain extent. The industrial by-product FAS used in the preparation of polymer filtrate
loss reducer can not only reduce the cost of the polymer, but also improve the temperature
and salt resistance of filtrate loss reducer. Therefore, FAS used in the synthesis of polymer
filtrate loss reducer has a high application value.

In order to realize the efficient utilization of industrial byproduct FAS and prepare
a low-cost filtrate loss reducer with temperature and salt resistance, in our work, firstly,
a series of qualitative and quantitative analyses of FAS were carried out; and then put
forward a method of industrialized utilization of FAS as a high-value resource; then, a tem-
perature and complex saline resistance filtrate loss reducer based on FAS was successfully
synthesized; finally, the performance evaluation and structural characterization of the
synthesized copolymer were carried out (Figure 1).

2. Results and Discussion

2.1. Component Analyses of FAS by Modern Instrumental Analysis Method

FAS appears as a dark yellow massive solid, which can easily absorb water and
agglomerate when exposed to air, turning to light yellow fine powder after drying and
crushing, as shown in Figure 2. In order to find out the resource utilization method of FAS,
a series of qualitative and quantitative analyses of FAS were carried out: FT-IR is used to
detect possible functional groups; 1H-NMR is used to calculate the degree of unsaturation
of different substances in FAS; XRD is used to analyze the main phases of FAS; XRF is used
to analyze the elements contained in FAS and the content of each element; GC-MS and
Py-GC-MS are used to determine possible volatiles and pyrolysis products in FAS; and
LC-MS is used to detect the content of water-soluble substances in FAS. Then, the detailed
components and ratios of FAS were obtained, as shown in Table 1.

 

Figure 2. Appearance comparison of FAS: (a) original appearance; (b) after drying and crushing. 
Figure 2. Appearance comparison of FAS: (a) original appearance; (b) after drying and crushing.
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Table 1. Component composition of FAS.

Component Name
Mass

Content/%
CAS#

Carboxylic Acid
Saturation

Carboxylic
Acid Type

Fumaric acid 19.82 110-17-8

Unsaturation
(33.69%)

Diprotic (51.04%)

Fumaric anhydride 0.07 108-30-5
Maleic acid 13.11 110-16-7

Maleic anhydride 0.62 108-31-6
Acrylic acid 0.07 79-10-7

Phthalic acid 17.10 88-99-3

Saturation
(64.21%)

Phthalic anhydride 0.25 85-44-9

Benzoic acid 3.71 65-85-0
MonoAcetic acid 0.15 64-19-7

Citric acid 43.02 77-92-9 Ternary

Silicate 0.25 - - -
Water 1.85 - - -

It can be seen from Table 1 that the content of unsaturated carboxylic acid is 33.69%, the
content of saturated carboxylic acid is 64.21%, and the content of diprotic carboxylic acid is
51.04%. For oilfield chemicals, the saturated acids in FAS can be applied to oilfield water
injection scale inhibitor and cross-linking agent for polymer hydrogels, and unsaturated
acids can be used to synthesize filtrate reducer. The application of FAS in the field of oilfield
chemicals can effectively improve the utilization rate of FAS.

AM (acrylamide) and AMPS (2-acrylamide-2-methyl propane sulfonic acid) are two com-
monly used monomers for the synthesis of polyacrylamide, since their molecular structures
contain functional groups such as amide and sulfonic acid groups, which are often intro-
duced into the molecular structure of oilfield filtrate loss reducer to improve their tempera-
ture and saline resistance [20,21]. In recent years, many researchers have used AM/AMPS
in copolymerization to synthesize copolymers and applied them in various fields [22–25].

Therefore, we propose an industrialized utilization of FAS: due to the presence of
unsaturated carboxylic acids, their molecular structure contains –C=C–, and the FAS can
be utilized as a polymerizable free radical monomer and copolymerized with AM/AMPS
to synthesize copolymer as oilfield drilling filtrate loss reducer. In this way, the role of
saturated carboxylic acid and unsaturated carboxylic acid in FAS can be fully exerted, and
the utilization rate of FAS can reach 97.9%.

2.2. Structural Characterization of PAAF

2.2.1. FT-IR

The infrared spectrum of PAAF and FAS are shown in Figure 3a. In the FT-IR spectrum
of FAS, the absorption peak at 1678 cm−1 corresponds to the characteristic absorption
peak of C=O, and 3088 and 934 cm−1 correspond to the stretching vibration in =CH and
the –OH non-planar wobble vibration, respectively [26]. While in the FT-IR spectrum
of PAAF, the absorption peak at 3088 cm−1 becomes very flat, which indicates that the
stretching vibration of =CH is very weak in the PAAF structure and the C=C in the raw
material AM/AMPS/FAS structure has been broken. In addition, in the FT-IR spectrum of
PAAF, the absorption peaks at 3341 and 1671 cm−1 correspond to the N–H bond and C=O
bond stretching vibration peaks, respectively [27]; 2934 cm−1 corresponds to the stretching
vibration of saturated –CH [27]; the peaks appearing at 1187, 1041, 626, and 513 cm−1 are
the –SO3 absorption characteristic peak [28]. The characterization results show that the
polymer PAAF structure contains groups such as –CONH2, –SO3, etc. These functional
groups are introduced by copolymerization through C=C breakage in the raw material
AM/AMPS/FAS structure.

Figure 3b gives the FT-IR spectrum of PAAF prepared with the following different
monomers: FAS and MA (analytically pure), FA (analytically pure), and MA/FA (analyti-
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cally pure). It can be seen from the figure that the FT-IR spectrum of this series of PAAF
does not differ much, and the positions of the corresponding absorption characteristic
peaks of the main functional groups are basically the same. It means that PAAF synthesized
with unpurified FAS has the same functional groups as that synthesized with analytically
pure compounds, and FAS does not need to be refined and can be utilized directly as
a polymeric monomer to copolymerize with other monomers.

Figure 3. Infrared spectrum comparison: (a) PAAF and FAS; (b) PAAF-FAS\PAAF-MA\PAAF-
FA\PAAF-MA-FA.

2.2.2. TGA

Figure 4 shows the TGA-DTGA curve of PAAF. As can be seen from the figure,
the decomposition of PAAF is divided into four stages. The first stage occurs at room
temperature to 107 ◦C, which is the free water evaporation stage. The evaporation of
intramolecular and intermolecular water corresponds to a weight loss of 3.0%. The second
stage occurs at 107 to 261 ◦C; at this stage, the amide group undergoes thermal acyl-
amination reaction [29], resulting in a weight loss of 6.4%. The third stage occurs at
261 to 315 ◦C, the –C–C– bond on the side chain of PAAF begins to break, and the molecular
structure on the side chain begins to detach from the main chain of PAAF and undergo
carbonization, corresponding to a weight loss of 4.3%. The fourth stage occurs at 315 to
350 ◦C; in this stage, the –C–C– bond in the main chain of the PAAF molecular structure
begins to break, and the macromolecular chain of PAAF begins to break into small molecular
chains, corresponding to a weight loss of 9.7%. From the TGA-DTGA results, it can be seen
that the molecular structure of PAAF began to decompose from 261 ◦C, and the general oil
well filtrate loss reducer use environment is lower than 200 ◦C, so as an oil well filtrate loss
reducer, PAAF can have a good temperature resistance.

 

≤

Figure 4. TGA-DTGA curve of PAAF.
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2.3. Performance Evaluation of PAAF

2.3.1. Effect of Monomer Mass Ratio

To improve the utilization rate of FAS, a series of PAAF were synthesized by grad-
ually increasing the proportion of FAS in the total monomer (0%, 20%, 25%, 33%, 50%)
while keeping the mass ratio AM:AMPS = 1:1 and the total mass of the three monomers
AM/AMPS/FAS constant, which were recorded as PAAF110, PAAF221, PAAF332, PAAF111,
and PAAF112. Weigh two portions of a certain mass of PAAF and add them to two groups
of complex saline-based mud, respectively. One portion was stirred at high speed for
20 min, and then stirred at high speed for 10 min after 24 h of maintenance to determine
the room temperature filtration loss FLAPI and rheological parameters; the other group was
stirred at high speed for 20 min, loaded into a high-temperature aging tank, and hot rolled
and aged at 150 ◦C for 16 h. After it cools, take it out and stir at high speed for 10 min, and
then determine the room temperature filtration loss FLAPI and rheological parameters.

The AV, PV, YP, and FLAPI of the complex saline-based mud were all higher after 24 h of
room temperature maintenance than after aging at 150 ◦C for 16 h (Figure 5), indicating that
part of the carbon chain structure of PAAF was destroyed at 150 ◦C, leading to a decrease
in its rheological properties and filtration loss reduction performance. With the increase
in FAS proportion, the AV and PV of the complex saline-based mud showed a decreasing
trend (Figure 5a,b), but FLAPI did not increase significantly (Figure 5d), indicating that the
addition of a certain proportion of FAS can significantly reduce the viscosity of the complex
saline-based mud, and the filtrate loss reduction performance will not be significantly
reduced. However, there is a significant increase in FLAPI as the proportion of FAS increases
to 50% (Figure 5d), comparing PAAF111/PAAF112, from 22.0 to 82.0 mL after hot rolling at
150 ◦C, which can no longer meet the technical requirements of oilfield filtrate loss reducer
(≤ 25 mL). It is possible that the proportion of FAS in the total amount of monomers
is too high, and FAS contains a large amount of fumaric acid, and the double carboxyl
group of fumaric acid is located on the opposite side of the carbon-carbon double bond,
which has a large polymerization site resistance and is not conducive to the polymerization
between the monomers, making the degree of polymerization between AM/AMPS/FAS
lower, resulting in a sharp decrease in the performance of the synthesized PAAF to reduce
filtration loss. Therefore, considering the utilization rate of FAS and filtration loss reduction
performance, the synthesized PAAF can meet the requirements of oilfield filtrate loss
reducer and maximize the utilization of FAS when the mass ratio AM:AMPS:FAS = 1:1:1.

Figure 5. Effect of monomer ratio on the performance of PAAF: (a) effect of monomer ratio on AV;
(b) effect of monomer ratio on PV; (c) effect of monomer ratio on YP; (d) effect of monomer ratio
on FLAPI.
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2.3.2. Effect of Cross-Linking Agent

Unsaturated carboxylic acids account for about one-third of FAS, while saturated
carboxylic acids account for about three-fifths. This compositional feature determines
that the utilization of FAS cannot only consider unsaturated dicarboxylic acids, and the
value of saturated carboxylic acids is equally important, or even more important. Citric
acid and its aluminum salts are widely used in oilfield water injection scale inhibitors and
cross-linking agents for polymer hydrogels, easy-to-form weak hydrogels. In the reaction
of synthesizing copolymers, the saturated polyacids in FAS may be thermally cross-linked
with small-molecule polymers to form weak gels with a blocking effect. However, due to
the cross-linking formed by covalent bonds, its cross-linking strength is relatively weak.
Although it has an effect on improving the fluid loss reduction performance at room
temperature, it is relatively weak in improving the high-temperature resistance of the
copolymer. We conducted an experimental exploration to improve the high temperature
resistance of FAS-based copolymers by using silicates as cross-linking agent.

Sodium silicate readily forms polysilicate at a certain pH range and can be applied in
polymerization reactions to strengthen the structure of polymer molecules [30–34]. Under
the condition of monomer mass ratio AM:AMPS:FAS = 1:1:1, different masses of sodium
silicate were added to the solution as cross-linking agent to improve the temperature
resistance of PAAF, and the masses of sodium silicate were 0.0, 1.5, 3.0, 6.0, and 12.0 g.
After adding different masses of sodium silicate to synthesize the series of PAAF, the FLAPI
and rheological parameters of the complex saline-based mud were measured based on the
previously introduced test method for temperature and salt resistance, and the test results
are shown in Table 2.

Table 2. Effect of cross-linking agent on the performance of PAAF.

Mass of
Sodium

Silicate (g)

AV (mPa·s) PV (mPa·s) YP (Pa) FLAPI (mL/30 min)

Before
Aging

After
Aging

Before
Aging

After
Aging

Before
Aging

After
Aging

Before
Aging

After
Aging

0.0 10.0 4.0 10.0 4.0 0.0 0.0 3.6 22.0
1.5 8.5 3.0 8.0 3.0 0.5 0.0 6.8 16.0
3.0 7.0 3.5 6.0 3.0 1.0 0.5 6.4 13.2
6.0 7.0 3.0 6.0 3.0 1.0 0.0 9.6 66.0
12.0 7.0 3.5 6.0 3.0 1.0 0.5 12.4 74.0

With the addition of cross-linking agent, the FLAPI before aging does increase, but it is
obvious that the FLAPI after aging first decreases significantly, and then starts to increase
when the addition of cross-linking agent exceeds 6.0 g, which means that the cross-linking
agent can improve PAAF’s ability to reduce filtration in high temperature, but adding
too much cross-linking agent will greatly reduce the hydration ability of PAAF molecules,
resulting in a decrease in its ability to reduce filtration. Therefore, there is an optimal mass
for the cross-linking agent. Combining the data of FLAPI before aging and FLAPI after
aging, we believe that PAAF’s ability to reduce filtration is the best when the addition of
the cross-linking agent is 3 g. On the other hand, the YP value changes significantly with
the increase in the crosslinking agent. This is because the PAAF molecules form a certain
network structure through the crosslinking reaction, which greatly enhances the yield value.
It also happens that when the addition of cross-linking agent is about 3.0 g, the YP before
aging and after aging is relatively high, which is good for the cuttings carrying ability of
the drilling fluid. Therefore, it is very necessary to optimize the amount of cross-linking
agent in general, and it has indeed achieved better results.

As can be seen from Table 2, the rheological parameters AV, PV and YP of the complex
saline-based mud did not change much after the addition of a certain mass of sodium
silicate, indicating that the addition of sodium silicate hardly affected the rheological
properties of PAAF. There was a significant decrease in FLAPI after hot rolling and aging at
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150 ◦C for 16 h, FLAPI decreased from 22.0 to 16.0 mL/30 min after adding 1.5 g of sodium
silicate, and FLAPI was lowest at 13.2 mL/30 min when 3.0 g sodium silicate was added,
indicating that a certain mass of sodium silicate could improve the temperature resistance
of PAAF. However, with the further increase in sodium silicate mass (increased to 6.0 g),
the FLAPI after hot rolling and aging increased sharply instead (from 13.2 mL/30 min to
66.0 mL/30 min), indicating that the addition of too much sodium silicate hinders the
polymerization between AM/AMPS/FAS. It makes the polymerization of PAAF decrease,
which leads to the carbon chain of PAAF to break easily at high temperatures, thus losing
the function of reducing filtration loss.

Therefore, the addition of 3.0 g sodium silicate (5% of the total monomer mass) can
make the monomers on the main chain of PAAF cross-link with each other and ensure that
the structure of PAAF is not easily destroyed at high temperature; thus, the temperature
resistance of PAAF can be improved.

2.3.3. Effect of FAS on Rheological Properties

In order to more scientifically evaluate the rheological properties of the complex
saline-based mud used in this study, the Bingham Plasticity Model and Power Law Model
were applied to the viscometric data obtained before and after aging. As can be seen from
Figure 6, whether it is before or after aging, the Power Law Model is more consistent with
the experimental data curve than the Bingham Plastic Model. Therefore, we consider the
complex saline-based mud to be fitted with the Power Law Model.

 

τ γ τ γ

Figure 6. Rheological model cure: (a) rheological models applied to viscometric data obtained before
aging; (b) rheological models applied to viscometric data obtained after aging.

According to Power Law Model: τ= Kγn, where τ is the shear stress, γ is the shear
rate, n is the fluidity index, and K is the consistency coefficient. The value of n reflects the
shear dilution performance of drilling fluid, and K is related to the viscosity and sheared
force of drilling fluid. The K value reflects the pumpability of drilling fluid; the large value
of K will make it difficult to repump. In order to study the effect of FAS on the rheological
properties of drilling fluid, we added two additives to the complex saline-based mud,
PAAF110 (without FAS) and PAAF111 (mass ratio AM:AMPS:FAS = 1:1:1), and tested the
changes of rheological parameters of composite brine base mud under different additives,
as shown in Table 3.

It can be seen from Table 3 that at 25 ◦C, the AV and PV values of based mud with
PAAF110 are much greater than those of based mud with PAAF111, which indicates that
the based mud with PAAF111 has better fluidity; at 150 ◦C, the RYP value and n value
of based mud with PAAF110 are consistent with based mud with PAAF111, indicating
that the two additives have the same shear ability, and there is no difference in the ability
to carry cuttings. The K value of based mud with PAAF110 is half of that of based mud
with PAAF111, which means that based mud with PAAF110 is more viscous, has worse
pumpability, and is more difficult to pump the drilling fluid to the ground. Therefore, the
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PAAF111 synthesized based on FAS can not only maintain the ability of drilling fluid to
carry cuttings, but also make the drilling fluid have better fluidity and facilitate pumping.

Table 3. Rheological property results of the complex saline-based mud with the addition of PAAF110
or PAAF111.

Temperature/ ◦C Index
Complex Saline-Based Mud

With PAAF110 With PAAF111

25

AV/ mPa·s 20.5 8.0
PV/ mPa·s 19.0 7.0

RYP/(Pa/mPa·s) 0.0807 0.1486
n/ Dimensionless 0.8981 0.8301

K/ Pa·sn 0.0415 0.0260

150

AV/ mPa·s 7.0 3.5
PV/ mPa·s 6.0 3.0

RYP/(Pa/mPa·s) 0.1703 0.1703
n/ Dimensionless 0.8074 0.8074

K/ Pa·sn 0.0266 0.0133

In general, polymer filtrate loss reducer has a positive effect on rheological properties,
the value of n is appropriate to the control at 0.4–0.7, and the value RYP is appropriate
to the control at 0.36–0.48 Pa/mPa·s. Obviously, the effect of PAAF and general polymer
filtrate loss reducer on rheological properties is not the same, because PAAF is a dilution-
type filtrate loss reducer with a relatively smaller molecular weight. This can be clearly
verified from the results of previous studies on China’s most famous polymer diluent,
XY-27 (ultra-low-molecular-weight poly(AM-AA)) [35].

After PAAF111 is added, the value of RYP and K is relatively small. On the one
hand, the dilution of PAAF weakens the network structure formed between polymer and
bentonite particles, which reduces the structural viscosity (intrinsic viscosity) of drilling
fluid; On the other hand, a certain amount of saturated organic acids (citric acid, phthalic
acid, etc., which will not participate in the polymerization of PAAF) contained in FAS will
form small molecular organic salts with metal ions on the end face of bentonite particles
under high-temperature conditions, compress the electric double layer on the surface
of bentonite particles, and appear with the tendency of high temperature passivation of
bentonite particles, which affects the stability of the bentonite colloidal system and leads to
poor thixotropy.

However, this paper only studies the effect of a single PAAF in the bentonite-based
mud on the rheological properties, in order to understand the influence of the difference
of PAAF itself on the rheological properties of the drilling fluid. In practical industrial
applications, drilling fluid is composed of many kinds of functional additives (sometimes
even more than ten kinds of additives), and the effect of different additives on drilling
fluid rheological properties will be affected by their interaction Therefore, the rheological
properties of the drilling fluid system is the result of the joint action of various additives,
and it is also the result of the coupling effect of various additives complementing each other.
It is not difficult to understand that even if the effect of a single additive on the rheological
properties is negative, the combined effect in the actual drilling fluid may still be positive.
Examples abound in this regard, such as Fe-Cr-lignosulfonate (FCLS), the most effective
diluent in brine drilling fluid systems, which has exactly the same effect on the rheological
properties of drilling fluid systems [35].

2.3.4. Comparison of By-Product FAS with Analytical Pure MA and FA

Under optimal experimental conditions, FAS, maleic acid (MA, analytical pure), fu-
maric acid (FA, analytical pure), and MA:FA = 1:3 were used to co-polymerize with
AM/AMPS to form a series of PAAF, respectively. The AV and FLAPI of the complex
saline-based mud after adding the series PAAF were tested before and after hot rolling
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and aging at 150 ◦C for 16 h according to the performance evaluation method, and the test
results are shown in Figure 7.

△ μ
μ △

μ √𝑡√𝑡
√𝑡

Figure 7. Effect of different monomers on the performance of PAAF: (a) effect of different monomers
on AV; (b) effect of different monomers on FLAPI.

From the AV values before hot rolling and aging (Figure 7a), the apparent viscosity of
MA is the highest (12.0 mPa·s) and the apparent viscosity of FA is the lowest (6.0 mPa·s),
which indicates that MA has the highest degree of polymerization with AM/AMPS and
the highest molecular weight of the synthesized PAAF compared to FAS and FA. From the
FLAPI after hot rolling and aging (Figure 7b), the PAAF synthesized using MA has the best
reduce filtration loss performance (10.8 mL, the double carboxyl group of MA is located on
the same side of the carbon-carbon double bond, and the site resistance of polymerization is
smaller than FA, which is easier to polymerize). There was little difference in the filtration
loss reduction effect between PAAF synthesized directly using FAS and PAAF synthesized
at MA:FA = 1:3 (13.2 mL and 14.0 mL, respectively), which indicates that the components
of FAS other than fumaric acid and maleic acid do not affect the polymerization between
FAS and AM/AMPS. Therefore, there is no complicated refining requirement, and FAS can
be used directly as polymerizable free radical monomer for the synthesis of oilfield filtrate
loss reducer PAAF.

2.3.5. Filtration Properties of PAAF

According to Darcy’s law [35]: dVf/dt = KA△p/(µhmc), where dVf/dt is filtration loss
rate, cm3/s; K is mud cake permeability, µm2; A is percolation area, cm2; △p is percolation
pressure, 105 Pa; µ is filtration loss viscosity, 0.1 mPa·s, hmc is mud cake thickness, cm; Vf
is filtration loss (FL), cm3; t is percolation time, s. We can infer that FL and

√
t should be

proportional. Figure 8 shows the plot of the relationship between square root of time and
FL (After aging at 150 ◦C). As

√
t increases, the change trend of FL is almost linear. We take

the FL at 7.5 and 30 min, respectively, and fit a straight line; we can find that the values of
FL are almost all on this straight line. Therefore, it can be considered that FL is proportional
to

√
t, and the filtration loss characteristics of PAAF follow Darcy’s law. On the other hand,

we can find that this straight line is not at the origin and has a positive intercept, indicating
that before the mud cake is formed, there is a sudden spurt of initial filtration loss, that is,
spurt loss. When spurt loss occurs, the spurt loss molecules can quickly enter the bottom
of the thin cuttings formed by the broken rock of the drill bit, which can help to strip the
thin cuttings from the rock and wash away immediately, or make them not closed, which is
beneficial to increase the mechanical rotational speed.

The ability of the mud to seal permeable formations exposed by the bit with a thin,
low-permeability filter cake is another major requirement for successful completion of the
hole. Because the pressure of the mud column must be greater than the formation pore
pressure in order to prevent the inflow of formation fluids, the mud would continuously
invade permeable formations if a filter cake were not formed.
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Figure 8. The plot of relationship between square root of time and FL (after aging at 150 ◦C).

The rate of filtration and the increase in cake thickness depend on whether or not the
surface of the cake is being subjected to fluid or mechanical erosion during the filtration
process. When the mud is static, the filtrate volume and the cake thickness increase
in proportion to the square root of time (hence, at a decreasing rate). Under dynamic
conditions, the surface of the cake is subjected to erosion at a constant rate, and when
the rate of growth of the filter cake becomes equal to the rate of erosion, the thickness
of the cake and the rate of filtration remain constant. In the well, because of erosion
by the mud and because of mechanical wear by the drill string, filtration is dynamic
while drilling is proceeding; however, it is static during round trips. All routine testing
of filtration properties is made under static conditions because dynamic filtration tests
and static tests under high temperature and high pressure (HTHP) are time-consuming
and require elaborate equipment. Thus, filtration rates and cake thicknesses measured in
surface tests correlate only approximately to those prevailing down-hole and can be grossly
misleading. The permeability of the filter cake, which may readily be calculated from static
test data, is a better criterion because it is the fundamental factor controlling both static and
dynamic filtration.

2.3.6. Comparison of Filtration-Loss-Controlling Ability of Popular Copolymers

We selected several popular low-molecular-weight copolymer filtrate loss reducers
(Na-PAN, NH4-PAN and PAMAP) and compared their filtration loss in different based
mud. The Na-PAN is hydrolyzed polyacrylonitrile sodium salt, which is a commonly
used industrial filtrate loss reducer. It is insensitive to NaCl and has good filtration loss
performance for based mud containing NaCl. The NH4-PAN is also an industrial filtrate
loss reducer, owing to the fact that NH4

+ released by NH4-PAN in the drilling fluid can be
embedded in the shale; it can not only reduce the filtration loss, but also have a certain effect
of preventing well collapse. The PAMPAP is a copolymer obtained by copolymerization of
AM/AMPS/AA/AP and has a similar molecular structure to PAAF [27]. The FL data for
these filtrate loss reducers are listed in Table 4.

Table 4. FL comparison of different types of filtrate loss reducers in different based mud (after aging
at 150 ◦C).

Filtrate Loss
Reducer

Saturated Brine-Based Mud Complex Saline-Based Mud

FLAPI/mL FLHTHP/mL FLAPI/mL FLHTHP/mL

Standard [36] ≤25.0 - ≤25.0 -
PAAF 14.2 62.4 13.2 126.0

Na-PAN 7.2 25.6 94.0 250.0
NH4-PAN 32.0 250.0 110.0 250.0
PAMAP 15.8 49.4 - -
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As can be seen from Table 4, compared with Na-PAN, PAAF has worse filtration loss
performance in saturated brine-based mud, while PAAF has better filtration performance
in complex saline-based mud, which means that although the PAAF has a weaker NaCl
resistance performance, its complex saline resistance performance is much greater than
Na-PAN. Compared to NH4-PAN, it is clear that PAAF exhibits stronger filtration loss per-
formance both in saturated brine-based mud and in complex saline-based mud. Compared
with PAMAP, which is similar in molecular structure, the filtration loss performance of
PAAF at room temperature medium pressure is better, but the filtration loss performance
of PAAF is not good enough at high temperature high pressure (HTHP), the reason being
that PAAF is a small molecule filtrate loss reducer with a dilution function, meaning the
molecular weight of PAAF is too small to block the filtration loss channel. Therefore, even
a salt resistance filtrate loss reducer such as PAAF, in the complex saline-based mud used
in this paper, does not have a good enough HTHP filtration loss performance (FLHTHP is
126 mL).

The danger of relying on the API filter loss as a criterion for downhole dynamic
filtration rates is obvious. A treating agent that was recommended on the basis of API
test results might give higher rates downhole than another agent that gave a higher API
filtrate loss. Worse still, an agent that reduced the API loss might increase the downhole
filtration rate.

The HTHP static loss correlated quite well with the short term (30 min) dynamic loss,
but had virtually no relationship with the long term (equilibrium) dynamic loss.

Despite its shortcomings, the API static test is the only practical test for control of
filtration at the wellsite. However, results should be interpreted in the light of correlations
made in the laboratory between API filter loss and dynamic filtration rate.

2.3.7. Mud Cake Properties of PAAF

Figure 9 shows the mud cake produced at room temperature medium pressure and
the mud cake produced at high temperature high pressure (HTHP). It can be seen that
the mud cake produced at room temperature medium pressure is very thin and dense,
and is tightly attached to the filter paper, showing a strong toughness, and the thickness
of the mud cake is less than 0.5 mm. The mud cake formed at high temperature high
pressure is not dense enough, and the thickness of the mud cake is about 1.8 mm. The
particles on the surface of the mud cake are evenly distributed, and there is no large particle
agglomeration. This shows that PAAF has played a diluting and dispersing role even in
high temperature and high pressure (HTHP) condition, so that the bentonite particles do
not agglomerate together.

 

Figure 9. Mud cake produced under different conditions: (a) room temperature medium pressure;
Figure 9. Mud cake produced under different conditions: (a) room temperature medium pressure;
(b) high temperature high pressure (HTHP).
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For a mud cake to form, it is essential that the mud contain some particles of a size only
slightly smaller than that of the pore openings of the formation. These particles, which are
known as bridging particles, are trapped in the surface pores, while the finer particles are,
at first, carried deeper into the formation. The bridged zone in the surface pores begins to
trap successively smaller particles, and, in a few seconds, only liquid invades the formation.
The suspension of fine particles that enters the formation while the cake is being established
is known as the “mud spurt”. The liquid that enters subsequently is known as the filtrate.

The permeability of the mud cake depends on the particle size distribution in the
mud and on the electrochemical conditions. In general, the more particles there are in the
colloidal size range, the lower the cake permeability. The presence of soluble salts in clay
muds increases the permeability of the filter cake sharply, but certain organic colloids enable
low cake permeabilities to be obtained even in saturated salt solutions. Thinners usually
decrease cake permeabilities because they disperse clay aggregates to smaller particles.

2.3.8. Salt Resistance of PAAF

Figure 10 shows the comparison of the FLAPI (before aging) in different based mud.
After adding 1wt% PAAF to the based mud, the filtration loss of freshwater-based mud was
reduced by 27.8 mL/30 min; the filtration loss of saturated brine-based mud was reduced
by 99.2 mL/30 min, and the filtration loss of complex saline-based mud was even lower,
113.6 mL/30 min. This result shows that PAAF exhibits excellent salt resistance. The salt
resistance mechanism of PAAF can be explained as follows: On the one hand, the molecular
structure of PAAF contains sulfonic acid groups, which are not sensitive to alkaline earth
metal ions, so PAAF can also play a good hydration effect in a high-salinity environment,
forming a thicker hydration shell, slowing down the loss of water in the mud. On the other
hand, a large number of amide groups are distributed in the molecular structure of PAAF,
and the amide group has a strong adsorption effect [37], which can eliminate the expansion
of the interlayer spacing of bentonite by metal ions, promoting the formation of dense
mud cake.

≤

Figure 10. FLAPI comparison under different based mud (before aging).

3. Conclusions

The FAS is a byproduct of the processing of phthalic anhydride organic wastewater,
which is rich in saturated carboxylic acid and unsaturated carboxylic acid. FAS as a free
radical monomer can directly participate copolymerization with acrylamide (AM) and
2-acrylamido-2-methylpropane sulfonic acid (AMPS) without separation and purification
to form a low-molecular-weight copolymer. Its molecular structure is rigid and suitable
for oil well drilling fluid chemicals such as filtrate loss reducer with a very low cost and
good comprehensive performance. We achieved the efficient utilization of FAS, and the
utilization rate of FAS can reach 97.9%.
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In the mass ratio AM:AMPS:FAS = 1:1:1, with the addition of 5 wt% sodium silicate,
the prepared copolymer PAAF has the best comprehensive performance. As a filtrate loss
reducer for oil well drilling fluid, PAAF has excellent temperature and complex saline
resistance. Under complex saline-based mud, the FLAPI is 13.2 mL/30 min after aging at
150 ◦C for 16 h, reaching the industry standard requirement (≤25 mL/30 min).

Compared with hydrolyzed polyacrylonitrile sodium salt (Na-PAN), which is also
a small molecular copolymer filtrate reducer, PAAF has a better resistance in complex
salts containing calcium and magnesium ions. Compared with another small molecular
copolymer filtrate reducer, hydrolyzed polyacrylonitrile ammonium salt (NH4-PAN), PAAF
has a better filtration-loss-controlling performance. Compared with polycarboxylic acid
comb copolymer PAMAP, PAAF has better resistance to saturated brine. Furthermore,
PAAF prepared based on low-cost FAS has an advantage in cost and can be used as
a low-cost filtrate loss reducer in oil well drilling fluids.

4. Materials and Methods

4.1. Materials

Fumaric acid sludge (FAS) was obtained from Karamay Zhengcheng Co., Ltd. (Xin-
jiang, Karamay, China). 2-acrylamido-2-methylpropanesulfonic acid (AMPS) was pur-
chased from Jingwen Dongxin Biotechnology Co., Ltd. (Beijing, China). Acrylamide (AM)
was purchased from Shandong Duofeng Chemical Co., Ltd. (Shandong, Zibo, China).
potassium persulfate, sodium hydroxide, sodium carbonate, sodium bicarbonate, sodium
chloride, anhydrous calcium chloride, magnesium chloride, fumaric acid, maleic acid, etc.,
were purchased from Beijing Yili Fine Chemicals Co., Ltd. (Beijing, China).

4.2. Methods

4.2.1. Preparation of PAAF Based on FAS

FAS pretreatment: FAS was dried in an oven at 80 ◦C for 24 h, and then crushed into
a fine powder with a pulverizer, that is, the fine powder of FAS.

According to the best ratio, 15.0 g NaOH and 5 g Na2CO3 were added to 80.0 g
deionized water and dissolved fully, then 20.0 g FAS fine powder was added slowly and
dissolved fully before use; 20.0 g AM and 20.0 g AMPS were added to 40.0 g deionized
water and dissolved fully before use; weigh 0.6 g of K2S2O8 initiator and 3.0 g of Na2SiO3
cross-linking agent into 10.0 g of deionized water, dissolve fully before use. The FAS
solution was mixed with the AM solution and the AMPS solution, and then transferred to
a three-necked flask to obtain a mixed solution. The temperature of the mix solution was
raised to 55 ◦C while N2 was passed into the flask for 30 min. Then, slowly add the K2S2O8
initiator mixture dropwise to the three-necked flask to initiate the polymerization. After
5 h of reaction, a brown viscous liquid was obtained, which was completely dried in an
oven at 80 ◦C. Finally, the dried liquid was pulverized into a fine powder with a pulverizer
to obtain PAAF.

4.2.2. Performance Evaluation Method of PAAF

The method of GB/T 16783.1 “Field Testing of Drilling Fluids for Oil and Gas Indus-
try Part 1: Water-based Drilling Fluids” was adopted to measure the room temperature
filtration loss (FLAPI), high-temperature and high-pressure filtration loss (FLHTHP) and
rheological properties of PAAF [38]. In addition, the temperature and complex saline
resistance of PAAF was tested according to the technical requirements of the corporate
standard “Salt Resistant filtrate loss reducer FRS for Drilling Fluids”, issued by China
National Offshore Oil Corporation (CNOOC) [36]. The specific test methods are as follows:

Method of room temperature filtration loss FLAPI: Pour the drilling fluid sample into
the filtration loss meter cup, make the liquid level reach the scale line in the filtration
loss meter cup, put the filtrate paper and install the filtration loss meter, and put the dry
measuring cylinder underneath to receive the filtrate. Close the pressure relief valve and
adjust the pressure regulator to make the pressure reach 690 ± 35 kPa (100 ± 5 psi) in 30 s
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or less, and start timing while pressurizing. After reaching 30 min, measure the collected
filtrate volume, which is the room temperature filtration loss FLAPI, and the test schematic
is shown in Figure 11a.

−

−

 

Figure 11. Test schematic: (a) FL ; (b) rheological properties. 
Figure 11. Test schematic: (a) FLAPI; (b) rheological properties.

Method of the rheological properties: Pour the drilling fluid sample into the sample
cup of the rotational viscometer, make the liquid level reach the scale line in the sample
cup of the rotational viscometer, put the sample cup on the bottom frame of the viscometer,
move the bottom frame so that the sample liquid level coincides with the scale line on
the outer cylinder, and measure and record the temperature of the drilling fluid sample.
Adjust the rotational speed of the outer cylinder of the rotational viscometer, and after
the dial reading value is stabilized, read and record the dial reading value under different
rotational speeds, as shown in Figure 11b. Calculate the apparent viscosity, plastic viscosity
and dynamic shear force based on the following equation:

AV = R600/2 (1)

PV = R600 − R300 (2)

YP = 0.511(R300 − PV) (3)

RYP = YP/PV (4)

n = 3.322l g(R600/R300) (5)

K = (0.511 R300)/511n (6)

where:
R600 = the reading of the viscometer at 600 r/min (dia);
R300 = the reading of the viscometer at 300 r/min (dia);
AV = apparent viscosity (mPa·s);
PV = plastic viscosity (mPa·s);
YP = yield point (Pa);
RYP = the ratio of yield point to plastic viscosity (Pa/mPa·s);
n = fluidity index of power law model rheological equation (dimensionless quantity);
K = the consistency coefficient of power law model rheological equation (Pa·sn).
Method of temperature and complex saline resistance evaluation: Complex saline was

prepared by adding 45.0 g of sodium chloride, 5.0 g of anhydrous calcium chloride and
13.0 g of magnesium chloride per liter of distilled water. Add 1.0 g of sodium bicarbonate
and 35.0 g of evaluation clay to 350 mL of complex saline and stir at high speed for 20 min,
stopping at least twice during the period to scrape off the clay adhering to the walls of the
container (maintenance at 25 ± 3 ◦C 24 h). Two portions of the prepared base mud were
added with a certain mass of PAAF and stirred at high speed for 20 min. One portion, after
being maintained for 24 h, was taken out and stirred at high speed for 10 min, and then the
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room temperature filtration loss FLAPI was determined, along with FLHTHP and rheological
parameters. The other portion was loaded into a high-temperature tank and hot rolled at
150 ◦C for 16 h; after it had cooled, it was taken out and stirred at high speed for 10 min,
and then the room temperature filtration loss FLAPI was determined, along with FLHTHP
and rheological parameters.

In this test process, a hot roll furnace XGRL-5 was used for hot rolling and aging
the drilling fluid, a medium-pressure ZNS-2A was used to determine FLAPI, and high-
pressure filtration apparatus GGS42-2 was used to determine FLHTHP. The rheological
parameters, such as AV, PV, and YP, were determined by a ZNN-D6 rotating viscometer.
All of the equipment was made by Qingdao Haitongda Special Instruments Co., Ltd.,
Qingdao, China.

4.2.3. Fourier Transform Infrared Spectra (FT-IR)

Sample preparation of PAAF was achieved using the KBr pellet method, and the sam-
ple was scanned by infrared spectrometer (Nicolet IS5; PerkinElmer; Waltham, MA, USA)
in a wave number range of 400 to 4000 cm−1, a signal-to-noise ratio of 50,000:1. The infrared
spectrum of PAAF samples was recorded at a resolution of 4 cm−1 with 64 scans.

4.2.4. Thermogravimetric Analysis (TGA)

The thermal decomposition behavior of the PAAF samples was investigated using ther-
mogravimetric analysis (STA449F5; NETZSCH; Selb, Bavaria, Germany) under nitrogen(N2)
atmosphere, and the N2 flow rate was 40 mL/min. The PAAF samples were placed in
a clean crucible and heated from 25 to 350 ◦C at a ramp rate of 10 ◦C/min.
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Abstract: Plant press slag (PPS) containing abundant cellulose and starch is a byproduct in the deep
processing of fruits, cereals, and tuberous crops products. PPS can be modified by using caustic
soda and chloroacetic acid to obtain an inexpensive and environmentally friendly filtrate reducer of
drilling fluids. The optimum mass ratio of mNaOH:mMCA:mPPS is 1:1:2, the optimum etherification
temperature is 75 ◦C, and the obtained product is a natural mixture of carboxymethyl cellulose
and carboxymethyl starch (CMCS). PPS and CMCS are characterized by using X-ray diffraction,
scanning electron microscopy, Fourier transform infrared spectroscopy, thermogravimetric, X-ray
photoelectron spectroscopy, and elemental analysis. The filtration loss performance of CMCS is stable
before and after hot-rolling aging at 120 ◦C in 4.00% NaCl and saturated NaCl brine base slurry.
The minimum filtration loss value of CMCS is 5.28 mL/30 min at the dosage of 1.50%. Compared
with the commercial filtrate reducers with a single component, i.e., carboxymethyl starch (CMS)
and low viscosity sodium carboxymethyl cellulose (LV-CMC), CMCS have a better tolerance to high
temperature of 120 ◦C and high concentration of NaCl. The filtration loss performance of low-cost
CMCS can reach the standards of LV-CMC and CMS of the specification of water-based drilling fluid
materials in petroleum industry.

Keywords: plant press slag (PPS); carboxymethylation; mixture of carboxymethyl cellulose and
carboxymethyl starch (CMCS); filtrate reducer; drilling fluids

1. Introduction

The comprehensive utilization of agricultural waste materials has gained much pop-
ularity in recent years. Agricultural waste materials show numerous advantages such as
cost effectiveness and reducing environmental hazards [1–4]. Many agricultural waste
materials are produced because of the rapid development of agriculture in China. For
example, the corn production was about 2.16 × 108 tons in 2017 in China, and about
3.5 × 107–3.9 × 107 tons corncob could be obtained from the corn production [5]. Agricul-
tural waste material contains starch, cellulose, hemi-cellulose, etc. It could ferment and
deteriorate easily and would cause environmental pollution. Some of them have been
separated and purified to product feed additive [6], prebiotic food [7], protein feed [8], etc.
Additionally, some of them have even been used to produce bioethanol [9]. However, its
popularization and application are difficult to realize due to the complex process, huge
investment, and low economic effectiveness.
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Many studies have addressed the subject of using cellulosic agricultural wastes in
oil field applications and a wide variety of cellulosic agricultural waste materials are
available for using as drilling fluids additives, including corncob, rice husk, bamboo, and
so on [10]. Some of them showed a good performance such as Tapioca starch [11] and
data seed powder (DSP) [12]. However, there are still many engineering problems in the
direct use of agricultural wastes, such as too much added dosages needed in the drilling
fluids [13], some samples might cause a negative impact to the rheological properties
of the drilling fluids [14,15]. In a nutshell, the added value of using agricultural wastes
directly as drilling fluid additives is low. However, through appropriate low-cost chemical
modification techniques, the performances and added value of additives derived based
on the agricultural wastes can be greatly improved [16,17]. This is very beneficial for both
additive producers and oilfield users.

There is no well drilling without the use of drilling fluids. Drilling fluids have many
functions, including carrying and suspending cuttings, balancing stratum pressure, and
reducing the filtration loss value, etc. Water-based drilling fluid is a widely used drilling
fluid and it is a kind of suspension composed of bentonite, water, chemical additives, etc.
Filtration control is an important property of a drilling fluid, particularly when drilling
through permeable formations, where the hydrostatic pressure exceeds the formation
pressure. It is important for a drilling fluid to quickly form a filter cake to effectively
minimize fluid loss. Fluid loss control additives, also called filtrate-reducing agents or
filtrate reducer, is crucial to the performance control of drilling fluid, which is mainly
reflected in four aspects: firstly, enhancing the borehole stability for maintain normal and
safe drilling in water sensitive formation and crushed formation; secondly, protecting
the formation damage caused by filtrate loss immersion; thirdly, maintaining the colloid
stability of drilling fluid system to suspend and carry drilling cutting particles; and lastly,
aiding the bit tool cut rock while water jet drilling to improve the rate of penetration (ROP).
The consumption of filtrate reducers accounts for about 10% of the whole drilling fluid
additives in amount, but its cost accounts for about 30%, so filtrate reducer is the most
important drilling fluid additive. Commonly used filtrate reducers include modified starch,
modified cellulose, humic acid derivatives, low molecular polyacrylamide-like copolymers,
partially hydrolyzed polyacrylonitrile, synthetic water-soluble resin, and so on [17–20].

Conventional chemical additives used in drilling fluids have been found to have
a negative impact on the environment and human health, and the most commercially
available chemical additives are not biodegradable [21,22]. Recently, nanomaterials have
been used as drilling fluid additives, improving their rheology, lubricity, and filtration
property [23–25]. However, due to their poor dispersion ability, low performance stability,
and relatively high prices, their usage is limited [26,27]. Therefore, there is a great need
for new widely used biodegradable environmentally friendly drilling fluid additives,
which can help control the performances of drilling fluids, causing little impact on the
environment and to the health of workers [15]. CMC (carboxymethyl cellulose) and CMS
(carboxymethyl starch) are typical biodegradable water-soluble polymers. CMC is often
called “the monosodium glutamate of industry”. CMC and CMS can be used in oil and
gas well drilling [28,29], drug release [30–34], food industry [35,36], etc. When used in well
drilling, CMC is roughly divided into two classes, i.e., HV-CMC (high-viscosity sodium
carboxymethyl cellulose) and LV-CMC (low-viscosity sodium carboxymethyl cellulose).
HV-CMC is mainly used as a natural tackifier [37], while LV-CMC is the most widely
used filtrate reducer in water-based drilling fluids [38,39]. However, due to the rising
price of short linters for CMC production, preparing CMC using non-cotton cellulose has
become increasingly popular. Main alternative raw materials include waste disposable
paper cup [40], corncob residue [41], cassava residue [42], etc. CMS is close to LV-CMC in
almost all performances except for salt resistance and is often used as drilling fluid loss
agent to replace LV-CMC. The reaction mechanism of using cellulose and starch to prepare
filtrate reducers is the same, but the reaction conditions are different [43,44].
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Plant press slag (PPS) is a byproduct in the deep processing of natural products
and it contains starch, cellulose, pectin, etc. It was treated by dehydration, drying, and
then processed into powdery or granular fodder. The economic effectiveness of dealing
with PPS in this way was low. Because of a high starch and cellulose content in PPS, we
can synthesize a mixed product of LV-CMC and CMS by alkalizing and etherifying the
PPS, which was a natural mixture of carboxymethyl cellulose and carboxymethyl starch
(CMCS). We determined the optimal reaction conditions of CMCS, evaluated its applied
performances, and characterized its structure. We compared CMCS with CMS and LV-CMC
in terms of the filtration loss performance, tolerance to high temperature and salt. We also
compared the filtration loss performance of CMCS with the standards of LV-CMC and
CMCS of the specification of drilling fluid materials.

2. Results and Discussion

2.1. Structural Characterizations

We used a X-ray diffraction analyzer, scanning electron microscope, infrared spec-
trometer, and thermogravimeter to test, analyze, and compare PPS and CMCS. CMCS
samples were prepared according to the optimal mass ratio of mNaOH:mMCA:mPPS at 1:1:2
and etherification reaction at 75 ◦C for 1 h.

2.1.1. Elemental Analysis (EA)

The contents of carbon, hydrogen, and oxygen of PPS and CMCS were determined
by using an organic element analyzer. According to the molecular formula of cellulose
and starch, the theoretical content ratio of C/H is 7.2, and the ratio of C/O is 0.9. Due to
the presence of impurities in PPS, the ratio of C/H and C/O were relatively low than the
theoretical ratio. The ratio of C/H and C/O of chloroacetic acid is 8.0 and 0.75, respectively.
Therefore, the ratio of C/H should increase, while the ratio of C/O should decrease
theoretically after modification. As shown in Table 1, the experimental results were in
good agreement with theory, indicating the success of the modification reaction of PPS to a
certain extent.

Table 1. Elemental analysis results of PPS and CMCS.

Sample Weight/mg C/% H/% O/% C/H C/O

PPS 2.075 38.560 5.667 48.062 6.804 0.802
CMCS 2.139 32.170 4.691 54.241 6.858 0.593

2.1.2. XRD Characterization

An X-ray diffractometer was used to analyze PPS and CMCS, respectively (Figure 1).
Starch has three crystal structures of A, B, and C, generating three types of XRD patterns [29].
From the diffractogram of PPS, PPS has C-type diffraction pattern, which is a mixture of
A-type and B-type. Obvious diffraction peaks at around 2θ = 16.96◦, 21.97◦, 25.38◦, and
26.61◦ could be observed for PPS, indicating its semi-crystalline structure [35,36]. The peaks
were broad due to the crystallites of the cellulose in PPS [40]. After the alkalization and
etherification in the process of carboxymethylation, the peaks at 2θ = 16.96◦, 21.97◦, 25.38◦,
and 26.61◦ in the diffractogram of CMCS disappeared completely, revealing the crystalline
structures of cellulose and starch in PPS were destroyed and the crystallinity decreased
dramatically [45,46]. Furthermore, new peaks were observed at 2θ = 31.60◦, 45.44◦, and
56.46◦, which were the characteristic diffraction peaks of NaCl crystal. This was attributed
to the crystallinity of the remaining NaCl in CMCS [40,47]. The change in the XRD pattern
of the sample after the modification was due to the destruction of the hydrogen bond
structure of the cellulose and starch in the PPS under the action of strong alkaline, heat,
and mechanical forces, resulting in a decrease in its crystallinity, which is conducive to
improving the hydrophilicity of the sample and its filtrate reduction performance.
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Figure 1. X-ray diffraction spectrograms of PPS and CMCS.

2.1.3. SEM Characterization

As shown in Figure 2, the morphology of PPS particles changed significantly after the
modification. The original morphology of PPS particles was in an irregular elliptical egg
shape, with a smooth and flat surface, and the diameter of those “eggs” were estimated in
the range of approximately 10–30 µm (Figure 2a–c). However, the surface of CMCS became
rough, with wrinkles, of which holes and cracks were obviously presented (Figure 2e,f).
The hydroxyl group in PPS reacted with sodium hydroxide, part of the hydrogen bonds
of PPS were broken, resulting in the decrease in its crystallinity and the formation of
holes and cracks under the action of strong alkali, heat, and mechanical forces. Moreover,
the diameter of the PPS particles was reduced (Figure 2d). Due to the smaller particles,
holes and cracks on its surface, the contact area between PPS and etherification agent was
increased, which is beneficial to the etherification reaction [36,43].
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Figure 2. Scanning electron microscope images of PPS and CMCS. (a) PPS × 1000; (b) PPS × 5000;
(c) PPS × 20,000; (d) CMCS × 1000; (e) CMCS × 5000; (f) CMCS × 20,000. CMCS was obtained
by carboxymethylation when the mass ratio of mNaOH:mMCA:mPPS was 1:1:2 and etherification
temperature was 75 ◦C.

2.1.4. Infrared Spectroscopy Characterization

FTIR spectra was used to analyze the chemical groups of PPS and CMCS (Figure 3). The
peaks at 3420.03 cm−1 and 2922.92 cm−1 in FTIR spectra of PPS were due to the stretching
vibration of hydroxyl groups and methylene groups [41]. The peak at 1734.70 cm−1

originating from the carbonyl stretching vibrations of hemi-cellulose in PPS [48]. The
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peaks at 1647.81 cm−1, 1514.43 cm−1, and 1463.91 cm−1 were presented in FTIR spectra of
PPS, which were due to the aromatic vibrations of the aromatic skeleton of lignin [40,49].
Compared with PPS, the peak at 3416.67 cm−1 was also due to the stretching vibration
of hydroxyl groups, but the intensity of the signal was slightly reduced, indicating that
part of the hydroxyl groups reacted during the modification. The new vibration peaks
at 1605.37 cm−1 in FTIR spectra of CMCS were attributed to the asymmetrical stretching
vibration of C=O in –COO groups. The new peaks at 1421.48 cm−1 were the characteristic
absorption peak of the long-chain crystalline carboxylate [17,40,49]. Moreover, the peaks at
1324.40 cm−1 and 1045.61 cm−1 were attributed to the bending vibrations of –OH group
and the stretching vibration of CH–O–CH2 [43]. These results showed that carboxymethyl
groups were successfully grafted on the molecular chain of cellulose and starch in PPS by
etherification [41,50].
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Figure 3. FT-IR spectrograms of PPS and CMCS.

2.1.5. Thermogravimetric Characterization

The weight loss of the samples as a function of temperature (TG curves) is shown in
Figure 4a, the derivate weight loss curves (DTG curves) were obtained by calculating the
first derivative of TG (Figure 4b). Thermal behavior of PPS and CMCS were examined
by the study of TG, DTG thermograms. The lost weight of the samples before 150 ◦C
was attributed to the evaporation of its remaining free water and bound water on its
surface [51]. The initial decomposition temperature of PPS was about 184 ◦C and the
weight of PPS at 184 ◦C was 94.28%. The thermogravimetric curve of PPS gradually became
flat at about 401 ◦C with the weight of 39.15%, losing 55.13% of its weight in this thermal
decomposition process and the weight of 33.35% of PPS remained when the temperature
reached at 600 ◦C. However, the initial decomposition temperature of CMCS obtained by
carboxymethylation was about 164 ◦C, which was about 20 ◦C lower than that of PPS and
the weight of CMCS was 94.81% at 164 ◦C. This is because the crystal structure of cellulose
and starch in PPS was destroyed during the preparation of CMCS, the CMCS particles
were smaller, and the internal space of CMCS became loose, which led to a poor thermal
stability of CMCS [52]. The thermogravimetric curve of CMCS became gradually slower at
about 321 ◦C with the weight of 66.67%, and 28.05% of its weight lost in this decomposition
process. The weight of 54.55% of CMCS remained after thermal decomposition (Figure 4a).
The maximum thermogravimetric rate of PPS and CMCS was at about 287 ◦C and 260 ◦C,
respectively. The thermogravimetric interval span of PPS was wider than that of CMCS,
and the decomposition of CMCS was relatively slow resulting from the etherification of
PPS (Figure 4b).
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Figure 4. The thermal properties of PPS and CMCS. (a) Thermogravimetric (TG) analysis curves of
PPS and CMCS; (b) Differential thermogravimetric (DTG) curves of PPS and CMCS.

The TG curve indicated the residual mass of CMCS (54.55%) after thermal decompo-
sition was much more than that of PPS (33.35%). There were two reasons for this result.
One of the reasons is because after etherification, carboxymethyl groups with high tem-
perature resistance were successfully introduced into the molecular chains of PPS, which
significantly improved the thermal stability of CMCS [53,54]. Moreover, the sodium ions
introduced during the modification process also attributed to the higher residual mass of
CMCS compared with PPS after the thermal decomposition [40].

2.1.6. XPS Analysis

The XPS spectra of PPS before and after modification were investigated to trace and
compare the structural differences, the corresponding results are presented in Figure 5. As
is shown in Figure 5a. the low-resolution mode spectra of PPS and CMCS indicate that PPS
has two sharp peaks (O1s, C1s), whereas CMCS has three peaks (Na1s, O1s, C1s).
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Figure 5. XPS spectra of PPS and CMCS. (a) Comparisons of low-resolution mode spectra of PPS and
CMCS; (b) High-resolution mode XPS spectra of the C1s peaks in PPS; (c) High-resolution mode XPS
spectra of the C1s peaks in CMCS.

The changes in carbon relative content in different combination states were revealed
by the high-resolution C1s peak of PPS and CMCS (Figure 5b,c). The C1s peak was fitted
into four distinct peaks that corresponded to C1 (C–C, 284.7 eV), C2 (C–O, 286.3 eV),
C3 (C=O, 287.7 eV), and C4 (O=C–O, 288.8 eV). The presence of C3, C4 in PPS was related
to its pectin and lignin components. The relative content of C2 of PPS was decreased,
while the composition of C4 was increased after modification. The above results suggested
that the carboxyl functional groups were successfully introduced into the molecular chain
of PPS after alkalization and etherification reaction, which is consistent with previous
studies [55–58].

154



Gels 2022, 8, 201

2.2. Optimization of Experimental Parameters for Carboxymethylation

The optimized experimental parameters can be obtained according to the minimum
value of the filtration loss of the saturated NaCl water-based drilling fluid with the sample
dosage of 1.00% (4.00 g sample was added in 400.00 mL brine base slurry) after curing at
room temperature for 16 h [59].

2.2.1. Effect of NaOH Dosage on Filtration Loss Performance of CMCS

The alkalized PPS samples were obtained by adding sodium hydroxide solution to
the ethanol aqueous solution of PPS, wherein the mass ratio of mNaOH:mPPS was 0.250,
0.375, 0.500, 0.625, and 0.750, respectively. The controlled experimental variables for
this parameter were the mass ratio of mMCA:mPPS which was 0.50 and the etherification
temperature which was 75 ◦C. At the sample dosage of 1.00%, the API filtration loss tests
of these samples in saturated NaCl brine base slurry were carried out after curing at room
temperature for 16 h. As the amount of NaOH increased, the API filtration loss decreased
at first, and later reached the minimum value of 6.32 mL when mNaOH:mPPS was 0.50
(Figure 6).
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Figure 6. Effect of NaOH on saturated NaCl brine base slurry filtration loss performance of CMCS.
(The mass ratio of mMCA:mPPS was 0.50 and the etherification temperature was 75 ◦C).

When the mass ratio of mNaOH:mPPS was lower than 0.50, the degree of swelling of
PPS was insufficient, which was not conducive to the subsequent etherification reaction
of MCA and PPS, resulting in lower etherification degree and poor filtration loss per-
formance. When the mass ratio of mNaOH:mPPS was higher than 0.50, the PPS could be
degraded by excessive NaOH, and excessive NaOH would react with the etherifying agent
(monochloroacetic acid), producing byproducts such as sodium glycolate and lowering the
efficient of etherifying agent, which caused a decreased etherification degree and inferior
filtration loss performance of the sample [16,43].

2.2.2. Effect of Etherifying Agent Dosage on Filtration Loss Performance of CMCS

The etherified samples were prepared by adding monochloroacetic acid (MCA) to
the ethanol aqueous solution of alkalized PPS, wherein the mass ratio of mMCA:mPPS
was 0.250, 0.375, 0.500, 0.625, and 0.750, respectively. For this experimental parameter,
the controlled conditions were the mass ratio of mNaOH:mPPS which was 0.50 and the
etherification temperature which was 75 ◦C. After curing at room temperature for 16 h, the
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API filtration loss tests of these samples in saturated NaCl brine base slurry were executed
and the sample dosage was 1.00%. As the amount of MCA increased, the API filtration loss
decreased at first and then increased, and it reached the minimum value of 6.32 mL when
mMCA:mPPS was 0.50 (Figure 7). When the mass ratio of mMCA:mPPS was lower than 0.50,
the inadequate etherification degree resulted in a reduced amount of carboxyl functional
groups on CMCS, which led to a poor salt tolerance property and filtrate reduction effect
of the sample. The increase in the MCA concentration made it easier to enter the interior
of PPS for reaction. However, when the mass ratio of mMCA:mPPS was higher than 0.50,
the excessive MCA could affect the PH value of the solution and easily aggravate side
reactions, which would reduce the etherification efficiency and filtrate reduction effect [60].
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Figure 7. Effect of MCA on saturated NaCl brine base slurry filtration loss performance of CMCS.
(The mass ratio of mNaOH:mPPS was 0.50 and the etherification temperature was 75 ◦C).

2.2.3. Effect of Etherification Temperature on Filtration Loss Performance of CMCS

The etherification was carried out at different temperatures, including 45 ◦C, 60 ◦C,
75 ◦C, 90 ◦C, and 105 ◦C. The mass ratio of mNaOH:mMCA:mPPS was kept constant at
1:1:2 for this experimental parameter. At the sample dosage of 1.00%, the API filtration
loss tests of these samples in saturated NaCl brine base slurry were implemented after
curing at room temperature for 16 h. As the etherification temperature increased, the
filtration loss value of sample decreased first and then increased, cause the increasing in
temperature between 45 ◦C and 75 ◦C improved the swelling of PPS particles and the
etherification reaction rate, which enhanced the etherification degree and filtration loss
performance. When the etherification temperature was 75 ◦C, the API filtration loss reached
the minimum value of 6.32 mL in saturated NaCl brine base slurry at the sample dosage of
1.00% (Figure 8). However, when the etherification temperature was higher than 75 ◦C, the
excessive temperature would increase the rate constants of the side reaction, resulting in a
decline to the filtration loss performance of sample [60]. Considering energy consumption
and product performance, 75 ◦C was selected as the optimum etherification temperature.

156



Gels 2022, 8, 201                   
 

 
                            ‐

                   

                 
                      ‐

                           
        ‐                    

                          ‐          
                   
                        ‐

                    ‐
                                ‐

                           
                             

                             
                               

                            ‐
                               
                             

                             
                         

                            ‐
                           
                           

                                  ‐
                             
                           

                                  ‐
     

Figure 8. Effect of etherification temperature on saturated NaCl brine base slurry filtration loss
performance of CMCS. (The mass ratio of mNaOH:mMCA:mPPS was 1:1:2).

2.3. Comparison between CMCS and Other Fluid Loss Additives

The optimum mass ratio of mNaOH:mMCA:mPPS was 1:1:2 and the optimum etherifica-
tion temperature was 75 ◦C (Figures 6–8) The CMCS samples were prepared under this
condition. Before and after hot-rolling aging in 4.00% and saturated NaCl brine base slurry
for 16 h at 120 ◦C, the filtration loss tests of PPS, starch, LV-CMC, CMS, and the obtained
CMCS were implemented at the sample dosage of 1.50% [59].

By comparing the filtration loss performance of PPS and starch with its corresponding
carboxymethylation product CMCS and CMS, the effect of carboxymethylation reaction
can be well proved. Figure 9 indicated that PPS and starch had similar fluid loss reduction
performance. With the addition of PPS or starch in 4.00% NaCl and saturated NaCl base
slurry, the apparent viscosity and fluid loss value of the drilling fluid hardly changed before
aging, which revealed PPS and starch did not have any filtration loss effect before aging.
However, after aging at 120 ◦C for 16 h, obvious changes to the apparent viscosity and fluid
loss performance of the drilling fluid could be observed with the addition of PPS or starch,
which was due to the gelatinization reaction of starch. When starch was heated in water
the surface of starch granules would break, resulting in the exudation of internal soluble
substances and the increase in the viscosity. At the same time, some amylopectin oozed out,
causing the change in the starch structure, which was beneficial to the fluid loss reduction
performance of the drilling fluid [61,62]. After aging, the filtration loss performance of PPS
greatly improved in 4.00% NaCl and saturated NaCl brine base slurry. However, the degree
of change in saturated NaCl brine base slurry was smaller than that in 4.00% NaCl brine
base slurry, which was due to the fact that the tolerance to high NaCl brine concentration
of PPS was insufficient. The change trend of the starch after aging was similar to PPS
(Figure 9). Therefore, modification should be carried out to PPS and starch to improve their
fluid loss performance as a fluid loss agent in water-based drilling fluids.
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Figure 9. Performances of samples at the sample dosage of 1.50%. (a) Apparent viscosity in
4.00% NaCl brine base slurry; (b) Filtration loss value in 4.00% NaCl brine base slurry; (c) Ap-
parent viscosity in saturated NaCl brine base slurry; (d) Filtration loss value in saturated NaCl brine
base slurry.

Figure 9 presented that before and after aging, 4.00% NaCl and saturated NaCl
brine base slurry with the addition of LV-CMC or CMS showed good rheological prop-
erties and fluid loss performance. LV-CMC and CMS could be used as a good filtrate
reducer for drilling fluids; however, they all had their own shortcomings. The fluid loss
value of 4.00% NaCl brine base slurry with LV-CMC added was 6.40 mL/30 min and
11.96 mL/30 min before and after aging at 120 ◦C for 16 h, which indicated that the temper-
ature resistance of LV-CMC was inadequate. After aging at 120 ◦C for 16 h, the filtration
loss value of 4.00% NaCl brine base slurry with the addition of CMS was 5.28 mL/30 min,
and it increased to 14.48 mL/30 min in saturated NaCl brine base slurry, which indicated
that the resistance to high concentration of NaCl of CMS was insufficient.

With the addition of CMCS, the apparent viscosity of the brine base slurry increased
significantly, indicating that the water solubility of CMCS was much higher than that of
PPS (Figure 9a,c). Furthermore, the filtration loss performance of CMCS at room tempera-
ture was significantly improved compared with that of PPS. When the dosage was 1.50%,
the filtration loss value of CMCS and PPS was 5.6 mL/30 min and 82.4 mL/30 min in
4.00% NaCl brine base slurry before aging, respectively. It indicated that the carboxymethy-
lation reaction greatly improved the filtration loss performance of PPS at room temperature.
Moreover, CMCS showed stable fluid loss reduction performance in different brine base
slurries before and after aging at 120 ◦C for 16 h, indicating that CMCS had a good resis-
tance to temperature and high concentration of NaCl, which depicted that carboxyl group
with resistance to temperature and salt had been introduced successfully in the molecular
chain of PPS through carboxymethylation reaction (Figure 9b,d).

When the sample dosage was 1.00%, the filtration loss test was carried out for LV-CMC,
CMS, and CMCS in the saturated NaCl brine base slurry before and after aging at 120 ◦C for
16 h. Table 2 showed the obtained CMCS reached the standard of LV-CMC and modified
starch in the specification of drilling fluid material [63].
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Table 2. Contrast of LV-CMC, CMS, and CMCS according to the standards in the specification of
drilling fluid materials.

Filtrate Reducer
FLAPI in Saturated Brine Base Slurry (mL/30 min) Market Price

(CNY/t)Before Aging After Aging

LV-CMC 6.0 16.0 11,500
CMS 4.0 34.0 9000

CMCS 6.4 7.0 7000
Standards ≤10.00 - -

By comparing the fluid loss reduction performance of LV-CMC, CMS, and CMCS,
we could conclude that CMCS had more stable temperature resistance than LV-CMC and
had more stable resistance to high concentration of NaCl than CMS. After the pilot scale
production of CMCS in the cooperative factory, the price of CMCS was calculated to be
about CNY 7000 per ton, which was lower than LV-CMC and CMS. Furthermore, LV-CMC,
CMS, and CMCS as drilling fluid additives, were compared in terms of thickening, filtrate
loss, salt tolerance, temperature resistance, environmental friendliness, and cost (Table 3).

Table 3. Comparison results of LV-CMC, CMS, and CMCS.

Index LV-CMC CMS CMCS

Thickening ∆∆∆ ∆∆ ∆∆

Filtrate loss ∆∆∆ ∆∆∆ ∆∆∆

Salt tolerance ∆∆∆ ∆ ∆∆∆

Temperature resistance ∆∆ ∆ ∆∆

Environmental friendliness ∆∆∆ ∆∆∆ ∆∆∆

Value for money ∆ ∆∆ ∆∆∆

The number of ∆ indicates the degree of excellence of an index.

2.4. Rheological Properties of the Drilling Fluid

Drilling fluid is a kind of pseudoplastic fluid, and therefore its rheological properties
obey the Power Law equation: τ = Kγn, where τ is the shear stress, γ is shear rate, n is
fluidity index, and K is consistency coefficient. K and n are two important parameters
of pseudoplastic fluid, the value of n reflect the shear dilution performance of drilling
fluid, and k is related to the viscosity and shear force of drilling fluid. In order to ensure
carrying cuttings effectively, the n value of drilling fluid is generally required to be around
0.4–0.7. The K value reflects the pumpability of drilling fluid, the large value of K will
make it difficult to re-pump, if the K value is too small, it will not be conducive to carrying
cuttings. Therefore, the value of K of drilling fluid should also be kept within a proper
range. Furthermore, the ratio of yield point to plastic viscosity, which also can reflect the
strength of shear dilution, was used to evaluate the rheology behavior of drilling fluid,
and is required to be controlled at 0.36–0.48 in drilling fluid technology. Before and after
aging, the smaller the changes of the above parameters, the better the high temperature
stability of the drilling fluid generally. As is shown in Table 4, the rheological property
results of different NaCl concentration brine base slurries with the addition of PPS or CMCS
before and after aging were tested and calculated (the dosage was 1.50%). According to the
experimental results, different NaCl concentration drilling fluids added with PPS or CMCS
have good rheological properties and thermal stability [64–66].
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Table 4. Rheological property results of the drilling fluids with the addition of PPS or CMCS.

T/°C Index
4% NaCl Slurry Saturated NaCl Slurry

with PPS with CMCS with PPS with CMCS

25

AV/mPa·s 4 8 5 7
PV/mPa·s 3 6 3 5

RYP/(Pa/mPa·s) 0.3407 0.3407 0.6813 0.4088
n/Dimensionless 0.6781 0.6781 0.5146 0.6374

K/Pa·sn 0.0372 0.0744 0.1445 0.0864

120

AV/mPa·s 7 7.5 4.5 6
PV/mPa·s 6 5 3 5

RYP/(Pa/mPa·s) 0.1703 0.5110 0.5110 0.2044
n/Dimensionless 0.8074 0.5850 0.5850 0.7776

K/Pa·sn 0.0266 0.1330 0.0789 0.0280

2.5. Lubricity Performance of CMCS

Before and after aging, the extreme pressure lubrication coefficient reduction rate (∆f)
of drilling fluid with different dosages of PPS or CMCS was tested and calculated. Solid
lubricants can greatly reduce the friction resistance by changing the sliding friction between
drill string and borehole wall into rolling friction, while polymer treatment agents can
improve the lubricity of drilling fluid by improving the quality of mud cake and forming
adsorption film on drill string and borehole wall [66].

Before aging, the lubricity of PPS was better than that of CMCS with 1% addition,
because PPS contains many small water-insoluble matters, the sliding friction between the
steel ring and the slider will be changed into rolling friction with the addition of PPS, which
greatly reduce the friction resistance. However, the strength of adsorption film formed
by 1% addition of CMCS is not enough. When the dosage of samples increased to 2%,
the strength of the absorption film formed by CMCS was greatly increased, making its ∆f
increase to 40%, while excessive PPS addition did not improve the lubricity of drilling fluid
(Figure 10).
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Figure 10. Lubricity performance of PPS and CMCS under different dosages.

After aging, PPS and CMCS had a better lubricity performance. Under the function of
high temperature, the bentonite in the base slurry will agglomerate, resulting in increased
viscosity and particle size and reduced lubricity [65,66]. After aging, the adsorption film
formed by a water-soluble polymer produced by starch in PPS and its other insoluble small
size particles improved the lubricity of the drilling fluid together. Due to the presence of
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CMCS, the degree of bentonite agglomeration was reduced, and the formed adsorbent film
making the drilling fluid had a good lubricity property (Figure 10).

2.6. Biodegradability Performance of CMCS

2.6.1. Determination of BOD5 of CMCS

The BOD5 value of CMCS was determined according to the mentioned method, which
was 413 mg/L.

2.6.2. Determination of CODcr of CMCS

The CODcr value of CMCS was calculated according to the results in Table 5 and the
calculation formula mentioned above. The experiment was carried out for three times using
the potassium dichromate method. The average CODcr value of CMCS was 1600 mg/L.

Table 5. The volume of consumed ammonium ferrous sulfate standard solution.

Dilution Rate Test 1 Test 2 Test 3 Average Value

V1/mL 50 19.50 19.20 19.10 19.27
V2/mL 50 18.50 18.40 18.50 18.47

As a result, the ratio of BOD5 and CODcr of the CMCS product was 25.81%, which
showed that CMCS is an easily degradable chemical additive and causes no harm to
the environment.

2.7. Biotoxicity of CMCS

The biological toxicity result of CMCS showed that the EC50 value of CMCS was
8.75 × 104 mg/L, which was much higher than the standard requirement value of
2.5 × 104 mg/L. Therefore, CMCS can be used as a non-toxic and eco-friendly filtration
reducer for drilling fluids.

3. Conclusions

Plant press slag (PPS) is a byproduct of the deep processing of natural polymer prod-
ucts, which is rich in cellulose and starch. A natural mixture of carboxymethyl cellulose and
carboxymethyl starch (CMCS) was prepared by alkalization and etherification through PPS
and had the optimal filtration loss performance when the mass ratio of mNaOH:mMCA:mPPS
was 1:1:2, and the etherification temperature was 75 ◦C. After carboxymethylation, the
crystallinity of PPS was reduced, and the carboxyl function group was successfully intro-
duced into the molecular chain of PPS. CMCS had a stable filtration loss performance in
both 4.00% NaCl and saturated NaCl brine base slurry before and after aging at 120 ◦C for
16 h. Before aging, the filtration loss value of the obtained CMCS at the dosage of 1.50% in
4.00% NaCl and saturated NaCl brine base slurry was 5.60 mL/30 min and 5.28 mL/30 min,
and after aging, the result was 5.20 mL/30 min and 5.28 mL/30 min. Compared with CMS
and LV-CMC, CMCS has a better filtration loss performance under high concentration of
NaCl and high temperature of 120 ◦C. The filtration loss performance of CMCS can reach
the standards of modified starch and carboxymethyl cellulose for drilling fluids. We can
solve the pollution problem of the agricultural waste materials and make full use of them
through this chemical modification method. Furthermore, the product CMCS has a good
filtration loss performance and it can be used as an environmentally friendly and low-cost
filtrate reducer in oilfields.

4. Materials and Methods

4.1. Materials

Plant press slag (PPS) used in this experiment was a byproduct in the deep process-
ing of natural products and its main components include starch (37.00%), hemi-cellulose
(14.26%), cellulose (14.77%), pectin (14.97%), lignin (3.98%), etc., (Figure 11a). The composi-
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tion analysis of PPS was provided by the Qingdao Institute of Bioenergy and Bioprocess
Technology, Chinese Academy of Sciences. PPS was obtained from Inner Mongolia Huaou
Starch Industry Co., Ltd. (Hohhot, China).
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Figure 11. Composition and carboxymethyl reaction mechanism of PPS. (a) Compositions of PPS;
(b) The reaction mechanism of PPS.

Technical-grade cotton fiber was obtained from Chenxiang Mining Co., Ltd. (Shi-
jiazhuang, China), and corn starch was obtained from Hexinrong New Materials Co.,
Ltd. (Renqiu, China). Technical-grade monochloroacetic acid (MCA) was purchased from
Yancheng Jinbiao Chemical Industry Co., Ltd. (Yancheng, China). Technical-grade low-
viscosity carboxymethyl cellulose (LV-CMC) was obtained from Chongqing Lihong Fine
Chemicals Co., Ltd. (Chongqing, China). Sodium carboxymethyl starch (CMS) was ob-
tained from Zhongke Rising Co., Ltd. (Beijing, China). Analytical grade ammonium ferrous
sulfate was purchased from Tianjin Guangfu Technology Development Co., Ltd. (Tianjin,
China). Other reagents used were analytical grade, which were purchased from Beijing
Chemical Factory (Beijing, China) and used without further purification

4.2. Methods

4.2.1. Synthesis of CMCS

The PPS was alkalized in the NaOH-ethanol solution of a certain concentration to
obtain the alkalized PPS, which included cellulose-Na and starch-Na. CMCS was obtained
after etherifying the alkalized PPS by monochloroacetic acid (MCA). Figure 11b showed
the reaction mechanism of PPS.

Specific procedures: 20.00 g of PPS and 200.00 mL of 90% ethanol-water solution were
added into a three-necked flask with a reflux condenser, a thermometer, and a mechanical
stirring device with constant stirring speed. After mixing uniformly, 10.00 g of NaOH
(solved in 10 mL distilled water) was added to alkalize PPS for 40 min at room temperature.
After alkalization, 10.00 g of MCA (solved in 10 mL distilled water) was added to the
container, and the etherification was carried out at 75 ◦C for 60 min. Finally, the sample
was washed 2–3 times with 90% ethanol solution, dried in the oven at 60 ◦C for 12 h, and
smashed to obtain the CMCS.

4.2.2. Elemental Analysis (EA)

The organic elements contents of samples before and after modification were deter-
mined by using the organic elemental analyzer (Vario EL cube, Elementar Trading Co., Ltd.;
Shanghai, China). The detection limit of the sample was 50 ppm and the accuracy was
0.1 percent.

4.2.3. X-ray Diffraction (XRD)

In order to analyze the crystalline structures, samples were characterized by X-ray
Diffraction with Cu Kα radiation (λ = 1.5418 Å), ranging from 10◦ to 70◦ (D8 Advance X-ray
diffractometer, Bruker Scientific Instruments Hongkong Co., Ltd.; Hongkong, China).
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4.2.4. Scanning Electron Microscope (SEM)

A dry sample was mounted on an aluminum holder and an ion sputtering device
(Model E-1010, Hitachi; Tokyo, Japan) was used for gold sputter coating to make it be
conductive. The morphology of the samples was characterized by a scanning electron
microscope (SU8020, Hitachi; Tokyo, Japan) operating at an accelerating voltage of 5 kV.

4.2.5. Fourier Transform Infrared Spectra (FT-IR)

Samples were tested using FT-IR spectrometer (Spectrum 100, PerkinElmer; Waltham,
MA, USA) in the range of 4000 cm−1 to 500 cm−1 with the resolution of 4 cm−1 and the
signal-noise ratio is 50,000:1. All spectrums were obtained by accumulating 64 scans.

4.2.6. Thermogravimetric (TG)

The thermal decomposition behavior of the samples was investigated using ther-
mogravimetric analysis (STA449F3; Netzsch; Selb, Germany) under the nitrogen (N2)
atmosphere and the nitrogen flow rate was 40 mL/min. The samples were placed in a
clean crucible and heated from 30 ◦C to 600 ◦C at a heating rate of 10 ◦C/min. Differential
thermogravimetric (DTG) analysis curves were obtained with the TGA data by numerically
differentiating the latter with respect to temperature.

4.2.7. X-ray Photoelectron Spectroscopy (XPS)

The elements’ binding energies of samples before and after modification were carried
out using X-ray photoelectron spectroscopy (XPS, Escalab 250Xi, Thermo Fisher Scientific;
Waltham, MA, USA). A deconvolution curve fitting was performed for the C1s peaks, and
the spectra were fitted using the Gaussian peak profiles and a linear background.

4.2.8. Performance Tests of the Drilling Fluids

Tests of drilling fluid performances included API filtration loss, temperature tolerance,
lubricity, and rheological properties. Evaluation methods on drilling fluid performances
were carried out in accordance with API and Sinopec group recommended standard
method [59]. The experimental apparatus used are shown in Figure 12.

                   
 

 
                ‐       ‐    

    ‐                     ‐
        ‐   ‐    

           
                ‐         ‐

                           
                                   

                               
                                 

                                   
                         

         
                               

                    ‐            
  ‐   ‐           ‐      

                             
                                 

                         
         

                               
                                   
                    ‐       ‐
                         
                          ‐      
                         

                             
                           

           𝐴𝑉 𝛷  𝑃𝑉 𝛷 𝛷  𝑌𝑃 𝛷  𝑅𝑌𝑃 𝑌𝑃 𝑃𝑉 𝑛 𝑙𝑔 𝛷 𝛷  𝐾 𝛷  

Figure 12. Instruments used during the experiment. (a) High-speed mixer; (b) Six-speed rotational
viscometer; (c) Medium-pressure filter press; (d) Extreme pressure and lubricity tester; (e) High-
temperature aging tank; (f) High-temperature hot-rolling furnace.

Preparation of Base Slurry

(1) In total, 4.00% NaCl brine base slurry: the base slurry was prepared following the
ratio of 100.00 g of England Evaluation Clay (a famous standard kaolin clay from Britain),
40.00 g of NaCl and 2.80 g of NaHCO3 in 1 L of distilled water. The mixture was stirred
for 20 min at high speed, and at least two stops were needed during the stirring to scrape
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the clay adhered on the container wall. Finally, sealed and conserved at 25 ± 3 ◦C for 24 h.
(2) Saturated NaCl brine base slurry: the base slurry was prepared following the ratio of
100.00 g of England Evaluation Clay, 365.00 g of NaCl and 2.80 g of NaHCO3 in 1 L of
distilled water. The mixture was stirred for 20 min at high speed, and at least two stops
were needed during the stirring to scrape the clay adhered on the container wall. Finally,
sealed and conserved at 25 ± 3 ◦C for 24 h.

Determination of API Filtration Loss

The API filtration loss was determined on a medium-pressure filter press (SD3, Qing-
dao Tongchun Oil Instrument Co., Ltd.; Qingdao, China). A certain amount of sample was
added into 400 mL of brine base slurry and stirred at high speed. After 20 min, the mixture
was poured into a sealed container and cured at room temperature. After 16 h, the drilling
fluid was stirred at a high speed for 5 min, and poured into the filtration instrument cup
up to the scale mark. The filtrate was collected under 0.69 MPa in 30 min. The volume of
the obtained filtrate represents the API filtration loss (FLAPI) of the drilling fluid.

Determination of Temperature Tolerance

The mixture of a certain amount of sample and 400 mL of brine base slurry were
stirred at high speed for 20 min, poured into a high-temperature aging tank and placed it
in high-temperature hot-rolling furnace (Hot roll furnace, XGRL-5, Qingdao Haitongda
Special Instrument Co., Ltd.; Qingdao, China) to age under a certain temperature for 16 h.
After 16 h, the drilling fluid was cooled down to room temperature and stirred for 5 min at
high speed, and then the filtration loss and rheological property were tested.

Determination of Rheological Property

A certain amount of sample was added into 400 mL of the brine base slurry, which
was closely conserved for at least 24 h. The mixture was stirred for 20 min at high speed
and poured into the sample cup of Model Fanns 35 6-speed rotational viscometer (ZNN-D6,
Qingdao Haitongda Special Instrument Co., Ltd.; Qingdao, China). The liquid level of
the sample cup is tangent to the scale mark of drum of the 6-speed rotational viscometer
and the stabilized values at different speeds were recorded. The apparent viscosity (AV),
plastic viscosity (PV), yield point (YP), ration of yield point to plastic viscosity (RYP), the
fluidity index (n), and consistency coefficient (K) of power law model fluid equation were
calculated according to the following formulas:

AV = 0.5 × Φ600 (1)

PV = Φ600 − Φ300 (2)

YP = 0.511(Φ300 − PV) (3)

RYP = YP/PV (4)

n = 3.322lg(Φ600/Φ300) (5)

K = (0.511Φ300)/511n (6)

where:
AV is the apparent viscosity (mPa·s);
PV is the plastic viscosity (mPa·s);
YP is the yield point (Pa);
RYP is the ratio of yield point to plastic viscosity (mPa·s);
Φ600 is the dial reading of 6-speed rotational viscometer at 600 r/min (dia);
Φ300 is the dial reading of 6-speed rotational viscometer at 300 r/min (dia);
n is the fluidity index of power law model rheological equation (dimensionless quantity);
K is the consistency coefficient of power law model rheological equation (Pa·sn).
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Determination of Lubricity Performance

The evaluation methods are according to the Sinopec enterprise standard, Q/SH1020
1879–2016 [67]. The extreme pressure lubrication coefficient reduction rate (∆f) was used
to evaluate the lubrication performance with extreme pressure (E-P) and lubricity tester
(Fann Model 212, Fann Instrument Company; Houston, TX, USA). The test steps were
as follows: (1) The extreme pressure lubricator was turned on and preheated for 15 min.
(2) The test slider was secured on the bracket and attached to the test ring. (3) The rotation
speed of the test ring was adjusted to 60 rpm and torque was adjusted to zero. (4) The
cured 400 mL brine base slurry was stirred at high speed for 5 min, and then poured into
the test tray to the scale mark. Then, the torque was adjusted to 16.95 N·m, and the reading
was recorded as T1 after testing for 10 min. (5) The cured mixture of a certain amount of
sample and 400 mL brine base slurry was stirred at high speed for 5 min. After cleaning
the test slider and ring, the mixture was carried out using the same operation in step 4, and
the reading was recorded as T2 after testing for 10 min. Then, ∆f was calculated according
to the following formula:

∆f =
(T1 − T2)

T1
× 100 (7)

where:
∆f is the extreme pressure lubrication coefficient reduction rate of the samples (%);
T1 is the extreme pressure lubrication coefficient of the base slurry;
T2 is the extreme pressure lubrication coefficient of the slurry added with samples.

4.2.9. Biodegradability Test

The biodegradable performance of the sample is evaluated by the ratio of Biological
Oxygen Demand (BOD5) and Chemical Oxygen Demand (CODcr).

Determination of BOD5

The BOD5 value was determined by measuring the consumed oxygen in the sample
decomposition process under certain experimental conditions. The sample was pretreated
according to Chinese enterprise standard, HJ 557-2010 [68]. Then, the sample solution was
analyzed with a BOD5 tester (JC-870H, Qingdao Juchuang Times Environmental Protection
Technology Co., Ltd.; Qingdao, China) and the instrument reading was recorded.

DDetermination of CODcr

The CODcr of sample was determined with potassium dichromate method according
to the Chinese national standard, GB/11914-89 [69]. A certain amount of sample was added
into a conical flask and oxidized by appropriate amount of potassium bichromate standard
solution under the catalysis of sulfuric acid-silver sulfate solution. After heated and reflux
for a period of time, the ammonium ferrous sulfate standard solution was used for titration,
with 1,10-Phenanthroline as an indicator, and the volume of consumed ammonium ferrous
sulfate standard solution was recorded as V2. Take the same amount of distilled water
from the above experimental conditions, and the amount of consumed ammonium ferrous
sulfate standard solution of the blank group was recorded as V1. Then, the CODcr (mg/L)
was calculated according to the following formula:

COD(mg/L) =
c(V1 − V2)× 8000

V0
(8)

where:
c is the concentration of ammonium ferrous sulfate standard solution (mol/L);
V1 is the volume of consumed ammonium ferrous sulfate standard solution of the

blank group (mL);
V2 is the volume of consumed ammonium ferrous sulfate standard solution of the

sample (mL);
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V0 is the volume of sample solution (mL).

4.2.10. Biological Toxicity Test

The biological toxicity tests were carried out according to the CNPC enterprise stan-
dard, Q/SY 111-2007 [70]. The clear sample solution was added into the biotoxicity tester
(Microtox LX, Modern Water, Shanghai, China), and when the strength of luminescent bac-
terial luminous became 50%, the concentration of the solution was determined. The value
of EC50 was calculated according to the standard method by the instrument display value.
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Abstract: Viscoelastic surfactants (VES) are amphiphilic molecules which self-assemble into long
polymer-like aggregates—wormlike micelles. Such micellar chains form an entangled network,
imparting high viscosity and viscoelasticity to aqueous solutions. VES are currently attracting great
attention as the main components of clean hydraulic fracturing fluids used for enhanced oil recovery
(EOR). Fracturing fluids consist of proppant particles suspended in a viscoelastic medium. They are
pumped into a wellbore under high pressure to create fractures, through which the oil can flow into
the well. Polymer gels have been used most often for fracturing operations; however, VES solutions
are advantageous as they usually require no breakers other than reservoir hydrocarbons to be cleaned
from the well. Many attempts have recently been made to improve the viscoelastic properties,
temperature, and salt resistance of VES fluids to make them a cost-effective alternative to polymer
gels. This review aims at describing the novel concepts and advancements in the fundamental
science of VES-based fracturing fluids reported in the last few years, which have not yet been
widely industrially implemented, but are significant for prospective future applications. Recent
achievements, reviewed in this paper, include the use of oligomeric surfactants, surfactant mixtures,
hybrid nanoparticle/VES, or polymer/VES fluids. The advantages and limitations of the different
VES fluids are discussed. The fundamental reasons for the different ways of improvement of VES
performance for fracturing are described.

Keywords: viscoelastic surfactants; wormlike micelles; gels; viscoelasticity; oil recovery; hydraulic
fracturing; clean fracturing fluids; responsiveness to hydrocarbons; oligomeric surfactants; nanopar-
ticle/VES fluids; polymer/VES fluids

1. Introduction

Hydraulic fracturing was first introduced in late 1940s as an enhanced oil recovery
(EOR) technique [1], and since then, it has become one of the most widely used and effective
methods for the intensification of oil and gas inflow to the wells [2,3]. Hydraulic fracturing
increases the well debit, e.g., the volume of liquid or gas extracted from the well per unit
of time. Currently, it is used both for resuming the exploitation of depleted wells and for
bringing new, especially low-permeable, reservoirs into operation. The fracturing fluids
can be water-based or non-aqueous [4].

Water-based fracturing fluids consist of a viscoelastic liquid or a gel in which proppant
particles (sand or ceramic particles up to a few millimeters in size) are suspended [5,6]. At
the first stage of a fracturing operation, the fluid is injected into the wellbore under high
pressure and creates fractures in the oil-bearing layer that propagate in the accumulations
of oil located far from the well. At the next stage, the pressure is removed, but the fracture
remains open and filled with proppant particles with a large number of pores/channels
between them. The fracturing fluid remaining between the particles must be broken and
cleaned out from the pores. After that, the hydrocarbons can flow to the well through the
pores between the proppant particles. The fracturing operation enlarges the area from
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which the hydrocarbons are produced, allows the extraction of the hydrocarbons from the
accumulations located far from the well and, thus, substantially increases the rate of oil
extraction.

For a successful fracturing operation, the fluids should meet the following criteria [7]
and should:

(1) Form a stable proppant suspension, prevent its sedimentation, and efficiently trans-
port it into the fracture, which is achieved by high viscosity and elasticity;

(2) Be easily pumped into the wellbore with a minimal pressure drop, for which shear
thinning behavior is important;

(3) Pass through perforations without degradation of the mechanical properties, for
which recovery after high shear is necessary;

(4) Have sufficient temperature resistance, e.g., not degrade viscosity upon heating to
reservoir temperatures;

(5) Show sufficient salt tolerance, e.g., dissolve in water in the presence of salts (e.g.,
sodium, calcium and magnesium chlorides, or sulfates);

(6) Be easily cleaned out from fracture after it is created, for which the fluids should
decrease the viscosity and elasticity under the action of an external stimulus (breaker)
or upon contact with reservoir hydrocarbons;

(7) Not damage the formation;
(8) Be compatible with the formation;
(9) Have minimal environmental impact.

An absolute majority of the water-based fracturing fluids currently use polymers as
thickening agents [8,9]. Both natural and synthetic polymers are employed, and they may
be linear (un-cross-linked) or gelled (cross-linked). Among the natural polymers, polysac-
charides are used [10], including guar gum and its derivatives (hydroxypropyl guar-HPG
and carboxymethyl hydroxypropyl guar-CMHPG); xanthan gum; cellulose derivatives
(hydroxyethyl cellulose, carboxymethyl cellulose, and carboxymethyl hydroxyethyl cel-
lulose); etc. Cross-linkers may include various multivalent metal ions (Zr4+, Ti4+, Cr3+,
Al3+, Fe3+, and Fe2+) [10] or borate ions for guar-based fluids [11]. Among the synthetic
polymers, polyacrylamide and its derivatives [12], including hydrophobically modified
polyacrylamide (HM PAAm) [13,14], are mainly employed.

However, though the technological processes for polymer-based fracturing fluids are
well-established, they possess some disadvantages which are difficult to overcome. One of
the important problems is the destruction and removal of residual liquid from the fracture
(clean-up). For polymer-based fluids, specially introduced substances—breakers—are used,
which cause the destruction of the network structure of the gel by breaking up the polymer
chains [15]. At present, mainly enzyme or oxidative breakers are employed. Enzyme
breakers cleave bonds in the main or side chains of the polysaccharides, leading to their
shortening. However, the activity of enzymes can be greatly reduced by changing the
external conditions; so, their use is limited. Oxidative breakers (persulfates for example)
form free radicals, which also cause the destruction of bonds in the polymer backbone.
This involves the use of highly concentrated solutions of oxidants, which may not be
ecologically and technologically safe. Moreover, the use of all types of breakers that cut
the polymer backbone does not allow complete destruction of the network structure and
removal of the gel from the proppant pack.

The exploitation of unconventional reservoirs, including low-permeable, high-temperature,
and high-salinity wells [16], has stimulated an extensive search for novel fracturing fluids
with enhanced properties. The development of clean and cost-effective fracturing fluids
is key for the advancement of the hydraulic fracturing technology. Currently, viscoelastic
surfactants (VES) [17–19] are the main alternative to conventional polymer-based fluids.

Though commercial, VES-based fracturing fluids already exist and are industrially em-
ployed, new basic concepts and fundamental scientific advancements have been proposed
in the last few years and are the focus of this article. Recent efforts to improve the properties
of VES-based fluids to extend their use in hydraulic fracturing are reviewed, with particular
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attention given to the oligomeric surfactants and mixed (including nanocomposite) systems.
These new VES-based fluids have not yet found vast application in the oil industry but are
of great potential if their enhanced properties can be combined with a moderate cost and
availability of the chemicals used (which, among other issues, implies simpler methods
of synthesis of new surfactants, polymers, etc.). The fundamental scientific basis of the
different ways to improve the VES performance in fracturing operations is discussed.

2. General Concepts of VES-Based Fluids

Since their introduction in 1997 [20,21], polymer-free, surfactant-based fracturing
fluids have been attracting constantly increasing attention due to their adequate viscoelastic
properties and sand-carrying capacity combined with almost complete clean-up from
fracture and low formation damage [22–24]. Such fluids contain VES which are able
to thicken aqueous solutions due to the formation of long self-assembled aggregates—
wormlike micelles (WLMs) [25].

Surfactant molecules are amphiphilic and contain two parts—a polar hydrophilic head
and a non-polar hydrophobic tail. Above the critical micelle concentration (CMC), they
self-assemble and form aggregates of various shapes—spherical or cylindrical micelles,
lamellae, bicontinuous structures, etc. [26]. The cylinders can grow and form very long
chains—WLMs—which resemble polymers [27] and can attain several microns in length.
Above an overlap concentration (C*), WLMs form an entangled network, imparting high
viscosity and viscoelastic properties to water solutions [28]. Zero-shear viscosities up to
5–7 magnitudes higher than the viscosity of water are attained at moderate surfactant
concentrations in the range of a few wt %, making VES highly efficient thickeners for
fracturing fluids and comparable to polymer-based fluids [29].

WLMs may be formed by ionic or non-ionic surfactants; however, most of the ex-
amples of fracturing fluids currently employed contain ionic VES. Normally, WLMs are
formed by ionic surfactants in the case of sufficient screening of electrostatic repulsions
between similarly charged head groups, which allows them to pack closer than in the
spherical micelles [25]. Screening of electrostatic forces may be achieved by the addition of
low-molecular-weight salts (such as KCl) [30–32], oppositely charged surfactants [33], or
hydrotrope ions [34–36].

Surfactants containing long (C18–C22) alkyl chains are currently regarded as the best
thickening agents for fracturing fluids. Examples of such surfactants include a cationic
surfactant with C22 mono-unsaturated tail - erucyl bis-(hydroxyethyl)methylammonium
chloride (EHAC) [30] and an anionic surfactant with C18 mono-unsaturated tail – sodium
(or potassium) oleate [37].

Another possibility for forming WLMs consists in the use of zwitterionic surfactants,
which contain both anionic and cationic groups in the polar head. Such VES are generally
more expensive than cationic or anionic species, but they provide stronger thickening
effect at lower concentrations. Betaine surfactants with long (C22) tails are among the best
thickening agents [29,38–40].

Examples of non-ionic surfactants forming WLMs include mixtures of polyoxyethy-
lene alkyl ethers [41], single ultra-long chain (C18–C24) alkyl ethers [42], sugar-based
surfactants [43], cholesterol-based surfactants [44], etc.

3. Advantages and Limitations of VES-Based Fluids

VES solutions have a number of advantages over polymer fracturing fluids [24]. They
arise from the fact that, in contrast to polymer chains, the wormlike surfactant micelles are
labile structures formed by the self-assembly of small molecules due to weak non-covalent
interactions. Therefore, they are dynamic and are able to break and recombine [45]. This
imparts reversible shear-thinning to the VES solutions: their viscosity decreases by several
orders of magnitude under shear, which is explained by the alignment and breaking of the
WLMs in flow, but completely restores at rest. This property is very important in hydraulic
fracturing operations to facilitate the pumping of the fluid into the well.
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Another advantage of the self-assembled nature of WLMs consists in their high respon-
siveness to external factors, e.g., to the presence of hydrocarbons [46,47]. Hydrocarbons
are solubilized inside hydrophobic micellar cores, which leads to the change of surfactant
molecular packing and the transformation of the WLMs to small (several nm in size) mi-
croemulsion droplets [48,49]. This is accompanied by a drastic drop of viscosity to the
values close to the viscosity of water and by a complete disappearance of the viscoelastic
properties. Due to this, VES solutions are called “clean fluids” as in most cases they require
no breakers to be removed from the well after fracture formation. Reservoir hydrocarbons
serve as a breaker and completely destroy the WLMs, leading to an almost complete
fracture clean-up.

However, the labile structure of the micellar chains also imparts some limitations,
which include weaker viscoelastic properties than those of the polymer fluids and poor
temperature and salt stability.

Therefore, recent efforts in the research on VES fluids have been directed at solving
these problems. The main approaches consist in the use of oligomeric surfactants or of
mixtures of several surfactants or the addition of nanoparticles (NPs) or polymers to the
VES fluids.

4. Oligomeric Surfactants

One of the approaches to increasing the strength of micellar networks for hydraulic
fracturing applications is the use of oligomeric surfactants [50]. These surfactants consist of
several hydrophobic tails (n) and hydrophilic heads (m) covalently linked to each other [51].
Such molecules exhibit stronger hydrophobic interactions, which enhance micellization,
resulting in lower CMC values and smaller amounts of non-aggregated free surfactant,
the lower surfactant concentrations necessary to form WLMs, and higher micellar scission
energies and more stable micelles.

With regard to the example of cationic surfactant oligomers with quaternary am-
monium heads, it was demonstrated that with an increase in the number of units in the
oligomer (n), the CMC decreases, and the packing of surfactant molecules in the micelles
becomes denser [52]. With an increase in n from 2 to 4, a transition occurs first from
the spherical to the cylindrical micelles, which is accompanied by a significant increase
in viscosity, and then to the ring-like micelles. Longer alkyl spacer—(CH2)s—between
head groups of quaternary ammonium gemini surfactants also decreases the CMC [53].
An increase in the concentration of dimeric or trimeric surfactants leads to a transition
from spherical aggregates to cylindrical and then to long WLMs, as shown by molecular
dynamics simulations [54,55].

A promising approach consists in the synthesis of oligomeric surfactants with very
long (C18–C22) alkyl tails in order to enhance the hydrophobic interactions. For instance,
gemini cationic surfactants EHAB 22:1-s-22:1 (based on two erucyl dimethylammonium
bromide moieties linked by an alkyl spacer) with C22 unsaturated tails and different
spacers (s = 2, 6) were synthesized, and it was shown that the solutions of gemini EHAB
exhibit higher viscosities at lower surfactant concentrations than the monomeric EHAB,
which is due to the easier formation of longer WLMs [56]. Addition of a hydrotrope ion
(sodium salicylate) to the gemini EHAB 22:1-6-22:1 allows the reaching of the zero-shear
viscosity of ca. 30,000 Pa·s.

Recently, a series of dimeric and trimeric VES with long tails have been proposed,
aiming at the increased temperature and salt resistance of WLMs [57,58]. The use of a
trimeric cationic surfactant with long hydrophobic tails based on erucamidopropyldimethy-
lamine allows the obtaining of WLMs with good thermal stability—due to very strong
hydrophobic interactions the micelles do not break down when heated to at least 90 ◦C,
and a stability of the solutions under ultra-high temperatures ranging from 140 to 180 ◦C
is observed [59]. High thermal stability (up to 110–150 ◦C) was achieved for long-chain
(C22) gemini surfactants with various spacers between the polar heads (C25-alkyl(C6)-C25,
C25-alkyl(C8)-C25, C25-ester-C25, and C25-amide-C25) [60,61]. The incorporation of a
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sulfonate group into the spacer of a gemini zwitterionic VES with two unsaturated C22
tails resulted in a significant increase in the salt tolerance as compared to the previously
reported cases [62]. Addition of a benzene sulfonate group in the polar head of a gemini
zwitterionic surfactant with C22 tails (EDBS) allowed the obtaining of a viscoelastic WLM
solution with combined good temperature and salt resistance: it withstood shearing at
170 s−1 and 120 ◦C for 120 min in the 25% standard brine solution [63].

Thus, a variety of gemini and trimeric surfactants with C22 erucyl tails and different
chemical structures of spacers between polar groups were proposed (Table 1). However,
the variation of the tail length may also be of importance in obtaining an optimized
composition for the fracturing fluids. A gemini surfactant with 18:1 oleyl tails was proposed
and showed sufficient viscoelastic properties and shear resistance at 80 ◦C, low proppant
settling velocity, and low permeability and conductivity loss rates [64]. However, the
behavior of the fluid at higher temperatures (above 80 ◦C) was not studied. The viscosity of
the fluid at 80 ◦C reached 70.2 mPa·s, and should be lower at higher temperatures, which
may be insufficient for high-temperature applications of the fluid.

Table 1. Reported gemini and trimeric surfactants and their characteristics for hydraulic fracturing applications. Reproduced
with adaption from Zhang, Y.; Mao, J.; Zhao, J.; Zhang, W.; Liao, Z.; Xu, T.; Du, A.; Zhang, Z.; Yang, X.; and Ni, Y. Preparation
of a novel sulfonic gemini zwitterionic, viscoelastic surfactant with superior heat and salt resistance using a rigid–soft
combined strategy, J. Mol. Liq. 318, 114057, Copyright (2020), with permission from Elsevier.

Chemical Structure Name Advantages Limitations Refs.

EHAB 22:1-s-22:1

Best characteristics are observed for
s = 6: highly viscoelastic or gel-like
solutions at high temperatures in the
presence of salt (viscosity in the
presence of NaSal at 110 ◦C is greater
than 107 mPa·s)

no data [56]

C25-R1-C25 High temperature resistance (up to
110–150 ◦C)

sensitivity
to high
salinity

[60,61]

VES-M
(R1 = methyl)

VES-E
(R1 = ethyl)

VES-P
(R1 = n-propyl)

Best characteristics are observed for
VES-M with smallest alkyl group in
the spacer:

- stability up to 139 ◦C;
- no proppant settling for 180 min

at ambient temperature;
- complete gel breaking by

kerosene

sensitivity
to high
salinity

[57]
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Table 1. Cont.

Chemical Structure Name Advantages Limitations Refs.

VES-T

- excellent thermal stabilities
under ultra-high temperatures
ranging from 140 to 180 ◦C;

- gel broken by standard brines
within 2 h

no data [59]

JS-N-JS

- temperature and shear
resistance;

- gel breaking into a water-like
fluid by hydrocarbons;

- low damage to the tight sand
reservoirs

sensitivity
to high
salinity

[58]

YS-18

- better temperature and salt
tolerance than corresponding
symmetric surfactants (stable
under a share rate of 170 s−1 at
110 ◦C for 60 min);

- gel breaking by reservoir brine
and kerosene

no data [65]

VES-S

- good salt tolerance (up to 8 wt %
NaCl), fracturing fluid may be
prepared with seawater;

- sufficient viscoelastic properties
and proppant-carrying capacity
at high salinity;

- gel breaking by kerosene

high
temperature

tolerance
not studied
in the work

[62]

EDBS

- temperature, shear and salt
resistance (stability under a
share rate of 170 s−1 at 120 ◦C
for 120 min in the 25% standard
brine solution);

- gel breaking by kerosene

no data [63]

GLO

- sufficient viscoelastic properties;
- shear resistance at 80 ◦C;
- low proppant settling velocity;
- low permeability and

conductivity loss rates

high
temperature

tolerance
not studied
in the work

[64]
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Table 1. Cont.

Chemical Structure Name Advantages Limitations Refs.

GS

- surfactant inhibits clay swelling;
- sandstone retains its

permeability at much higher
level than for conventional clay
stabilizers such as NaCl or KCl;

- no increase in rock breakdown
pressure

no influence
of

surfactants
on the

rheology of
fluids

reported

[66–69]

A promising improvement of gemini surfactants consists in the synthesis of dissym-
metric surfactants containing different alkyl tails. For instance, a heterogemini cationic
surfactant, YS-18, containing one saturated (18:0) and one unsaturated (18:1) tail, has much
better salt tolerance and thermostability than the corresponding symmetrical surfactants.
YS-18/KCl fluid viscosity remains stable under a share rate of 170 s−1 at 110 ◦C for 60 min
and can easily be broken by reservoir brine and hydrocarbon [65].

Tariq et al. [67–69] showed that the use of a solution of cationic gemini surfactants with
different spacers resulted in the reduction in the breakdown pressure in unconventional
tight sandstones compared to that of the deionized water, which was attributed to the
clay stabilization against swelling provided by the surfactant. In addition to the lower
breakdown pressure, the use of gemini surfactants allows a reduction in the volume of
fluid required to fracture the formation. The coreflooding experiment used to evaluate the
formation damage demonstrated that the gemini surfactants do not cause any permeability
impairment.

Therefore, the use of oligomeric surfactants with long hydrophobic tails is a promising
way of improving the properties of WLMs. Incorporation of a sulfonate group or/and
a benzene ring in the spacer increases the temperature and salinity stability of the VES
fluids. Cationic gemini surfactants reduce the breakdown pressure and do not cause
any permeability impairment. Up to now, mostly dimeric (n = 2) and trimeric (n = 3)
surfactants have been employed due to the difficulties associated with the synthesis of
higher oligomers. Development of new oligomeric surfactants with n ≥ 4 at a reasonable
cost may further advance the fracturing fluid applications of oligomeric surfactants.

5. Mixtures

5.1. Single-Chain Surfactants

A common method of WLM preparation consists in mixing different surfactants—
anionic/cationic [70], zwitterionic/anionic [71,72], anionic/non-ionic [73], cationic/non-
ionic [74,75], or two non-ionic surfactants [44]. In many cases, mixing results in the
synergistic enhancement of the viscoelastic properties.

Strong synergy is observed for many anionic/cationic surfactant systems, even in the
absence of added low-molecular-weight salt, and is a result of two processes: (1) the anionic
and cationic polar heads reside in close proximity due to the co-assembly of two surfactants,
resulting in a very efficient screening of the electrostatic repulsions at the micellar surface
and tighter packing of the surfactant molecules, and (2) the counter ions of both surfactants
are released to the solution, giving additional salt, which also weakens the electrostatic
repulsions. For instance, in the mixtures of sodium or potassium oleate with different
alkyltrimethylammonium or alkylpyridinium surfactants (n-octyltrimethylammonium
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bromide [33], n-octylpyridinium chloride [76], 1-dodecylpyridinium chloride [77]), the
formation of a viscoelastic network of WLMs with viscosities up to ca. 1000 Pa·s was
observed, which was not inherent in the solutions of each surfactant taken separately.
Many other viscoelastic mixed systems of anionic/cationic surfactants have been described:
cetyltrimethylammonium tosylate/sodium dodecyl benzyl sulfonate [78,79]; hexadecyl- or
dodecyltrimethylammonium bromide/N-dodecylglutamic acid salt [70]; cetyltrimethylam-
monium bromide with sodium laurate [80–82]; sodium dodecyl sulfonate [83] or sodium
N-alkylmaleimidepimaric carboxylate [84]; and cetylpyridinium chloride/sodium deoxy-
cholate [85] systems. If the association between the anionic and cationic species is rather
strong, such a co-assembly may be treated as a formation of a “pseudo-gemini” betaine
surfactant. At a non-stoichiometric ratio of anionic and cationic surfactants, the system to
some extent resembles mixtures of a betaine and a single-chain ionic surfactant.

A great advantage of mixed anionic/cationic WLMs is a strong rheological synergy,
due to which sufficient viscoelastic properties are attained at a reduced concentration
of surfactants. However, these systems are usually prepared without additional low-
molecular-weight salts and, thus, are salt-sensitive. Positive cases of viscosity and elasticity
increase upon the addition of monovalent salts (KCl) have been reported [33]; however,
due to the presence of an anionic surfactant, anionic/cationic WLMs may be intolerant to
divalent cations (Ca2+, Mg2+, etc.).

Therefore, other mixed surfactant systems may be advantageous for potential applica-
tions, and examples of recently studied systems include mixtures comprising oligomeric
surfactants.

5.2. Oligomeric and Single-Chain Surfactants

One of the approaches for obtaining long WLMs consists in the mixing of oligomeric
surfactants with single-chain species [86,87]. A synergistic effect has been observed for
some short-chain (C12) cationic oligomeric surfactants mixed with anionic single-chain
species. For instance, the addition of small amounts (5–20 mol%) of single-chain anionic sur-
factants (sodium dodecyl sulfate, sodium dodecyl benzene sulfonate, and sodium laurate)
to a cationic gemini surfactant 12-3(OH)-12 (2-hydroxyl-propanediyl-α,ω-bis (dimethyldo-
decylammonium bromide) induces an increase in viscosity by 2 orders of magnitude, up to
60–120 Pa·s, and an enhancement of the viscoelastic properties of the micellar network [88].
In the mixtures of a trimeric cationic surfactant DDTPA (penta sodium N,N′,N′ ′-dodecyl
diethylene triamine pentaacetic acid) and sodium dodecyl sulfate in the presence of KCl,
a network of WLMs is formed, which imparts high zero-shear viscosity (~400 Pa·s) and
viscoelastic behavior [86].

5.3. Multiple Oligomeric Surfactants

Very recently, the mixing of two different long-chain (C22) sulfobetaine zwitterionic
gemini surfactants, EDABS (based on erucyl dimethyl amidopropyl benzenesulfonic acid)
and EDAES (based on erucyl dimethyl amidopropylethanesulfonic acid), which differ only
slightly by the presence of a benzene ring in the polar head, was proposed to obtain a
combination of viscoelasticity, good shear, and temperature and salt tolerance [89].

5.4. “Pseudo-Oligomeric” Surfactants

As stated above (Section 5.1), a strong association of anionic and cationic single-chain
surfactants may be treated as a formation of a “pseudo-gemini” betaine surfactant species
comprising anionic and cationic polar groups and two tails from both surfactants. However,
such associations are transient and usually sensitive to salts.

A recently proposed interesting approach consists in the non-covalent self-assembly
of “ordinary” single-chain cationic surfactant cetyltrimethylammonium bromide (CTAB)
into a pseudo-gemini species by an interaction with di- or tricarboxylic acids (citric or
maleic acid) [90]. The fluid possesses high viscosity (1000 Pa·s), strong viscoelasticity, and
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temperature and shear resistance. Such an approach eliminates the complex and expensive
synthesis of oligomeric surfactants as cheap surfactants and acids may be used.

Therefore, the mixing of surfactants is an efficient way of obtaining viscoelastic net-
works of long WLMs with enhanced rheological performance. Promising approaches
consist in using mixtures of single-chain and oligomeric surfactants or in the formation of
“pseudo-oligomeric” surfactants.

6. Nanoparticle-Enhanced VES Fluids

The rheological properties of VES can be significantly enhanced by added nanopar-
ticles (NPs), leading to the extended stability of the VES fluids in withstanding high
shear rate and temperature during the fracturing process, minimization of fluid loss, and
improvement of sand-carrying ability [17,91].

The enhancement of the rheological properties results from the binding of micellar
end-caps to the surface of the NPs, leading to elongation or cross-linking of the micelles
by the NPs (Figure 1) [92]. WLMs can interact with a large variety of NPs regardless of
their size, shape, and surface functionality [93]. When the NPs are oppositely charged with
respect to the surfactant ions, the electrostatic interactions govern the adsorption, and the
surfactant is attached to the NPs via its charged head-groups, leaving the hydrophobic
tails outside. To exclude the contact of these hydrophobes with water, a second surfactant
layer is attached in such a way that the hydrophobic tails face the tails of the first layer,
leaving the hydrophilic heads in contact with the water. Thus, in the case of NPs oppositely
charged with respect to the surfactant ions, the surfactant double layers are formed. The
formation of the double layer results in the charge reversal of NPs, as was demonstrated
by the ζ-potential measurements [94]. When the NPs are hydrophobic, the hydrophobic
interactions govern the adsorption [95], and the surfactant is attached to the NPs by its
hydrophobic tails, forming a monolayer with the polar groups exposed to water. The
surfactant can adsorb on the NPs even if they are similarly charged, due to the hydrophobic
interactions; in this case, hemimicelles are formed [96].

Figure 1. Schematic representation of the mechanism of nanoparticle-enhanced VES fracturing
system on an example of a cationic surfactant cetyltrimethylammonium bromide (CTAB) WLMs
interacting with anionic silica NPs. Reproduced from Zhang Y., Dai C., Qian Y., Fan X., Jiang J., Wu
Y., Wu X., Huang Y., and Zhao M. Rheological properties and formation of dynamic filtration damage
evaluation of a novel nanoparticle-enhanced VES fracturing system constructed with wormlike
micelles. Colloids and Surfaces A: Physicochemical and Engineering Aspects 553, 244–252, Copyright
(2018), with permission from Elsevier.

The NPs covered by surfactant can further interact with the WLMs. According to
the theoretical studies [97], the interaction proceeds via the fusion of the semi-spherical
end-caps of the WLMs with the surfactant aggregates adsorbed on the surface of the NP
(Figure 1). The end-caps are mainly involved in the interaction because they represent
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the energetically unfavorable parts of the micelles where the head-groups are located
rather far from each other, allowing penetration of some water molecules into the micelle.
Direct evidence of the linking between the WLMs and the NPs was provided by cryo-
transmission [96,98] and freeze-fracture transmission electron microscopy [99].

The NPs can increase the zero-shear viscosity η0, relaxation time τrel, and the plateau
modulus G0 of VES fluids (Figure 2) [94,96,98–111]. The most pronounced is the effect of NPs on
the viscosity, which can augment by up to 3 orders of magnitude [94,96,98–100,104–108,110,111].
It can be attributed to the hindered reptation of WLMs as their motion slows down in the
vicinity of NPs. The largest enhancement of viscosity is observed for VES fluids in the
vicinity of the overlap concentration C* of WLMs. In these conditions, the micelles are
rather short, and therefore, in the system, there is a large quantity of end-caps. When the
NPs are added, they interact with the micellar end-caps, thereby building a network. The
increase in viscosity by 3 orders of magnitude, leading to the transition of a VES solution
into an elastic gel, was observed for anionic WLMs of fatty acid methyl ester sodium
sulfonate (MES) and 20–40 nm barium titanate NPs [99]. In semi-dilute solutions of WLMs,
the enhancement of the viscosity by added NPs usually does not exceed 1.5 orders of
magnitude [94,104–107]. It was shown that for ionic VES the increase in viscosity by NPs is
more pronounced at lower salt concentrations because the micelles become shorter and
the quantity of end-caps in the system increases. For instance, for a 0.6 wt % solution of
C22-tailed cationic surfactant erucyl bis-(hydroxyethyl) methylammonium chloride, the
enhancement of viscosity by 5 wt % 300 nm magnetite particles is 12.3-fold and 7-fold in 1
and 1.5 wt % KCl, respectively [104].

Figure 2. Viscosity as a function of shear rate (a) and frequency dependences of storage modulus G’ (filled symbols) and
loss modulus G” (open symbols) (b) for 0.6 wt % erucyl bis-(hydroxyethyl) methylammonium chloride solutions with
1.5 wt % 300 nm magnetite particles (squares) and without nanoparticles (circles) at 20 ◦C. Solvent: 1.5 wt % KCl in water,
pH 11. Reprinted with permission from Pletneva V.A., Molchanov V.S., Philippova O.E. Langmuir 2015, 31(1), 110–119.
Copyright (2015) American Chemical Society.

In some papers [94,105,107,111], it was observed that upon the gradual increase
in the amount of added NPs (at a constant concentration of surfactant) the zero-shear
viscosity first increases, reaches a maximum, and then starts to decline. For instance, in
VES fluid composed of a C22-tailed cationic surfactant N-erucamidopropyl-N,N-dimethyl-
N-allylammonium bromide (EDAA) and negatively charged SiO2 particles, the maximum
value of viscosity was observed at as low an amount of NPs as 0.01 wt %, and the further
increase in the NP concentration resulted in the decrease in viscosity, which became even
lower than the viscosity of the initial VES solution [94]. In VES fluid consisting of a
3 wt % sodium oleoyl methyl taurate (SOMT), 6 wt % NaCl, and 22 nm SiO2 particles, the
maximum value of viscosity was observed at 0.9 wt % NPs [105]. The drop in viscosity
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was attributed to the increased electrostatic repulsion between the WLMs and the NPs
covered by the same surfactant [94] or to interparticle aggregation leading to the disruption
of the network structure [107]. One cannot exclude [93] the fact that the adsorption of the
surfactant molecules on the surface of the added NPs can reduce the amount of surfactant
involved in the formation of WLMs, which should also significantly contribute to the
lowering of the viscosity. In these systems, the relaxation time τrel passes through the
maximum simultaneously with viscosity [105]. The τrel value in the network of entangled
WLMs is determined by the breaking time of the micelles τbr and the reptation time τrep [29].
It was shown that NPs do not appreciably affect the breaking time of the micelles τbr [105]
or even decline it [104]. Therefore, the increase of τrel is caused by the increase of reptation
time τrep provided by the hindered reptation of WLMs in the presence of NPs.

As to the plateau modulus G0, it either monotonically increases with the increasing
amount of added NPs [96] or first increases and then reaches a constant value [104,105].
The increase of G0 was attributed to the cross-linking of WLMs by NPs adsorbing the
micellar end-caps. When all the micellar end-caps available in the system are linked to NPs,
G0 reaches a constant value. Further addition of particles leads only to a redistribution
of micellar end-caps between the NPs, which does not produce new elastically active
sub-chains [104]. The increase of G0 induced by NPs is usually rather small: less than
two-fold [96,99,104,105]. This behavior can be explained as follows [96]. If before the
addition of NPs each micelle had n elastically active sub-chains due to entanglements with
other micelles, the binding of its two end-caps to NPs would give two more elastically
active subchains, thereby providing a ca. (n + 2)/n-fold increase of the plateau modulus.
The lower the number of initial entanglements between the WLMs, the higher the input of
NPs in G0 value. Thus, being taken in a proper amount, the NPs can increase the viscosity
η0, the relaxation time τrel, and, to a lesser extent, the plateau modulus G0 of the VES fluids
due to the attachment of the energetically unfavorable end-caps of the micellar chains.

NPs can also enhance temperature and shear resistance, which is quite important
for fracturing fluids. These parameters can directly influence the fracture-making and
sand-carrying capabilities of the fluid [112]. Wu and co-workers [94] examined the temper-
ature and shear resistance of VES fluids containing 1 wt % cationic surfactant EDAA and
0.01 wt % negatively charged SiO2. The experiments were performed at a shear rate of
170 s−1 and at 70 ◦C. It was shown that for 2 h the fluid with the NPs keeps a rather high
shear viscosity of 33 mPa·s, whereas without NPs the shear viscosity was only 24 mPa·s.
Note that the increase in viscosity in the presence of NPs was due to higher longest relax-
ation time τrel (0.15 s) exceeding that of the VES without NPs (0.054 s). The static particle
settling test showed that the EDAA/silica system has a lower settlement rate (0.0021 cm/s)
as compared to the pure EDAA solution (0.012 cm/s) and other fracturing fluids, such as
guar gum (0.72 cm/s), thereby demonstrating a good proppant-carrying performance.

Zhang et al. [110] studied the effect of NPs on the shear restoration of VES fracturing
fluid, demonstrating its ability to recover viscoelasticity after high-speed shearing during
pumping. For the fluid composed of 30 mM of cetyltrimethylammonium bromide and
40 mM of sodium salicylate NaSal, it was shown that the addition of 0.1 wt % 140 nm silica
NPs increases the shear recovery rate from 83.4% to 92.3%. Therefore, NPs favor faster
reconstruction of micellar networks at low shear rates.

Huang and Crews found that NPs added to VES fracturing fluid produce a pseudo-
filter cake due to the aggregation with the micelles, thereby significantly reducing the rate
of fluid loss and improving fluid efficiency [102]. At the same time, the same fluid without
NPs was non-wall-building and had very high fluid leak-off over time [102]. Similar filter
cake formation in the presence of NPs was observed by Zhang et al. [110]. It is important
to note that the filter cake thus formed can be easily and completely removed at the flow of
oil, leaving very little residue or production damage [102].

For enhancement of the performance of VES fluids, different types of NPs were
used, including silica SiO2 [94,96,100,105,110,111], barium titanate BaTiO3 [99], magnetite
Fe3O4 [104,109,113], MnO [114], ZnO [103,114], TiO2 [115], and carbon nanotubes [108]. It
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was shown that among these NPs, long nanotubes induce a smaller increase in viscosity
than spherical NPs [108]. This can be due to the sliding of the WLM-nanotube junctions
along the nanotube, thus releasing the stress and reducing the viscosity.

In all the discussed papers above, the NPs were added to the WLMs of the surfactants.
At the same time, the addition of NPs to the VES systems with lamellar structure was also
examined [87]. For instance, Baruah et al. studied VES-based fracturing fluids composed
of zwitterionic (cocamidopropyl betaine) and anionic (sodium oleate) surfactant mixtures,
iso-amyl alcohol as a cosurfactant, clove oil, and water. It was shown that the addition of
0.1% SiO2 and 0.1% NaOH leads to the increase in apparent viscosity by 5–45%, depending
on the temperature and surfactants ratio. The authors explained this behavior by the
penetration of the SiO2 nanoparticles within the lamellae structure of the VES fluids, which
helps the development of a 3D network and enhances the interconnections between the
mixed surfactant monomers constituting the lamellar liquid crystal phase. The NPs act as
a swelling agent that increases the thickness of the water layers in the lamellar structure,
making it more stable; in its turn, the lamellar structure stabilizes the dispersion of the NPs.
It is interesting that the system was highly pressure-sensitive. At atmospheric pressure,
the fluid was unable to maintain an apparent viscosity higher than 90 mPa·s for more than
3 min. However, under higher pressures (2068, 4137, and 6205 kPa), it kept an apparent
viscosity higher than 600 mPa·s for 120 min at 103 ◦C and 100 s−1 (this shear rate is
associated with the shear which the fluid should experience during pumping in the well),
which is suitable for conducing the fracturing job and to suspend proppants.

Thus, the addition of NPs seems to be an effective way to improve various properties
of VES-based fracturing fluids.

7. Hybrid Polymer–VES Fluids

7.1. Interaction of Polymers with VES

One of the new directions in the research on hydraulic fracturing fluids is aimed
at combining the advantages of polymer- and surfactant-based fluids, which may be
achieved by creating mixed (or “hybrid”) gels of polymer chains and WLMs. A key factor
determining the structure and properties of such fluids is the interaction of the polymer and
surfactant. The tuning of this interaction allows the obtaining of homogeneous mixtures
and the preserving of the structure of micellar chains.

The addition of polymers may either destroy or preserve WLMs, depending on the hy-
drophobicity of the polymer. For instance, weakly hydrophobic but water-soluble polymers,
such as poly (vinyl methyl ether) or poly (propylene oxide), break WLMs [116–118]. This hap-
pens due to the “wrapping” of the polymer chains around the micelle, which is favorable
because it reduces the contact of both the micellar and the polymer hydrophobic parts
with water. As a result, the WLMs are transformed into spherical [119], ellipsoidal [116], or
disc-like aggregates [120].

Some polymer molecules containing hydrophobic groups along the backbone, such
as partially sulfonated polystyrene [121], poly(methyl methacrylate-co-sodium styrene
sulfonate) copolymer [122], or sodium poly(p-vinylbezoate) [123], can embed into WLMs
without their disruption, forming stronger “hybrid” micelles armed by polymer: a more
hydrophobic polymer backbone is solubilized in the micellar core, while charged polymer
units reside closer to the oppositely charged surfactant head groups, screening electrostatic
interactions at the micellar surface. The formation of “hybrid” polymer-surfactant cylindri-
cal micelles was also observed for water-insoluble polymer poly(4-vinylpyridine) [124–126].

However, the most practically important cases comprise water-soluble polymers
which do not break WLMs. Two types of such systems have been reported: hydrophobically
modified (HM) polymers or fully hydrophilic polymers which do not interact with the
micelles.
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7.2. HM-Polymers/VES

HM-polymers usually have a main hydrophilic water-soluble backbone and some
amount of grafted hydrophobic water-insoluble groups. Such polymers mainly interact
with WLMs via their hydrophobic moieties, which can embed into the micelles without
their disruption. In this case, common networks of HM-polymer and WLMs can be formed
(Figure 3a), and polymer hydrophobic groups serve as “physical” cross-links between the
macromolecules and the WLMs. This results in the increase in viscosity and the synergistic
enhancement of the viscoelastic properties and temperature stability.

Figure 3. (a) Schematic representation of a common network of wormlike surfactant micelles (WLMs) and hydrophobically
(HM) modified polymer; Reproduced from Pu, W.; Du, D.; and Liu, R. Preparation and evaluation of supramolecular
fracturing fluid of hydrophobically associative polymer and viscoelastic surfactant. J. Petrol. Sci. Eng. 167, 568–576,
Copyright (2018), with permission from Elsevier; (b) zero-shear viscosity as a function of cationic surfactant (EHAC)
concentration for the mixtures of WLMs and 0.5 wt % HM PAAm and components (HM PAAm and WLMs) taken separately;
solvent: 3 wt % KCl in water, temperature: 60 ◦C; reprinted and adapted with permission from Shashkina, J.A.; Philippova,
O.E.; Zaroslov, Y.D.; Khokhlov, A.R.; Pryakhina, T.A.; and Blagodatskikh, I. Rheology of viscoelastic solutions of cationic
surfactant. Effect of added associating polymer. Langmuir 21(4), 1524–1530, Copyright (2005) American Chemical Society;
(c,d) zero-shear viscosity as a function of anionic surfactant (potassium oleate) concentration (c) and small-angle neutron
scattering curves (d) for the mixtures of WLMs and 0.5 wt % HM PAA before (1) and after (2) addition of n-dodecane;
solvent: 6 wt % KCl in water, temperature: 20 ◦C; reprinted with permission from Molchanov, V.S.; Philippova, O.E.;
Khokhlov, A.R.; Kovalev, Y.A.; and Kuklin, A.I. Self-assembled networks highly responsive to hydrocarbons. Langmuir 23(1),
105–111, Copyright (2007) American Chemical Society.
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7.2.1. HM PAAm/Surfactants

In most of the published works, synthetic polymers, such as HM PAAm [127–131],
hydrophobically modified polyacrylic acid (HM PAA) [132–135], their copolymers [136–138],
copolymers of PAAm, and other monomers [139–141] are used. Such polymers are usually
synthesized by radical co-polymerization of a hydrophilic (acrylamide/acrylic acid) and
hydrophobic (e.g., alkylacrylates) monomers in a common solvent [142]. Otherwise, micellar
co-polymerization is employed [143].

In a pioneering work [128], HM PAAm with n-dodecyl side chains was mixed with
C22-tailed cationic surfactant EHAC, and a huge synergistic increase in viscosity by 4 orders
of magnitude was observed, and a rise of viscosity began at lower surfactant concentrations
than in the absence of polymer (Figure 3b). This behavior is observed at the rather low HM
PAAm concentration of 0.5 wt %, close to C*, at which polymer solutions without surfactant
have low viscosities close to water. Such a strong synergistic effect was explained by the
formation of a common polymer-micellar network with hydrophobic polymer groups
serving as junctions to WLMs.

It is shown that the presence of hydrophobic groups is important for the phase
compatibility of PAAm and WLMs [128], and the one-phase region widens with an increase
in the length and number of grafted alkyl chains. It confirms that polymer hydrophobic
groups are responsible for the interaction with WLMs. The distribution of hydrophobic
groups along the polymer chain affects the viscoelastic properties of the mixtures [128]:
at a fixed total content of hydrophobic groups, statistical HM PAAm induces a stronger
increase in the rheological parameters (viscosity, elastic modulus, and relaxation time)
than HM PAAm with a higher degree of blockiness, which is due to the formation of
more cross-links between the statistical polymer and WLMs. It should be noted that the
characteristic lifetime of such cross-links is mainly determined by the WLM breaking time
and not by the time when the polymer hydrophobic group resides inside the micelle.

Thus, the main practically important effect of mixing HM PAAm/HM PAA and WLMs
consists in the synergistic increase in the viscoelastic properties. Many works showing
a similar effect for the mixtures of HM PAAm or its copolymers and anionic [136,137],
zwitterionic [138,140,141], zwitterionic and anionic [139], gemini cationic [144], and trimeric
zwitterionic [145] surfactants have been published.

SANS data show that the WLM local structure is preserved in the presence of the HM
polymer: the SANS curve of mixed WLM/HM PAAm systems is described by a cylinder
model with a radius equal to the radius of WLMs in the absence of HM PAAm [136]. An
increase in viscoelasticity was observed both for the C8-C12 polymer hydrophobic groups
and for a specific case of HM PAAm modified by ultra-long C22 alkyl groups [135].

The second important effect of mixing HM PAAm and WLMs is the increased tem-
perature stability [128,144]. Upon heating, the viscosity of the polymer/VES mixtures
decreases to a lesser extent than that of a VES solution in the absence of polymer. This is
explained by the fact that, in contrast to the micellar chains, macromolecules do not break
upon heating and contribute to the heating resistance of the fluids.

The third advantage of HM PAAm/WLM fluids is their high responsiveness to hy-
drocarbons [128,136,144]. Upon contact with aliphatic oils, the fluids completely lose
viscoelastic properties, and their viscosity drops by several orders of magnitude, reaching
the viscosity of water (Figure 3c) [128,136]. The responsiveness of mixed polymer/WLM
fluids is due to the hydrocarbon-induced breaking of the WLM sub-chains into spherical
microemulsion droplets (which is proven by SANS, Figure 3d), leading to the disruption
of the common network. This effect is analogous to the case of WLMs without polymers.
In this regard, mixed polymer/WLM solutions are clean fracturing fluids which do not
require additional breakers for their removal from the fracture.

An interesting particular case reported in the literature consists in the replacement
of the polymer alkyl hydrophobic moieties by different groups. In the work [145], β-
cyclodextrin-functionalized HM PAAm was mixed with a trimeric zwitterionic surfactant
(DTPAN), and a pronounced increase in viscosity was observed as compared to the com-
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ponents (polymer or VES) taken separately. The fluid was characterized by a favorable
temperature tolerance and shearing resistance and an affordable proppant-carrying capac-
ity and was completely broken by ammonium persulfate.

CO2-responsive common networks of HM PAAm and WLMs of sodium dodecyl
sulfate (SDS)–N,N,N′,N′-tetramethyl-1,3-propanediamine (TMPDA) were reported [146].
The responsiveness of the common networks is explained by the transition of the spherical
to the wormlike micelles of SDS–TMPDA mixtures, which is accompanied by a 400-fold
increase in viscosity. Sol-gel transition is reversible for at least five cycles of bubbling and
removing of CO2.

Therefore, HM PAAm/VES fluids combine the advantages of both components: in-
creased viscoelasticity and temperature stability due to the polymer component, and
responsiveness to hydrocarbons inherent in surfactant WLMs.

7.2.2. Other Synthetic HM Polymers/Surfactants

The formation of the common networks with surfactant WLMs was also observed for
other synthetic HM polymers. For instance, water-soluble telechelic poly (ethylene glycol)
polymers end-modified by hydrophobic fragments have been reported to form common
networks with cetyltrimethylammonium toluene sulfonate [147] or cetylpyridinium chlo-
ride in the presence of sodium salicylate [148–150]. It is shown that the hydrophobic end
groups of the polymer embed into WLMs, while its main hydrophilic part resides in water
and links two micelles together. As a result, the mixtures show viscoelastic behavior which
is not observed for the components taken separately [147].

7.2.3. Natural HM Polymers/Surfactants

The common networks of WLMs and natural HM polymers are much less described
than the synthetic macromolecules, though natural polymers are preferable for hydraulic
fracturing applications due to their better biodegradability, lower environmental impact
and lack of need for polymerization processes.

Hydroxypropyl guar, modified by long C22 alkyl groups (HM HPG), was reported
to form common viscoelastic networks with cationic surfactant EHAC in the presence of
KCl [151], which resulted in a significant synergistic effect in a wide range of concentrations
and at elevated temperatures of up to 60 ◦C. It is important to note that a rather low degree
of hydrophobic substitution (10 hydrophobic groups per macromolecule) was enough to
achieve a pronounced synergy in rheological properties.

A similar synergistic effect on viscoelastic properties was observed upon the bridging
of cationic cetyltrimethylammonium tosylate WLMs with HM chitosan with C12 alkyl
side chains [152], or of cetyltrimethylammonium p-toluenesulfonate WLMs with HM
hydroxyethyl cellulose [153], and, in the latter case, the HM polymer had a much stronger
effect on the solution viscosity than a similar unmodified hydroxyethyl cellulose, proving
the incorporation of hydrophobic side groups of macromolecules into WLMs.

An absolute majority of WLM/HM polymer (either synthetic or natural) common net-
works employed alkyl hydrophobic groups attached to polymer. An interesting variation of
the hydrophobic modification approach was proposed [154], in which cholesterol-modified
gellan gum was used to strengthen a network of cylindrical micelles formed by a non-ionic
surfactant polyoxyethylene cholesteryl ester (ChEO10), with the hydrophobic tail of the
same chemical structure as the polymer hydrophobic groups. At the same time, cholesterol-
modified short-chained dextran was shown to break longer WLMs of ChEO10 into shorter
ones, leading to a more liquid-like behavior [155].

Therefore, the enhancement of the viscoelastic properties of the WLM networks by
HM-polymers is a general effect observed for both the synthetic and the natural polymers
bearing alkyl groups of different length (C8–C22) or hydrophobic groups of other chemical
natures. This effect is due to the bridging of WLMs by polymer chains and the formation
of a common polymer/micellar network. The practical application of this approach may
be greatly advanced by the easier and cheaper synthesis methods of HM-polymers.
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7.2.4. HM Polymers/Surfactants/Nanoparticles

A ternary viscoelastic fracturing fluid containing HM HPG with C14 alkyl side chains,
cationic gemini surfactant 12:0-3-OH-12:0 and 7–40 nm hydrophobic silica NPs with im-
proved characteristics was described [156]. The viscosity of the fluid was increased by
the addition of NPs from 37 mPa·s to 154 mPa·s at 80 ◦C and 170 s−1; the presence of the
surfactant and polymer improved the interfacial properties (oil–water interfacial tension,
hydrophilicity of the model core slices aged in the fluid filtrate); the fluid application
showed a good oil permeability loss rate (9.4%) and a fracture conductivity retainment rate
(95%); and a significant increase in oil production was obtained in the oilfield test. This
new approach combines the effect of NPs, which induce elongation of the WLMs and the
synergistic effect of HM polymer and the WLMs and shows that a combined synergy may
be achieved by using a multi-component fluid.

7.3. Hydrophilic Polymers/VES

A recently described novel approach for the development of viscoelastic
polymer/surfactant fluids consists in the use of fully hydrophilic polymers which do
not interact with WLMs and do not destroy them.

One of the first reported cases is the mixing of potassium oleate WLMs with a similarly
charged polyelectrolyte-sodium polystyrenesulfonate (PSS) [37]. However, in this work,
no increase in viscosity or elasticity caused by the polymer was reported. The WLMs of a
cationic surfactant EHAC are preserved in the presence of an oppositely charged natural
polyelectrolyte–xanthan [157]. One-phase homogeneous mixtures are obtained when a
significant amount (4–4.75 wt %) of low-molecular-weight salt KCl is added, which screens
the electrostatic attraction between the components and prevents the precipitation of the
polymer/surfactant complex. A synergistic increase of the plateau storage modulus is seen
for the mixture, which is explained by the formation of a common semi-interpenetrating
network of polymer and micellar chains with entanglements between the components
(Figure 4a).

Figure 4. (a) Schematic representation of a common network of wormlike surfactant micelles (WLMs) and hydrophilic
polymer, which may be un-cross-linked or cross-linked; (b) zero-shear viscosity η0 (triangles), terminal relaxation time
τ (circles), and plateau modulus G0 (squares) as a function of concentration of added poly(vinyl alcohol) PVA in
3.3 wt % potassium oleate/C8TAB aqueous solutions at 20 ◦C, molar ratio [potassium oleate]/[C8TAB] = 2.5; reprinted with
permission from Shibaev, A.V.; Abrashitova, K.A.; Kuklin, A.I.; Orekhov, A.S.; Vasiliev, A.L.; Iliopoulos, I.; and Philippova,
O.E. Viscoelastic synergy and microstructure formation in aqueous mixtures of nonionic hydrophilic polymer and charged
wormlike surfactant micelles. Macromolecules 50(1), 339–348, Copyright (2017) American Chemical Society.

Synergy in viscoelastic properties has been observed for the mixtures of a synthetic
polymer poly(vinyl alcohol) and mixed anionic/cationic WLMs [158,159]. A nearly 3-
magnitude increase in viscosity is observed, which is accompanied by a significant en-
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hancement of the elastic modulus and relaxation time (Figure 4b) and is explained by two
factors: (1) the formation of entanglements between the polymer and micellar chains, (2) the
microphase separation with the formation of polymer-rich and micellar-rich microdomains,
which arises from weak repulsive interaction between the polymer and micelles. Mi-
crophase separation results in the concentration of both components in their domains,
leading to the augmentation of the rheological parameters. Later, the same effect was
observed for a natural polymer HPG mixed with anionic/cationic WLMs [160]. The use of
a weakly repulsive polymer and WLMs, which form one-phase but microscopically segre-
gated solutions, allows the significant reduction in the concentrations of the components in
the fluid in order to obtain viscosity and elasticity sufficient for fracturing operations.

A very recently reported novel approach consists in using the hydrophilic poly-
mer/WLM system and cross-linking the hydrophilic polymer chains into their own net-
work (for instance, by borate ions), which leads to the formation of a double dynamic
network, consisting of an entangled network of WLMs interpenetrating with a polymer
network with labile cross-links [161]. Such polymer/WLM systems are characterized
by significantly enhanced rheological properties as compared to their components taken
separately—their zero-shear viscosity and plateau storage modulus are increased by factors
of 3400 and 27, respectively. Due to the dynamic nature of the bonds in both networks,
they recover mechanical properties after strong shear and may be responsive to different
factors.

It was proposed to mix the WLM network and cellulose nanofibrils (CNF). Sodium
oleate/KCl/CNF fluid was shown to have higher zero-shear viscosity than a simple
oleate/KCl fluid, and was able to form a dense filter cake, which reduced filtration of the
fluid into the core [162]. A pseudo-interpenetrating network of sodium oleate/KCl WLMs
and a CNF surface modified by carboxyl, sulfonic, or hydrophobic groups was prepared
and was characterized by higher viscosity than for pure WLMs (at moderate CNF content
which does not break the micellar network) and by improved sand-carrying capacity [163].

Thus, the interaction of polymers with WLMs may result in the disruption of the
micellar chains, the obtaining of hybrid cylindrical micelles with embedded polymer, or
the formation of the common polymer-micellar networks. Among these various structures,
common networks of HM polymers and WLMs show the best rheological characteristics
(high viscosity and elastic modulus exceeding the values for individual components by
several orders of magnitude) and temperature stability combined with a pronounced re-
sponsiveness to hydrocarbons. The best properties of mixed fluids are observed when
HM polymer contains rather long (C12-C22) alkyl tails or other bulky hydrophobic groups
(for instance, β-cycodextrin, or cholesterol) providing a rather strong hydrophobic inter-
action with WLMs. The synergistic effect of mixing HM polymers and surfactants has
already been observed at a rather low amount of hydrophobic substituents in the polymer
chain, which may be only a few per macromolecule. However, the application of HM
polymer/VES fluids in hydraulic fracturing is limited by a rather high cost and the limited
availability of HM polymers. An alternative approach may consist in the use of fully
hydrophilic polymers weakly interacting with the micelles.

8. Conclusions and Outlook

In this review, several new approaches are described for improving the properties of
VES-based fluids, aiming at their application as a cost-effective alternative to polymer-based
hydraulic fracturing fluids.

Gemini and oligomeric surfactants show enhanced rheological properties and tem-
perature resistance compared to their single-chain counterparts. Promising ways to obtain
better performance of such fluids consist in the use of longer alkyl tails and higher oligomer
numbers (n ≥ 4), providing stronger hydrophobic interactions within WLMs. Other
possibilities include the variation of the polar head chemical substituents, or the use of
dissymmetric surfactants, combining alkyl tails of different length within one molecule. A
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significant advancement in this field would consist in the development of easier synthetic
methods, leading to a reduction in the oligomeric VES cost.

A rather simple way for optimizing the properties of VES fluids is the use of surfactant
mixtures. One of the prospective routes consists in mixing gemini or oligomeric surfactants
with single-chain surfactants or together, which allows the reduction in the concentration
of a more expensive oligomeric component while exploiting the synergy between different
surfactant species. New interesting solutions may include obtaining “pseudo-gemini”
surfactants by self-assembly of multiple cheaper components.

Addition of NPs is an effective and rather inexpensive way for improving the perfor-
mance of VES fracturing fluids, including the rheological properties (viscosity, plateau shear
modulus, and relaxation time), the temperature and shear resistance, and the proppant-
carrying capacity. An attractive pathway lies in combining the addition of NPs with
oligomeric surfactants, polymer/surfactant mixtures, etc.

The development of hybrid polymer/VES fluids is a widely and fundamentally
investigated, but practically unexploited, field. Such fluids comprise mixtures of VES
with HM or hydrophilic polymers. Systems comprising synthetic HM PAAm and VES
are the most widely studied in the literature; at the same time, mixtures of HM natural
polymers with VES are much less investigated. New developments in this field may be
related to the cheaper and easier ways of the synthesis of HM polymers, including the use
of hydrophobic groups other than alkyl chains, as well as the search for high-performance
mixtures of VES with hydrophilic polymers.

Novel approaches in the studies of VES-based fluids offer promising ways for the
improvement and optimization of their properties relevant to oil field applications and for
the widening of their practical use in hydraulic fracturing technology.
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Abbreviations

Abbreviation Expansion

CMC critical micelle cocentration
CMHPG carboxymethyl hydroxypropyl guar
CNF cellulose nanofibrils
CTAB cetyltrimethylammonium bromide
EDAA N-erucamidopropyl-N,N-dimethyl-N-allylammonium bromide
EHAC erucyl bis-(hydroxyethyl)methylammonium chloride
EOR enhanced oil recovery
HM PAA hydrophobically modified polyacrylic acid
HM PAAm hydrophobically modified polyacrylamide
HM HPG hydrophobically modified hydroxypropyl guar
HPGNaSal hydroxypropyl guarsodium salicylate
NP nanoparticle
PSS sodium polystyrenesulfonate
SDS sodium dodecyl sulfate
SOMT sodium oleoyl methyl taurate
TMPDA N,N,N′,N′-tetramethyl-1,3-propanediamine
VES viscoelastic surfactant
WLM wormlike micelle
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