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Abstract 

The injection of CO2 into mature natural gas reservoirs is widely recognised for its poten-
tial to store carbon dioxide while simultaneously enhancing natural gas recovery. How-
ever, across all reservoir pressure and temperature ranges, CO2 and natural gas are mis-
cible, leading to contamination of the produced gas and increasing surface processing 
costs. Although miscibility has been a limiting factor in deploying CO2-EGR-based pro-
jects, several strategies have been proposed to mitigate it. In this study, we have analysed 
the inclusion of water in the CO2 injection process to reduce mixing, improve natural dis-
placement, and improve carbon dioxide storage security through solubility and residual 
trapping mechanisms. The simulation was conducted in a 3D reservoir using the CMG-
GEM simulator. The results show that the inclusion of water injection improves natural 
gas recovery by up to 8.04% compared with when only CO2 was injected. The CO2 break-
through time increased by up to 931 days, while the hysteresis and solubility trapped CO2 
were improved by 2.68% and 3.06%, respectively. EGR and CO2 storage security were 
found to be affected by reservoir heterogeneity, injection rate, and the perforation depths 
of injector and producer wells. 

Keywords: enhanced gas recovery; CO2 storage; CO2 injection; water injection; numerical 
reservoir simulation 
 

1. Introduction 
Natural gas is regarded as a fuel for the energy transition as clean and renewable 

energies continue to mature both technologically and economically. For this reason, nat-
ural gas demand has increased due to the major policy push towards its utilisation [1]. 
Different engineering approaches, including developing new fields and improving recov-
ery from mature reservoirs through compression and fluid injection, are being applied to 
increase natural gas production to meet the demand. However, natural gas by itself re-
mains a source of emissions as a fossil fuel, and thus, in the long term, it may not mitigate 
climate change concerns [2,3] and is therefore not a good solution towards reducing global 
warming below 2 °C, as required by international climate agreements [4]. Carbon Capture 
Utilisation and Storage with Enhanced Gas Recovery (CCUS-EGR) is becoming a strategic 
industry in the transition to net-zero emissions from gas fuels by increasing natural gas 
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production without emitting carbon dioxide into the atmosphere [5–7]. It involves inject-
ing CO2 captured from large emitting point sources into a mature gas reservoir. This pro-
cess promotes natural gas recovery by displacing and repressurising the reservoir while 
permanently sequestering carbon dioxide [8,9]. 

The use of CO2 to enhance gas recovery has been widely studied for its technical and 
economic feasibility. Early research on CO2-EGR by Van Der Burgt et al. [10] indicated an 
increase in natural gas recovery when CO2 was injected into a producing gas reservoir. 
Oldenburg et al. [11,12] reported additional methane production during and after injec-
tion. This improvement in gas recovery is attributed to the density difference between 
carbon dioxide and methane and to reservoir repressurisation as injected CO2 advances 
through the pores by advection and diffusion, pushing methane ahead of it under the 
control of either interstitial velocity or concentration gradient [9]. 

During diffusion-driven displacement, injected CO2 contaminates the natural gas, 
forming a mixing zone that is critical to displacement efficiency. Miscibility arises from 
the absence of an interface between natural gas and carbon dioxide, and therefore, the 
entire EGR process is driven by pore pressure maintenance and miscible displacement 
(CO2 miscibly displacing natural gas) [13]. However, Amin et al. [14] reported the pres-
ence of IFT between supercritical CO2 and CH4, based on experimental results obtained 
using the pendant drop method in the temperature range of 368.15–433.15 K and pres-
sures between 6.9 and 41.37 MPa. Although thermodynamically a stable interface exists 
only between two immiscible fluids, the experimental results indicated IFT values ranging 
from 0.00036 to 0.01211 dyne/cm for the CH4-CO2 interface. 

The rate at which injected carbon dioxide contaminates natural gas assets in the res-
ervoir remains a major drawback of CO2-EGR. The magnitude of contamination can be 
minimised by optimising reservoir management, injection, and production measures. In-
jection rate and timing, distance between the injector and producer well, reservoir heter-
ogeneity, connate water saturation, connate salinity, and well perforation depth are 
among the factors that affect miscibility [15–17]. Injection of carbon dioxide to enhance 
gas production requires the reservoir to be somewhat depleted to prevent injection pres-
sure from exceeding the initial reservoir pressure prematurely. Injection of CO2 after con-
ventional depletion of the gas reservoir improves gas recovery compared with early in-
jection [18]. A higher injection rate leads to a higher methane production rate and a shorter 
injection cycle, resulting in a reduced net recovery factor. A lower injection rate leads to a 
lower production rate, longer production time, and reduced CO2 diffusion, resulting in 
CO2 migrating as a plume rather than an irregularly diffused phase [19]. Injection of CO2 
at the lower portion of the reservoir, with the production well perforated in the top stra-
tum, repressurises the reservoir, efficiently improves sweep of natural gas from the bot-
tom layers towards the production well, and minimises contamination and gas mixing in 
the upper part of the reservoir [15]. In heterogeneous reservoirs, a higher-permeability 
zone becomes a preferential flow path for CO2 towards the production well, thereby af-
fecting the efficiency of natural gas displacement and causing early breakthrough [20,21]. 
Higher CO2 dispersivity and reduced displacement efficiency were observed in a hetero-
geneous reservoir than in a homogeneous one [22]. The effect of connate water in CCUS-
EGR is not entirely consistent. Patel et al. [23] report that connate water delays CO2 break-
through while simultaneously reducing CH4 production, whereas He et al. [24] observe 
the opposite behaviour, while Zecca et al. [25] concluded that CO2 dispersivity increases 
with connate water saturation. Nevertheless, both lines of work reach a shared conclusion: 
under significant connate water saturation, net CO2 storage is reduced, and the fraction of 
CO2 stored via residual and solubility trapping increases. Abba et al. [17] concluded lower 
dispersion of CO2 into CH4 in a reservoir with higher connate salinity. 
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Miscibility, natural gas contamination, and early CO2 breakthrough remain the main 
drawbacks of CCUS-EGR, but several studies have focused on reducing CO2 mobility to 
address these issues. The injection of carbonated water, followed by CO2 injection, in-
creased the recovery factor, CO2 storage, and delayed breakthrough in a heterogeneous 
reservoir with higher permeability at the bottom of the formation [26]. The injection of a 
gelling fluid to limit carbon dioxide mobility, delay breakthrough, and improve sweep 
showed minimal impact on breakthrough [16]. 

Since the presence of connate water has been shown to delay CO2 breakthrough and 
improve storage security, in this study we suggest including water in the CO2 injection 
process to reduce CO2 mobility, reduce miscibility, and improve storage security. In gas 
reservoirs, water injection is reported to be an effective method for EGR, especially in a 
volumetric-drive reservoir near abandonment pressure [27]. Although a favourable mo-
bility ratio, volumetric sweep, displacement efficiency, and unaltered natural gas compo-
sition are among the advantages of water injection, in most effective water-EGR projects, 
water injection is considered as a method for pressure maintenance by filling the voidage 
space created as a result of depletion and keeping the reservoir pressure above dew point 
pressure [28,29]. At higher reservoir abandonment pressure, water injection for EGR re-
quires a higher injection rate, resulting in natural gas entrapment and water breakthrough 
in the production well, leading to liquid loading [30]. For a feasible water-EGR project, 
the drawback may still be the high volume of water required relative to the volume of gas 
due to compressibility difference [31,32]. 

Unlike the previous study by He et al. [24] in a subcritical reservoir and Patel et al. 
[23] in a supercritical reservoir, where connate/irreducible water was included in the sim-
ulation of CO2-EGR as an immobile phase, and the study by Omari et al. [26], where water 
with already dissolved CO2 was initially injected in a subcritical reservoir for pressure 
build-up before supercritical CO2 injection, this study proposes to inject CO2 and water in 
a depleted gas reservoir at pressures above the supercritical threshold to reduce CO2 mo-
bility, reduce CO2-CH4 miscibility, improve sweep and displacement efficiency, and in-
crease CO2 storage security through solubility and hysteresis trapping. To illustrate the 
potential of the water−CO2 EGR strategy, the effects of different reservoir and injection 
parameters, such as heterogeneity, injected water−CO2 fractions, injector/producer well 
depth, and strategy, are investigated using a numerical reservoir simulator and discussed 
in terms of natural gas recovery and CO2 storage. 

2. Theory 
In the CO2-EGR system, fluid flow is primarily driven by the pressure gradient be-

tween the injector and producer wells. The general forms of equations governing the fluid 
flow and mixing include the mass and energy conservation equations, Darcy’s law, and 
the fluid and rock constitutive relations. In multicomponent−multiphase flow, the equa-
tions are applied for each component [20,21,23]. Assuming the reservoir rock is rigid and 
chemically inert to the injected fluid throughout the simulation time, and that the temper-
ature remains constant, the equation reduces to Darcy’s equation. The mass conservation 
equation for any component in a multiphase system is given by Equation (1). 𝜕𝜕𝑡 ቌ𝜙෍𝜌ఉ𝑆ఉ𝑋ఉசఉ ቍ +  𝛻.𝐹ச +  𝛻.𝒰ச = 𝑞ச (1)

where 𝜙  is the porosity of the media, 𝜌ఉ  and 𝑆ఉ  represent density and saturation of 
phase 𝛽 respectively, 𝑋ఉ఑ is the mass fraction of component κ in phase 𝛽, 𝐹఑ is the net 
mass flux, 𝒰఑ is the molecular diffusion rate, and 𝑞఑ is the source/sink mass rate. The 
mass flux 𝐹఑ in Darcy’s form is given by Equation (2), while the molecular diffusion 𝒰ச 
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of components in the gas and aqueous phases is governed by Fick’s law as presented in 
Equation (3) [20]: 𝐹ச =  ෍𝑋ఉச𝑢ఉఉ  (2)

𝒰ச =  𝐷ఉச𝜏ఉ 𝜙𝜌ఉ𝑆ఉ𝛻𝑋ఉச (3)

𝑢ఉ =  −𝑘 𝑘௥ఉ𝜌ఉ𝜇ఉ ൫𝛻𝑃ఉ −  𝜌ఉ𝑔൯ (4)

where 𝐷ఉச is the diffusion coefficient of component k in phase 𝛽, and 𝜏ఉ is the tortuosity 
of the rock. Equation (4) represents Darcy’s velocity of each phase 𝑢ఉ, where 𝑘 is the ab-
solute permeability tensor, 𝑘௥ఉ is the phase relative permeability, 𝜇ఉ is the viscosity of 
phase 𝛽, 𝑔 is the gravitational acceleration, and 𝑃ఉ is the pressure of phase 𝛽 given as 𝑃ఉ = 𝑃 + 𝑃௖ఉ, with P being the pressure of the reference phase and 𝑃௖ఉ as the capillary 
pressure. Density and viscosity of each phase are estimated from the PR-EOS present in 
Equation (5): 𝑃 = 𝑅𝑇𝑉 − 𝑏 −  𝑎𝑉ଶ − 2𝑉𝑏 + 𝑏ଶ (5)

The solubility of CH4 in water is neglected because it is much lower than that of CO2, 
implying that it exists only in the gaseous phase [23,24]. Both CO2 and water components 
exist in gaseous and aqueous phases. Therefore, the continuity equation for each compo-
nent is presented in Equations (6)–(8): 𝜕𝜕𝑡 ቌ𝜙෍𝜌௚𝑆௚𝑋௚஼ுరఉ ቍ +  𝛻. ൫𝑋௚஼ுర𝑢௚൯ +  𝛻.൭𝐷௚஼ுర𝜏௚ 𝜙𝜌௚𝑆௚𝛻𝑋௚஼ுర൱ = 𝑋௚஼ுర𝑞௚ (6)

𝜕𝜕𝑡 ቌ𝜙 ෍ 𝜌ఉ𝑆ఉ𝑋ఉ஼ைమఉୀ௟,௚ ቍ +   𝛻.ቌ෍ 𝑋ఉ஼ைమ𝑢ఉఉୀ௟,௚ ቍ +  𝛻.൭𝐷ఉ஼ைమ𝜏ఉ 𝜙𝜌ఉ𝑆ఉ𝛻𝑋ఉ஼ைమ൱ = ෍ 𝑋ఉ஼ைమ𝑞ఉఉୀ௟,௚  (7)

∂∂tቌϕ ෍ ρஒ𝑆ஒXஒுమைஒୀ௟,௚ ቍ +   ∇.ቌ෍ 𝑋ఉுమை𝑢ఉఉୀ௟,௚ ቍ = ෍ X𝛽ுమைq𝛽ఉୀ௟,௚  (8)

The solubility of CO2 in water is estimated based on the principle of fugacity, which 
states that at equilibrium the fugacity of the CO2 component is equal in both phases, 𝑓஼ைమ௚ =  𝑓஼ைమ௟ . The fugacity of the gaseous phase is related to partial pressure, while that of 
the aqueous phase is calculated according to Henry’s law as in Equation (9):  𝑓஼ைమ௚ = 𝑓஼ைమ௟ =  𝜑𝑃஼ைమ = 𝐻஼ைమ𝑥௟஼ைమ (9)

where 𝑓஼ைమ௚   and 𝑓஼ைమ௟   are fugacity of CO2 in gaseous and aqueous phases respectively, 𝐻஼ைమ is the Henry’s constant and 𝑥௟஼ைమ is the mole fraction of CO2 in the aqueous phase. 
Under different pressure conditions, Henry’s constant is calculated as a function of pres-
sure P, temperature T, universal gas constant R, and partial molar volume of CO2 as pre-
sented in Equation (10) with the respective term defined in Equations (11) and (12): 𝐼𝑛𝐻஼ைమ =  𝐻஼ைమ௦௔௧ +  1𝑅𝑇න 𝑣஼ைమஶ 𝑑𝑃ெ௉ಾ௉ಹమೀೞೌ೟      (10)
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𝐼𝑛𝐻஼ைమ௦௔௧ = 𝐼𝑛𝑃ுమை௦௔௧ − 9.4234 1𝑇 + 4.0087 ሺ1 − 𝑇∗ሻ଴.ଷହହ𝑇∗ + 10.3199 𝑒𝑥𝑝(1 − 𝑇∗)(𝑇∗)଴.ସଵ   (11)

𝑣஼ைమஶ = 37.51 − 9.585 × 10ିଶ𝑇௖ + 8.74 × 10ିସ𝑇௖ଶ − 5.044 × 10ି଻𝑇௖ଷ   (12)

where 𝐻஼ைమ௦௔௧  is Henry’s constant under saturation pressure conditions calculated by Har-
vey’s method, 𝑣஼ைమஶ  is the partial molar volume of CO2 in infinitely dilute aqueous phase, 
and 𝑇∗ = 𝑇 𝑇ுమை௖ൗ , where 𝑇ுమை௖  represents the critical temperature of water and 𝑇௖ is the 

reservoir temperature. In saline formation, Henry’s constant is corrected to account for 
salinity using Equation (13): 𝐼𝑛 ቆ𝐻𝑠𝑎𝑙𝑡,𝐶𝑂2𝐻𝐶𝑂2 ቇ =  𝐾𝑠𝑑𝑠𝑎𝑙𝑡   (13)

𝐾௦ = 0.11572 − 6.0293 × 10ିସ𝑇௖ + 3.5817 × 10ି଺𝑇௖ଶ − 3.7772 × 10ିଽ𝑇௖ଷ   (14)

where 𝐻௦௔௟௧,஼ைଶ  is Henry’s constant for CO2 taking into account the salinity influence, 𝑑௦௔௟௧ is the molar concentration of salt in aqueous solution, and 𝐾௦ is the salting-out co-
efficient calculated as by Equation (14). 

3. Models and Methods 
3.1. Model Construction and Simulation Parameters 

Modelling and simulation work was conducted using the academic-licenced CMG-
GEM software package version 2022.10. CMG-GEM is widely used to simulate three-di-
mensional multiphase and multicomponent flow in porous media. The Peng−Robinson 
equation of state (PR-EOS78) in the GEM module was selected to calculate phase-equilib-
rium compositions and fluid densities. 

For validation purposes, a benchmark model used by previous researchers, Biagi et 
al. [33], Patel et al. [21,23], and He et al. [24], was selected to simulate 3D cases. The size 
of the full model is 804.76 m × 804.76 m × 45.72 m, with four producer wells at the corners 
and one injector well at the centre of the reservoir, making it perfectly symmetrical. A 
quarter of the model, with dimensions of 201.19 m × 201.19 m × 45.72 m, was used for 
simulation in this study as indicated in Figure 1. The simulated domain, with a thickness 
of 45.72 m, was divided into 44 × 44 × 10 grids, resulting in 19,260 grid blocks, each 4.572 
m in size. The blocks were initially saturated with only CH4 gas, representing natural gas 
at an initial reservoir pressure of 3.55 MPa and a temperature of 66.7 °C. The injector well 
was perforated in the reservoir’s bottom layer, while the producer well was perforated in 
the top layer. The boundaries were assumed to be adiabatic and to have a no-flow bound-
ary condition. To validate the model, the initial case was run using the reference model 
parameters. These included: a constant CO2 injection rate of 0.1 kg/s, a constant producer 
well bottom hole pressure of 3.55 MPa, and a well shut-in condition of 20% CO2 mass 
fraction in the produced gas stream. The final results were compared with observations 
from previous studies. After validation, parameters were modified to simulate supercriti-
cal CO2-water injection as summarised in Table 1. 

For the CO2-water injection EGR, two models, referred to as Case-A and Case-B, were 
constructed based on the validated model: a homogeneous and a heterogeneous one, re-
spectively as presented in Figure 2. In the Case-A model, isotropic permeability, as in the 
benchmark model, was assigned to all grid blocks, whereas in the Case-B model, vertical 
permeability variation was introduced within model layers, each with homogeneous iso-
tropic properties. To analyse the effect of heterogeneity, three-layered reservoirs with var-
ying Dykstra−Parsons (VDP) coefficients for vertical permeability were modelled, as pre-
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sented in Table 2. The average permeability and the kh/kv ratio were kept constant at 50 
mD and 0.1, respectively. An equal porosity of 23% was assigned in all cases, resulting in 
a 1.5028 × 107 ft3 reservoir pore volume. The initial mobile fluid in the reservoir for all cases 
was set to CH4, occupying 85% of the pore space, with 14.999% occupied by connate water 
and 0.001% by nitrogen gas as a tracer element in the GEM module. The initial reservoir 
pressure and temperature for all cases were 19.098 MPa and 95 °C, respectively, and the 
boundary conditions were kept adiabatic and no-flow. The gas−water contact (GWC) was 
located significantly below the reservoir to eliminate the influence of the aquifer. The sol-
ubility of CO2 in brine in the simulator was estimated using Henry’s law. The relative 
permeability and capillary pressure were defined by the Brooks−Corey model, as given in 
Equations (15)–(17), where 𝑠௪௜ represents the irreducible water saturation, 𝜆 is the pore-
size distribution index, 𝑃ௗ is the threshold pressure, and 𝑘௥௪ and 𝑘௥௚ are water and gas 
relative permeabilities, respectively. The hysteresis CO2-trapping mechanism was defined 
using Land’s model, with a maximum residual gas saturation of 40% [34,35] for relative 
permeability hysteresis, and the relative permeability scanning loop for each saturation 
change cycle was generated using a built-in linear hysteresis model. The Leverett J-func-
tion scaling approach in Equation (18) was used to assign different capillary pressure 
curves in each grid block according to porosity and permeability variation. Constant in-
terfacial tension and contact angle were assumed [34,35]. The parameters used in the cal-
culation of relative permeabilities, capillary pressure, and other reservoir parameters were 
as summarised in Table 1 [23]: 

𝑘௥௪ = ൬𝑆௪ − 𝑆௪௜1 − 𝑆௪௜ ൰ଶାଷఒఒ
 (15)

𝑘௥௚ = ൬1− 𝑆௪1− 𝑆௪௜൰ଶ  ቎1 − ൬𝑆௪ − 𝑆௪௜1 − 𝑆௪௜ ൰ଶାఒఒ ቏  (16)

𝑃௖ = 𝑃ௗ ൬𝑆௪ − 𝑆௪௜1− 𝑠௪௜ ൰ିଵఒ  (17)

𝐽(𝑆௪) = 𝑃௖(𝑆௪)𝛾𝑐𝑜𝑠𝜃 ඨ𝑘𝜙  (18)

The reservoir was initially produced by the depletion method (primary production) 
at a maximum constant rate of 5% PV per year until the pressure declined to approxi-
mately 8.274 MPa, which is above the supercritical pressure of CO2, after which injection 
began. The fluid injection stage was simulated into two sub-stages: the EGR stage and the 
storage stage. In the EGR stage, the simulation was conducted to study the effect of incor-
porating water injection into CO2-EGR. The total fluid injection rate was set to 5% PV per 
year, which served as the basis for surface water and CO2 rate calculations. Based on the 
set pore volume, the injection rates ranged from 0.2005 kg/s to 0.1203 kg/s for CO2 and 
from 0 kg/s to 0.2572 kg/s for water, with water fractions ranging from 0 to 0.4, respec-
tively, as presented in Table 3. It should therefore be noted that the fluid fractions used in 
this study are the fractions of water in the injected pore volume. 
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Figure 1. Five-spot injector/producer well pattern. 

Table 1. Parameters used in model setup and simulation. 

Property Value 
Initial reservoir pressure 19.098 MPa 
Reservoir temperature 95 °C 

Reservoir top 2133.6 m 
Porosity 0.23 

Horizontal permeability (kh) (for homogeneous) 50 mD 
Vertical permeability (kv) 0.1 × kh 

Initial CH4 saturation 0.85 
Irreducible water saturation(Swi) 0.10 
Pore-size distribution index (𝜆) 2 

Threshold capillary pressure(Pd) [23] 50 kPa 
Critical gas saturation (Sgcr) [36] 0.05 

Production rate 5% PV/year 
Production well bottom hole pressure 8.274 MPa 

Injection CO2-Water PV ratio 0–0.4 
Total fluid injection rate 5% PV/year 
CO2 diffusion coefficient 0.006 cm2/s 

Rock compressibility 5.0 × 10−7/kPa 
Injector well maximum bottom hole pressure 19.098 MPa 

Table 2. Permeability values used in the heterogeneous model (L1 is the bottom layer, and L10 is 
the top layer). 

Case VDP Source Permeability (mD) L1 L2 L3 L4 L5 L6 L7 L8 L9 L10 

B1 0.87 Liu et al. [37] 
kh 60 60 100 5 20 90 40 5 20 100 
kv 6 6 10 0.5 2 9 4 0.5 2 10 

B2 0.49 Generated 
kh 50 30 115 35 40 110 20 25 45 30 
kv 5 3 11.5 3.5 4 11 2 2.5 4.5 3 

B3 0.29 Generated 
kh 45 60 50 35 20 65 70 30 85 40 
kv 4.5 6 5 3.5 2 6.5 7 3 8.5 4 

Table 3. Gas and water injection rates for different water fractions in the injected pore volume. 

Water PV Fraction 0.0 0.02 0.05 0.10 0.15 0.20 0.25 0.30 0.35 0.40 
Gas rate (kg/s) 0.2005 0.1965 0.1905 0.1804 0.1704 0.1604 0.1504 0.1403 0.1303 0.1203 

Water (kg/s) 0.0000 0.0129 0.0322 0.0643 0.0965 0.1286 0.1608 0.1929 0.2251 0.2572 
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The production well was constrained to a maximum CO2 mole fraction of 30% in the 
production well stream. A 1% CO2 mole fraction was considered the initial carbon dioxide 
breakthrough, and the well was shut-in when the maximum CO2 fraction was reached, 
marking the end of the EGR phase. After the production well was shut-in, operating con-
ditions at the injection well were altered, and CO2 injection for storage commenced. The 
injection well was switched to inject only CO2, and the injection rate was increased to 5 
times the initial injection rate to minimise operating time while maximising storage. Injec-
tion continued until the pressure equalled the initial reservoir pressure. When the reser-
voir pressure equalled the initial pressure, the injection well was shut-in, marking the end 
of the injection simulation. For the purpose of reservoir monitoring, the simulation was 
extended to a total of 100 years of simulation. 

The performance of each scenario was evaluated by calculating the improved CH4 
recovery factor at the time of production well shut-in using Equation (19), the cumulative 
produced/recycled CO2, the amount of CO2 stored in the reservoir during both the EGR 
and storage phases, the contribution of each trapping mechanism, and the visualisation 
of plume migration using CMG-Results version 2022.10, Excel, and separate Python 
codes. The results were grouped into different cases, with Case A and Case B representing 
the effects of water content on EGR, CO2 breakthrough time, and CO2 storage for homo-
geneous and heterogeneous reservoirs, respectively; Case C represents the effects of per-
foration depth; Case D represents the effects of injection rate; and Case E shows the effect 
of injection strategy: RF = Cummulative mass of CHସ producedMass of CHସ in the reservoir    (19)

 

  
(a) (b) 

Figure 2. Simulation setup: (a) homogeneous model and (b) heterogeneous permeability model. 

3.2. Model Validations 

The model was validated by comparing the base-case simulated results with those 
from identical previous studies by He et al. [23], Biagi et al. [32], and Class et al. [34], as 
shown in Figure 3. The curve morphology in this study was consistent with the observa-
tions reported in the previous study. In the build-up stage of CH4 production rate, the 
results of this study were slightly lower, by about 6.89%, than those of the previous study. 
The maximum production rate of methane was consistent with those reported by Biagi et 
al. and He et al. The CO2 rate at the shut-in was consistent with observations by He et al. 
and Class et al. and was 22.99% lower than that of Biagi et al. Also, the results from this 
work indicate a 2.95% longer shut-in time (59 days) compared to Biagi et al.’s results. The 
CH4 production rate at the time of shut-in for this study was higher by 3.18% and 2.21% 
from that of Biagi et al.’s and He et al.’s results, respectively, and was lower by 0.9% from 
Class et al.’s work. The observed difference could be due to other parameters, such as rock 
compressibility, which were not provided in some of the benchmarking models, and to 
the software used for simulation, which is CMG-GEM, whereas some benchmarking mod-
els used TOUGH and ECLIPSE simulators. Therefore, given the level of consistency ob-
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served in the base case, the model can be confidently used to simulate other cases in this 
study. 

 

Figure 3. CO2 and CH4 gas mass rate comparison for different previous simulation results. 

4. Results and Discussion 
4.1. Effect of Water on EGR and CO2 Storage 

Figure 4a shows the effect of water on CO2-EGR. The enhanced recovery factor values 
at a water fraction of 0.0 on the x-axis correspond to the case where only CO2 was injected, 
while the other results reflect the effect of water content. Both Case A and Case B showed 
improved gas recovery upon CO2 injection, with further gains when water was included. 
The use of water, together with CO2 injection, increased recovery by an additional 1.55% 
in a homogeneous reservoir and up to 8.04% in a highly heterogeneous reservoir (VDP = 
0.87) compared with pure CO2 injection. In both cases, gas recovery increased with in-
creasing water content up to around 0.25 fraction, followed by a decrease in recovery. This 
increase in recovery upon water introduction was attributed to improved displacement 
efficiency, resulting from the lower mobility of the water phase in the mixture. In Case-B, 
the higher recovery than in Case-A could be due to water blocking the higher-permeable 
zone in the reservoir and forcing CO2 to flow through the low-permeable zone, leading to 
higher improved recovery. All cases indicated delayed CO2 breakthrough into the pro-
duction well when water was included in the injection, whereas the breakthrough time 
for heterogeneous reservoirs is higher at a water fraction of 0.25, as indicated in Figure 4b. 

  
(a) (b) 

Figure 4. (a) Effect of water injection on gas recovery. (b) CO2 breakthrough time. 
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Figure 5a,b represents the dynamics of the mixing zone in layer 2 of the homogene-
ous reservoir at the end of the first year of injection and during the time of production 
well shut-in, respectively, for both cases of pure CO2 injection and when there is a 0.1 
fraction. Both plots indicate a decrease in the CO2-CH4 mixing zone upon the introduction 
of water, supporting improved displacement. Figure 5b indicates that, at the time of pro-
duction well shut-in, the mixing zone for pure CO2 is 40 m, while that for CO2 combined 
with water is 36 m, representing a 10% decrease in the mixing zone. The decrease in the 
mixing zone implies a reduction in the displacement front’s inclination when water is in-
troduced, and also improved CH4 recovery by reducing residual CH4 trapped therein. 

  
(a) (b) 

Figure 5. CO2-CH4 mixing zone dynamics in layer 2 during the EGR process in a homogeneous 
reservoir (a) at the end of year 1 of injection and (b) during well shut-in time. (Vertical dotted lines 
represent the size of the mixing zone, red lines represents CASE A_0, blue lines represents CASE 
A_0.1). 

In a heterogeneous reservoir, the effect of water injection varies across layers with 
different permeabilities, as shown in Figure 6. In the higher-permeability zone, CO2 mi-
gration is reduced, whereas in the lower-permeability zone, it is enhanced. This effect re-
duces CO2 breakthrough by blocking higher-permeability zones and improves recovery 
by displacing CH4 in lower-permeability zones. However, the CO2-CH4 mixing zone ex-
pands in the presence of water in both the higher- and lower-permeability zones. 

Analysis of the CO2 plume advancement in a diagonal slice from the injector to the 
producer well for Cases A and B1, as indicated in Figure 7a,b, respectively, shows differ-
ent patterns of advancement. In Case A, the plume advances uniformly, whereas in Case 
B, the displacement front advances unevenly. The results also indicate an improved dis-
placement front and a delay in CO2 breakthrough when water is included in the injection 
process. As the injection continues, three distinct phases appear in both cases. This phe-
nomenon is caused by gravity segregation, which causes water to sag in the mixture. 
These observations support improved recovery when water is included in the injection 
process. 

To understand the production dynamics, the EGR simulation time was extended, and 
the results are presented in Figure 8. In all cases, CH4 production increased to a peak, 
remained steady at the plateau rate, and then began to decline when CO2 breakthrough 
occurred. The presence of water in the injection stream resulted in a lower plateau rate 
than when only CO2 was injected. A slow increase in the CO2 production rate and mole 
fraction in the production stream was also observed in the presence of water. The lower 
plateau rate can be explained by the reservoir-pressure-maintenance effect. When only 
CO2 is injected into the reservoir, pressure is more easily maintained because the gas is 
more compressible than water. The slow increase in CO2 mole fraction in the production 
stream is due to reduced CO2 mobility. 
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Figure 6. CO2 global mole fraction representing the influence of water on CO2 plume migration in 
higher and lower permeable layers (time = 1 year of injection). 

  
(a) (b) 

Figure 7. Global CO2 mole fraction distribution at different times describing the effect of water on 
plume migration in (a) homogeneous and (b) heterogeneous reservoirs. 

  
(a) (b) 
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(c) (d) 

Figure 8. Production well stream properties: (a) homogeneous reservoir gas mass rate, (b) hetero-
geneous reservoir gas mass rate, (c) homogeneous reservoir production mole fraction, and (d) het-
erogeneous reservoir production mole fraction. 

4.2. Effect of Perforation Depth 

This section analyses the effect of varying perforation depth in both producer and injector 
wells on CH4 recovery and CO2 inventory during the EGR simulation in both homogeneous 
and heterogeneous reservoirs. Although in CO2-EGR cases involving only injection of CO2, 
the practice has been to perforate the injector well at the bottom layers and the producer well 
at the top [15,24,36], in this study, the influence of perforation depth is analysed to elucidate 
its effect when water is in the injection stream. In all cases, the 0.1 water fraction was used. 

4.2.1. Influence of Perforation Depth in a Homogeneous Reservoir 

Four cases with different injector/producer well perforation placements were simulated. 
In case C-01, both the producer and the injector wells were fully perforated; in case C-02, a 
fully perforated injector well and a top-perforated producer well were used; in case C-03, the 
injector well was perforated in the middle of the reservoir while the producer well was perfo-
rated at the top; finally, in case C-04, the injector well was perforated in the bottom layers and 
the producer well was perforated at the top. 

In all cases, CH4 production gradually increased to a maximum rate, remained constant, 
and then declined upon CO2 breakthrough into the production well. Case C-01 showed a 
rapid increase in methane production and a shorter plateau than in the other cases. As shown 
in Figure 9a, cases C-02, C-03, and C-04 exhibited a similar production trend during the build-
up and steady-state phases but differed during the decline phase. Case C-02 showed higher 
recovery and a longer shut-in time. The improved recovery for Case C-02 was 29.35%, com-
pared with 24.48%, 28.67%, and 27.46% for Cases C-01, C-03, and C-04, respectively, as shown 
in Figure 9b. 

  
(a) (b) 

Figure 9. Effect of perforation depth on EGR and CO2 storage in homogeneous reservoir. (a) CH4 
and CO2 production profile. (b) Enhanced CH4 recovery. 
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To explain the influence of perforation depth on methane displacement, the dynam-
ics of CO2 mole fraction iso-surfaces in the formation, from the injector well to the pro-
ducer well, were analysed. The iso-surfaces of 0.9, 0.6, and 0.1 CO2 mole fractions, indicat-
ing regions with high, mixed, and low CO2 concentrations, were plotted as shown in Fig-
ure 10. All cases showed diagonal preferential flow of CO2 from the injector to the pro-
ducer wells. In Case C-01, the vertical displacement front did not reach the top layers of 
the reservoir, leaving a large portion of methane unswept. This was attributed to the early 
CO2 breakthrough and early well shut-in. Cases C-01, C-02, and C-03 showed water-phase 
accumulation at the bottom of the reservoir prior to production-well shut-in. In contrast 
to the other cases, Case C-04 showed a displacement front that swept a significantly larger 
portion of the reservoir both laterally and vertically. Quantitatively, Case C-02, with the 
injector well perforated throughout the reservoir thickness and the producer well perfo-
rated at the top, was found to be the best option when water is included in the injection 
process. 

 T = 2 months T = 12 months T = 36 months T = Ts  

Case C-01 

    

 

Case C-02 

   

 

 

Case C-03 

    

Case C-04 

    

 

Figure 10. Evolution of global CO2 mole fraction iso-surfaces showing the effect of producer and 
injector well perforation depth on CO2 plume migration and sweep efficiency in a homogeneous 
reservoir. 

4.2.2. Influence of Perforation Depth in Heterogeneous Reservoir 

A total of 13 cases from C-05 to C-17 were simulated to analyse the influence of per-
foration depth in a heterogeneous reservoir. The simulation examined the effects of per-
forating all layers, varying injector/producer perforation depths, and perforating in higher 
or lower permeability zones. In all cases, the Case-B1 layered model was used, with the 
injection stream being the 0.1 water fraction simultaneous injection stream. The injection 
rate and production pressure at the producer well were the same for all cases. The results 
are presented in Figure 11 and Table 4. 
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Figure 11. CO2 and CH4 mass flow rate for different perforation cases in a heterogeneous reservoir. 

Table 4. Injector/producer well perforation depth cases and the simulation results. 

Case 
Injector 

Well Perfo-
rated Layer 

Producer 
Well Perfo-
rated Layer 

CO2 Break-
through 

Time (Days) 

Producer Well 
Shut-in Time 

(Days) 

Enhanced 
CH4 Recovery 

(%) 

Total CO2 Se-
questrated 

(×104 Tones) 

Solubility 
Trapped 
CO2 (%) 

Hysteresis 
Trapped 
CO2 (%) 

C-05 10  8 858 2390 21.53 3.852 4.74 11.81 
C-06 10 5 1070 2397 25.56 3.854 4.82 11.31 
C-07 10 1 1507 2345 21.79 3.924 4.80 11.03 
C-08 6 8 1115 2794 26.60 4.571 4.67 11.43 
C-09 6 5 770 2176 23.02 3.494 4.77 11.10 
C-10 6 1 1066 1677 19.27 2.805 4.75 10.78 
C-11 1 4 963 1408 11.59 2.358 4.68 11.82 
C-12 1 6 1198 1883 21.68 3.132 4.79 11.21 
C-13 1 8 1471 1895 17.86 3.254 4.67 11.63 
C-14 1 10 1703 2711 31.26 4.511 4.79 11.16 
C-15 All layers 10  758 2472 27.07 3.888 4.74 10.53 
C-16 1, 2, 3, 6, 10 4, 5, 7, 8, 9 1279 2518 28.47 4.023 4.47 9.65 
C-17 4, 5, 7, 8, 9 1, 2, 3, 6, 10 1419 2538 28.28 4.026 4.79 11.06 

The gas mass rates of methane and carbon dioxide for the producer/injector well 
cases presented in Figure 11 show distinct methane production profiles and carbon diox-
ide breakthrough curves across the simulated cases. From Table 4, the simulation results 
indicate that in the heterogeneous reservoir, when the injection well is perforated at the 
top (cases C-05, 06, and 07), the total CO2 sequestered and CO2 breakthrough time increase 
with producer well perforation depth; hysteresis-trapped CO2 decreases with depth, 
while CH4 enhanced recovery and shut-in time are higher when the producer well is per-
forated in layers of intermediate depth. When the injector well is perforated in the inter-
mediate layer (cases C-08, 09, and 10), the total sequestered CO2, the enhanced CH4 recov-
ery, hysteresis-trapped CO2, and shut-in time all decrease with increasing producer well 
perforation depth, whereas the breakthrough time is higher when the producer well is 
perforated in the top layer. When the injector well is perforated in the lower stratum (cases 
C-11, 12, 13, and 14), the total CO2 sequestered, the breakthrough time, and the shut-in 
time decrease with the producer well perforation depth. In the simulated cases, injection 
into the lower stratum while simultaneously producing CH4 from the upper stratum (Case 
C-14) yields the largest improved recovery of 31.26%. Injection in the higher-permeability 
zone while producing from the lower-permeability zone (Case C-16) improved recovery 
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by 28.47%, while the opposite (Case C-17) gave 28.28%. Perforating the injector well in all 
layers while producing from the upper layer (Case C-15), which was the best option in a 
homogeneous reservoir, improved recovery by 27.07% in the layered reservoir. 

To analyse the influence of water, the results were compared with previous CO2-EGR 
studies that did not involve water injection but varied well depth. The findings of this 
work on injector/producer well perforation depth for higher CH4 recovery are in agree-
ment with Fan et al.’s [14] findings (injecting at the bottom layer while producing from 
the top layer) but differ on the producer/injector well perforation for higher CO2 storage. 
In their study, only the injection well depth was varied in a subcritical-condition reservoir 
(3.55 MPa and 66.7 °C) with zero connate water saturation. Patel et al. [21] find that higher 
recovery, delayed breakthrough time, and higher sequestered CO2 can be obtained when 
the injector well is located at the intermediate layers while the producer well is perforated 
at the top in the presence of connate water saturations. This observation is consistent with 
the findings of this study on delayed breakthrough time. According to Patel et al. [21], the 
best performance in CO2-EGR is obtained when injection is in the intermediate layers and 
production in the upper layer, and this observation was insensitive to layer heterogeneity. 
Patel et al.’s [21] suggestion was analysed and compared with the observations in this 
study, as presented in Figure 12. The results indicate that when water is incorporated in 
the injection stream and injected in the middle layer, it results in early breakthrough of 
carbon dioxide, lower recovery (30.05%), and less CO2 storage (4.466 × 104 tonnes) com-
pared to when the injection is done at the bottom layer and CH4 is produced at the top 
layer. Compared to the results of this study, when injection is in the intermediate layers, 
CO2 migration was observed to flow through the top layers towards the production well, 
and the migration was higher through layers with higher permeability, while bottom in-
jection, as suggested by this study, shows a perfect vertical displacement towards the pro-
duction well. 

 
(a) (b) 

Figure 12. (a) CO2 migration for perforation suggested by this study. (b) CO2 migration for perfora-
tions suggested by Patel et al. (PWPL denotes producer well perforated layer, IWPL denotes injector 
well perforated layer, Ts denotes shut-in time, and Tbt denotes breakthrough time). 

4.3. Effect of Injection Rate on EGR and CCS 

After determining the perforation depths for the producer and injector wells, the in-
jection rate was analysed in a homogeneous reservoir. Figure 13 shows the mass rate of 
CH4 and CO2 at different injection rates. It can be seen that at a higher injection rate, CH4 
is produced at a higher rate but for a shorter period, while CO2 breaks through earlier. 
Table 5 summarises the total injected water pore volume, enhanced recovery, and CO2 
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storage efficiency (the amount of CO2 stored in the reservoir relative to the total CO2 in-
jected at the time of well shut-in). It can be seen that above the injection rate of 7.5% 
PV/year, storage efficiency increases with injection rate, while recovery shows the oppo-
site trend. The decrease in CH4 recovery factor may be attributed to gas entrapment when 
more water is injected into the reservoir. The results indicate that for higher gas recovery, 
injection rate and injected water pore volume should not exceed a certain range. 

  
(a) (b) 

Figure 13. Effect of injection rate on (a) CO2 and CH4 production rate. (b) CH4 enhanced recovery. 

Table 5. Comparison of recovery factor and CO2 storage efficiency for different injection rates. 

Case Injection Rate 
(%PV/Year) 

Cumulative Injected Water 
PV (-) 

CH4 Enhanced Factor (%) CO2 Storage Efficiency (%) 

D-01 5.0 0.034 29.35 96.01 
D-02 7.5 0.040 29.74 96.93 
D-03 10 0.049 27.56 97.62 
D-04 15 0.065 24.31 98.31 

4.4. Effect of WAG-CO2 Injection on EGR and CCS 

Water and CO2 alternating injection aimed at analysing CO2 mobility by alternating 
water and CO2 injection rather than simultaneous injection. For consistent comparison, 
the total water PV injected was held constant, whereas the injected CO2 PV depended on 
operational conditions, such as the maximum CO2 fraction in the production stream. The 
number of cases ranged from E-01 to E-05, representing continuous injection, single-cycle, 
and two-, three-, and four-cycle cases, in which water is injected first, followed by CO2. 
The final results for CH4 recovery, total CO2 storage, and the trapping mechanism, as pre-
sented in Figure 14, did not show a significant difference between cyclic and continuous 
injection. When CO2 and water were injected simultaneously (Case E-01), gas recovery 
increased by 29.34%, whereas when WAG-CO2 was implemented, the best scenario (Case 
E-02) improved methane recovery by 29.39%. The differences are observed in the early 
stages of injection, but as the shut-in time approaches, all cases are observed to have equal 
overall efficiency. This observation can be explained by the effect of water gravity, which 
is that when the water injection cycle stops, water slumps downward due to gravity, re-
sulting in reopening of the passages that were initially blocked, especially in the top lay-
ers, as presented in Figure 15. This phenomenon allows the injected CO2 during the CO2 
injection cycle to flow through, and the opening occurs sequentially from the top layer 
down to the bottom layer, also showing the decrease in the amount of water with time 
after the stoppage of injection, which is due to the evaporation effect. 
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(a) (b) 

 
(c) 

Figure 14. (a) Effect of WAG-CO2 on cumulative CO2 injected. (b) Effect of WAG-CO2 on CH4 en-
hanced recovery. (c) Effect of WAG-CO2 on the CO2 trapping mechanism. 

End of water injection cycle. 615 days later. 980 days later. 

  
(a) (b) (c) 

Figure 15. Water saturation iso-surface (Sw = 0.7) indicating water dynamics after stoppage of water 
injection cycle in homogeneous reservoir. 

4.5. CO2 Storage Behaviour During the EGR Phase 

The net stored CO2, estimated as the difference between total injected and total pro-
duced CO2, was used to estimate storage capacity during the EGR simulation phase for 
Cases A and B only. The mineral trapping mechanism was not activated in this simulation, 
leaving residual/hysteresis, solubility, and structure as the trapping mechanisms. The con-
tribution of each trapping mechanism was calculated as the percentage of the total CO2 
trapped that is attributable to each mechanism. The results presented in Figure 16 indi-
cated that the introduction of water reduced the amount of CO2 stored in the reservoir in 
Case A, whereas in Case B, the value initially increased to a maximum at a water fraction 
of 0.05, then decreased as more water was injected. The decrease in CO2 storage is at-
tributed to water occupying a fraction of the formation pore volume available for storage. 
However, the presence of injected water changed how CO2 was stored in the reservoir. 
Solubility- and hysteresis-trapped carbon dioxide increased with water fraction, while 
free-phase CO2 in structural trapping decreased as the water fraction increased. The in-
crease in solubility- and hysteresis-trapped CO2 reduces buoyant CO2, thereby lowering 
leakage risk and improving storage security. The initial increase in CO2 storage in hetero-
geneous reservoirs and the improved solubility and hysteresis of trapped CO2 are consid-
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ered positive outcomes for CO2-EGR, since most real-field reservoirs are heterogeneous in 
nature. 

 
(a) (b) 

Figure 16. CO2 inventory during the EGR phase. (a) Injected, produced, and trapped CO2; (b) con-
tribution of each trapping mechanism. 

4.6. Post-EGR CO2 Storage and Monitoring 

The amount of stored CO2 and the contribution of each trapping mechanism for 
Cases A and B are summarised in Table 6. The total injected CO2 decreased with increasing 
water fraction. Structural trapping is the dominant trapping mechanism, followed by re-
sidual and then solubility trapping. Solubility trapping contributes minimally in the post-
EGR simulation because the amount of CO2 soluble in water is assumed constant at a spe-
cific pressure and temperature. At the end of the 100th year of simulation, an increase in 
soluble and residual trapped CO2 was observed in some cases. The increase in hysteresis-
trapped CO2 can be explained by the concept of re-imbibition behaviour. When the injec-
tion stops, CO2 migration slows down as the pressure gradient decreases, allowing the 
displaced fluid to re-enter the pores. At this moment, the gas relative permeability follows 
the imbibition curve, leading to the entrapment of disconnected CO2 

Table 6. Total CO2 inventory for the overall injection programme. 

 
Water Frac-

tion 

Amount of 
CO2 Trapped 
(Mill. Tons) 

Contribution of Each Trapping Mecha-
nism at the End of Injection (%) 

Contribution of Each Trapping 
Mechanism at the End of Simulation 

Time (100 Years) (%) 
Structural Residual Solubility Structural Residual Solubility 

Case A 

0.00 0.1485 86.53 11.57 1.90 86.50 11.57 1.93 
0.02 0.1480 86.36 11.65 1.99 86.33 11.65 2.02 
0.05 0.1466 86.09 11.77 2.14 86.05 11.78 2.17 
0.10 0.1442 85.62 11.99 2.40 85.57 12.00 2.43 
0.15 0.1410 85.07 12.24 2.69 85.04 12.24 2.73 
0.20 0.1378 84.47 12.51 3.02 84.45 12.50 3.05 
0.25 0.1342 83.79 12.83 3.38 83.81 12.79 3.40 
0.30 0.1262 82.74 13.25 4.00 82.43 13.46 4.12 
0.35 0.1242 82.41 13.40 4.19 82.06 13.62 4.32 
0.40 0.1197 81.42 13.84 4.73 80.97 14.12 4.91 

Case B1 

0.00 0.1444 86.52 11.57 1.91 86.48 11.57 1.96 
0.02 0.1461 86.36 11.64 2.00 86.31 11.64 2.04 
0.05 0.1512 86.08 11.78 2.14 86.03 11.78 2.18 
0.10 0.1483 85.58 12.00 2.42 85.53 12.00 2.47 
0.15 0.1482 84.94 12.30 2.76 84.91 12.29 2.80 
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0.20 0.1446 84.27 12.61 3.12 84.26 12.59 3.15 
0.25 0.1384 83.68 12.84 3.48 83.5 12.97 3.53 
0.30 0.1286 82.54 13.34 4.12 82.16 13.59 4.25 
0.35 0.1266 82.19 13.50 4.31 81.77 13.77 4.46 
0.40 0.1221 81.29 13.90 4.81 80.73 14.25 5.02 

5. Conclusions 
This study used numerical simulation to investigate the inclusion of water injection 

in the CO2-EGR process. The investigation examined the influence of water on both en-
hanced gas recovery and CO2 storage in both heterogeneous and homogeneous reservoirs, 
compared continuous and cyclic injection strategies, and evaluated the effect of perfora-
tion depth and injection rate. The overall outcomes are summarised below: 

• Inclusion of water in CO2 injection for both EGR and CS improves natural gas recov-
ery in both homogeneous and heterogeneous reservoirs. The inclusion of water in-
jection resulted in an additional increase of up to 1.55% gas recovery in the homoge-
neous reservoir and up to 8.04% in the heterogeneous reservoir compared to when 
only CO2 is used. It was concluded that the improved gas recovery factor and the 
CO2 storage are affected by both formation properties and operation factors such as 
heterogeneity, injection strategy, and the injector and producer well perforation 
depth. 

• Perforation depth affects gas recovery and CO2 storage. When the producer well is 
perforated at the top stratum of the reservoir, and the injector well is fully perforated 
throughout, the reservoir depth gives a higher recovery than other options. 

• Higher injection rates result in higher injected water and higher storage of CO2 at the 
time of well shut-in, but it gives a lower recovery factor, which could be attributed to 
gas entrapment from injected water. Therefore, for higher EGR, a lower injection rate 
is the better option. 

• The findings in this study indicate that different CH4 enhanced recovery and CO2 
storage values are obtained in water−CO2 EGR depending on water content, injection 
rate and injection depth. Therefore, co-optimisation of injection rate and amount of 
water for any given reservoir depth constrained to higher gas recovery and CO2 stor-
age should be done to provide a practical guide. 

• This study limited its scope on closed boundary reservoir and assumed a reservoir 
without aquifer influx. However, most mature gas reservoirs experience aquifer in-
flux and higher water production. Therefore, a study on the performance of wa-
ter−CO2 EGR needs to be done to improve the practical application. 
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Nomenclature 
Abbreviations 
CCUS Carbon capture utilisation and storage 
EGR Enhanced gas recovery 
IWPL Injector well perforated layer 
PV Pore volume 
PWPL Production well perforated layer  
PR-EOS Peng−Robinson equation of state 
RF Recovery factor  
WAG Water alternating gas 
List of symbols 𝐻஼ைమ CO2 Henry’s constant (MPa) 𝑘௥ Gas relative permeability (-) 
D Diffusion coefficient (cm2/s) 𝑓 Fugacity (MPa) 𝑔 Gravity acceleration (m2/s) 𝑘 Permeability (mD) 
P Pressure (MPa) 
Pd Threshold capillary pressure (MPa) 
q Mass flow rate per unit volume (kg/m3/s) 
S Water saturation 𝑇 Temperature (K) 𝑉 Volume (m3) 
X Mass fraction 𝑥 Mole fraction 
Greek Letters 𝜙 Porosity 𝛽 Phase 
κ Mixture component 𝜏 Tortuosity 𝜆 Pore size distribution 𝜌 Density (kg/m3) 
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