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Abstract

Large-scale underground hydrogen storage in saline aquifers requires an understanding
of hydrogen–brine two-phase flow properties, particularly relative permeability, which
influences reservoir injectivity and hydrogen recovery. However, such hydrogen–brine
relative permeability data remain scarce, hindering the predictive modeling of hydrogen
injection and withdrawal. In this study, steady-state hydrogen–brine co-injection coreflood
experiments were conducted on an Austin Chalk core sample to measure the relative
permeabilities. Klinkenberg slip corrections were applied to the gas flow measurements
to determine the intrinsic (slip-free) hydrogen permeability. The core’s brine permeability
was 13.2 mD, and the Klinkenberg-corrected hydrogen gas permeability was 13.8 mD (ap-
proximately a 4.5% difference). Both raw and slip-corrected hydrogen relative permeability
curves were obtained, showing that the gas-phase conductivity increased as the water
saturation decreased. Gas slippage caused higher apparent gas permeability in the raw
data, and slip correction significantly reduced hydrogen relative permeability at lower
hydrogen saturations. The core’s irreducible water saturation was 39%, at which point the
hydrogen relative permeability reached 0.8 (dropping to 0.69 after slip correction), which is
indicative of strongly water-wet behavior. These results demonstrate a measurable impact
of gas slippage on hydrogen flow behavior and highlight the importance of accounting for
slip effects when evaluating hydrogen mobility in brine-saturated formations.

Keywords: underground hydrogen storage; saline aquifers; relative permeability; steady-
state; core-flooding; hydrogen–brine flow; Klinkenberg effect; gas slippage; Austin Chalk;
carbonate reservoirs

1. Introduction
The transition to low-carbon energy systems has increased reliance on renewable

energy sources, which are inherently intermittent [1–4]. This intermittency leads to mis-
matches between the energy supply and demand, necessitating large-scale energy storage
solutions [5–7]. Hydrogen has emerged as a promising energy carrier for long-term energy
storage [8,9]: surplus renewable electricity can be converted into hydrogen via electrolysis
and stored for later use [10–13]. In other words, the hydrogen economy is crucial for inte-
grating high levels of renewable power. Among various hydrogen storage options [14,15],
including compressed tanks, liquid hydrogen, and chemically bonded forms, geological
storage in underground formations stands out for its potential capacity and economic
viability; salt caverns, depleted oil/gas fields, and saline aquifers are all being considered

Gases 2025, 5, 26 https://doi.org/10.3390/gases5040026

https://doi.org/10.3390/gases5040026
https://doi.org/10.3390/gases5040026
https://creativecommons.org/licenses/by/4.0/
https://creativecommons.org/licenses/by/4.0/
https://www.mdpi.com/journal/gases
https://www.mdpi.com
https://orcid.org/0000-0003-2649-0805
https://orcid.org/0000-0003-1315-6015
https://orcid.org/0000-0001-9963-0376
https://doi.org/10.3390/gases5040026
https://www.mdpi.com/article/10.3390/gases5040026?type=check_update&version=1


Gases 2025, 5, 26 2 of 23

as long-term hydrogen storage options [16,17]. Saline aquifers [18,19], in particular, offer
vast storage space and have been proven to be effective for CO2 sequestration and natural
gas storage [20]. Early pilot projects and feasibility studies have begun to demonstrate
underground hydrogen storage (UHS) in these formations [21,22]. These geological options
are attractive because they can safely accommodate the cushion gas volumes and pressures
needed for cyclic hydrogen injection and withdrawal over seasonal or multi-year time-
frames [23–27]. Beyond capacity and pressure limits, hydrogen permeation and multiphase
transport in porous media strongly influence injectivity, containment, and deliverability.
Related studies on depleted gas reservoirs and CO2-based systems show how pore-scale
transport and fluid–rock interactions govern performance and should be considered when
assessing UHS in these formations [28,29].

Despite this interest, there remains a notable gap in understanding the fluid-flow char-
acteristics of hydrogen in porous media. Much of the existing multiphase flow knowledge
comes from decades of research on oil–water systems in hydrocarbon reservoirs and on
CO2–water systems for carbon storage [18,30]. These studies have established how the
relative permeability of oil–water and CO2–water systems governs the concurrent flow
of fluids under reservoir conditions. Relative permeability functions are crucial inputs
for reservoir simulations that predict injectivity, containment, and recoverability in UHS
systems [20,31,32]. However, hydrogen–brine relative permeability data are extremely
scarce. Hydrogen has unique properties like low density, high diffusivity, and non-wetting
behavior in water-wet rocks that could lead to different flow behavior compared to natural
gas or CO2 [33]. For large-scale UHS, surface compression systems determine wellhead
pressures, injection rates, and round-trip efficiency; recent advances in reciprocating, di-
aphragm, ionic liquid, liquid piston, and electrochemical compressors are directly relevant
to UHS facility design and operation [34]. In particular, liquid piston compressor sim-
ulations provide chamber-scale thermodynamic insights and scaling guidance that can
reduce thermal losses and compression energy across UHS injection and withdrawal cy-
cles [35,36]. Early modeling studies of UHS, like that of [37–40], often had to assume
relative permeability parameters based on analogs like natural gas, introducing uncertainty
in performance predictions.

Because of these unique behaviors, researchers have questioned whether hydrogen
flow can be safely approximated by methane analogs. Recent experimental studies provide
differing perspectives. Ref. [41] conducted high-pressure experiments in both sandstone
and carbonate cores and reported that the hydrogen relative permeability curves are distinct
from those of methane and nitrogen and can depend on pressure and salinity. However,
remarkably, they also found that in practice, nitrogen behaved so similarly that it “can
be used as a proxy gas for hydrogen” in laboratory tests, simplifying experimental work.
By contrast, ref. [31] directly compared hydrogen, methane, and nitrogen in the same
Bentheimer sandstone core at reservoir conditions and observed nearly identical flow
properties for all three gases. Their findings suggest that in some homogeneous rocks,
hydrogen’s flow can closely mimic that of methane or nitrogen, whereas in other cases
(especially in tight or heterogeneous formations), hydrogen’s low viscosity and slip can
cause notable deviations. This divergence highlights the need for direct hydrogen-specific
measurements: current UHS simulations still often rely on assumed or methane-based
relative permeability models, introducing uncertainty into predictions.

Several review studies have called for better hydrogen–water data. For example,
ref. [32] emphasizes that the cyclical injection/withdrawal operations in UHS require
“accurate application of hydrogen–water dynamic properties in the simulation process,”
including detailed relative permeability and hysteresis characteristics. They and others
highlight that neglecting hydrogen’s unique multiphase behavior can significantly alter
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predicted recovery factors and water production during UHS cycles. In short, the literature
makes it clear that hydrogen–brine relative permeability is not yet a solved problem, and
that both the shape of the relative permeability curves and the end-point saturations
(irreducible water and residual hydrogen) must be quantified to assess hydrogen injectivity,
recovery, and cushion gas requirements.

These limited studies give more relevance to the need for further experimental data. In
particular, understanding the end-point saturations (residual brine and trapped hydrogen)
and the curvature of relative permeability functions for hydrogen–brine systems is vital for
evaluating hydrogen recovery efficiency and cushion gas requirements in aquifer storage [5].
In light of these research gaps, the present study aims to experimentally determine the
relative permeability of hydrogen and brine in a representative saline aquifer rock. We
used a controlled core-flooding experiment with an outcrop core from the Austin Chalk
formation [42–44] to simulate the drainage process of hydrogen displacing brine, which
is analogous to hydrogen injection into an aquifer. The Austin Chalk, a carbonate rock,
was selected due to its comparable porosity and irreducible water saturation, Sw,irr, to
prolific saline formations, which has been considered for CO2 storage [45–47] and potential
UHS [48,49]. By measuring concurrent flow rates of hydrogen and brine at a steady
state under various fractional flow conditions, we obtain relative permeability curves for
both phases.

Recent hydrogen–brine studies have begun to provide baseline data, but the present
work offers clear advancements beyond those. For example, ref. [41] conducted unsteady-
state drainage experiments and explored pressure/salinity effects (finding that nitrogen
can serve as a proxy gas for hydrogen), while [31] compared hydrogen, methane, and
nitrogen in a high-permeability Bentheimer sandstone (observing nearly identical flow
properties for all three gases under those conditions). In contrast, our study delivers the
first steady-state hydrogen–brine relative permeability measurements on a representative
carbonate core with an explicit gas-slip (Klinkenberg) correction. This approach provides
a more direct and high-resolution characterization of hydrogen flow behavior without
relying on proxy fluids. We ensure the measured gas permeability reflects true intrinsic
values by accounting for hydrogen’s slip-flow effects which were not addressed in the
prior experiments. In summary, the data presented here extend the current literature by
quantifying hydrogen–brine flow in an Austin Chalk carbonate under steady co-injection,
including slip-flow analysis, which is a novel improvement over the methods of [31,41].

This study provides a much-needed experimental dataset and insight into hydrogen–
brine multiphase flow characteristics. The resulting relative permeability functions offer
crucial inputs for UHS reservoir engineering, improving the fidelity of simulations for
hydrogen injection and withdrawal cycles. Our findings highlight how hydrogen–brine
systems differ from more extensively studied gas–brine systems (such as natural gas–brine
or CO2–brine), which has important implications for designing and operating UHS projects.
By quantifying the hydrogen–brine relative permeabilities in a carbonate, the work helps
refine predictive models, such as adjusting reservoir simulators that previously relied on
methane analogs, and guides future research on multiphase flow in the context of clean
energy storage. Ultimately, closing the data gap on hydrogen relative permeability moves
us closer to safe and efficient large-scale underground hydrogen storage as part of the clean
energy transition.

2. Materials and Methods
2.1. Materials and Equipment

A Teledyne ISCO 500D syringe pump (Teledyne ISCO Inc., Lincoln, NE, USA) was
employed for methanol injection during core cleaning, as well as for brine injection in both
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absolute and relative permeability experiments. Hydrogen injection was performed using
a Vindum VP-12K high-pressure metering pump (Vindum Engineering Inc., Sandpoint,
ID, USA), which delivers a pulse-free flow with precise control of both rate and pressure.
System pressure was maintained using an Equilibar U6L back-pressure regulator (Equilibar
LLC, Fletcher, NC, USA). Pressure measurements were recorded upstream and downstream
of the core holder, using digital pressure gauges to measure the differential pressure across
the core sample. Effluent gas volumes were measured with a Vinci manual gasometer (Vinci
Technologies, Nanterre, France), equipped with an airtight floating piston and integrated
pressure and temperature readouts.

The core was mounted in a high-pressure core holder rated for 340 atm and 176.7 ◦C,
featuring a rubber sleeve to isolate the pore system from the confining oil. Confining stress
was applied via an Enerpac P80 hydraulic hand pump (Enerpac, Menomonee Falls, WI,
USA). A Gast rotary vane vacuum pump was used to remove particulates from the core
sample prior to testing. Core drying was performed in an Ofite 5-roller oven (OFI Testing
Equipment Inc., Houston, TX, USA) with controlled heating and rotation, to ensure uniform
drying. All wetted lines and fittings were selected for compatibility with both hydrogen
and brine, and all instruments were calibrated prior to testing.

2.2. Austin Chalk Core Sample

A core plug sourced from the Austin Chalk formation was utilized for all experiments
in this study. Table 1 summarizes the measured intrinsic properties and dimensions of
the core sample used and some properties of the brine and hydrogen. The Austin Chalk
is a Late Cretaceous pelagic carbonate unit that extends across the onshore Gulf Coast
of Texas, Louisiana, and Mississippi. Regionally, it was deposited on a broad, low-relief
marine shelf to ramp, and is stratigraphically bounded by the Eagle Ford Formation below
and the lower Taylor or Navarro units above. These relationships make it a key marker
for subsurface correlation and sequestration studies [43,50]. Thickness varies significantly
along the strike, as chalky beds alternate with marls. At the type locality, thicknesses of
approximately 128 m have been reported, with similar variations observed across South
and Central Texas, where chalk and marl packages thin and thicken, according to facies
and structural controls [42,43].

Table 1. Core properties and dimensions.

Property Value

Length, cm 15.24

Diameter, cm 2.54

Area, cm2 5.07

Dry Weight, g 154.74

Saturated Weight, g 172.03

Pore Volume, cm3 16.8

Bulk Volume, cm3 77.22

Porosity 0.22

Brine Viscosity, cp 1.1

Hydrogen Viscosity, cp 0.00876

Density of Brine, g/cm3 1.029

Lithologically, the Austin Chalk is composed of fine-grained chalk and chalky lime-
stone, dominated by coccolithic nannofossil debris within a micritic matrix. The unit is
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frequently interbedded with marly chalk and contains bentonitic ash layers. Calcite cemen-
tation and the abundance of coccolith plates impart the characteristic white to light-gray,
friable fabric that is observed in the core sample. Reservoir quality is influenced by both
matrix microporosity and natural fractures, with brittle chalk beds providing fracture
networks, and marls functioning as more ductile barriers. This heterogeneity contributes
to production variability along the play trend [42,43,51]. For this study, the Austin Chalk
core plug was prepared as a cylindrical specimen, measuring 6 inches in length and 1 inch
in diameter, as shown in Figure 1. The sample displays the typical chalky fabric with thin
marly laminae, as described in the previous literature [43].

 

Figure 1. The Austin Chalk core sample used for the relative permeability determination.

2.3. Core Sample and Synthetic Brine Preparation

The core sample was initially cleaned to remove residual fluids and coring contam-
inants, ensuring that subsequent rock-fluid measurements would reflect the intrinsic
properties of the rock. Among common cleaning techniques (solvent, mechanical, ul-
trasonic [52–54]), solvent cleaning with methanol was selected due to its effectiveness
in dissolving drilling mud residues, oil-based fluids, paraffins, and salts. Methanol is
compatible with most lithologies [55,56] and its low boiling point (64.7 ◦C) expedites the
drying process. The core was placed in the core holder, and methanol was injected at a
rate of 0.536 cm3/min to simulate in situ displacement, with injection continuing until the
effluent was visually clear. Complete cleaning was achieved after approximately six pore
volumes of methanol injection.

To ensure accurate characterization and preserve native wettability, the core was
dried in a roller oven that provided uniform heating and continuous rotation. The oven
temperature was set to 79.4 ◦C, exceeding methanol’s boiling point, and the core was
removed periodically for weighing. Drying was considered to be complete when the
core’s weight stabilized, indicating full solvent removal and a return to its pre-cleaning
dry weight. Prior to fluid injection, the core was vacuumed to eliminate trapped air and
fine particulates. This was accomplished by placing the core in the core holder, connecting
one effluent port to a vacuum pump, and sealing the pump inlet valves and outlet to the
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back-pressure regulator. The vacuum pump was operated until the upstream pressure
stabilized at −0.67 atm for 30 min, establishing a complete vacuum throughout the core
before saturation and flooding experiments. Brine was prepared by dissolving the solute
described in Table 2 in 10 L of deionized water.

Table 2. Solute mass for synthetic brine preparation.

Solute Mass, g

Sodium Chloride, NaCl 9.890

Magnesium Chloride, MgCl2 1.637

Calcium Chloride, CaCl2 0.447

Sodium Bicarbonate, NaHCO3 0.053

Potassium Chloride, KCl 0.257

Sodium Sulfate, Na2SO4 0.337

This synthetic brine has a total dissolved solids (TDS) content of approximately
1.25 g/L, which is representative of formation water salinity in the Austin Chalk region.
Reported formation waters in and around the Austin Chalk typically have a TDS of about
0.8–1.4 g/L and are generally below 2.6 g/L [57–59], making our brine composition a
realistic proxy. Table 3 shows the ionic composition of our synthesized brine.

Table 3. Ionic composition of synthesized brine.

Ions mg/L

Cations

Na+ 400.46

Mg2+ 41.69

Ca2+ 16.09

K+ 13.43

Anions

Cl− 760.72

SO4
2− 22.71

HCO3
− 3.86

Total 1258.97

2.4. Experimental Setup and Design

A core-flooding apparatus was employed to simultaneously inject hydrogen and
brine at controlled rates, using the steady-state relative permeability method. The core
was mounted in a high-pressure core holder, encased in a rubber sleeve, and subjected
to an overburden pressure of 54.4 atm to prevent leakage or fluid bypass along the core
edges. Two high-precision pumps were utilized—one dedicated to brine injection and
the other to hydrogen gas injection—enabling independent control over the flow rates of
each phase. A back-pressure regulator (BPR) was installed at the core outlet to maintain
the target downstream fluid pressures, minimize gas expansion, and replicate subsurface
reservoir conditions.

For relative permeability measurements, the BPR was utilized to provide back-pressure
downstream, while hydrogen exited at a near-atmospheric pressure, via a dedicated gas
measurement system. A pressure transducer was positioned at the inlet of the core holder
to measure the upstream pressure, P1, and another was positioned at the outlet of the core
holder to measure the downstream pressure, P2, as shown in Figure 2. Unless otherwise
indicated, all pressures in the manuscript are reported as gauge pressures in atm. The



Gases 2025, 5, 26 7 of 23

volumetric flow rate of hydrogen was measured using a gas flow meter, while brine
effluent volumes were collected in a graduated cylinder. A schematic and a photo of
the experimental setup, including the injection pumps, pressure gauges, core holder, and
measurement devices, are presented in Figures 3 and 4, respectively.

 

 

H2 Injection 

Brine Injection To Brine 

Measurement 

To H2 Meas-

urement 
P1 P2

 

Core Holder 

Figure 2. Schematic of fluid injection and measurement points in relation to upstream pressure, P1,
and downstream pressure, P2.

 

Brine 

PC 

Isco Pump H2 Gas 

Overburden pump 

Pressure Gauge 

He Gas 

Two-way valve 

BPR 

Compressor  

Separator 

Gasometer 

Core 

Core Holder 

Vindum 

Pump 

Figure 3. Schematic of the core-flooding setup.
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Figure 4. Photo of the core-flooding setup.

2.5. Absolute Permeability Measurements

Before starting the relative permeability experiments, absolute permeabilities to both
brine and hydrogen were measured under single-phase, steady-state flow conditions. For
brine, three (3) constant flow rates (1.0, 0.5, and 0.25 cm3/min) were applied sequentially. At
each flow rate, injection continued until the differential pressure across the core stabilized.
Permeability values were then calculated using Darcy’s law.

For hydrogen, nine upstream pressure set points ranging from 2.4 to 12.9 atm were
employed, while the downstream pressure was regulated between approximately 0.3 and
7.8 atm to establish distinct mean flowing pressures within the core. At each pressure set
point, the experiment proceeded until a steady-state flow was achieved. The steady state
was defined as being achieved when: (i) the differential pressure varied by less than 1% of
its mean over two consecutive 30 min windows; and (ii) each phase flow rate differed by
less than 3% between the averages of those windows. The hydrogen discharge rate was
then measured at near-atmospheric conditions using a gasometer and was subsequently
converted to the equivalent volumetric rate at the mean core pressure, using the ideal gas
law (Boyle’s law), with a correction for gas compressibility. The apparent gas permeability
for each mean pressure condition was calculated using Darcy’s law, generating the dataset
required for subsequent Klinkenberg correction.

2.6. Relative Permeability Experiment Design

The core was initially saturated with brine to achieve a baseline of 100% brine sat-
uration. Following saturation, a steady-state co-injection procedure was implemented
to gradually displace the brine with hydrogen. We began with a hydrogen injection at
0.2 cm3/min and brine at 0.8 cm3/min. The hydrogen injection rate was incrementally
increased in 0.2 cm3/min steps, with a proportional decrease in brine flow, until reaching
0.8 cm3/min hydrogen and 0.2 cm3/min brine (an 80% hydrogen fractional flow).

To further approach the irreducible water saturation, Sw,irr, the brine co-injection rate
was reduced to 0.05 cm3/min for the remainder of this step in the experimental procedure.
The hydrogen flow rate was progressively increased through a series of higher set points
(2, 4, 6, 12, 16, 18, and 20 cm3/min). Each successive increase in hydrogen flow facilitated
additional brine production, ultimately lowering the water saturation to approximately
45%. At each flow rate, after reaching steady-state conditions, this was indicated by stable
differential pressure and effluent production. Upon achieving equilibrium at each stage, the
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core was removed from the holder and weighed to determine the remaining brine content
by the mass difference.

In the final stage, hydrogen was injected at the maximum flow rate allowed by the
pump for four (4) hours while maintaining a constant upstream pressure of 11 atm and a
downstream pressure of 1.1 atm. The core was periodically weighed during this extended
injection phase, until no further change in mass was recorded, confirming the attainment
of Sw,irr. Throughout this phase, hydrogen flow rates were precisely measured using
the gasometer.

3. Results and Discussion
3.1. Brine and Hydrogen Absolute Permeability

The average measured absolute permeability to brine was 13.23 millidarcy (mD), based
on steady-state tests conducted at three flow rates (0.25, 0.5, and 1.0 cm3/min). Individual
permeability values were highly consistent, ranging from approximately 13.1 to 13.3 mD,
and exhibited no significant dependence on the flow rate, as summarized in Table 4. This
consistency indicates that Darcy’s law was obeyed throughout the experiments and that
rate-dependent effects such as turbulence or fines migration were negligible in this regime.

Table 4. Brine absolute permeability results.

Brine Flow
Rate (ql),
cm3/min

Upstream
Pressure (P1)

atm

Downstream
Pressure (P2)

atm

Reciprocal of
Mean Pressure

(1/Pm), atm

Brine
Permeability

(kw), md

1 4.967 0.823 0.345 13.31

0.5 2.490 0.381 0.696 13.07

0.25 1.279 0.245 1.312 13.33

Equation (1) calculates the brine permeability in mD derived from the Darcy equation

kl =
1000µlql L

∆pA
(1)

where
kw is the brine permeability in mD.
µl is the brine viscosity in cP.
ql is the brine flow rate at steady state conditions in cc/s.
L is the core length in cm.
P1 is the upstream pressure in atm.
P2 is the downstream pressure in atm.
∆P = P1 − P2.

A is the cross-sectional area of the porous medium in cm2.
The measured brine permeability, kw (13.23 mD), closely matches the Klinkenberg-

corrected gas permeability, kg* (13.8 mD), with a difference of only about 4.5%. Figure 5
illustrates a strong agreement between the brine-derived permeability and the gas-derived
permeability extrapolated to infinite pressure. The minor difference in value (approximately
0.6 mD) falls within the range of experimental uncertainty. These results confirm that, once
gas slippage is accounted for, the absolute permeability to gas converges with that of
brine, as expected for an ideal single-phase system [60–62]. The close correspondence
between the brine and slip-corrected gas permeability values demonstrates the validity of
the Klinkenberg correction and supports the conclusion that the core’s permeability is an
intrinsic property, independent of the fluid phase when slip effects are properly addressed.
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Figure 5. Absolute brine and hydrogen permeabilities.

Measured hydrogen permeability, kw, values ranged from 15 mD to 23 mD. We ob-
served a strong trend of decreasing absolute permeability with increasing mean flowing
pressure, with the highest permeability recorded at the lowest mean pressure (Pm), as
summarized in Table 5. This pressure dependence is indicative of the Klinkenberg effect:
the plot of gas permeability against the reciprocal of mean pressure (1/Pm) shows an almost
perfect linear correlation. This behavior reflects the influence of gas slippage along pore
walls, which leads to inflated permeability measurements at lower pressures [63,64].

Table 5. Hydrogen absolute permeability results.

P1, atm P2, atm Pm, atm 1/Pm, atm−1 kg, md

2.291 0.413 1.352 0.740 23.08

3.611 0.510 2.061 0.485 20.82

4.675 0.578 2.627 0.381 18.91

5.798 2.599 4.198 0.238 17.23

7.198 3.568 5.383 0.186 15.87

8.879 4.807 6.843 0.146 15.49

10.571 6.226 8.399 0.119 15.23

12.275 7.334 9.805 0.102 15.11

12.982 7.671 10.326 0.097 15.36

We used Equation (3), derived from Equation (2), to calculate the gas-measured
permeability at the mean gas-flowing pressure

kg =
1000µl L

(p1 − p2)A
× 2paq1

(p1 + p2)
(2)

kg =
2000paµgqgL(

p2
1 − p2

2
)

A
(3)

where
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q1 is the brine flow rate at atmospheric pressure in cm3/s.
qg is the hydrogen flow rate at mean flowing pressure in cm3/s.
kg is the hydrogen permeability in mD.
µg is the hydrogen viscosity in cP.
P1 is the upstream pressure in atm.
P2 is the downstream pressure in atm.
Pa is the pressure at which gas flow rate is taken in atm.
Plotting the measured gas permeability, kg, against 1/Pm revealed a strong linear

relationship with an R2 of 0.985, as shown in Figure 5. The standard error of the slope is
0.600 mD·atm (13.071 ± 0.600 mD·atm) and the standard error of the intercept is 0.208 mD
(13.810 ± 0.208 mD). These standard errors indicate a precise fit with uncertainty that is
modest relative to the parameter magnitudes and supports the accuracy and adequacy of
the linear Klinkenberg model over our pressure range.

This almost perfect linear fit is consistent with Klinkenberg’s [65] model of gas flow in
porous media. The extrapolated interception of the linear fit, 13.8 mD (Figure 5), represents
the kg*, which corresponds to the intrinsic permeability of the core in the absence of gas
slippage. Practically, this value reflects the expected liquid-phase permeability at infinite
pressure, where slip effects are negligible. The high degree of linearity and the strong
R2 confirm that gas slippage is the primary factor responsible for the observed pressure
dependence of gas permeability in these experiments.

We used the linear form of Klingenberg’s [66] equation, shown in Equation (4), to
correct gas slippage in lab-measured gas permeability.

kg = kw

(
1 +

b
pm

)
= (1 +

4cλ

r
) (4)

Pm =
P1 + P2

2
(5)

where
kg is the gas permeability.
b is the slip factor.
Pm = mean pressure, Equation (5).
P1 is the upstream pressure in atm.
P2 is the downstream pressure in atm.
λ is the mean flow path.
r is the pore-throat radius.
c is a proportional factor.
The relation between kg and 1/Pm was highly linear, having an R2 of 0.985 with ran-

dom, homoscedastic residuals. A first-order slip correction is theoretically appropriate in
the slip-flow regime where the Knudsen number, Kn (λ/r) is small but nonzero. Using a
representative hydrogen mean free path, λ, of 100 nm at 1 atm [67], which scales approxi-
mately as 1/Pm, and pore-throat radii, r, of 0.5 to 2 µm for chalk [67,68], Kn is in the order of
0.01 to 0.2 across our conditions. This range lies primarily in the slip flow, where the linear
term dominates. Consistent with this expectation, augmenting the model with a quadratic,
as shown in Equation (6), term c did not improve the goodness of fit or information criteria,
and the estimated c was not significant. By contrast, in much lower-permeability rocks or
at very low pressures, deviations from linearity can occur. Ref. [60], among others [69,70],
developed an improved Klinkenberg model, accounting for non-linear gas slippage in tight
cores, showing that the kg vs. 1/Pm relationship can become curved when Kn is higher.
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Their analysis indicates that in ultra-tight media, a single b-factor will not suffice, and
higher-order terms or pressure-dependent slip coefficients are needed.

kg = kl

(
1 +

b
Pm

+
c

P2
m

)
(6)

Non-linear slip effects can be of concern at lower pressures or in much finer throats
that drive Kn ≳ 0.1 into the transition regime. Under such conditions, higher-order slip
models or pore-scale simulations may be needed. Within the pressure and rock tested here,
the linear Klinkenberg correction provides an adequate estimation of gas-slippage.

From the kg vs. 1/Pm plot, and using Equation (4), we estimated the Klinkenberg
correction factor, b at 0.944 atm, shown in Equation (7) as

Klinkenberg correction f actor, b =
Slope

Intercept
=

13.062 (mD.atm)

13.837 (md)
= 0.944 atm (7)

3.2. Hydrogen–Brine Relative Permeability

Steady-state relative permeability measurements for the hydrogen–brine system, pre-
sented in Table 6, confirm strongly water-wet behavior. Noticeable hydrogen flow began at
a Sw of 0.84, where the krg was 0.001 and the krw had declined markedly to 0.464. Sw,irr was
reached at 0.39, at which point the brine became essentially immobile and the gas phase
attained its maximum relative permeability of 0.8 (prior to slip correction). These results
demonstrate a delayed hydrogen breakthrough, a sharp increase in krg with increasing gas
saturation, and a high Sw,irr—all characteristic of a strongly water-wet system.

Table 6. Data from the hydrogen–brine relative permeability experiment.

ql, cm3/min qg, cm3/min P1, atm P2, atm Pm, atm Core Weight, g

0.80 0.20 7.825 0.646 4.236 169.28

0.60 0.40 7.192 0.864 4.028 168.84

0.40 0.60 5.906 0.558 3.232 168.22

0.20 0.80 3.987 0.653 2.320 167.69

0.10 1.00 2.559 0.708 1.633 167.54

0.05 2.00 2.041 0.721 1.381 167.03

0.05 4.00 2.667 0.919 1.793 166.68

0.05 6.00 2.518 0.306 1.412 166.15

0.05 12.00 3.430 0.422 1.926 165.55

0.05 16.00 3.967 0.524 2.246 165.33

0.03 18.00 3.402 0.687 2.045 164.32

0.02 20.00 2.695 0.388 1.541 163.00

0.01 20.00 2.456 0.408 1.432 162.50

0.00 35.00 10.955 1.055 6.005 161.46

Figure 6 and Table 7 present the experimentally determined relative permeabilities for
brine and hydrogen, along with the corresponding slip-corrected values. The Klinkenberg
slip corrected relative permeability, krg*, values were obtained by applying the previously
established slip correction factor to the gas-phase permeability at each saturation, thereby
estimating the krg, as it would be measured at infinite pressure (i.e., in the absence of
slippage). At all saturation points, krg* is consistently lower than the krg, highlighting



Gases 2025, 5, 26 13 of 23

the elimination of slip-induced overestimation. Notably, the difference between krg and
krg* becomes more pronounced at higher gas saturations (lower Sw), where gas flow rates
and Reynolds numbers are elevated and mean pressures are reduced. This systematic
discrepancy emphasizes the necessity of accounting for gas slippage during two-phase
flow experiments; neglecting this effect would lead to an overestimation of apparent gas
mobility under reservoir (liquid-equivalent) conditions. Following correction, the hydrogen
relative permeability curve is shifted downward, yielding a more accurate representation
of the gas phase’s conductive capacity in the absence of slip effects. Despite this adjustment,
the overall shape of the relative permeability curves remains unchanged: the gas curve
initiates near zero (0) at high Sw and increases sharply as Sw decreases, while the water
curve approaches Sw,irr.
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Figure 6. Plot of brine and hydrogen relative permeabilities with gas slippage correction.

Table 7. Relative permeability results at different brine saturations, corrected for gas slippage.

Sw Pm, atm krw krg krg* (krg − krg*)

1.00 - 1.000 0.000 0.000 -

0.84 4.236 0.464 0.001 0.001 0.000

0.82 4.028 0.395 0.003 0.002 0.001

0.78 3.232 0.312 0.005 0.004 0.001

0.75 2.320 0.250 0.011 0.008 0.003

0.74 1.633 0.225 0.029 0.018 0.011

0.71 1.381 0.158 0.087 0.051 0.036

0.69 1.793 0.119 0.118 0.077 0.041

0.66 1.412 0.094 0.154 0.092 0.062

0.63 1.926 0.069 0.201 0.135 0.066

0.61 2.246 0.061 0.223 0.157 0.066
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Table 7. Cont.

Sw Pm, atm krw krg krg* (krg − krg*)

0.55 2.045 0.046 0.328 0.224 0.104

0.48 1.541 0.027 0.474 0.294 0.180

0.45 1.432 0.020 0.550 0.332 0.218

0.39 6.005 0.000 0.804 0.694 0.110

The high endpoint, krg, in our H2-brine data (0.8 at Sw,irr of 0.39, dropping to 0.69
with slip correction) is slightly above the values reported for other gas–water systems. For
instance, carbonate core tests in [71] found CO2 or methane–water’s relative permeabili-
ties maxing out around 0.5–0.6 under similar saturations. Our hydrogen results reach a
somewhat higher gas conductivity, which can be attributed to hydrogen’s lower interfa-
cial tension and viscosity. Overall, the shape of the hydrogen relative permeability curve
mirrors those documented for methane–brine or air–brine systems in strongly water-wet
rocks [72]. This indicates that hydrogen, like other non-wetting gases, must overcome
entry pressures and then flow primarily through larger pore channels. One distinction
is that hydrogen’s lower interfacial tension against water and lower viscosity can lead to
slightly more efficient gas mobility. In fact, comparative analyses suggest that hydrogen
may exhibit marginally higher relative permeability than methane at equivalent satura-
tions [41]. This is consistent with our data showing a high krg endpoint. However, these
differences are subtle and the shape of our relative permeability curve and CH4-brine
relative permeability curves are broadly similar: controlled primarily by rock wettability
and pore structure, rather than gas type [73]. Appendix A provides detailed calculations
illustrating the estimation of porosity, pore volume, Pm, Sw, kw, kg, kg*, krw, krg, and krg* for
a representative flow condition.

3.3. Controls on Flow: Wettability, Solubility, Diffusivity, and Pore Structure

The observed relative permeability trends can be interpreted in light of the core’s
pore structure, wettability, and the hydrogen’s fluid properties. The Austin Chalk contains
micron to sub-micron scale pores and throats [67,68], which promote extensive capillary
trapping of brine. This fine-scale porosity explains the high Sw,irr of 0.39. Water remains
in the small pores and grain contacts, even after extensive hydrogen injection. As a result,
hydrogen flow is largely confined to larger pore pathways at lower Sw, which limits
gas mobility until those larger channels connect. The core’s strongly water-wet nature
further delays the hydrogen percolation. Hydrogen, being non-wetting in a water-wet
matrix [33], must overcome the entry capillary pressures to move through smaller pores.
Once hydrogen pathways form, krg rises sharply: a typical behavior of a strongly water-wet
system where brine clings to pore walls and hydrogen flows through the central pore
regions. The pronounced increase in krg to 0.8 as at Sw,irr reflects this behavior, as the water
evacuation from the pore centers greatly boosts gas conductivity.

Hydrogen’s molecular characteristics, like low viscosity, small molecular size, and
high diffusivity, also influence flow. While bulk-phase diffusion of hydrogen into the brine
is minimal due to low solubility under steady-state conditions, the small molecule size
manifests in the form of gas slippage. In our tests, at lower pressures, the mean free path
of H2 (approximately 100 nm at 1 atm) became significant relative to the pore-throat sizes,
resulting in the Klinkenberg effect. This slip flow enhanced the apparent gas permeability
without altering the fundamental shape of the relative permeability curves. In essence,
hydrogen’s high diffusivity and molecular free path allowed it to navigate pore walls more
freely (increasing flow rates in micro-pores), but it did not change the fact that a water-wet,
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micro-porous structure governs the saturation at which gas can move through the rock.
Hydrogen’s low solubility in brine means essentially all the injected H2 remains in the gas
phase under our conditions. These factors combined (a micro-porous, strongly water-wet
matrix and hydrogen’s slip-flow tendency) explain the delayed gas breakthrough and steep
krg progression observed in our experiments.

Molecular diffusion of hydrogen through water can allow it to penetrate fine-scale
stagnant pores or water films, producing a small “tail” of hydrogen presence, even at high
water saturations, thus smoothing the krw decline. Hydrogen’s tiny molecules also give
rise to slip flow along pore walls, effectively reducing viscous drag and enhancing its
mobility compared to higher molecular gases [74]. Pore-scale modeling by [38] indicates
that hydrogen can diffuse into water-filled micro-porosities more readily than larger gas
molecules, although this effect is subtle during active flow. We did not explicitly measure
diffusion in our experiments, but qualitatively, if any hydrogen dissolved into the brine
or diffused ahead of the displacement front, it could contribute to a smoother decline in
krw and a small hydrogen presence, even above Sw,irr. Recent pore-scale analyses confirm
these effects: when the Kn exceeds 1 × 10−3, hydrogen exhibits both bulk slip flow and
surface (adsorption) diffusion, so that the classical no-slip Darcy law breaks down. The
remaining distinctive features of hydrogen at low Sw, which includes the rapid rise of krg

and a near-linear krg–Sw trend, agree qualitatively with recent models and experiments. For
example, ref. [75] shows that hydrogen’s non-wetting relative permeability curve is nearly
linear at a high gas saturation. Similarly, ref. [76] reports strong hysteresis in hydrogen–
water relative permeability, with significant hydrogen flow persisting into the imbibition
regime. The pore-scale phenomena of wall slip and molecular diffusion help explain why
hydrogen achieves such high relative permeability in our experiments and why slight
departures from methane-analog behavior occur in low-perm pores. The slight deviations
observed in the low-saturation end of our hydrogen relative permeability curve can be
partly attributed to pore-scale effects like interfacial slip and molecular diffusion. Our slip
correction ensured that this did not distort the relative permeability magnitude, but at very
low Sw, hydrogen was flowing through the largest pores with high Kn.

3.4. Field-Scale Implications and Reservoir Condition Considerations

The relative permeability curves derived in this work can directly provide input data
for UHS models, but certain scaling considerations must be addressed. Our steady-state
drainage-relative permeability functions provide input parameters for reservoir simulators,
improving predictions of hydrogen injectivity and recovery. For instance, using the mea-
sured endpoint krg will yield more realistic injectivity estimates than assuming an arbitrary
value. Likewise, the high Sw,irr we found implies that a considerable fraction of pore volume
will remain occupied by brine, depending on the formation rock, which, in field models,
translates to the need for cushion gas and lower working hydrogen capacity. It is important
to note that we have characterized only the drainage cycle; during withdrawal (imbibition),
relative permeability curves will differ due to hysteresis [32]. Neglecting hysteresis in
UHS cycles can lead to optimistic predictions. Bo et al. [39] report that ignoring relative
permeability hysteresis can overestimate the annual working gas capacity by up to 34%
and the recovered hydrogen volume by 85%.

When utilizing our curves in simulations, one should implement appropriate hystere-
sis models or imbibition curves to account for the lower gas relative permeability and resid-
ual trapping expected in hydrogen production. While our experiments were performed
on a homogeneous core in ambient laboratory conditions, reservoirs may exhibit greater
heterogeneity, different wettability distributions, and elevated pressures/temperatures.
In situ, higher overburden stress could reduce absolute permeability, and any fine-scale
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heterogeneity or partial wettability changes at the reservoir temperature might lower the
effective relative permeability. The slip-corrected hydrogen–brine curves presented here
are effectively intrinsic (approximating infinite pressure conditions), which makes them
transferable to higher reservoir pressures without further correction for gas slippage. How-
ever, reservoir-scale modeling may still require integrating capillary pressure functions and
accounting for multi-scale rock features. Nonetheless, the fundamental trends captured, i.e.,
a strongly water-wet system with a high Sw,irr and rapid rise in krg, are expected to remain
in similar geologic formations. These experimental flow functions thus serve as a valuable
calibration dataset. Based on our data, we anticipate that reservoir conditions would yield
slightly lower gas slippage and slightly higher hydrogen diffusivity, but similar relative
permeability shapes. History-matching our relative permeability curves in numerical sim-
ulations will constrain models of hydrogen plume migration and trapping. In particular,
incorporating the measures will improve estimates of injection pressure requirements,
working gas fraction, and cushion gas needs. By using laboratory-derived hydrogen–brine
relative permeabilities instead of analogs from methane or CO2, UHS project simulations
can achieve greater fidelity in forecasting storage performance under cyclic operations.

Our findings carry important implications for hydrogen containment in UHS. The
good news is that the intrinsic permeability of the reservoir rock and the high krg at Sw,irr

indicate that hydrogen can flow readily through the intended storage formation, supporting
efficient injectivity and withdrawal. However, the flip side is that hydrogen’s mobility
means that if any unintended pathway exists (fractures, caprock micro-perm, or wellbore
leaks), hydrogen could escape more easily than a less mobile fluid. In particular, hydrogen’s
high diffusivity and low viscosity raise the risk of leakage through tiny pores or defects
that might retain other gases. For instance, our slip-corrected data show that hydrogen
moves almost as freely as brine in the rock. Thus, any permeable conduit could transmit
hydrogen nearly unhindered, underscoring the need for extremely low-permeability seals.
The measured parameters from our work can be used to model worst-case leakage scenarios.
The high hydrogen relative permeability in storage conditions also implies that once a crack
or pathway opens, hydrogen will preferentially flow through it (being non-wetting and
mobile). Therefore, safeguards like multiple sealing layers, active monitoring, and rapid
pressure relief are warranted to mitigate leakage risk.

Hydrogen’s high diffusivity poses a long-term leakage concern in UHS. The small hy-
drogen molecules can gradually migrate through ostensibly tight caprocks and engineered
seals over storage timescales [77]. This diffusion-driven loss mechanism may undermine
storage integrity, especially in sites with thinner or more porous caprock layers. Hydrogen
diffuses very slowly through water-saturated caprocks, with effective diffusivities typi-
cally being around 1 × 10−10–1 × 10−8 m2/s [78], so long-term migration is controlled by
molecular diffusion, rather than flow [79]. Despite being slow, diffusion can still move gas
appreciable distances over decades. A simple semi-analytical model by [80] shows that
diffusivity of approximately 1 × 10−7 m2/s, which is at the upper end of measured values,
would drive on the order of 2.5 m of H2 penetration per year. Additionally, reservoir
simulation by [81] found diffusion-driven plume expansion of H2 to be a few percent
under the ideal conditions and suggested that diffusion flow has a minimal impact on
plume migration. Hydrogen can likewise permeate wellbore seals over time. Numerical
simulations indicate that hydrogen could fully penetrate a standard 35 cm-thick cement
sheath in about a week under dry conditions, due to its small molecular size and high
diffusivity [82]. Caprocks strongly suppress flux because low porosity and high tortuosity
reduce the effective diffusivity to only a few percent of the bulk value [81], and full brine
saturation further slows hydrogen compared with gas-phase diffusion [79]. Cushion gases
such as methane or CO2 can further reduce hydrogen’s effective diffusivity by diluting
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its partial pressure at the seal and partially blocking pore pathways, so a dense, brine-
saturated, low-permeability caprock with cushion gas in the reservoir behaves closely to a
diffusion barrier for H2 over practical storage timescales [83]. These findings show that
while caprocks and well seals exhibit ultra-low permeability to convective flow, their ability
to halt molecular diffusion of hydrogen is limited. Therefore, diffusion-induced losses must
be considered in long-term containment risk assessments.

The plug contained minor laminations (chalk and marl), but it behaved hydraulically
homogeneously. Pressure drops were smooth with consistent saturation changes, with no
signatures of multi-region flow, such as dual plateaus or abrupt jumps in fractional flow.
The thin laminations were parallel to the flow, so the co-injected fluids sampled an average
of all layers and the measured relative permeability represents an effective composite. If
strong heterogeneity were present, for example, a high-permeability streak or a fracture, we
would expect an earlier gas breakthrough or a lower apparent Sw,irr. This was not observed;
the breakthrough was gradual and consistent with a uniform water-wet system. The close
agreement between kw and the krg* (difference about 4.5%) further indicates an evenly
distributed flow. We conclude that core-scale heterogeneity had minimal impact on our
results. Field-scale heterogeneity can still influence local behavior, so our curve should be
viewed as representative of a homogeneous matrix.

We quantified the force balance in the displacement experiments using the dimension-
less capillary number, defined in Equation (8) as

Nc =
µgvg

σ
(8)

where
Nc is capillary number.
µ is gas viscosity in Pa·s.
vg is superficial (Darcy) velocity in m/s.
σ is interfacial tension in N/m.
For hydrogen in our core, µ is approximately 9 × 10−6 Pa·s (0.009 cP) and σ of

0.072 N/m for the H2—brine system. At the highest gas injection rate of 20 cm3/min, vg

is 6.6 × 10−4 m/s, which yields Nc on the order of 10 × 10−7 to 10 × 10−8. At the lowest
gas rate of 0.2 cm3/min, (vg is 6.6 × 10−4 m/s), Nc was approximately 10 × 10−9. These
values are several orders of magnitude below the commonly cited threshold Nc value of
2 × 10−5 required to mobilize a trapped wetting phase. Thus, viscous forces in our tests
were too small to overcome the capillary retention of brine. This is consistent with the Sw,irr

and indicates a capillary-force dominated regime. The flow rates (0.2 to 20 cm3/min H2

co-injected with 0.8 to 0.05 cm3/min brine) correspond to interstitial velocities on the order
of 10 × 10−6 to 10 × 10−4 m/s, which further supports that capillary forces dominated at
these flow rates. As a result, hydrogen did not significantly displace brine from smaller
pores, because viscous forces were insufficient to overcome capillary trapping, in line with
the observed strongly water-wet behavior.

To assess experimental reliability, we quantified uncertainties and checked the re-
peatability of the measurements. The single-phase permeability tests showed excellent
consistency. kw varied from 13.07 to 13.33 mD across three flow rates (within 2% range),
indicating negligible rate-dependent effects and high repeatability. Similarly, the kr vs.
1/Pm plot was almost perfectly linear with an R2 of 0.985, demonstrating minimal scatter
in the measured data. Based on equipment precision (pressure transducers ±0.25% F.S.,
flow measurements ±1%, and balance accuracy ±0.01 g for core mass), we estimate an
uncertainty on the order of ±5% in the reported permeability values. Water saturation
determinations by core weighing are accurate within approximately ±0.5% of the pore
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volume, given the small mass increments recorded. The stringent steady-state criteria
(change in pressure stability < 1% and flow rate variation < 3% over 30 min intervals) lend
confidence that each data point is representative. Overall, the precision and repeatability of
these results support their validity for use in further analysis.

4. Conclusions
This study’s steady-state hydrogen–brine core-flood experiments revealed classical

water-wet relative permeability behavior, marked by a high Sw,irr of 39%and a sharp increase
in hydrogen relative permeability at higher gas saturations. The sharp rise in hydrogen
relative permeability with decreasing brine saturation affirms the presence of a strongly
water-wet pore structure. This steep rise in gas’ relative permeability at lower Sw confirms
a strongly water-wet pore structure, with krg* reaching 0.69 at Sw,irr.

A key result was the significant impact of gas slippage on the measured hydrogen
permeability. Absolute hydrogen permeabilities at low pressures were notably higher than
intrinsic values, highlighting the importance of the Klinkenberg correction. Once slip effects
were accounted for, the corrected gas permeability closely matched the liquid-phase (brine)
permeability, confirming the need to correct for slippage in order to obtain realistic hydro-
gen flow estimates. Failing to account for slip would thus cause reservoir simulations to
overestimate hydrogen mobility (and injectivity); using slip-corrected relative permeability
curves is essential for reliable field-scale predictions.

The slip-corrected relative permeability curves generated in this study are directly
applicable to UHS modeling. Relative permeability and capillary pressure are critical inputs
for reservoir simulation, with the endpoint hydrogen relative permeability controlling
gas injectivity and the residual hydrogen saturation governing recoverable volumes and
cushion gas requirements. The empirical flow functions produced here can enhance
predictions of UHS injectivity and recovery efficiency at the reservoir scale.

Some limitations should be recognized. Capillary pressure was not measured, so
capillary trapping effects were not directly characterized. Experiments were limited to
the outcrop core at room temperature and a single drainage cycle, without incorporating
reservoir stress, heterogeneity, imbibition, or hysteresis. Future studies will address these
gaps by including imbibition and hysteresis tests, direct capillary pressure measurements,
and experiments on heterogeneous or field-scale cores. Recent studies have shown that
hydrogen can slowly migrate through water-saturated caprock by molecular diffusion.
For instance, a semi-analytical model by [67] predicts that cumulative H2 loss through
a shale caprock scales with the square root of time, and is proportional to factors like
caprock diffusivity, porosity, and exposed area (simulation future work). To fully address
containment, we plan dedicated diffusion experiments in follow-up work. For example, we
intend to measure hydrogen’s effective diffusivity through actual caprock samples (shale
or evaporite) by performing time-lapse pressure-decay or sorption tests, similar to recent
experiments by [82]. Incorporating these data into multiphase flow models will improve
the accuracy of hydrogen migration and recovery forecasts for practical UHS applications.
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Abbreviations, Variables and Symbols
The following abbreviations and variables are used in this manuscript:

A Cross sectional area of core
b Klinkenberg correction factor
BPR Back-pressure regulator
c Proportional factor
kg Hydrogen permeability
kg Gas permeability
Kn Knudsen number
krg Hydrogen relative permeability
krg* Klinkenberg corrected hydrogen relative permeability
krw Brine relative permeability
kw Brine permeability
L Core length
Nc Capillary number
P1 Upstream pressure
P2 Downstream pressure
Pa Pressure at which gas flow rate is taken
Pm Mean pressure
qg Gas flow rate at atmospheric pressure
ql Brine flow rate at atmospheric pressure
r Pore-throat radius
Sw Water saturation
Sw,irr Irreducible/residual water saturation
TDS Total dissolved solids
UHS Underground hydrogen storage
vg Superficial (darcy) velocity
λ Mean flow path
µ Gas viscosity
µg Gas viscosity
µl Brine viscosity
σ Interfacial tension

Appendix A
Sample Calculation
Utilizing core and fluid data in Table 1

Pore Volume =
Saturated Weight − Dry Weight

Density o f brine
=

172.03 − 154.74
1.029

= 16.8 cm3

Porosity =
Pore Volume
Bulk Volume

=
16.8
77.22

= 0.22

For brine injection rate of 0.2 cm3/min and hydrogen injection rate of 0.2 cm3/min
P1 = 3.987 atm
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P2 = 0.653 atm

Pm =
P1 + P2

2
=

3.987 + 0.653
2

= 2.32 atm

Core weight at steady state = 167.685 g

Sw =
Weight at steady state − Dry Weight

Pore Volume × Fluid density
=

(167.685 − 154.735)
(16.803 × 1.029)

= 0.75

From Equations (1) and (3), we calculate kw, kg, krw, kg*, and krg*

kw =
1000 × 1.1 × 0.0033 × 15.24
(3.987 − 0.653)× 5.067

= 3.31 mD

kg =
2000 × 1 × 0.00876 × 0.044272 × 15.24

(3.9872 − 0.6532)× 5.067
= 0.151 mD

k∗g =
kg(

1 + b × 1
Pm

) =
0.151

1 + (0.944 × 0.43
= 0.107 mD

krw =
kw

kabs
=

3.31
13.23

= 0.25

krg =
kg

kabs
=

0.151
13.23

= 0.011

k∗rg =
k∗g

kabs
=

0.107
13.23

= 0.008
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16. Małachowska, A.; Łukasik, N.; Mioduska, J.; Gębicki, J. Hydrogen Storage in Geological Formations—The Potential of Salt
Caverns. Energies 2022, 15, 5038. [CrossRef]

17. Uliasz-Misiak, B.; Misiak, J. Underground Gas Storage in Saline Aquifers: Geological Aspects. Energies 2024, 17, 1666. [CrossRef]
18. Raad, S.M.J.; Leonenko, Y.; Hassanzadeh, H. Hydrogen storage in saline aquifers: Opportunities and challenges. Renew. Sustain.

Energy Rev. 2022, 168, 112846. [CrossRef]
19. Kubi, E.A. Experimental and Simulation Study of Underground Hydrogen Storage; ProQuest LLC: Ann Arbor, MI, USA, 2023. Available

online: https://books.google.com/books?id=Pr4A0QEACAAJ (accessed on 17 September 2025).
20. Zivar, D.; Kumar, S.; Foroozesh, J. Underground hydrogen storage: A comprehensive review. Int. J. Hydrogen Energy 2021, 46,

23436–23462. [CrossRef]
21. Berrezueta, E.; Kovács, T.; Herrera-Franco, G.; Caicedo-Potosí, J.; Jaya-Montalvo, M.; Ordóñez-Casado, B.; Carrión-Mero, P.;

Carneiro, J. Laboratory Studies on Underground H2 Storage: Bibliometric Analysis and Review of Current Knowledge. Appl. Sci.
2024, 14, 11286. [CrossRef]

22. Duartey, K.O.; Ampomah, W.; Rahnema, H.; Mehana, M. Underground Hydrogen Storage: Transforming Subsurface Science into
Sustainable Energy Solutions. Energies 2025, 18, 748. [CrossRef]

23. Ennis-King, J.; Dance, T.; Gong, S.; Green, C.; Harris, R.; Jackson, S.; Ryan, P.; Sarout, J.; Sayyafzadeh, M.; Siddiqui, M.; et al. Pilot
vs. Commercial Scale Underground Hydrogen Storage in Depleted Gas Fields in SE Australia. In Proceedings of the Fifth EAGE
Global Energy Transition Conference & Exhibition (GET 2024), Rotterdam, The Netherlands, 4–7 November 2024; Volume 2024,
pp. 1–5. [CrossRef]

24. Correnti, A.; Nicolau, R.; de Borst, K. Evaluation of an Underground Hydrogen Storage Pilot in a Depleted Gas Field. In
Proceedings of the Society of Petroleum Engineers-SPE Europe Energy Conference and Exhibition, EURO 2025, Vienna, Austria,
10–12 June 2025. [CrossRef]

25. Edlmann, K. Challenging perceptions of underground hydrogen storage. Nat. Rev. Earth Environ. 2024, 5, 478–480. [CrossRef]
26. Fuentes, J.E.Q.; Santos, D.M.F. Technical and Economic Viability of Underground Hydrogen Storage. Hydrogen 2023, 4, 975–1000.

[CrossRef]
27. Uliasz-Misiak, B.; Misiak, J.; Tarkowski, R. Research Trends in Underground Hydrogen Storage: A Bibliometric Approach.

Energies 2025, 18, 1845. [CrossRef]
28. Cui, G.; Ren, S.; Rui, Z.; Ezekiel, J.; Zhang, L.; Wang, H. The influence of complicated fluid-rock interactions on the geothermal

exploitation in the CO2 plume geothermal system. Appl. Energy 2018, 227, 49–63. [CrossRef]
29. Wu, J.; Ansari, U. From CO2 Sequestration to Hydrogen Storage: Further Utilization of Depleted Gas Reservoirs. Reserv. Sci. 2025,

1, 19–35. [CrossRef]
30. Muhammed, N.S.; Haq, B.; Al Shehri, D.; Al-Ahmed, A.; Rahman, M.M.; Zaman, E. A review on underground hydrogen storage:

Insight into geological sites, influencing factors and future outlook. Energy Rep. 2022, 8, 461–499. [CrossRef]
31. Higgs, S.; Da Wang, Y.; Sun, C.; Ennis-King, J.; Jackson, S.J.; Armstrong, R.T.; Mostaghimi, P. Comparative analysis of hydrogen,

methane and nitrogen relative permeability: Implications for Underground Hydrogen Storage. J. Energy Storage 2023, 73, 108827.
[CrossRef]

32. Bahrami, M.; Amiri, E.I.; Zivar, D.; Ayatollahi, S.; Mahani, H. Challenges in the simulation of underground hydrogen storage:
A review of relative permeability and hysteresis in hydrogen-water system. J. Energy Storage 2023, 73, 108886. [CrossRef]

33. Tarkowski, R. Underground hydrogen storage: Characteristics and prospects. Renew. Sustain. Energy Rev. 2019, 105, 86–94.
[CrossRef]

34. Tahan, M.-R. Recent advances in hydrogen compressors for use in large-scale renewable energy integration. Int. J. Hydrogen
Energy 2022, 47, 35275–35292. [CrossRef]

35. Konuhova, M.; Bezrukovs, V.; Bezrukovs, V.; Bezrukovs, D.; Buryi, M.; Gorbunovs, N.; Popov, A.I. Numerical Simulations of
Scaling of the Chamber Dimensions of the Liquid Piston Compressor for Hydrogen Applications. Technologies 2025, 13, 226.
[CrossRef]

36. Bezrukovs, V.; Bezrukovs, V.; Konuhova, M.; Bezrukovs, D.; Kaldre, I.; Popov, A.I. Numerical Simulations of Thermodynamic
Processes in the Chamber of a Liquid Piston Compressor for Hydrogen Applications. Technologies 2024, 12, 266. [CrossRef]

37. Pfeiffer, W.T.; Bauer, S. Subsurface Porous Media Hydrogen Storage–Scenario Development and Simulation. Energy Procedia 2015,
76, 565–572. [CrossRef]

https://doi.org/10.3390/membranes11110810
https://www.ncbi.nlm.nih.gov/pubmed/34832039
https://doi.org/10.3390/catal15030260
https://doi.org/10.1016/j.ijhydene.2024.09.319
https://doi.org/10.3390/en15145038
https://doi.org/10.3390/en17071666
https://doi.org/10.1016/j.rser.2022.112846
https://books.google.com/books?id=Pr4A0QEACAAJ
https://doi.org/10.1016/j.ijhydene.2020.08.138
https://doi.org/10.3390/app142311286
https://doi.org/10.3390/en18030748
https://doi.org/10.3997/2214-4609.202421083
https://doi.org/10.2118/225513-MS
https://doi.org/10.1038/s43017-024-00572-8
https://doi.org/10.3390/hydrogen4040057
https://doi.org/10.3390/en18071845
https://doi.org/10.1016/j.apenergy.2017.10.114
https://doi.org/10.62762/RS.2025.860510
https://doi.org/10.1016/j.egyr.2021.12.002
https://doi.org/10.1016/j.est.2023.108827
https://doi.org/10.1016/j.est.2023.108886
https://doi.org/10.1016/j.rser.2019.01.051
https://doi.org/10.1016/j.ijhydene.2022.08.128
https://doi.org/10.3390/technologies13060226
https://doi.org/10.3390/technologies12120266
https://doi.org/10.1016/j.egypro.2015.07.872


Gases 2025, 5, 26 22 of 23

38. Hashemi, L.; Blunt, M.; Hajibeygi, H. Pore-scale modelling and sensitivity analyses of hydrogen-brine multiphase flow in
geological porous media. Sci. Rep. 2021, 11, 8348. [CrossRef] [PubMed]

39. Bo, Z.; Boon, M.; Hajibeygi, H.; Hurter, S. Impact of experimentally measured relative permeability hysteresis on reservoir-scale
performance of underground hydrogen storage (UHS). Int. J. Hydrogen Energy 2023, 48, 13527–13542. [CrossRef]

40. Heinemann, N.; Alcalde, J.; Miocic, J.M.; Hangx, S.J.T.; Kallmeyer, J.; Ostertag-Henning, C.; Hassanpouryouzband, A.; Thaysen,
E.M.; Strobel, G.J.; Schmidt-Hattenberger, C.; et al. Enabling large-scale hydrogen storage in porous media—The scientific
challenges. Energy Environ. Sci. 2021, 14, 853–864. [CrossRef]

41. Rezaei, A.; Hassanpouryouzband, A.; Molnar, I.; Derikvand, Z.; Haszeldine, R.S.; Edlmann, K. Relative Permeability of Hydrogen
and Aqueous Brines in Sandstones and Carbonates at Reservoir Conditions. Geophys. Res. Lett. 2022, 49, e2022GL099433.
[CrossRef]

42. Griffith, C.; Pospichal, J.; de Kaenel, E.; Pope, M.; Donovan, A. Regional Sequence Stratigraphy, Biostratigraphy, Facies, and
Depositional Environments of the Upper Cretaceous Austin Chalk in South and Central Texas. GCAGS Trans. 2023, 72, 81–
93. Available online: https://archives.datapages.com/data/gcags/data/072/072001/81_gcags720081.htm (accessed on 24
September 2025).

43. USGS Scientific Investigations Report 2012-5159: Geologic Models and Evaluation of Undiscovered Conventional
and Continuous Oil and Gas Resources—Upper Cretaceous Austin Chalk, U.S. Gulf Coast. Available online:
https://pubs.usgs.gov/sir/2012/5159/ (accessed on 24 September 2025).

44. Cooper, J.R.; Godet, A.; Pope, M.C. Tectonic and eustatic impact on depositional features in the upper Cretaceous Austin Chalk
Group of south-central Texas, USA. Sediment. Geol. 2020, 401, 105632. [CrossRef]

45. Yang, F.; Babarinde, O.O.; Okwen, R.; Frailey, S.M.; Whittaker, S.G. Modeling Commercial-Scale CO2 Injection in Mt. Simon
Sandstone Near Decatur, IL Storage Sites. In Proceedings of the GHGT 2018-14th International Conference on Greenhouse Gas
Control Technologies, Melbourne, Australia, 21–25 October 2018. [CrossRef]

46. Zhou, Q.; Birkholzer, J.T.; Tsang, C.-F.; Rutqvist, J. A method for quick assessment of CO2 storage capacity in closed and
semi-closed saline formations. Int. J. Greenh. Gas Control. 2008, 2, 626–639. [CrossRef]

47. De Silva, P.; Ranjith, P. A study of methodologies for CO2 storage capacity estimation of saline aquifers. Fuel 2012, 93, 13–27.
[CrossRef]

48. Leetaru, H.E.; Williams-Stroud, S.; Freiburg, J.; McBride, J.; Whittaker, S. Geological risk and uncertainty for underground storage
of buoyant fluids, lessons learned in Illinois. Geol. Soc. Lond. Spéc. Publ. 2022, 528, 449–459. [CrossRef]

49. Huang, T.; Moridis, G.J.; Blasingame, T.A. Improving feasibility of underground hydrogen storage in aquifers: A case study based
on the Mt. Simon sandstone formation in the Midwest United States. Gas Sci. Eng. 2025, 142, 205706. [CrossRef]

50. Pitman, J.K.; Paxton, S.T.; Woodall, C.A.; Schenk, C.J. Assessment of Undiscovered Oil and Gas Resources in the Upper
Cretaceous Austin Chalk and Tokio and Eutaw Formations. U.S. Gulf Coast. 2019, fact sheet 2020–3045. Available online:
https://pubs.usgs.gov/publication/fs20203045 (accessed on 4 September 2025).

51. Loucks, R.G.; Peng, S. Matrix reservoir quality of the Upper Cretaceous Austin Chalk Group and evaluation of reservoir-quality
analysis methods; northern onshore Gulf of Mexico, U.S.A. Mar. Pet. Geol. 2021, 134, 105323. [CrossRef]

52. Piñerez, I.; Puntervold, T.; Strand, S.; Hopkins, P.; Aslanidis, P.; Yang, H.S.; Kinn, M.S. Core wettability reproduction: A new
solvent cleaning and core restoration strategy for chalk cores. J. Pet. Sci. Eng. 2020, 195, 107654. [CrossRef]

53. McPhee, C.; Reed, J.; Zubizarreta, I. Core Sample Preparation. Dev. Pet. Sci. 2015, 64, 135–179. [CrossRef]
54. Gant, P.L.; Anderson, W.G. Core Cleaning for Restoration of Native Wettability. SPE Form. Eval. 1988, 3, 131–138. [CrossRef]
55. Farokhpoor, R.; Sundal, L.; Skjærstein, A.; Hebing, A.; Zhang, X.; Pirlea, L. Core cleaning and wettability restoration—Selecting

appropriate method. E3S Web Conf. 2023, 366, 01009. [CrossRef]
56. Gupta, I.; Rai, C.; Tinni, A.; Sondergeld, C. Impact of Different Cleaning Methods on Petrophysical Measurements. Petrophys.-

SPWLA J. 2017, 58, 613–621.
57. Banta, R.; Clark, A.K. U.S. Geological Survey Scientific Investigations Report 2012–5278. 2009. Available online:

https://pubs.usgs.gov/sir/2012/5278/pdf/sir2012-5278.pdf (accessed on 1 November 2025).
58. Horne, J.D.; Brikowski, T.H.; Johannesson, K.H. Natural arsenic-rich spring waters discharging from the Austin Chalk, North-

Central Texas, USA: Mineral and chemical evidence of pyrite oxidation followed by reductive dissolution of neo-formed Fe(III)
oxides/oxyhydroxides. Appl. Geochem. 2022, 150, 105547. [CrossRef]

59. Authority, E.A. Evaluation of Augmentation Methodologies in Support of In-Situ Refugia at Comal and San Marcos Springs,
Texas Prepared for the Professional Ground-Water and Environmental Engineering Services. 2004. Available online:
https://www.gbra.org/wp-content/uploads/2021/05/springflowaugmentationfinalreport.pdf (accessed on 1 November 2025).

60. Sharma, G.; Guria, C. An improved Klinkenberg permeability model for tight reservoir cores: Effects of non-linear gas slippage to
real gases. Geoenergy Sci. Eng. 2023, 233, 212477. [CrossRef]

https://doi.org/10.1038/s41598-021-87490-7
https://www.ncbi.nlm.nih.gov/pubmed/33863943
https://doi.org/10.1016/j.ijhydene.2022.12.270
https://doi.org/10.1039/D0EE03536J
https://doi.org/10.1029/2022GL099433
https://archives.datapages.com/data/gcags/data/072/072001/81_gcags720081.htm
https://pubs.usgs.gov/sir/2012/5159/
https://doi.org/10.1016/j.sedgeo.2020.105632
https://doi.org/10.2139/SSRN.3366213
https://doi.org/10.1016/j.ijggc.2008.02.004
https://doi.org/10.1016/j.fuel.2011.07.004
https://doi.org/10.1144/SP528-2022-85
https://doi.org/10.1016/j.jgsce.2025.205706
https://pubs.usgs.gov/publication/fs20203045
https://doi.org/10.1016/j.marpetgeo.2021.105323
https://doi.org/10.1016/j.petrol.2020.107654
https://doi.org/10.1016/B978-0-444-63533-4.00004-4
https://doi.org/10.2118/14875-PA
https://doi.org/10.1051/e3sconf/202336601009
https://pubs.usgs.gov/sir/2012/5278/pdf/sir2012-5278.pdf
https://doi.org/10.1016/j.apgeochem.2022.105547
https://www.gbra.org/wp-content/uploads/2021/05/springflowaugmentationfinalreport.pdf
https://doi.org/10.1016/j.geoen.2023.212477


Gases 2025, 5, 26 23 of 23

61. Wu, Z.; Gu, Q.; Wang, L.; Li, G.; Shi, C.; He, Y.; Li, Q.; Li, Y. Experimental Study on Permeability and Gas Production Characteristics
of Montmorillonite Hydrate Sediments Considering the Effective Stress and Gas Slippage Effect. SPE J. 2024, 29, 2525–2544.
[CrossRef]

62. Letham, E.A.; Bustin, R.M. The impact of gas slippage on permeability effective stress laws: Implications for predicting
permeability of fine-grained lithologies. Int. J. Coal Geol. 2016, 167, 93–102. [CrossRef]

63. Ahmed, U.; Crary, S.; Coates, G. Permeability Estimation: The Various Sources and Their Interrelationships. J. Pet. Technol. 1991,
43, 578–587. [CrossRef]

64. Honarpour, M.; Mahmood, S. Relative-Permeability Measurements: An Overview. J. Pet. Technol. 1988, 40, 963–966. [CrossRef]
65. Klinkenberg, L.J. The Permeability of Porous Media to Liquids and Gases; Drilling and Production Practice: New York, NY, USA, 1941.
66. Van Dongen, M.E. Shock Wave Interaction with Liquid Gas Suspensions. In Handbook of Shock Waves; Academic Press: Cambridge,

MA, USA, 2001; pp. 747–781. [CrossRef]
67. Kasha, A.; Myers, M.; Hathon, L.; Sakhaee-Pour, A.; Sadooni, F.; Nasser, M.; Hussein, I.; Al-Kuwari, H. Integrated approach for

closure correction of mercury injection capillary pressure measurements. Geoenergy Sci. Eng. 2023, 230, 212245. [CrossRef]
68. Zakaria, A.S.; Nasr-El-Din, H.A.; Ziauddin, M. Predicting the Performance of the Acid-Stimulation Treatments in Carbonate

Reservoirs with Nondestructive Tracer Tests. SPE J. 2015, 20, 1238–1253. [CrossRef]
69. Chen, Y.; Jiang, C.; Leung, J.Y.; Wojtanowicz, A.K.; Zhang, D.; Zhong, C. Second-order correction of Klinkenberg equation and its

experimental verification on gas shale with respect to anisotropic stress. J. Nat. Gas Sci. Eng. 2021, 89, 103880. [CrossRef]
70. Wang, S.; Lukyanov, A.A.; Wu, Y.-S. Second-order gas slippage model for the Klinkenberg effect of multicomponent gas at finite

Knudsen numbers up to 1. Fuel 2019, 235, 1275–1286. [CrossRef]
71. Bennion, D.B.; Bachu, S. Drainage and Imbibition Relative Permeability Relationships for Supercritical CO2/Brine and H2S/Brine

Systems in Intergranular Sandstone, Carbonate, Shale, and Anhydrite Rocks. SPE Reserv. Eval. Eng. 2008, 11, 487–496. [CrossRef]
72. Li, K.; Horne, R.N. Comparison of methods to calculate relative permeability from capillary pressure in consolidated water-wet

porous media. Water Resour. Res. 2006, 42, W06405. [CrossRef]
73. Chow, Y.F.; Maitland, G.C.; Trusler, J.M. Interfacial tensions of (H2O + H2) and (H2O + CO2 + H2) systems at temperatures of

(298–448) K and pressures up to 45 MPa. Fluid Phase Equilibria 2018, 475, 37–44. [CrossRef]
74. Wan, Y.; Lu, W.; Huang, Z.; Qian, R.; Sun, Z. The Gaseous Hydrogen Transport Capacity in Nanopores Coupling Bulk Flow

Mechanisms and Surface Diffusion: Integration of Profession and Innovation. Processes 2024, 12, 972. [CrossRef]
75. Wang, Y.; Chakrapani, T.H.; Wen, Z.; Hajibeygi, H. Pore-Scale Simulation of H2-Brine System Relevant for Underground

Hydrogen Storage: A Lattice Boltzmann Investigation. Adv. Water Resour. 2024, 190, 104756. [CrossRef]
76. Lysyy, M.; Føyen, T.; Johannesen, E.B.; Fernø, M.; Ersland, G. Hydrogen Relative Permeability Hysteresis in Underground Storage.

Geophys. Res. Lett. 2022, 49, e2022GL100364. [CrossRef]
77. Amiri, B.; Ghaedi, M.; Andersen, P.Ø.; Luo, X. Analytical estimation of caprock diffusive losses during underground hydrogen

storage-Caprock screening criteria. In Proceedings of the IOR+ 2025-23rd European Symposium on IOR, Scotland, UK, 2–4 April
2025; Volume 2025, pp. 1–17. [CrossRef]

78. Michelsen, J.; Hagemann, B.; Ganzer, L.; Hujer, W. Measurement of hydrogen diffusion through caprock samples. In Proceedings
of the 6th International Conference on Fault and Top Seals 2022, FTS 2022, Vienna, Austria, 26–28 September 2022; Volume 2022,
pp. 1–5. [CrossRef]

79. Khajooie, S.; Gaus, G.; Seemann, T.; Ahrens, B.; Hua, T.; Littke, R. Exploring Effective Diffusion Coefficients in Water-Saturated
Reservoir Rocks via the Pressure Decay Technique: Implications for Underground Hydrogen Storage. Transp. Porous Media 2025,
152, 12. [CrossRef]

80. Kim, C.; Devegowda, D.; Dang, S.T.; Mehana, M. Modeling the diffusivity of hydrogen and the associated cushion gas in depleted
hydrocarbon reservoir caprocks. Int. J. Hydrogen Energy 2025, 105, 248–257. [CrossRef]

81. Yang, Y.; Zandanel, A.E.; Liu, S.; Neil, C.W.; Germann, T.C.; Gross, M.R. Temperature dependence of hydrogen diffusion in
reservoir rocks: Implications for hydrogen geologic storage. Energy Adv. 2024, 3, 2051–2065. [CrossRef]

82. Trimi, P.-M.; Bellas, S.; Vakalas, I.; Gholami, R.; Gaganis, V.; Gontikaki, E.; Stamatakis, E.; Yentekakis, I.V. A Review of Caprock
Integrity in Underground Hydrogen Storage Sites: Implication of Wettability, Interfacial Tension, and Diffusion. Hydrogen 2025, 6,
91. [CrossRef]

83. Salina Borello, E.; Bocchini, S.; Chiodoni, A.; Coti, C.; Fontana, M.; Panini, F.; Viberti, D. Underground Hydrogen Storage Safety:
Experimental Study of Hydrogen Diffusion through Caprocks. Energies 2024, 17, 394. [CrossRef]

Disclaimer/Publisher’s Note: The statements, opinions and data contained in all publications are solely those of the individual
author(s) and contributor(s) and not of MDPI and/or the editor(s). MDPI and/or the editor(s) disclaim responsibility for any injury to
people or property resulting from any ideas, methods, instructions or products referred to in the content.

https://doi.org/10.2118/218385-pa
https://doi.org/10.1016/j.coal.2016.09.015
https://doi.org/10.2118/19604-PA
https://doi.org/10.2118/18565-pa
https://doi.org/10.1016/B978-012086430-0/50035-X
https://doi.org/10.1016/j.geoen.2023.212245
https://doi.org/10.2118/174084-PA
https://doi.org/10.1016/j.jngse.2021.103880
https://doi.org/10.1016/j.fuel.2018.08.113
https://doi.org/10.2118/99326-PA
https://doi.org/10.1029/2005WR004482
https://doi.org/10.1016/j.fluid.2018.07.022
https://doi.org/10.3390/pr12050972
https://doi.org/10.1016/j.advwatres.2024.104756
https://doi.org/10.1029/2022GL100364
https://doi.org/10.3997/2214-4609.202531032
https://doi.org/10.3997/2214-4609.202243061
https://doi.org/10.1007/s11242-024-02148-y
https://doi.org/10.1016/j.ijhydene.2025.01.063
https://doi.org/10.1039/D4YA00233D
https://doi.org/10.3390/hydrogen6040091
https://doi.org/10.3390/en17020394

	Introduction 
	Materials and Methods 
	Materials and Equipment 
	Austin Chalk Core Sample 
	Core Sample and Synthetic Brine Preparation 
	Experimental Setup and Design 
	Absolute Permeability Measurements 
	Relative Permeability Experiment Design 

	Results and Discussion 
	Brine and Hydrogen Absolute Permeability 
	Hydrogen–Brine Relative Permeability 
	Controls on Flow: Wettability, Solubility, Diffusivity, and Pore Structure 
	Field-Scale Implications and Reservoir Condition Considerations 

	Conclusions 
	Appendix A
	References

